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Abstract 
 

The numerical simulation of thin hydrate-bearing sand layers interbedded with mud 

layers is investigated. In this model, the lowest hydrate layer occurs at the base of gas 

hydrate stability and overlies a thinly-interbedded saline aquifer. The predicted gas rates 

reach 6.25 MMscf/day (~1.77 x 105 m3/day) after 90 days of continuous depressurization 

with manageable water production. Development of horizontal dissociating interfaces 

between hydrate-bearing sand and mud layers is a primary determinant of reservoir 

performance. A set of simulations has been executed to assess uncertainty in in situ 

permeability and to determine the impact of the saline aquifer on productivity. 

 

Introduction  
 

Methane hydrates represent crystalline ice-like compounds where the gas molecules are encapsulated within water 

cages of the hydrate lattice. Moderate pressure and relatively low temperature (273-290 K) are required to form 

methane hydrate.[1] The conditions favoring hydrate formation exist in sub-oceanic sediments, primarily continental 

shelf and slope regions, and in permafrost areas.[2] A cubic unit cell consists of 46 water molecules per 8 gas 

molecules.[1] As a result, the concentration of methane entrapped in hydrates is such that it exceeds the 

concentration in an equivalent reservoir volume of free gas at depth up to 1200-2000 m (4000-6000 ft, 12-20 MPa, 

depending on local conditions) below sea-level.[3] Because of abundance in nature and high ñenergy densityò per 

unit volume methane hydrates are considered a potentially vast energy source.[4]  

 

Gas hydrate deposits can occur as seafloor mounds, within fractures, in the form of veins and nodules, and as pore-

fil l in silt and sand accumulations. At present, given known technologies, the gas hydrate technical recoverability 

using conventional well drilling approaches is limited to sand reservoirs.[3] As host media, sand sediments in both 

arctic and marine environment provide high intrinsic permeability (up to 1 Darcy) and high pore space that can be 

filled with gas hydrate in the range of 60-90%.[5] In the marine environment, gas hydrate depositions were 

confirmed in multiple drilling programs conducted around the world, including the discovery of gas hydrate-bearing 

sands on the Cascadia margin,[6] in the Nankai Trough,[7] in the Gulf of Mexico,[8], in the Krishna-Godavari Basin 

of offshore India,[9]. Gas hydrate occurrence were found in silty clay sediments of South China Sea,[10] as 

sequences of fracture-fill s in offshore Malaysia,[11] Korea,[12] India,[13] and in the Gulf of Mexico.[8] The first 

field trial of gas production from a marine gas hydrate deposit was conducted in the Eastern Nankai Trough off the 

Pacific Ocean near Japan in 2013.[14] 

  

In support of planning, execution, and analyzing results of field production tests, numerical simulations serve as a 

low-cost way to estimate gas hydrate reservoir response to hydrate destabilization using various gas production 
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scenarios, methods, and well designs. Recent numerical simulation studies of gas hydrate accumulations explore 

production potential by means of depressurization of marine hydrate-bearing sediments in the Gulf of 

Mexico,[15,16] Ulleung Basin in the Korean East Sea,[17] the Shenhu area in the South China Sea,[18] and the 

Eastern Nankai Trough, Japan.[19,20] This study is focused evaluation of hypothetic thin-bedded gas reservoirs in 

ultra-deepwater. Such accumulations are likely to occur in many deepwater systems and proper geological 

interpretation of well logs could be obscured due to limited resolution of logging tools.[21] The initial gas 

production is heavily depended on in situ permeability of hydrate-bearing porous media and accounting for 

variability of that parameter is vital to reliably predict production potential [14,22]. The simulations were carried out 

to evaluate reservoir productivity using two values of in situ permeability based on recent borehole pressure-

transient testing and pressurized core measurements. 

 

Geologic input model 
 

The reservoir model was created based on an existing hydrate-bearing marine accumulation that is characterized 

with a set of well logs. Water depth at that location is 2,575 m and hydrate stability zone extends to approximately 

300 m. The reservoir is located at similar depths as for the Gulf of Mexico hydrate-bearing (ñblueò and ñorangeò) 

sands, 2,000 m of water depth and 800 mbsf (meters below sea floor) of burial depth,[16] but deeper than the 

hydrate accumulation at the eastern Nankai Trough production test site. That deposit exists at approximately 1,000 

m of water depth and 300 mbsf within sandy turbidite sediments.[14] 

  

The two-dimensional (2D) model consists of five major lithologic units, each containing a large number of 

individual sub-units (Figure 1 and Table 1). Unit 1 encompasses high-porosity mud-rich sediments from the sea-

floor to a depth 151 mbsf. Unit 2 represents a zone of low-saturation accumulation of gas hydrate as massive 

fracture-filling veins and lenses within a mud-rich sediment from 151ï244 mbsf. Unit 2 includes 93 modeled sub-

units each 1 m in thickness. Unit 3 is a section of uniform marine muds with no gas hydrate occurrence extending 

from 244ï278.8 mbsf.  Unit 4 represents the interbedded sand and mud sub-units from 272.8 to 296.9 mbsf. From 

272.8 to 290.6 mbsf, eighteen sand sub-units (#1-18) are highly-saturated with gas hydrate. From 290.6 to 296.9 

mbsf, sand sub-units within the lower part of Unit 4 are water-bearing only. The deepest hydrate-bearing sand sub-

unit 18th is at the base of gas hydrate stability (BGHS) in contact with the water-bearing sand sub-unit (Figure 1). 

All interbedded muds within Unit 4 are interpreted as water-bearing with no gas hydrate. To provide greater fidelity 

to the thin-bedded nature of the primary reservoir unit, Unit 4 is modeling using 241 separate sub-units of variable 

lithology, each 0.1 m thick (Table 1). Unit 5 extends from 296.6 to 496.9 and is a section of uniform marine muds 

with no gas hydrate present. The thickness of Unit 5 is somewhat arbitrary, but was assigned a thickness of 200 m to 

provide adequate separation between the primary reservoir interval in Unit 4 and the base of the geologic model. 

 



 

 
 
Figure 1: 2D model incorporating all lithologic units (left), and expanded view of Unit 4 (right), where RED designates hydrate-

bearing sand reservoir layers (sub-units #1-18); BLUE are water-bearing sand reservoir layers; GRAY are non-reservoir mud 

layers. BHSZ means boundary of hydrate stability zone at 290.6 mbsf. The green arrow indicates the interval completion for a 

vertical well bore. 
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Table 1: The reservoir model geometry. 

Major Model Unit  

Log Measured 

Depth1 

Sub-seafloor 

Depth2 

Thickness 

(m) Subunits 

UNIT 1: uniform marine mud with no 

hydrate  
2,575.0ï2,726.0 0.0ï151.0 151.0 

1 @ 31 m 

3 @ 30 m 

6 @ 5 m 

UNIT 2: uniform marine mud with 

fracture filled gas hydrate 
2,726.0ï2,819.0 151.0ï244.0 93.0 93 @ 1 m 

UNIT 3: uniform marine mud with no 

hydrate 
2,819.0ï2,847.8 244.0ï272.8 28.8 36 @ 0.8 m 

UNIT 4: Interbedded hydrate-bearing 

sand and hydrate-free mud  
2,847.8ï2,871.9 272.8ï296.9 24.1 241 @ 0.1 m 

UNIT 5: uniform marine mud with no 

hydrate  
2,871.9ï3,071.9 296.9ï496.9 200.0 

10 @ 0.5 m 

9 @ 5 m 

5 @ 30 m 

Total 2,575.0ï3,071.9 0.0ï496.9 496.9 404 @ var. 

1 Meters below rotary table (rig rotary table above sea level: 28.5 m) 
2 Meters below sea floor 

 

The vertical discretization of the geologic model based on well data was extended laterally from the wellbore. A 

lateral distance of 500 m is used to extend the units observed at the well location. No flow and no heat exchange 

through lateral sides of the cylindrical reservoir domain were allowed. The top of Unit 1 (the seafloor) and the 

bottom of Unit 5 are set at fixed boundary conditions to maintain constant temperature according to the geothermal 

gradient. Taking advantage of the cylindrical symmetry, the 2D model was created using one hundred grid blocks 

with logarithmically distributed lengths from rw = 0.15 m to r100 = 500 m horizontally providing fine dicretization 

around the wellbore. The total number of grid blocks representing the reservoir domain is 35,905 with 71,354 

connections. Simulation tests were conducted with an increased number of grid blocks in the lateral direction to 

confirm that numerical results are independent of the selected mesh resolution. 

 

Initial conditions  
 

The pressure in the sediment subsurface was assumed to follow a hydrostatic pore pressure distribution, the 

assumption supported by measurements taken in natural hydrate deposits.[23] To determine thermal distribution 

throughout the reservoir model the local geothermal gradient equal to °C = 0.0663 x mbsf + 1.9855 oC (surface 

temperature). Pore water salinity was taken to be 35 ppt, a typical number for seawater. The temperature depression 

induced by salt presence in the aqueous phase on the equilibrium pressure-temperature (P/T) relationship was 

computed internally in the code through the equation of Dickens and Quinby-Hunt.[24] Following a hydrostatic 

pressure distribution, the estimated geothermal gradient and accounting for the salinity, the pressure and temperature 

conditions at BHSZ (Figure 1) was computed to be Peq = 28.73 MPa and Teq = 19.89 °C. For the layers of the 

reservoir model proper initialization of initial P/T conditions (pressure and temperature gradients throughout the 

vertical dimension of the domain) is needed to achieve hydraulic, thermal, thermodynamic, and chemical 

equilibrium and ensure correct location of the layers relative to BHSZ. To do that a procedure similar to that 

reported in [25] was used. Initial pressure and temperature distributions within the 2D model are shown in Figure 2. 

The location of BHSZ below the deepest hydrate-bearing sand layer means that even slightest pressure reduction 

would promptly induce hydrate decomposition. The temperature profile shows that the gas hydrate exists within the 

19-20 oC interval providing ample sensible heat to maintain the hydrate decomposition reaction. Thus, the pressure 

and temperature conditions favor the depressurization method as a tool to destabilize hydrate for gas production. 



 
Figure 2: Initial pressure (left) and temperature (right) distributions within the model. 1 stands for the interbedded hydrate-

bearing sand section; 2 designates water-bearing sand section of the reservoir. 

 

Modeled production well 
 

To conduct the simulations, a vertical well was constructed at the center of the cylindrical domain. The well is 

completed (no sand control is included in the well set-up at this time as these initial runs do not include potential 

grain movement or other geomechanical considerations) throughout the hydrate-bearing sand sub-units and the mud-

rich interbedded sub-units in Unit 4 (from 272.8 to 290.6 mbsf; the green arrow in Figure 1). The hole is open to 

production from the top of Unit 4, (the top of hydrate bearing sub-unit #1) to the contact between the deepest 

hydrate-bearing sand (sub-unit #18) and the underlying water-bearing sand sub-unit (Figure 1). To explore 

sensitivity of production to the presence of the thinly-bedded aquifer beneath sub-unit #18, another well completion 

was applied from 272.8 (sub-unit #1) to 289.8 mbsf (sub-unit #17). That essentially separates the producing hydrate-

bearing units from the water-bearing sand by means of the interval including the mud sub-unit and sub-unit #18 

(Figure 1). Depressurization is simulated by applying a constant pressure of 3.0 MPa at the topmost grid block of the 

wellbore sub-domain located just above the top of Unit 4 (sub-unit #1, Figure 1). The wellbore sub-domain was 

represented using the pseudoporous-medium approach.[26]  

 

Simulation cases 
 

This 2D reservoir model uses an idealized, homogeneous description of saturation and porosity of hydrate-bearing 

sand and mud sub-units. The intrinsic permeability of sand was assumed to be 1 Darcy and mud sections were 

assigned with low permeability value, 5 x 10-4 md. The other parameters given in Table 2 were taken from the 

literature data including the use of Nankai Trough data as an analogue.[27,29] Effective (aqueous) permeability 

reflects reduced ability of porous media to transmit fluid due to presence of solid (hydrate) phase and/or emerging 

gas phase. The effective permeability is calculated using a relative permeability function and a porosityï

permeability relationship to modify intrinsic permeability. Previous works, based primarily on short-duration 

borehole pressure-transient testing in Alaska, had generally indicated a low value of the effective permeability, such 

as 0.1 md.[28] However, recent evaluations of pressure cores acquired in Japan suggest in situ permeability of 

hydrate-bearing sands may range from 1 to 100 md measured for pressurized core sediments.[29] To encompass 

uncertainty in effective permeability evaluations, two cases were created, Case 1A uses 0.1 md that approximately 

captures a lower boundary of the value and Case 1B features a 10 md value for the upper boundary. Those values of 

initial effective permeability were achieved by adjusting the corresponding the power nA value for the relative 

permeability function (Table 3) with assumptions of 80% for initial hydrate saturation and 10% for bound water 

(Table 2). The Original Porous Media (OPM) model was used implying that porosity is divided  

 



Table 2: Initial hydrate reservoir parameters.  
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1 67   0 10 90 5x10-4 5x10-4 0.17 / 1.16 1.2x10-8  2750 1000 

2 66  10 10 80 5x10-4 5x10-4 0.17 / 1.18 1.2x10-8 2600 1000 

3 71 0 10 90 5x10-4 5x10-4 0.15 / 1.07 1.2x10-8 2700 1000 

4 (GH sand) 40 80  10 10 103 0.1 or 10**  
0.37 / 2.28 1.2x10-8  2750 1000 

4 (mud) 40 0 10 90 5x10-4 5x10-4 
0.36 / 1.95 1.2x10-8  2750 1000 

4 (H2O 

sand) 

40 0 90 10 103 103 
0.37 / 2.28 

1.2x10-8  2750 1000 

5 53 0 10 90 5x10-4 5x10-4 0.24 / 1.51 1.2x10-8 2650 1000 

*Values are for the horizontal permeabilities; a 0.1 coefficient is used for horizontal permeabilities; ** Cases 1A and 2A accept 

0.1 md and Cases 1B and 2B assume 10 md; ** *Maxwell mixing rule[31] was applied to estimated dry and wet (water saturated) 

thermal conductivities using 5.1 W/m K for rock; 0.6 W/mK for water and hydrate, and 0.07 W/mK for methane. 

 

between hydrate, water, and gas and effective permeability is controlled by the relative saturations of those phases in 

pores.[30] Table 3 also collects the parameters of the capillary pressure function used in the simulations. 

 

Cases 1A and 1B were carried out to predict reservoir performance using the perforated interval to induce 

depressurization in all hydrate-bearing sub-units including the deepest #18 that is in contact with the aquifer (Figure 

1). Cases 2A and 2B, assuming 0.1 and 10 md of effective permeability, respectively, were conducted with the 

shortened perforated interval as explained in the ñModeled production wellò section above. 

 

Simulations of gas production from the 2D models were performed using a parallel version of TOUGH+Hydrate 

code[30] developed to model the non-isothermal gas release, phase behavior, and flow of fluids and heat in complex 

geological media.  

 

Table 3: Capillary pressure and relative permeability models. 
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Simulation Results 

 

Gas and water production  
Figures 3-5 and 14-16 are organized in such way that each figure number designates two (left and right) figures. A 

left figure provides a time-dependent quantity during first 90 days of production, while a right one shows the same 

quantity change over 5 years of depressurization. Figures 3 and 14 compare the predicted gas rates and volumes for 

Cases 1A / 1B and Cases 1B / 2B, respectively (in Cases 2A the rates are extremely low and results are not included 

here). For the same pair of cases Figures 4 and 15 collect water rates and volumes and Figures 5 and 16 show the 

volumetric water-to-gas ratio dependency as a function of time. Table 4 provides values for gas and water 

rates/volumes at 30, 60, and 90 days. 

 

The reservoir was predicted to produce gas at a rate from 7.86 x 103 m3/day (0.28 MMscf/day) to 1.77 x 105 m3/day 

(6.25 MMscf/day) after 90 days of depressurization for Case 1A and Case 1B, respectively. In Case 1B the 

production gas rate is comparable with the 8.0 x 104 m3/day value predicted using depressurization of thinly-bedded 

oceanic hydrate accumulation at the eastern Nankai Trough (hydrate saturations up to 80% and initial effective 

permeability from 1 to 10 md were used for fine sand layers in that study).[14] Because of more intensive hydrate 

decomposition accompanying water release in the reservoir, production of water is higher at Case 1B comparing to 

Case 1A. After 90 days of depressurization, it is about 1.2 x 105 and 7.0 x 104 m3 of water produced at Case 1B and 

Case 1A, respectively. Those numbers are increased up to 5.8 x 105 and 2.5 x 105 m3 after 5 years of production. In 

spite of higher water production, the volumetric ratio measuring volume of water produced per 1 m3 of gas (at 

standard P/T conditions) is consistently smaller for Case 1B than it is for Case 1A during the first 1.5 years. After 

that time, the ratio numbers converge to approximately 0.01 for two cases and stay relatively constant throughout the 

rest of the simulation period, 5 years. Given that the volumetric ratio of water-to-gas volumes released after 

decomposition of 1 m3 of methane hydrate (at the hydration number equal to  6.0 and standard P/T conditions) is 

around 0.005, the stabilization of the ratio of produced water-to-gas volumes suggests that heat transfer supporting 

the decomposition reaction becomes a dominant factor controlling the production rates. For Case 1B the ratio 

becomes 0.1 after about 90 days of production, for Case 1A featuring the low effective permeability (that determines 

the ability of the reservoir to transmit fluids for effective depressurization) it takes more than a year to reach that 

value. 

 

Water management during gas production from hydrates is an important aspect of commercially viable reservoir 

exploitation. The necessity to lift a significant amount of brine to the sea level poses a number of technological 

challenges contributing into an overall project cost.  The interbedded nature of this hydrate reservoir provides an 

opportunity to ñdisconnectò the producing sub-units from the aquifer, which is in contact with hydrate-bearing sub-

unit #18, by means of the new well completion design. The design implies modification of the completed interval to 

the bottom of the sub-unit #17 separated from #18 and the aquifer by a low permeability  mud sub-unit. The results 

of Case 2A show that gas production rate declines by more than an order of magnitude during first 90 days (with 

similar trend predicted for longer times) and the produced gas volume is two orders of magnitude smaller than that 

predicted at Case 1A. That means that reservoir performance is determined by the productivity from the deepest 

hydrate-bearing sub-unit #18 benefiting from the enhanced depressurization along the hydrate-water contact (under 

conditions of impermeable for mass flow lateral boundaries). In contrast to Case 2A, the productivity using Case 2B 

is comparable with that at Case 1B during first 40 days of depressurization. Later the production rate steadily 

increases for Case 1B and reaches a peak of ~2.75 x 105 m3/day (~9.7 MMscf/day) after 5 months, while it stays at 

the relatively same level of ~105 m3/day (~3.5 MMscf/day) for Cases 2B. A comparative analysis reveals that the 

production rate peak for Case 1B is associated with intensive decomposition of hydrate in sub-unit #18 facilitated by 

the water withdrawal from the underlying aquifer. After about 7 months the rate at Case 2B becomes larger than that 

at Case 1B resulting in 8 x 107 vs 6.5 x 107 ST m3 of gas volume produced, respectively, after 5 years. Because the 

water-bearing sand underlying sub-unit #18 has limited hydraulic communication with the producing well, water 

production is less for Case 2B that it is for Case 1B. For Case 1B the volumetric water/gas ratio drops within first 

several days of depressurization to a value close to 0.005 indicating that sensible heat supply to maintain the 

decomposition reaction becomes a leading factor influencing productivity. 

 

2D property distribution  
 



Figures 6-9 demonstrate 2D property distributions within first 20 (left figures) and 500 (right figures) meters from 

the well bore in Unit 4 for Case 1A at the 90-day time point. The pressure distributions show that the 

depressurization affect is limited to sub-unit #18 and the underlying aquifer. The pronounced depressurization of 

sub-unit #18 is interpreted because the highly-permeable (1000 md) water-bearing media located underneath the 

sub-unit. The temperature distributions reveal that temperature decreases in the areas where hydrate is decomposing 

and heat is consumed according to the endothermic nature of the dissociation reaction. That is consistent with 

hydrate and gas saturation distributions showing substantial hydrate decomposition in sub-unit #18 and limited 

propagation of the dissociation interfaces for the other sub-units. The distributions show that hydrate decomposes 

non-uniformly depending on thickness of hydrate-bearing and mud sub-units. The sub-units #1-17 develop well-

defined vertical dissociation interfaces except for sub-unit #18, which forms both vertical and horizontal dissociation 

interfaces due to the presence of the aquifer. 

 

Figures 10-13 capture 2D property distributions within first 20 (left figures) and 500 (right figures) meters from the 

well bore in Unit 4 for Case 1B at the 90-day time point. Pressure distributions demonstrate deep propagation of 

depressurization into Unit 4, such that for certain sub-units sandwiched between mud sections, the pressure 

reduction reaches 300-350 m from the well bore. The hydrate decomposition causes temperature drop and that is 

reflected in the temperature distribution figures. For about half of the reservoir volume the temperature declined 

from initial 18-20 to 15-18 oC. The hydrate saturation distributions display an interesting feature; - the hydrate 

decomposes at the horizontal interfaces developed at the boundaries between sand and mud sub-units. As 

temperature drops due to the decomposition reaction a temperature gradient between the sand and mud sections 

induces heat flux that support evolution of the horizontal interfaces. High initial effective permeability plays a 

decisive role in initiation and propagation of the interfaces throughout the reservoir in the lateral direction; opposite 

to Case 1A where low effective permeability precludes formation of horizontal interfaces. The dissociation at 

vertical interfaces is hindered by hydrate reformation behind them, such that hydrate saturation is raised above the 

initial 80% that reduces the amount of free water and effective permeability below the initial value. As a 

consequence, in the lateral direction hydrate is decomposed only within 1 m after 90 days of production. The 

interbedded architecture of the reservoir dictates flow of the mobile phases, released during decomposition, 

predominantly in the horizontal direction. As gas-saturated brine driven by a local pressure gradient approaches a 

dissociation interface, local pressure and temperature conditions may bring that gas out of solution and support the 

formation of secondary hydrate. That process is manifested as higher than initial hydrate saturations at the 

dissociation interfaces shown in the figures. For Cases ñAò, hydrate reformation behind the dissociation interface 

significantly hinders the productivity, in B Cases the horizontal dissociation interfaces provide an alternative path 

for gas to be delivered to the producing well and alleviate the adverse effect of reformation at the vertical interfaces. 

The hydrate reformation behind dissociation interfaces may be an artefact of 2D modeling and homogeneous 

descriptions of porosity, saturations, and intrinsic permeability assumed in this work for the formation units (Table 

2).[21,35]  

 

  



  
Figure 3: Cumulative production gas volumes and gas rates for 90 days (left) and 5 years (right) for the simulation 

Cases 1A and 1B. 

  
Figure 4: Cumulative production water volumes and water rates for 90 days (left) and 5 years (right) for the 

simulation Cases 1A and 1B. 

  
Figure 5: Cumulative production water volumes and water rates for 90 days (left) and 5 years (right) for the 

simulation Cases 1A and 1B. 

 

 

 



TIME 90 DAYS 

CASE 1A 

  
Figure 6: Pressure distribution within first 20 (left) and 500 (right) m from the well in UNIT 4. 

  

Figure 7: Temperature distribution within first 20 (left) and 500 (right) m from the well in UNIT 4. 



  
Figure 8: Hydrate saturation distribution within first 20 (left) and 500 (right) m from the well in UNIT 4. 

  
Figure 9: Gas saturation distribution within first 20 (left) and 500 (right) m from the well in UNIT 4. 

 

  


