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Abstract 
 

The objective of the project was to perform field trials of a novel fracturing eco-friendly 

treatment. The treatment uses a biodegradable polymer containing proppant that keeps the 

fracture open once the polymer degrades. It is ideal for creating short, highly conductive 

fractures past formation damage. Compared to conventional hydraulic fracturing, the 

treatment volumes are small and the horsepower and pump rates are low. The two main 

challenges faced during the project were the tendency of the polymer particles to stick 

together when the temperature increases, and the large size of these particles which makes 

them hard to pump through standard oilfield equipment, such as triplex pumps. To overcome 

the stickiness problem, the particles were coated using a bio degradable wax. The wax melting 

temperature was tailored to be just lower than the softening temperature of the polymer 

particles.  

Water, linear and cross-linked gels were initially tested as carrying fluids for the particles but 

none of them worked: the particles start settling quickly and plug the triplex pumps and the 

treating lines. A pressurized polymer injection system was designed to solve this issue. The 

system was successfully tested in five field jobs. The polymer was loaded in the injector sphere 

and the system was filled with water. More water was then pumped at high pressure, through 

the injector, forcing out the particles at a predefined concentration and injecting them 

downhole. 

Nine field jobs were completed in Bee, Jefferson and Montague counties in Texas. The well 

selection was based on bottom hole conditions: temperature (130˚F-200˚F), permeability (>  ̴1 

md), target zone thickness (20 ft maximum), volume below production packer (>3 bbls) and 

evidence of near-well bore damage. Some of the wells showed fluid flow increase after the 

treatment but the field test results are still under evaluation. Additional work to improve the 

polymer and wax chemistry and to include more features in the polymer injection system is 

in progress. 
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1 Executive Summary 

 
This report is submitted in fulfillment of Task 12 of the project “Field Demo of Eco Friendly 

Creation of Propped Hydraulic Fractures”. The objective of this project is to perform several 

field trials of a new fracturing treatment that uses an environmentally-friendly polymer 

containing a proppant to create short, highly conductive fractures in wells to bypass 

formation damage. The polymer degrades in the presence of water to form a very viscous 

proppant-laden gel fluid in the wellbore. Before the polymer degrades enough to allow 

proppant particles to settle, the gel is squeezed into the formation above fracture pressure. 

The polymer continues to degrade to a clear aqueous solution, leaving no damage in the 

formation. The treatment uses small material volumes, low horse power and pump rate, has 

minimal environmental effect, and leaves the formation face and proppant pack residue free. 

Previous laboratory research funded under RPSEA Small Producers Program, project number 

09123-20, has confirmed the feasibility of injecting the partially degraded polymer through 

simulated perforations. 

A simple fracture design model was used to estimate the pumping schedule and the final 

fracture conductivity. The program calculates the pad slurry volumes needed to create the 

defined fracture geometry. 

The main challenges faced during the project were the tendency of the polymer particles to 

stick together when temperature increases, and the relatively large size of the polymer 

particles which makes them hard to pump through standard oilfield equipment triplex pumps. 

To overcome the stickiness problem, the particles were coated with a biodegradable wax. The 

wax melting temperature was tailored to be slightly lower that the softening temperature of 

the polymer particles. Different carrying fluids such as water, brines, and linear and cross-

linked gels were tested as carrying fluids but none of them worked as the particles start 

settling quickly and plug the pump and treating lines. The solution developed during this 

project was a high pressure particle injector and a modified injection procedure. The high 

pressure injector eliminates both the size limitation of particles and the chemical additives 

required in the traditional injection process. It consists of a high pressure material storage 

vessel and an injection block.  

Five field trials have been performed where the polymer was successfully placed downhole. 

Water with 10-15% particle concentration was pumped at 1-2 bpm rates and up to 2900 psi 

pressure. 

In all the trials, results show that the proppant was squeezed into the formation. One well 
showed significant increase in well productivity index on swabbing, but excess water 
production and no lift mechanism in the well did not allow gas production. Two wells had no 
production before or after treatment. Another well, producing high-paraffin oil was treated 
following a hot oil treatment; the production has not reached before-treatment oil rate after 
30 days. The polymer tested in the lab has completely degraded. 
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1.1 Report Details 

In the next sections, all work performed during this project is presented. This includes 

methods of experimentation and implementation, results and discussions, impact to 

producers, technology transfer efforts, conclusions, and recommendations. 

1.2 Experimental Methods 

The experimental work consisted of laboratory testing and large scale testing of the PLA 

particles and the different injection methods considered. 

1.3 Laboratory Testing 

1.3.1 Wax Coating 

Several polyester waxes were developed to coat the PLA particles. The melting point of the 

wax has to be lower than the softening point of the polymer to coat. Stickiness tests showed 

that the minimum amount of wax to use to avoid particle stickiness was 10% of the polymer 

weight. The coating process consists of melting wax in a hot pot while the PLA particles are 

stirred in a concrete mixer; the melted wax is then poured onto the polymer in the concrete 

mixer.   

1.3.2 PLA Degradation and Viscosity 

This testing was extensively covered in RPSEA Project 09123-20: “Creating Fractures Past 

Damage More Effectively With Less Environmental Damage" 

PLA Stickiness 

20-30 ml of PLA are placed in in a 250 ml beaker. Water is added up the to 200 ml mark. The 

beaker is then placed on a hot plate with a magnetic stirrer. While stirring the PLA, the 

temperature is increased by 10˚F steps. The PLA pellets behavior is monitored for 5 minutes. 

Any softening and/or stickiness are reported. The temperatures at which the PLA starts 

softening and sticking together, to the magnetic stirrer or to beaker, are reported. If they do 

not stick, the temperature is increased until the well maximum bottom hole temperature is 

reached.  

1.3.3 PLA Settling Test 

A 10 ft. long and 2 in diameter transparent PVC pipe is placed vertically and filled with water, 

brine or well fluid. PLA particles are dropped and their falling speed is recorded 

1.4 Large Scale testing 

Large scale testing for the RPSEA project was performed at various stages throughout the 

project to develop a suitable approach for injecting the degradable polymer particles into the 

wellbore in the field. Two large-scale tests with gelled fluid and triplex “mud” pumps were 

performed to evaluate if the particles could be pumped through a triplex pump. Additionally, 

numerous large scale tests with various iterations of a degradable polymer particle injector 

were performed. 
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The large-scale tests performed with triplex “mud” pumps, were designed to test if the 

degradable polymer particles could successfully move through a triplex pump suspended in a 

slurry of gelled water. For the first test, cross-linked guar was mixed into 20 bbl of fluid by 

circulating the dry, water-soluble polymer through a centrifugal pump and an open-top tank. 

Once the guar had hydrated, polymer particles were added to the slurry at a low 

concentration and the triplex pump was engaged. The particles were circulated through the 

centrifugal (prime) pump and the triplex pump with no pressure on the system for 15 minutes. 

At the end of 15 minutes, the pumps were shut down and the triplex pump was disassembled 

to inspect the cylinders, plungers, and seals. No evidence of polymer particles building up in 

the seats of the triplex pump was visible. 

The next large-scale test was performed with a different triplex mud pump. The service 

company that performed the first large-scale test was not available when the field tests were 

being scheduled, and as a result, the same test was repeated with a different service company 

and crew. In the second test, a higher concentration and larger quantity of degradable 

polymer was added to the slurry to more closely simulate field test conditions. To begin the 

test, a small quantity (1-2% solids by volume) of degradable polymer particles were added to 

the gelled slurry and circulated through the mud pump. After one minute, more particles were 

added to achieve 4-5% solids concentration by volume and the slurry was circulated through 

the pump to see if any plugging would occur. No plugging was observed, and the polymer 

concentration was increased again to 8-10% solids concentration by volume. Once again, no 

plugging was observed while circulating the fluid. Finally, more degradable polymer particles 

were added to achieve 18-20% solids concentration by volume, and the mud pump was 

observed to plug with the high concentration of solid particles moving through the pump. 

With the pump shut down, more water was added to the slurry to reduce the concentration 

of particles back to 15% and then 12% solids to determine a maximum solids concentration 

with the mud pump. 12% solids concentration by volume was identified as a suitable 

maximum concentration for performing the field test with the mud pump because the 

material did not exhibit any plugging and a sufficient volume of particles could be injected 

into the wellbore quickly.  

During this testing, no pressure was put on the system for safety and equipment limitations. 

As a result, the team was not able to observe how the triplex pumps tested would behave in 

high-pressure environments. Reflecting on the tests, it is reasonably likely the particles were 

actually being circulated through the system with the centrifugal pump which should have no 

problem moving large particles with no pressure and simply passing through the opening and 

closing valves in the triplex pump. Field results would indicate that the high-pressure 

environment would yield different results than the large-scale yard testing, and one 

hypothesis to explain that difference is the absence of high-pressure during the yard testing. 

After performing the field test with the mud pump, the shortcomings of the approach were 

clear, and a new methodology for injecting the polymer particles into the wellbore was 
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developed. The new method involved the use of a high-pressure vessel to hold one “stage” 

of the stimulation treatment or ~100 gallons of material, and an injector block that would add 

the degradable polymer particles to a fluid stream at a predictable concentration. The high-

pressure vessel and injector block would be attached between the triplex, high-pressure 

pump and the wellhead. This setup eliminates the need for the degradable polymer particles 

to pass through the triplex pump and reduces the risk of the polymer particles plugging the 

triplex pump. Before settling on this methodology, other options for placing the degradable 

polymer particles into a well were examined closely. The alternative methods evaluated were 

using a dump bailer, injecting the polymer in a viscous liquid form, or forming the polymer 

into various shapes (such as balls) that could be injected with existing equipment. None of 

the alternative options were deemed reasonable or possible, and therefore, creating a 

prototype of equipment to be used to complete the field tests was determined to the best 

path forward. The equipment would need to be able to meter the injection of degradable 

polymer particles into a fluid stream at a consistent and variable rate, safely hold pressure up 

to 3,000 PSI, have connections to standard oilfield equipment, and be easily transported and 

used at a well location. 

Before any field-ready prototype was fabricated, a series of large-scale yard tests were 

performed to validate the concept and ensure the approach would work during field tests. 

The yard tests were performed using a centrifugal pump and flow loop with various vessels 

for holding or receiving fluid and degradable polymer particles. The first of these tests was 

performed with a PVC prototype of a preliminary design for the injection system and a flow 

loop. The concept of using mechanical injection of polymer particles into a fluid stream was 

evaluated and successfully proven. Using a stirring device (in this case, an auger) connected 

to a storage vessel of polymer particles was proven to be a viable concept for adding particles 

to a moving fluid stream. During the tests, it was observed that in order to successfully inject 

the particles at a consistent concentration, pressure or simply re-filling of fluid would need to 

occur in the storage vessel to account for fluid and particles moving out of the storage vessel 

during injection. Without this element, varying concentrations of injection were observed 

which would not be suitable in field testing for risk of plugging the candidate well with “slugs” 

of highly concentrated particles. This principle would be applied throughout the yard and field 

testing. 

The next step of large-scale testing was replacing the PVC prototype with the field-ready, 

high-pressure prototype and utilizing the same flow loop and centrifugal pump capable of 

pumping at rates between 0.25 and 2.0 bpm. Additional yard testing was performed with the 

prototype with two purposes: 1) to identify modifications or improvements required prior to 

field testing and 2) collect data about the operation of the prototype that would be required 

for the design of field testing procedures. The first tests performed were started by loading 

the storage vessel with degradable polymer particles, filing the vessel with water and 

circulating fluid through the flow loop with the auger rotating. This test was performed to 

evaluate if the geometry of the system would allow for the movement of particles at a 
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consistent rate, and returns from the unit were captured in a screen and monitored with clear 

tubing on the downstream side of the injection unit. The test revealed that the prototype 

would inject particles at a consistent rate into a fluid stream, but more granularity was needed 

to evaluate the limitations and ideal operating conditions for the equipment. The auger speed 

was increased and the rate of injection was measured by timing how long it would take to 

inject a pre-determined volume of particles. The auger was also slowed to identify the lower 

bounds of the system. In other tests, the fluid injection rate was varied to evaluate the effect 

on the particle injection rate. It was observed that turning the auger at 30 RPM and injecting 

fluid at 1.5BPM was optimal for creating a uniform concentration of particles at 12% solids 

concentration by volume. As a result, these settings were to be used in field tests.  

1.5 Injector Design 

Injection of small particles of material for various purposes is a common practice in the oilfield. 

Common uses include proppant in hydraulic fracturing, fluid-loss additives in drilling, and, more 

recently, small particles of degradable polymer for fluid diversion. These practices are performed using 

commonly-found equipment such as the ever-present triplex pump designed to move not only fluids, 

but particles suspended in the fluids. However, such equipment is limited in its ability to displace larger 

particles greater than 6 or 8 mesh. During RPSEA project 11123-23 a need to inject large-diameter 

particles (up to 0.5”) was identified, and a novel procedure and equipment were developed to meet 

such need. The equipment overcomes limitations of existing oilfield equipment and offers benefits 

such as eliminating the need for a blender and a chemical suspension package and offering the 

injection of multi-barrel volumes “on-the-fly” without passing through a pump. 

Pumping any size particles through a triplex pump has inherent drawbacks such as wear on the internal 

components of the pump, but pumping large particles through a triplex pump is virtually impossible. 

The particles can get stuck inside the pump and inhibit an effective seal to generate the desired rate 

and pressure. This problem is enhanced further when the particles are not entirely brittle. Injecting 

particles with a triplex pump also requires the creation of a slurry with suspended particles prior to 

displacement through the pump. This suspension can require the addition of chemical additives to 

viscosify the fluid to support such particles which increases the complexity of any procedure calling 

for the injection of particles.  

The solution developed during RPSEA project 11123-23 eliminates both the size limitations of particles 

and chemical additives required in the traditional injection process. The solution is comprised of a 

novel piece of equipment and a modified injection procedure. 

The novel equipment developed for the injection of particles relies on two primary components to 

accomplish its purpose: a high-pressure material storage vessel and an injection block. The high 

pressure storage vessel has capacity for 105 gallons of material and can be filled with material through 

an opening at the top of the vessel. A platform around the vessel allows for safe and easy access to 

the filling port and a typical procedure calls for the loading of material to the platform via a forklift. 

The material loaded into the ball can be of any diameter up to 1” and can be comprised of virtually 

any solid material.  

The second component of the equipment is the high-pressure injection block. Fluid is passed through 

this device at pressures up to 3,000psi (the pressure rating on the entire unit) and rates up to 5BPM. 
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The injection block is attached to the storage vessel and meters particles into the fluid stream at 

variable and predictable rates. Testing of the equipment has yielded injection rates as low as 2% solids 

concentration by volume and as high as 25% solids concentration by volume. Because the mixing of 

the fluid and the injected particles happens “on-the-fly” no chemical additives were needed to inject 

particles that would have normally required heavy viscosifiers to inject.  

The procedure for performing this novel particle injection process was performed with a triplex pump 

and water truck in combination with the particle injector. The triplex pump was configured to pull fluid 

from the water truck and pump it toward the wellbore. In between the triplex pump and the wellbore, 

the particle injector was installed in-line with an additional “bypass” line installed to allow fluid to 

move into the wellbore without passing through the injection block. The installation of the equipment 

is similar to a “ball injector” used for placing ball sealers into a wellbore, but this equipment is both 

more versatile in allowing for a wide range of particle sizes and also capable of injecting much greater 

volumes.  

Applications for this equipment are still being explored. It was initially created to facilitate EnerPol’s 

proprietary “SqueezeFrac” process, but it may have additional valuable applications in the oilfield. For 

instance, the equipment could be used to inject very large quantities of ball sealers or large particles 

for fluid diversion, to inject small quantities of proppant for hydraulic fracturing in a simplified / low-

cost process, or other applications where the injection of larger-diameter particles may be beneficial.  

Five field trials of the equipment have been performed with successful results. Particle injection was 

accomplished at fluid rates of 1-2BPM and 10-15% particle concentration by volume at pressures up 

to 2,900PSI. Additional applications for the equipment are being considered, and the procedure to use 

it in the oilfield is being refined to further enhance the device’s effectiveness and reliability. 

 
Figure 1. High Pressure PLA Injector 
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1.6 Simulation Software 

A simple fracture treatment design model was programed using Excel VBA. The goal was to 

estimate the pumping schedule and final conductivity of a fracture treatment. The program 

calculates the total volume of injection, the pad volume and the slurry volume to create the 

defined geometry of a fracture. 2-dimensional fracture models were used in the program. The 

model options are PKN fracture, KGD fracture or radial (penny-shaped) fracture. As a start, it 

takes several reservoir properties such as geomechanical properties – Young’s modulus and 

Poisson’s ratio, permeability and porosity as inputs. Data of fracturing fluids and proppant are 

also required. Proppant type can be selected between 20/40 mesh sand and 20/40 mesh 

bauxite. Finally, target treatment data is required, especially the fracture half length. Table 1 

summarizes the required input data and typical values. 

Table 1. Input values for fracture design 

Reservoir data 

Fracture gradient FG, psi/ft 0.7 

Formation depth D, ft 10000 

Young’s modulus E, psi 4.0 x 106 

Poisson’s ratio 𝜈, - 0.25 

Formation thickness h, ft 75 

Porosity 𝜙, - 0.1 

Permeability k, md 0.1 

Drainage radius 𝑟𝑒, ft 2980 

Wellbore radius 𝑟𝑤, ft 0.5 

  

Fracturing fluid & proppant data 

Power law exponent 𝑛′, - 0.55 

Consistency index 𝐾′, 𝑙𝑏𝑓𝑠𝑒𝑐𝑛′
𝑓𝑡2⁄  0.04 

Leakoff coefficient 𝐶𝐿, 𝑓𝑡 𝑚𝑖𝑛0.5⁄  0.003 

Frac fluid density 𝜌𝐿 , 𝑙𝑏 𝑓𝑡3⁄  65 

Proppant porosity 𝜙𝑝, − 0.4 

Proppant density 𝜌𝑝, 𝑙𝑏 𝑓𝑡3⁄  165 

End-of-job slurry concentration 𝑐𝑡 , 𝑝𝑝𝑔 8 

Closure stress 𝜎, psi 3000 

 

After running the program, as a result, pad volume and proppant mass to satisfy the target 

fracture geometry based on input injection rate are calculated. And proppant concentration 

at the end of pumping is also obtained. Furthermore, to give the brief idea of fracture 

propagation, the fracture length, width, conductivity and, efficiency as a function of injected 

volume are also presented. Figure 2 shows an example output. 
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Figure 2. Output from Fracture Treatment Design  

Since this program is based on analytical 2-dimensional fracture propagation modeling, it starts from 

honoring the input target half-length and calculating fracture width according to the selected model. 

And by applying the material balance, which states the relationship that the volume injected is the 

sum of the volume used in fracture propagation and the volume leak-offed into the formation, the 

required injection time to achieve target fracture geometry is obtained and subsequent calculations 

are done such as injection efficiency, pad volume, pad injection time, mass of proppant injected, 

proppant concentration and propped width. Non-Newtonian fluid rheology is considered in the 

calculation. Further technical background including detailed calculation procedures can be found in 

Appendix I.  

The more valuable information of a fracture treatment is the well performance after fracturing. 

Analytical models are used here to estimate production rate for fractured wells. This part was 

recorded in a separate Excel spreadsheet. For transient flow period, which is predominant for the 

reservoir which is tight enough to hydraulic fracture treated, flow rate and cumulative production 

for specified producing time is calculated (Figure 3). Table 1 in Appendix I summarizes required input 

data. The Excel VBA program for fracture geometry and Excel program for fractured well production 

are intended to be used sequentially. The data already in the Fracture Treatment Design section is 

automatically used in the fractured well performance calculation. Only newly required data, such as 

reservoir fluid viscosity and compressibility, are required to input in the production part. The details 

can be found in Appendix I. 

 
Figure 3. Output from Fractured Well Forecast 



16 
 

Although it requires quite a long time to reach pseudo steady state for a tight reservoir, the 

production rate for this period is also calculated along with the before-treatment case with a defined 

skin factor. This uses simple inflow equation for each of oil and gas case.  

 

This simulation software can be accessed via the following: 

 

Frac Model Link: http://bit.ly/Frac_Model  

Instructions Link: http://bit.ly/Model_Instructions  

1.7 Field Trials 

 

Seven field trials were performed during the project. The candidate selection criteria were: 

General conditions 

• Bottom-hole temp between 130-200F 

• Evidence of near-wellbore damage 

• Low productivity 

Geology 

• Target zone thickness < 20 feet 

• Permeability at least ~ 0.1 millidarcy 

• Sandstone or carbonate 

Well configuration 

• Casing capacity below packer > 3 bbl 

• (Optional) Tubing out of well 

 

Table 2. List of Field Trials and Results 

County Reservoir/
Field 

Depth 
(ft) 

BHT 
(˚F) 

Approach Results 

Bee, TX Frio Sands 4500 155 Particle slurry/ 
frac pump 

Particles not injected 

Bee,TX Frio Sands 4500 155 Particles poured 
into wellhead 

Conductivity improved 3x 
fluid inflow gain 

Jefferson, 
TX 

Upper Frio 
Sands 

7400 174 Particle slurry / 
gravel pump 

Particles not injected 

Jefferson, 
TX 

Upper Frio 
Sands 

7400 174 Pressurized 
polymer Injector 

Temporary improvement 
in well productivity 

Jefferson, 
TX 

Upper Frio 
Sands 

7400 174 Pressurized 
polymer Injector 

Temporary improvement 
in well productivity 

Jefferson, 
TX 

Upper Frio 
Sands 

7400 175 Pressurized 
polymer Injector 

Improvement in well 
injectivity, no production 

Montague, 
TX 

Caddo 
Lime 

6100 160 Pressurized 
polymer Injector 

Production decreased 

 

http://bit.ly/Frac_Model
http://bit.ly/Frac_Model
http://bit.ly/Model_Instructions
http://bit.ly/Model_Instructions
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1.7.1 Caddo Lime Field Trial 

The well was completed in the Caddo Lime Field at 6090 ft with 8 ft of perforations. It was 

producing an average of 12 bpd of high paraffin oil with a low water cut (~15%) 

The slickwater frac treatment (14000 lbs of 40/70 sand) did not yield any production increase 

and the tight nature of the reservoir prevented proppant placement. The reservoir did not 

respond to an acidizing treatment with 4100 gals of 15% HCl.  

After placing polymer downhole, the well was shut down to wait for polymer degradation. 

After 6 hours waiting time, the first squeeze was attempted without success. The polymer 

was still too viscous to move. The second attempt after 7 hours, 30 minutes was also 

unsuccessful. After 11 hours, when the squeeze pressure reached 3800 psi, a flow rate of 0.3 

bpm was established and maintained for 12 minutes. 2.8 bbls of water were displaced above 

frac pressure without exceeding the maximum wellhead pressure of 4000 psi. 

The production decreased to 6 bpm after the treatment and did not improve after 30 days. 

Further study is underway to understand the damage mechanism.  
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Figure 4: Typical Equipment Layout 
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Figure 4: Squeeze after 7 hrs and 30 mins 

 

 

Figure 5: Squeeze after 11 hrs 
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2 Conclusions and Recommendations 
As a result of this project, we have concluded that injection of relatively large diameter degradable 

polymer (or other substance) can be successfully injected into oil / gas wells using the equipment 

developed over the course of the project. The most appropriate method for injection of large 

particles appears to with equipment similar to the particle injector used during the project to 

circumvent challenges arising from traditional injection methods such as creating a slurry of particles 

and injecting through a triplex pump. The injection procedure developed during the project could be 

used in other field applications where injecting large diameter particles would be required.  

The downhole efficacy of this approach to re-stimulating mature, conventional wells using a high 

viscosity, degradable polymer-based frac fluid is still undetermined. Of the nine field tests 

performed, only one well saw significant improvement in productivity. Many of the wells used in 

field testing were extremely low performing wells before applying the treatment which may 

contribute to the uncertain results, and we recommend additional field testing be performed on 

wells that closely match the criteria needed for this technology. The most important of those criteria 

is a high likelihood of near wellbore damage that could be overcome with a small damage removal 

treatment.  

3 Results and Discussions 
Pumping the large polymer particles through standard oilfield triplex or centrifugal pumps is 

not an option. The particles will settle and ultimately plug the pump and the treating lines. 

Once the high pressure polymer injector was built, the particles could be injected downhole 

at pressures above formation frac pressure. 

The PLA and proppant were successfully squeezed into the formation as predicted by the 

large scale lab tests. 

In some cases, the waiting time between particle injection and the squeeze was longer than 

lab time mainly because the well data received from the producers were not accurate. 

The PLA was successfully squeezed above frac pressure during 5 jobs, but none of the wells 

showed the production increase predicted by the software model. 

In some cases, lumps were recovered during flow operations 2 weeks after the job was 

performed. These lumps are probably insoluble residue from the particle coating wax. 

Because this fracturing process is new, no studies were done on possible interactions 

between the degrading polymer, wax, formation fluids, paraffins, formation fines, and other 

formation damage solids. 

4 Technology Transfer Efforts 

 
The technology transfer portion of the project consisted of four primary activities: 
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1. Analysis to identify high-potential candidate wells and operators and their respective contact 

information. 

2. Meetings and conference calls with small producers with potential candidate wells. 

3. Presentations at RPSEA meetings in Houston, Midland, and Wichita. 

4. Informal knowledge sharing at industry events such as SPE’s ATCE and HFTC and NAPE. 

Analysis to identify high-potential candidate wells and operators consisted of collecting data from the 

Texas Railroad Commission, DrillingInfo and the UT Bureau of Economic Geology. It also involved 

creating a tool that could evaluate hundreds of thousands of wellbores for optimal features for an 

NPEP field test and return to the user a list of operators with ownership of the candidate wells. The 

tool filtered wells by bottom-hole temperature, perforated interval height and production volumes to 

generate the list of candidate wells. After the initial analysis, the list of target operators was adjusted 

to prioritize small producers, and then the project team reached out to the target operators to hold a 

meeting or conference call about the project. The information on candidate wells was also published 

on the EnerPol website at www.Ener-Pol.com.  

After generating the list of target operators, the project team would work to make contact with the 

small producer with high-potential candidate wells for field tests. Many meetings (50+) and 

conference calls were held with the potential partners to share the details of the technology, the 

current status of the project, and to follow up and jointly evaluate candidate wells for field tests. Small 

producers offered more than 15 wells for the project, however, the project team narrowed the list of 

potential candidates using the information provided by these producers. 

While highly targeted meetings with small producers with candidate wells were occurring, the project 

team also participated in four RPSEA Onshore Production Conferences in Houston, Midland, and 

Wichita. At these conferences the project team provided updates and findings at various stages of the 

project. Small producers were in attendance, and the project team answered questions and shared 

informally with those in attendance. 

Aside from the highly targeted technology transfer meetings, the project team found industry events 

to be an excellent venue for sharing information about the project and identifying additional field 

test partners. Furthermore, the team received input from industry on the ideal characteristics the 

NPEP technology would need to possess to make it widely applicable for small producers in various 

regions. Attending events like ATCE, HFTC, and NAPE provided opportunities to meet with numerous 

small operators and industry experts. In particular, NAPE (Houston, TX) generated the most 

opportunities to meet with small producers as many of them do not attend the SPE conferences. At 

these conferences, one-page summaries of the project and degradable polymer samples were 

provided to interested parties. 

The project team also published an article in the September issue of the EFD newsletter. The article 

title was “New equipment Opens up Options for Injecting Large Diameter Particles into Wells.”  

  

http://www.ener-pol.com/
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Appendix I: Program Guide 
This program is composed of 3 parts: candidate well selection, fracture design and fractured 

well performance. Candidate well selection features are the same as in a previous version 

created for RPSEA and fracture design and fractured well forecast are newly included. 

Fracture design and fractured well forecast are located on separate sheets on the same Excel 

file. 

I. Fracture Design 

Figure 1 is the screen capture of the fracture design sheet. The upper section is for typing 

input values and the bottom section shows the results. Default input values are displayed 

for easy application and can be easily changed by typing in new values or selecting different 

option buttons. After finishing entering the input values, the program runs and results are 

displayed by clicking “Run Frac Design” button. If you want to set the typed values back to 

default values, simply press the “Set to default values”. 

 

Figure 1. Screen capture of fracture design 

The outputs, summarized on the left side table, are pad volume, 𝑉𝑝𝑎𝑑 and total proppant 

mass, 𝑀𝑝, which are required to achieve the target fracture geometry under given conditions 
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such as injection rate, reservoir, and fluid data. Proppant concentration in the fracture after 

the treatment (𝐶𝑝) is also presented. On the right hand side, fracture length and width 

propagation as a function of injected slurry volume are displayed in the plots. Fracture 

conductivity, 𝑘𝑓𝑤, in addition to fluid efficiency, 𝜂, are also displayed in the plot. It is well 

presented that the fracture width and conductivity show a very similar trend even though 

fracture conductivity was calculated not by simply multiplying 𝑘𝑓 and 𝑤, but by using 

correlations according to the sand type. 

The fracture propagation is modeled by considering the mechanical properties of the rock, 

the properties of the fracturing fluid, the conditions with which the fluid is injected (rate, 

pressure), and the stress distribution in the porous medium. Therefore, the required input 

values are as follows: 

Table 1. Input values for fracture design 

Reservoir data 

Fracture gradient FG, psi/ft 0.7 

Formation depth D, ft 10000 

Young’s modulus E, psi 4.0 x 106 

Poisson’s ratio 𝜈, - 0.25 

Formation thickness h, ft 75 

Porosity 𝜙, - 0.1 

Permeability k, md 0.1 

Drainage radius 𝑟𝑒, ft 2980 

Wellbore radius 𝑟𝑤, ft 0.5 

Fracturing fluid & proppant data 

Power law exponent 𝑛′, - 0.55 

Consistency index 𝐾′, 𝑙𝑏𝑓𝑠𝑒𝑐𝑛′
𝑓𝑡2⁄  0.04 

Leakoff coefficient 𝐶𝐿, 𝑓𝑡 𝑚𝑖𝑛0.5⁄  0.003 

Frac fluid density 𝜌𝐿 , 𝑙𝑏 𝑓𝑡3⁄  65 

Proppant porosity 𝜙𝑝, − 0.4 

Proppant density 𝜌𝑝, 𝑙𝑏 𝑓𝑡3⁄  165 

End-of-job slurry concentration 𝑐𝑡, 𝑝𝑝𝑔 8 

Closure stress 𝜎, psi 3000 

 

Fracture width 

2D fracture propagation model was used: PKN, KGD, and radial (penny-shaped) model. 

These 2D models assume constant and known fracture height. The fracture height, ℎ𝑓, is the 

value at the time that the fracture length is equal to 𝑥𝑓. 
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PKN model 

The PKN model is used when the fracture half-length exceeds the fracture height. For a 

Newtonian fluid, the maximum width at the centerline of a cross-section of a fracture at the 

wellbore in field unit is calculated by 

𝑤𝑚𝑎𝑥 = 0.3 [
𝑞𝑖𝜇(1 − 𝜈)𝑥𝑓

𝐺
]

1
4⁄

 

𝑤̅ = 0.625 𝑤𝑚𝑎𝑥 = 0.19 [
𝑞𝑖𝜇(1 − 𝜈)𝑥𝑓

𝐺
]

1
4⁄

 

The maximum fracture width with a non-Newtonian fluid is 

𝑤𝑚𝑎𝑥 = 12 [(
128

3𝜋
) (𝑛′ + 1) (

2𝑛′ + 1

𝑛′
)

𝑛′

(
0.9775

144
) (

5.61

60
)

𝑛′

]

1
(2𝑛′+2)⁄

∙ (
𝑞𝑖

𝑛′
𝐾′𝑥𝑓ℎ𝑓

1−𝑛′

𝐸
)

1
(2𝑛′+2)⁄

 

𝑤̅ = 0.625𝑤𝑚𝑎𝑥 

Where G is the elastic shear modulus, 𝑞𝑖 is the injection rate, 𝜇 is the apparent viscosity and 

𝜈 is the Poisson ratio. 

KGD model 

The KGD model is applicable to predict the fracture geometry where ℎ𝑓 ≫  𝑥𝑓 . The average 

fracture width, in inches, in Newtonian fluid is 

𝑤̅ = 0.34 [
𝑞𝑖𝜇𝑥𝑓

2

𝐸′ℎ𝑓
]

1
4⁄

(
𝜋

4
) 

Radial model 

At early times during a fracturing treatment, the fracture is not confined by vertical barriers 

to fracture growth, and in a homogeneous formation the fracture is approximately circular in 

shape when viewed from the side. When relatively small fracture treatments are applied in 

thick reservoirs, or in formations with little stress contact between layers to retard the vertical 

fracture growth, this circular geometry may persist throughout the entire fracturing process. 

Fractures of this nature are called radial or penny-shaped fractures. For this fracture 

geometry, the maximum fracture width is  
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𝑤𝑚𝑎𝑥 = 2 [
𝑞𝑖𝜇(1 − 𝜈)𝑅

𝐺
]

1
4⁄

 

where R is the radius of fracture. (Geertsma and DeKlerk, 1969) 

 

Fluid volume  

Pad is fracturing fluid which does not carry proppant, intended to initiate and propagate the 

fracture. The volume of pad is calculated based on fluid efficiency, 𝜂 =
𝑉𝑓

𝑉𝑖
. 

𝑉𝑝𝑎𝑑 ≈ 𝑉𝑖 (
1 − 𝜂

1 + 𝜂
) 

During the fracture propagation, fluid leaks off into the reservoir. Therefore, a material 

balance between total fluid injected, created fracture volume (𝑉𝑓) and fluid leakoff (𝑉𝐿) can 

be written: 

𝑉𝑖 = 𝑉𝑓 + 𝑉𝐿 

And this equation is the same as 

𝑞𝑖𝑡𝑖 = 𝐴𝑓𝑤̅ + 𝐾𝐿𝐶𝐿(2𝐴𝑓)𝑟𝑝√𝑡𝑖  

where 𝑞𝑖 is the injection rate, 𝑡𝑖 is the injection time, 𝐴𝑓 is the fracture area, 𝐶𝐿 is the leakoff 

coefficient, and 𝑟𝑝 is the ratio of the net to fracture height (ℎ ℎ𝑓⁄ ). The variable 𝐾𝐿 is related 

to the fluid efficiency. 

𝐾𝐿 =
1

2
[
8

3
𝜂 + 𝜋(1 − 𝜂)] 

For a given fracture length, the average width, 𝑤̅, can be calculated under the choice of 

fracture model, PKN, KGD or radial. 

Since the fluid efficiency can be calculated only after 𝑉𝑓 is obtained, any reasonable 

assumption of 𝜂 is made first. Then, by substituting the average width obtained from the 

chosen fracture model into the material balance equation, a quadratic equation with the 

variable 𝑡𝑖 is formed and we can get the value of 𝑡𝑖. By calculating 𝑉𝑖 = 𝑞𝑖𝑡𝑖, the actual value 

of 𝜂 is gained and compared with the previously assumed value. If those two values are not 

close, this whole process is repeated with newly obtained 𝜂 until there is not much 

discrepancy between assumed and actual values. 

 

 

http://proquest.safaribooksonline.com/9780137033812/ch18lev1sec9_html#ch18bib15
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Propped fracture width 

The variable 𝜀 is the value which depends on the efficiency and is given by 

𝜖 =
1 − 𝜂

1 + 𝜂
 

The average slurry concentration in ppg is calculated by 

𝑐𝑝̅ =
𝑐𝑓

𝜖 + 1
 

The mass of proppant, 𝑀𝑝, which has been injected into a fracture of half-length 𝑥𝑓 and 

height ℎ𝑓, is 

𝑀𝑝 = 2𝑥𝑓ℎ𝑓𝑤𝑝(1 − 𝜙𝑝)𝜌𝑝 

where, 𝑤𝑝 is the propped width, 𝜌𝑝 is the density of proppant and 𝜙𝑝 is the porosity of 

proppant.  

And this mass is also presented as 

𝑀𝑝 = 𝑐𝑝̅(𝑉𝑖 − 𝑉𝑝𝑎𝑑) 

The proppant concentration in the fracture, 𝐶𝑝, is defined as 

𝐶𝑝 =
𝑀𝑝

2𝑥𝑓ℎ𝑓
 

and the units are 𝑙𝑏 𝑓𝑡2⁄ . Therefore, the propped width is rearranged as 

𝑤𝑝 =
𝐶𝑝

(1 − 𝜙𝑝)𝜌𝑝
 

Skin factor 

Relative capacity by Prats is defined as 

𝑎 =
𝜋𝑘𝑥𝑓

2𝑘𝑓𝑤
 

Effective wellbore radius is 

𝑟𝑤
′ = 𝑟𝑤𝑒−𝑠𝑓  

When relative capacity a is large or low conductivity fractures, effective wellbore radius is 

approximated as 

𝑟𝑤
′ =

𝑘𝑓𝑤

4𝑘
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and for small values of a, or high conductivity fracture, effective wellbore radius is 

approximated as 

𝑟𝑤
′ =

𝑥𝑓

2
 

Therefore, the skin factor after the fracture treatment is obtained by 

𝑠𝑓 = −𝑙𝑛 (
𝑟𝑤

′

𝑟𝑤
) 

Dimensionless fracture conductivity, 𝐹𝐶𝐷, is  

𝐹𝐶𝐷 =
𝑘𝑓𝑤

𝑘𝑥𝑓
 

Since the value of proppant pack permeability, 𝑘𝑓, is not provided by inputs, fracture 

conductivity, 𝑘𝑓𝑤, is estimated by using the correlation based on the proppant type and 

proppant concentration in the fracture, 𝐶𝑝. 

II. Fractured Well Forecast 

Predicting the performance of a fractured well is based on 2 flow regimes. As time passes by 

after the fracture treatment, transient flow regime becomes pseudo-steady state flow 

regime, when the reservoir pressure decreases at the same, constant rate. Figure 2 is the 

screen capture of the fracture well forecast sheet for transient flow. The upper section is for 

typing input values and bottom section shows the results. Default input values are displayed 

for easy application and can be easily changed by typing in new values or selecting different 

option buttons. After finishing entering the input values, the program runs and results are 

displayed by clicking “Run Fractured Well Forecast” button. If you want to set the typed 

values back to default values, simply press the “Set to default values”. 

 
Figure 2. Screen capture of Fractured well forecast (transient flow) 
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For both flow regimes, gas turbulence effect can be considered, which reduces the flow rate 

due to additional pressure drop. The required input values can be different according to the 

well type: gas or oil. Required input values are summarized in Table 2. 

Table 2. Input values for fractured well forecast (transient flow) 

Reservoir data 

Total compressibility 𝑐𝑡, 1/psi 1 x 10−5 

Reservoir pressure 𝑃𝑟, psi 5000 

Flowing pressure 𝑃𝑤𝑓, psi 4000 

Fracture conductivity, md-ft Read from Fracture Design 

Formation thickness h, ft Read from Fracture Design 

Fracture half-length 𝑥𝑓, ft Read from Fracture Design 

Formation depth D, ft Read from Fracture Design 

Porosity 𝜙, - Read from Fracture Design 

Permeability k, md Read from Fracture Design 

Fracturing fluid & well data 

Fluid compressivility, 1/psi 2 x 10−5 

Fluid viscosity, cp 1 

Producing time, months 5 

Tubing ID, in 2.44 

Well Type 

Well Type Gas or Oil 

Formation temperature T, °F 180 

Gas gravity 0.65 

Turbulence effect coefficient D, (𝑚𝑠𝑐𝑓/𝑑)−1 5 x 10−5 

Formation volume factor, rb/stb 1.1 

 

Flow rate and 𝒑𝑫 

For the case of a gas well, real gas pseudo-pressure function, 𝑚(𝑝), is calculated using 

reservoir pressure, 𝑝𝑟, and flowing bottomhole pressure, 𝑝𝑤𝑓. All the gas properties, such as 

gas formation volume factor, compressibility, viscosity, and density are updated as a function 

of pressure.  

𝑚(𝑝) = 2 ∫
𝑝

𝜇𝑧
𝑑𝑝

𝑝

𝑝𝑜

 

Flow rate is calculated using 

𝑚(𝑝𝑟) − 𝑚(𝑝𝑤𝑓) =
1424𝑇𝑝𝐷

𝑘ℎ
𝑞 +

1424𝑇𝐷

𝑘ℎ
𝑞2 
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For the case of oil, flow rate is calculated using 

𝑝𝐷 =
𝑘ℎ(𝑝𝑟 − 𝑝𝑤𝑓)

141.2𝑞𝐵𝑜𝜇
 

𝑝𝐷 is obtained by reading the values on plots such as Figure 3., presented by 

Economides(1987), which shows the relationship between dimensionless pressure (𝑝𝐷) and 

the fracture dimensionless time (𝑡𝐷𝑥𝑓
) divided by the fracture dimensionless wellbore 

storage coefficient (𝐶𝐷𝑓
) for a range of values of dimensionless fracture conductivity (𝐹𝐶𝐷). 

 

Figure 3. Pressure type curve used to obtain PD 

 

For pseudo-steady state flow, the production before and after fracture treatment are 

compared (Figure 4). To do so, the estimated skin factor before fracture treatment is 

required as an input. Other than skin factor, reservoir pressure, flowing bottomhole 

pressure and fluid viscosity are needed as additional inputs. All the other required data are 

copied from the fracture design part. The summary of input data is in Table 3. 

 
Figure 4. Screen capture of Fractured Well Forecast (pseudo-steady state flow) 
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Table 3. Input values for fractured well forecast (pseudo-steady state flow) 

Reservoir data 

Before treatment skin factor 10 

Reservoir pressure 𝑃𝑟, psi 5000 

Flowing pressure 𝑃𝑤𝑓, psi 4000 

Fluid viscosity 𝜇, cp 1 

Fracture conductivity, md-ft Read from Fracture Design 

Fracture half-length 𝑥𝑓, ft Read from Fracture Design 

Formation thickness h, ft Read from Fracture Design 

Permeability k, md Read from Fracture Design 

Wellbore radius 𝑟𝑤, ft Read from Fracture Design 

Drainage radius 𝑟𝑒, ft Read from Fracture Design 

Well Type 

Well Type Gas or Oil 

Formation temperature T, °F 180 

Compressibility factor Z 0.9 

Turbulence effect coefficient D, (𝑚𝑠𝑐𝑓/𝑑)−1 5 x 10−5 

Formation volume factor, rb/stb 1.1 

 

The skin factor after fracture treatment is the results from the fracture design. The skin 

factor after the fracture treatment is calculated by  

𝑢 = 𝑙𝑛 (
𝑘𝑓𝑤𝑓

𝑘𝑥𝑓
) 

𝑓 =
1.65 − 0.328𝑢 + 0.116𝑢2

1 + 0.18𝑢 + 0.064𝑢2 + 0.005𝑢3
= 𝑠𝑓 + 𝑙𝑛 (

𝑥𝑓

𝑟𝑤
) 

F is the pseudo-skin factor with respect to the fracture half-length. (Cinco-Ley and 

Samaniego, 1981) 

In the case of oil well, the flow rate before hydraulic fracture treatment is calculated by 

𝑞𝑏𝑒𝑓𝑜𝑟𝑒 𝐻𝐹 =
𝑘ℎ(𝑝̅ − 𝑝𝑤𝑓)

141.2𝐵𝜇 [𝑙𝑛 (
0.472𝑟𝑒

𝑟𝑤
) + 𝑠]

 

The flow rate after hydraulic fracture treatment is obtained by using 𝑓 or 𝑠𝑓, the after-

treatment skin factor instead of original skin factor s. Please remember that when using 𝑓, 

𝑥𝑓 is used instead of 𝑟𝑤. 
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𝑞𝑎𝑓𝑡𝑒𝑟 𝐻𝐹 =
𝑘ℎ(𝑝̅ − 𝑝𝑤𝑓)

141.2𝐵𝜇 [𝑙𝑛 (
0.472𝑟𝑒

𝑥𝑓
) + 𝑓]

=
𝑘ℎ(𝑝̅ − 𝑝𝑤𝑓)

141.2𝐵𝜇 [𝑙𝑛 (
0.472𝑟𝑒

𝑟𝑤
) + 𝑠𝑓]

 

For gas wells, the calculation becomes more complex. When the turbulence effect is not 

considered, the before treatment flow rate is 

𝑞𝑏𝑒𝑓𝑜𝑟𝑒 𝐻𝐹 =
𝑘ℎ ([𝑚(𝑝𝑟)]2 − [𝑚(𝑝𝑤𝑓)]

2
)

1424𝜇𝑍𝑇 [𝑙𝑛 (
0.472𝑟𝑒

𝑟𝑤
) + 𝑠]

 

After treatment flow rate is 

𝑞𝑏𝑒𝑓𝑜𝑟𝑒 𝐻𝐹 =
𝑘ℎ ([𝑚(𝑝𝑟)]2 − [𝑚(𝑝𝑤𝑓)]

2
)

1424𝜇𝑍𝑇 [𝑙𝑛 (
0.472𝑟𝑒

𝑥𝑓
) + 𝑓]

 

When gas turbulence effect is considered, the before treatment flow rate is the solution of  

𝑝𝑟
2 − 𝑝𝑤𝑓

2 =
1424𝜇𝑍𝑇𝐷

𝑘ℎ
𝑞 +

1424𝜇𝑍𝑇 [𝑙𝑛 (
0.472𝑟𝑒

𝑟𝑤
) + 𝑠]

𝑘ℎ
𝑞2 

 

After treatment flow rate when considering gas turbulence effect is 

𝑝𝑟
2 − 𝑝𝑤𝑓

2 =
1424𝜇𝑍𝑇𝐷

𝑘ℎ
𝑞 +

1424𝜇𝑍𝑇 [𝑙𝑛 (
0.472𝑟𝑒

𝑥𝑓
) + 𝑓]

𝑘ℎ
𝑞2 
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Nomenclature 

G : the elastic shear modulus, psi 𝜌𝑝 : Proppant density , 𝑙𝑏 𝑓𝑡3⁄  

E : Young’s modulus 𝐺 =
𝐸

2(1+𝜈)
 𝑐𝑡 : End-of-job slurry concentration, 𝑝𝑝𝑔 

𝐸′: plane strain modulus, 𝐸′ =
𝐸

1−𝜈2 𝜎 : Closure stress, psi 

𝜈 : Poisson ratio 𝑥𝑓 : fracture half-length, ft 

𝑞𝑖 : injection rate, bpm w : fracture width, in 

𝑛′  : flow behavior index, Power law exponent ℎ𝑓 : fracture height, ft 

𝐾′ : consistency index   𝑙𝑏𝑓 − 𝑠𝑒𝑐𝑛′
/𝑓𝑡2 R : fracture radius, ft 

𝑟𝑒 ∶ Drainage radius, ft 𝜂 : efficiency 

𝑟𝑤 : Wellbore radius, ft 𝑉𝑖 : injection volume, gal 

𝐶𝐿 : Leakoff coefficient, 𝑓𝑡 𝑚𝑖𝑛0.5⁄  𝑉𝑝𝑎𝑑: pad volume gal 

𝜌𝐿 : Frac fluid density, 𝑙𝑏 𝑓𝑡3⁄  𝐴𝑓 : fracture area 

𝜙𝑝 : Proppant porosity   𝑟𝑝 : the ratio of the net to fracture height 

(ℎ ℎ𝑓⁄ ) 

 

 

 

 

 

 


