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EXECUTIVE SUMMARY

1. PROJECT OBJECTIVES

The objectives of the this research project were to:

¢ Quantify the pore scale mechanisms that determine the wettability state of a reservoir,

e Study the effect of crude oil, brine and mineral compositions in the establishment of
mixed wet states,

e C(larify the effect of mixed - wettability on oil displacement efficiency in waterfloods,

e Develop a new tracer technique to measure wettability, fluid distributions, residual

saturations and relative permeabilities.

2. PROJECT TASKS

The project tasks are summarized below.

Task 1: Mechanisms of Establishment of Mixed-Wetting States

Task 2: Stability of Wetting Films and its Impact on Mixed Wetting States

Task 3: Effect of Wettability on Displacement Efficiency and Imbibition Behavior
Task 4: Use of Interfacial Tracers to Characterize Mixed Wet States

Task 5: Wettability Up-Scaling

3. ACCOMPLISHMENTS
The accomplishments of this project are discussed in detail in this report. In this

section a summary of the accomplishments are provided below.

3.1 Effect of Brine Salinity and Crude QOil Properties on Oil Recovery and Residual
Saturations

Centrifuge experiments were conducted on Berea cores to measure the drainage and
imbibition relative permeabilities in two phase and three phase systems. Three crude oils,
Prudhoe Bay and Shell Mars Al and A20 crude were used in our tests. No effect on oil
recovery was obtained in the drainage experiments when the crude oil was displaced by air at

connate water. However in the imbibition experiments the oil recovery increased
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significantly with the salinity of the connate brine. The salinity of the displacing brine had no
significant influence on the oil recovery. The relative permeability curves obtained during
drainage were also found to be insensitive to the salinity of the brine. However the
imbibition relative permeability curves show strong salinity dependence. A comparison of
the two crude oils and a non-polar mineral oil indicates that the more water-wetting Mars
crude oil shows a higher oil relative permeability at the same bond number compared to the
mixed-wetting Prudhoe Bay crude oil. The salinity dependence of the residual saturations
and the relative permeabilities clearly indicate that the change in wetting properties of the
rocks surfaces from water-wet to mixed-wet during the drainage process is an important
factor controlling the imbibition relative permeability curves. This clearly suggests that the
performance of waterfloods will be strongly affected by the composition of the crude oil and
its ability to wet the rock surfaces, the salinity of the connate brine in the reservoir, and the

height above the o/w contact.

3.2 Effect of Capillary Pressure, Salinity, and Aging on Wettability Alteration in

Sandstones and Limestones

Core flow tests (Berea sandstone and Texas Cream limestone) were performed with a
range of fluids under different conditions to identify the factors influencing the residual
wetting and non-wetting phase saturations and oil recovery. Results of the tests conducted
with Prudhoe Bay and Moutray crude oil show that remaining water (S,,;) and residual oil
saturation vary systematically with Bond number for both sandstone and limestone samples.
Differences in the shape of the wetting phase capillary desaturation curves are observed
during primary and secondary drainage. This suggests that the distribution of fluids in the
rock during secondary drainage is different from primary drainage due to a change in
wettability of the core from a water-wet state to mixed-wet state. These trends were not
observed with decane. Both limestone and sandstone cores become more susceptible to
wettability alteration as the salinity is increased. The wettability index (Aw-Ao, water
Amott-oil Amott) decreases from 0.56 (0.3% brine) to 0.2 (20% brine) in a limestone core
with Prudhoe Bay crude oil. Aging the samples for 20-30 days with Moutray crude oil
shows results in a change in the wettability of the cores. The oil recovery increases by 10-

15% to more than 95% in both Berea and limestone cores. These results show that with time
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the crude oil changes the wettability of the core from strongly water wet to mixed wet, which
leads to a higher oil recovery. Experiments with samples of sandstone and limestone aged

with Prudhoe Bay crude oil and brine of different salinities also show similar trends.

33 Investigating the Role of Crude Oil Components on Wettability Alteration

The surface forces between a crude-oil and its components (oil, resin and asphaltenes)
and a glass substrate have been measured in brine of different salinity and pH using an
atomic force microscope. The force vs. distance curves are used to measure the critical
disjoining pressure for wettability alteration, i.e., departure from water-wet conditions. The
measured data are compared with the classical DLVO theory to explore the nature of
interaction of these components with mineral substrates.

The results indicate that the resins and asphaltenes obey the DLVO theory i.e. the
stability of the brine film decreases with increasing brine salinity and increases with
increasing solution pH. The opposite trend is observed with increasing salinity for the non-
polar (pentane soluble) fraction and for the crude oil itself. This deviation from DLVO
predictions indicates that for non-polar oils, hydrophobic interactions may play an important

role in the interaction of oils with minerals and, therefore, in wettability reversal.

3.4  Influence of Wettability and Saturation on Liquid-Liquid Interfacial Area in

Porous Media

The knowledge of the area of interfaces between phases is important to understand
and quantify many flow and transport processes in porous media. In this work we apply the
interfacial tracer technique to study the dependence of fluid/fluid interfacial area on
saturation and wettability. The interfacial area between the wetting and non-wetting phases
(brine and decane) in unconsolidated porous media (glass beads) was measured using an
anionic surfactant (3-phenyl decyl benzene sulfonate) as an interfacial tracer. The beads are
water wet; treating them with organosilane rendered them oil wet. The measurements were
done at a series of steady-state fractional flows, providing data at intermediate as well as
residual saturations. Flow rates were kept low so that capillary forces controlled the fluid
configurations. We observe significant differences in interfacial areas as a function of

wetting phase saturation as the wettability is changed from water-wet to oil-wet. During
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primary drainage, measured interfacial area increases monotonically with decreasing water
saturation in a water-wet medium. In contrast, the interfacial area measured in the oil wet
porous medium increases with decreasing decane saturation, reaches a maximum and
decreases as the residual decane saturation is achieved. The oil-wet experiment is
qualitatively consistent with theoretical results, which predict the existence of a maximum in
fluid/fluid interfacial area during drainage. The water-wet experiment is consistent with
theoretical predictions that include the area of grains in pores that have been drained. We
conclude that in the water-wet experiments, the tracer adsorbs at the interface between
nonwetting phase and the wetting films on grains. In the oil-wet experiments, either the oil
films are not sustained at high water saturation, or the tracer does not adsorb at them,

possibly prevented by steric hindrance.

3.5 Experimental and Theoretical Basis for a Wettability-Interfacial Area-

Relative Permeability Relationship

Using an interfacial tracer technique, our experiments show qualitatively different
trends of total interfacial area between the wetting and non-wetting phases as a function of
saturation, depending on whether the system is strongly or weakly wetted. A strongly wetted
system is defined as one in which the wetting phase can spread as a thin film on the solid
surface. We assess the relative contributions of fluid/fluid and fluid/solid interfaces to the
total area using thermodynamic arguments. The fluid/solid contribution to area plays a
crucial role in explaining the measurements.

The influence of interfacial area on relative permeability is not straightforward.
Simple analysis based upon pore-level distribution of phases in a model porous medium
allows quantifying the differences in the relative permeabilities for both weakly and strongly
wetted systems, measured simultaneously with the interfacial area. Relative permeability

correlates with fluid/solid area but not with fluid/fluid interfacial area.

3.6  Phase Behavior Modeling of Hydrocarbon-Methanol-Water Mixtures by Peng-
Robinson and SAFT Equations of State
The phase behavior of mixtures of hydrocarbons, and polar fluids is important

because such fluid mixtures are commonly encountered in field applications such as the
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mixing of injected and reservoir fluids in near-wellbore treatments. The phase behavior of
such fluid mixtures is difficult to model using currently available equations of state.

In this study, phase behavior data were measured both to help interpret coreflood
experiments and for testing of equation-of-state models used in compositional simulation
studies of methanol well treatments. The Peng-Robinson equation-of-state and the SAFT
equation-of-state were used to model this new phase behavior data. The Peng-Robinson
equation-of-state does better than the SAFT equation-of-state for hydrocarbon mixtures. The
binary interaction coefficients had to be adjusted in both models to match the experimental
data when methanol and water are in the mixture. The SAFT EOS required less tuning to
match data from hydrocarbon-methanol mixtures. SAFT EOS, as expected, agrees with the

data better than the Peng-Robinson EOS when water is in the mixture.

3.7 SAFT Based Interfacial Tension Model with Gradient Theory

SAFT equation of state is used with the generalized van der Waals gradient theory to
evaluate the inhomogeneous influence parameter ¢ for several non-polar and polar mixtures,
which give an excellent agreement with the pure component interfacial tensions. Interfacial
tensions of several binary mixtures are also computed. A mixing interaction coefficient
similar to the binary interaction coefficient for bulk fluids had to be introduced in certain
cases so as to obtain better predictions. The effect of high temperature and pressure on the

interfacial tension of methane-water and CO2-water mixtures is also presented.

3.8 Estimation of Relative Permeability Curves and Wettability from Transient

Pressure Drop Measurements

In this chapter a method is provided for the rapid determination of relative
permeability curves and wettability from simple displacement experiments. The results for
core flood experiments conducted on Texas Cream limestone and Berea sandstone are
presented that illustrate the methodology.

The peak in the transient pressure drop response during displacement is found to be a
very sensitive indicator of the curvature of the relative permeability curves. A simple curve-
fitting algorithm is used to obtain the best fit to the transient pressure response during

primary drainage and imbibition to obtain the water and oil exponents in a Corey type
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relative permeability model. It is shown that these exponents of the relative permeability
curves provide a good initial estimate of the curvature of the relative permeability curves,
which, in addition to the relative permeability end-points, can be used in reservoir simulators.

The ratio of dimensionless end-point pressure drop during primary drainage,
normalized by viscosity ratio, to the dimensionless pressure drop during secondary
imbibition is defined as a new wettability indicator. For oil-wet rocks, the Relative
Permeability Wetting Index (RPWI) is greater than one, whereas, for water-wet rock the
RPWI is less than one. For intermediate wet rock, the wetting index is observed to be close to
one.

The methodology provided in this paper gives a rapid and convenient way of
estimating both wettability and relative permeability curves without having to conduct
capillary pressure or steady state relative permeability experiments, which can be very time

consuming.

3.9 Enhanced Imbibition into Oil-Wet Matrix

Oil recovery by water flooding in fractured formations is often dependent on
spontaneous imbibition. However, spontaneous imbibition is usually insignificant in oil-wet,
carbonate rocks. Sodium carbonate and anionic surfactant solutions are evaluated for
enhancing oil recovery by spontaneous imbibition from oil-wet carbonate rocks. Crude oil
samples must be free of surface-active contaminants to be representative of the reservoir.
Calcite, which is normally positively charged, can be made negative with sodium carbonate.
The ease of wettability alteration is a function of the aging time and temperature and the

surfactant formulation.

3.10 Effects of Asphaltene Polydispersity on its Phase Behavior In Qil

In this study, we investigated the effects of asphaltene polydispersity on the
thermodynamic phase behavior of oil. At this stage of the research, we represented
polydisperse asphaltene in SAFT with four pseudo-components: the n-Cs_s (the resins), the n-
Cs.7, the n-C7_;5, and the n-C;s, sub-fractions. Using an extension of the monodisperse SAFT
asphaltene parameter fitting procedure, we were able to assign a set of SAFT parameters to

represent each of the four sub-fractions. The volume fractions of precipitants at asphaltene
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instability onset calculated using these parameters qualitatively agree with experimental
findings.

SAFT calculations show that the lower molecular weight asphaltenes and resins play
a large role in stabilizing higher molecular weight asphaltenes in oil. This is despite the
inclusion of only dispersion interactions in the SAFT model. Resin’s stabilizing effects on
polydisperse asphaltene is greatest in the region of incipient asphaltene instability; when
sufficiently large amounts of n-alkane precipitants are added, similar amounts of asphaltenes
would precipitate regardless of the presence of resins in the oil. An analysis of the mass
distribution of the asphaltene sub-fractions in the precipitated phase shows that the largest
asphaltenes will precipitate first, followed by the precipitation of smaller asphaltenes upon

further oil dilution.
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1. Effect of Brine Salinity and Crude Oil Properties on OQil Recovery and

Residual Saturations

Filoco, P. R., and Sharma, M. M.

SPE paper 49320, presented at the 1998 SPE Annual Meeting in New Orleans, LA,
September 1998.

ABSTRACT

Centrifuge experiments were conducted on Berea cores to measure the drainage and
imbibition relative permeabilities in two phase and three phase systems. Three crude oils,
Prudhoe Bay and Shell Mars Al and A20 crude were used in our tests. No effect on oil
recovery was obtained in the drainage experiments when the crude oil was displaced by air at
connate water. However in the imbibition experiments the oil recovery increased
significantly with the salinity of the connate brine. The salinity of the displacing brine had no
significant influence on the oil recovery. The relative permeability curves obtained during
drainage were also found to be insensitive to the salinity of the brine. However the
imbibition relative permeability curves show strong salinity dependence. A comparison of
the two crude oils and a non-polar mineral oil indicates that the more water-wetting Mars
crude oil shows a higher oil relative permeability at the same bond number compared to the
mixed-wetting Prudhoe Bay crude oil. The salinity dependence of the residual saturations
and the relative permeabilities clearly indicate that the change in wetting properties of the
rocks surfaces from water-wet to mixed-wet during the drainage process is an important
factor controlling the imbibition relative permeability curves. This clearly suggests that the
performance of waterfloods will be strongly affected by the composition of the crude oil and
its ability to wet the rock surfaces, the salinity of the connate brine in the reservoir, and the

height above the o/w contact.

INTRODUCTION
Oil recovery in petroleum reservoirs is greatly affected by fluid-rock and fluid-fluid
interactions. Surface chemical interactions directly control rock wettability, capillary

pressure curves and relative permeabilities.
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It has been generally accepted in the past that while relative permeability to the oil is
higher in water-wet rocks the ultimate oil recovery may be higher in mixed-wet and oil-wet
rocks. This lower residual oil saturation has been attributed to the presence of thin wetting

films of oil on the surfaces of the rock grains'*

. Such continuous wetting oil films allow the
oil to drain over a long period of time with very low trapped oil saturations left behind as
disconnected oil ganglia. This mechanism has been used to explain high oil recoveries
observed in reservoirs in which gravity drainage is the major recovery process. The ultimate
oil recovery at the end of a waterflood has been shown to either increase or decrease with
increasing oil-wetness *°. In three phase systems an alternative explanation for these high oil
recoveries is the drainage of oil films spreading on water in the presence of gas in the pore
space. There are, however, a very limited number of studies to substantiate this claim.

Earlier studies ° have demonstrated the importance of brine salinity in oil recovery by
waterflooding. Core flow tests clearly show that for some crude oils the residual oil
saturation obtained at the end of a waterflood depends on the salinity of the brine used. The
reasons for this are as yet unclear.

The importance of wettability in determining oil recovery and relative permeability
curves is well established . The conditions under which mixed-wettability states are

1
7,8,9,10 and

achieved is less well understood. Recent studies conducted by Basu and Sharma
Buckley et al.? point to the importance of crude oil composition in wettability alteration. This
dependence on the capillary pressure can be explained on the basis of the critical disjoining

pressure that has been measured for both mineral oil and crude oils .

At capillary
pressures above the critical disjoining pressure thin brine films that wet the mineral grains are
ruptured and the crude oil-wets the grain surfaces. Since the critical disjoining pressure is a
function of the properties of the brine and the crude oil and the curvature of the mineral
grains there can be a wide range of pressures over which film rupture occurs. It is expected
that convex surfaces will be dewet at the lowest capillary pressures in accordance with the

augmented Young-Laplace equation '

. This selective dewetting of surfaces can give rise
to mixed-wetting conditions over a range of capillary pressures. With this conceptual
framework the rock is expected to get progressively more oil-wet as the capillary pressure is
increased i.e. the connate water saturation is decreased. This is consistent with the fact that

reservoirs tend to be more oil-wet higher in the structure ''.
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The objectives of this research are to perform centrifuge coreflow tests with a range
of fluids under different conditions of wettability and to clearly identify the factors that
influence: (1) the remaining wetting phase saturation at the end of primary drainage, (2) the
residual intermediate-wet phase saturation during secondary drainage, (3) the relative
permeability to the non-wetting phase during imbibition (waterflooding) and, (4) the residual
non-wetting phase saturation at the end of the imbibition cycle. A sequence of drainage and
imbibition cycles are conducted using the centrifuge for two and three-phase systems. The
relative permeability curves, the residual saturations, and the capillary desaturation curves for
water and oil-wet Berea cores for various fluid pairs obtained are presented and discussed in
the context of known fluid properties.

The relative permeability and the residual saturations can be expressed as functions of

the capillary number and Bond number '

and incorporated in numerical reservoir
simulators. The results show that the centrifuge method is a fast and reliable method for
obtaining the desired residual saturations as a function of the Bond number or the equivalent

116171819 1 regions of low relative permeability (near end points) and in

trapping number
reservoirs where gravity drainage controls the recovery process the centrifuge method offers

some clear advantages over other displacement methods .

EXPERIMENTAL METHODS

Fluids Used The fluid systems (water/oil/air) were chosen with the objective of evaluating
the effect of their properties on relative permeability and residual saturations. The fluid
systems were carefully prepared by allowing them to be in contact with each other for at least
12 hours. This allows mass transfer to take place between phases prior to the fluids entering
the core. This minimizes transient effects associated with mass transfer of partitioning
components in the core. The interfacial tension of the fluids were measured as described
below. The spreading coefficient calculated from the interfacial tension measurements, is
defined as *':

to,,) [1.1]

S = O-wg - (Gog

The aqueous phase used was brine (NaCl), different concentrations and cation types were

tested. In some cases a small amount (2%) of isobutanol was added to the brine in order to
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change its initial spreading coefficient from positive to negative. The gas phase is always air.
The fluids were pre-equilibrated before use in the centrifuge, contact angle and IFT
experiments.

The oil phases used were Soltrol (mineral oil), dodecane, dodecene, Prudhoe Bay
crude oil, and Shell A-1 and A-20 crude oils. The mineral oil, dodecane and dodecene are
alkenes with well known compositions, the Prudhoe Bay and Shell crudes provide us crude

oils with a range of acid and base numbers.

Core Preparation A total of 104 core plugs (2.5 cm in diameter and 2.5 cm in length) were
cut from a large optically homogenous slab of Berea sandstone using tap water as the cutting
fluid. The core plugs were dried in an air-oven at 100°C for at least 24 hours and then
evacuated and saturated in a dessicator during a period of five hours prior to weighing. The
core porosities varied from 19.9% to 23.6% and the absolute permeability varied from
180mD to 220mD.

Berea sandstone in its original state is water-wet. To artificially render the cores oil-
wet the cores were treated with a wettability altering agent, Quilon C. This is a fatty acid
chromium complex manufactured by DuPont, that binds irreversibly to negatively charged
surfaces such as silica leaving a hydrophobic surface of hydrocarbon tails. Details of the
core treatment procedure are given in Appendix A. The treated cores showed very

reproducible results and the original porosity was reduced by less than 1%.

Interfacial Tension Measurements The interfacial tension between brine and crude oil
was measured by a ring tensiometer. The ring was flamed and immersed in brine. Crude oil
was poured on the brine and the tension was measured for the ring passing from the brine to

the oil phase (see Ref. 21 for details).

Centrifuge Experiments A Beckman high-speed ultra-centrifuge equipped with a
stroboscope, an electrical timer, and a device for mounting the cores in the centrifuge for
drainage and imbibition was used in our experiments. The fluid production from the cores is
observed through a transparent window with the help of a stroboscope. A video camera was
placed over the observation window of the centrifuge to record the fluid production data at

early time. It is very important to accurately record the fluid production in the first few
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minutes of each test. The fluid production was recorded manually by viewing the tape in
slow motion. O’Meara and Lease'’ solved the same problem using an automated centrifuge
apparatus that used a linear photodiode array in conjunction with a microcomputer to image
and identify liquids recovery from centrifuged core samples.

The centrifuge method consists of increasing the centrifuge speed in steps and
measuring at each step the amount of fluid produced from a core as a function of time and at
equilibrium when flow has ceased. At each speed, the equilibrium saturation and capillary
pressure can be used to obtain the capillary pressure curve, and the transient behavior can be
used to infer the relative permeability of the displaced phase.

The cores, previously dried and weighed, are saturated with the specified brine using
a dessicator. A drainage centrifuge displacement is run, displacing the brine with crude oil
until a “residual” water saturation is achieved. The volume of wetting phase collected as a
function of time is recorded at each centrifuge speed. The remaining water saturation at each
rpm is also recorded to obtain the capillary desaturation curve for the wetting phase.

The imbibition test is conducted by displacing the crude oil with a displacing brine
that may be different from the “residual” brine depending on the objective of the test. The
early time displacement data is recorded with the video-camera for more precise readings and
subsequent displacement data is recorded visually. For our test conditions relatively little
flow occurs after 2 or 3 hours. To ensure equilibrium the core is spun at each rpm for at least
20 hours.

In order to obtain approximately the same residual water saturation the drainage tests
should be run at the same bond number so the rpm used for each set of fluids is a function of
the density of the brine and interfacial tensions. The same is true for the imbibition tests
when similar displacement conditions are needed for different brine salinity or for different
crudes.

The bond number is defined as 22,

B kg (p T % /)
- o

N, [1.2]

i’

The trapping number is defined as *,
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Q.V!I)l, +g(p, —p)VD
N, = [1.3]

Gll !

The capillary desaturation data can be represented by a relation of the form *

low high
S r S Ir

(1+7,N,,)

_ Qhigh
Slr - Slr +

[1.4]

Values of S/ and S,”" are obtained experimentally, 7 is assumed to be 1 (unless

stated otherwise) and T; is a fitting parameter.

The relative permeability curves for the displaced phase were calculated using the
method presented in Ref. 15. This method provides an easy analytical way of analyzing the
data. The analytical analysis of centrifuge data has two main limitations: the inability to
measure the relative permeability of the displacing phase, and the assumption that the

viscosity of the displacing phase is small. These are discussed in detail in Ref. 15.

RESULTS

Figure 1.1 shows a capillary desaturation curve where the non-wetting phase is air or
dodecane. The remaining water saturation at high bond numbers is slightly lower when the
water is displaced by air (0.08) as compared to dodecane (0.14). On the other hand at low
bond numbers the remaining water saturation is higher when air is the displacing phase. The
data is in general consistent with that reported by Omoregie .

When the wetting phase is changed from water to dodecene (Figure 1.2) the
remaining wetting phase saturation is higher for the water than the dodecene at a given bond
number (air being the non-wetting phase in both cases). This may be expected since the
mineral surfaces are much more “water-wet” than “dodecene wet” in the presence of air i.e.
the dodecene-mineral interfacial energy is higher than the water-mineral interfacial energy.
As a consequence it is much more difficult to remove thin films and pendular rings of water
from the pore space than the dodecene.

Important differences in the shape of the wetting phase capillary desaturation curve

23,24,25,26

are seen when our data is compared with data from the literature obtained using both

centrifuge displacement and dynamic displacement methods for desaturating the core (Figure
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1.3). It is observed that all the centrifuge data (unfilled data points) appear to follow a
slightly different trend than the dynamic displacement data (filled points). This rather
remarkable grouping of data from a wide variety of sources using a wide variety of fluids
seems to suggest that the two methods may provide systematically different “residual”
wetting phase saturations at comparable bond and capillary numbers. The centrifuge method
appears to provide systematically lower wetting phase saturations than the displacement
technique. We conjecture that this may be due to insufficient time being allowed for
equilibrium to be attained in the dynamic displacement experiments. Additional work needs
to be done to better understand these differences.

The capillary desaturation curves for oil in oil-wet cores and water in water-wet cores
look very much the same (Figure 1.4). This clearly suggests that the single most important
factor controlling the capillary desaturation curve is the wettability of the porous medium.

Relatively small changes in the remaining water saturation after primary drainage are
seen if the oil is changed from a non polar mineral oil to a crude oil (Figure 1.5). Changing
the composition of the brine in the core from 3% to 20% sodium chloride also does not have
a significant impact on the residual brine saturations.

In three-phase systems the residual saturation of the intermediate wet phase is also
observed to decrease systematically with bond number. Figure 1.6 is a capillary desaturation
curve showing the effect of spreading on the remaining oil saturation as a function of bond
number. In this 3-phase system the oil (dodecane or dodecene) is the intermediate wetting
phase. The results show consistently that the spreading system reaches a lower remaining oil
saturation. For the spreading system the remaining oil saturation approaches zero at a bond
number of approximately 1.E-04. This is consistent with previous results reported for three-
phase systems *’. In spreading systems the oil maintains phase continuity till very low oil

. . . . 28293031
saturations and can, therefore, be drained to near zero residual saturation “>*"°™

. Higher oil
recoveries may, therefore, be expected for spreading oils.

The oil recovery achieved in these systems by a drainage process (air displacing oil at
connate water saturation) is found to be independent of the salinity of the brine used. Figure
1.7 shows relative permeability curves obtained from the drainage displacement data for two

different salinities. Almost identical curves are obtained for the Shell A20 crude at 0.3% and

3% salt concentration. Similar results were obtained with the other crude oils.
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It can be concluded from the above experiments that the oil recovery during drainage
for a given rock at a fixed bond number (or trapping number) is largely dependent on the
spreading coefficient and not on individual interfacial tensions.

The results for imbibition show dramatically different results. The oil recovery
during imbibition for a Prudhoe Bay crude oil is shown in Figure 1.8 for three different
salinities. It is evident that significantly higher oil recoveries are obtained for the lower
salinity brines. Similar results have been reported by Morrow et al.’ in dynamic
displacement experiments.

In the above experiments the salinity of the initial water was the same as that of the
water injected during the waterflood. To check if the salinity of the connate water was the
critical factor we varied the connate water salinity while keeping the salinity of the
waterflood water the same. As seen in Figure 1.9 the oil recovery for the lower salinity
connate water was again significantly higher than that for the high salinity connate water.

To check the influence of the waterflood water salinity the connate water salinity was
held constant in the next set of experiments. As seen in Figure 1.10 the oil recovery does not
change as the waterflood water salinity is changed from 0.3% to 20% for a fixed connate
water salinity of 3%. This suggests that the oil recovery is not sensitive to the salinity of the
injected brine. Indeed the oil recovery appears to be primarily determined by the salinity of
the connate water.

To confirm these trends, experiments were conducted with three other oils. Figure
1.11 shows the oil recovery results for Shell A-1 crude oil during a waterflood. The same
qualitative trends are observed. Higher oil recovery is achieved with lower connate salinity
brines. The shape of the oil recovery curve is, however, quite different than that seen in
Figure 1.10.

Results for Shell A-20 crude also show similar effects. However, when the tests were
run for dodecene, the trends were less obvious (Figure 1.13). Only a very small difference
was seen in the oil recovery as the connate brine salinity was changed from 3% to 20 %.
Clearly the composition of the oil phase plays an important role in determining the relative
magnitude of the salinity effect. For example, the Shell A-1 crude oil shows a bigger
difference in the oil recovery when the connate brine salinity is changed from 3% to 20 %

while the Prudhoe Bay crude shows a smaller effect (Figure 1.14) and the dodecene shows
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the smallest effect (Figure 1.13).

DISCUSSION

The tests clearly show that the oil recovery is greater for lower connate brine
salinities. Tests using 0.3% NaCl brine show an oil recovery of over 70% while the 20%
NaCl brine shows a 57% oil recovery for the Prudhoe Bay crude. The oil-wet core showed an
oil recovery of only 46%.

We can speculate about the reasons for the increase in oil recovery with decreasing
salinity. Figure 1.8 shows that the oil recovery is lowest for the oil-wet sample. This effect
of wettability is clearly more pronounced than that of salinity. It is also noted that the
salinity of only the connate water appears to be important. This suggests that changes in
connate water salinity may cause changes in the wettability of the pore space during the
drainage process. The ability of the oil to rupture thin brine films is determined by the critical
disjoining pressure for the water film bounded by the oil-water and the mineral water

interfaces "%>1°,

Repulsive disjoining pressures such as those caused by electrostatic
repulsion or hydration forces can stabilize films. This will promote water-wetness. As the
salinity is increased, electrostatic repulsion decreases due to screening of the surface charges
! Higher salinity should, therefore, result in less stable brine films. However, this is not
observed experimentally. Adhesion tests * show less adhesion (more stable brine films) at

higher salinities. AFM experiments”™'°

also show higher critical disjoining pressures (more
stable brine films) at higher salinities. = This can be attributed to changes in
hydrophobic/hydration forces with salinity. Clearly these short range forces must become
more repulsive as the salinity us increased.

The higher stability of brine films at higher salinity suggests suggest that low connate
water salinity will cause cores to become mixed-wet (more oil-wet). Mixed-wet cores show
lower residual oil saturations than strongly water-wet or oil-wet cores (Ref. 4) i.e. they have
higher oil recoveries. This is the likely explanation for the trend observed with salinity.
Figure 1.17 summarizes this trend.

What role does the composition of the oil play? It has been shown by direct
measurements of critical disjoining pressure 7810 that the TT it Increases with salinity for

7,8,10

some oils. Data presented by Basu and Sharma indicates that for non-polar mineral oils

The University of Texas at Austin and Rice University



DOE Final Report 1999-2003 1.10

(octadecane etc.) and some crude oils the brine films become more stable as the salinity is
increased. This is inconsistent with DLVO theory (a theory of surface forces that accounts
for electrostatic and van der Waals interactions) and can only be explained by invoking
hydrophobic interactions about which relatively little is known. However, for some crude
oils and for the polar fractions of crude oils, electrostatic interactions dominate hydrophobic
interactions and the brine films become less stable as the salinity is increased *. For highly
acidic or basic oils (large acid or base numbers) where the surface charge density at the oil-
water interface is large, electrostatic interactions are expected to dominate and the trends
seen in our experiments can be explained in terms of the instability of brine films at high
salinity. Prudhoe Bay crude has a high base number and presents a positively charged oil-
water interface. For oils that do not contain acidic or basic groups the picture becomes less
clear and the salinity dependence may be different. Indeed many such oils (eg. dodecene) do
not show any salinity dependence.

Table 1.1 shows a comparison of the acid and base numbers of the crude oils used. It
can be clearly seen that the crude oils with the high base numbers are observed to show
mixed-wet behavior. This can be attributed to the electrostatic destabilization of the wetting
brine films on the mineral grains®>. High base numbers lead to a positive charge on the oil-
water interface under neutral pH conditions. With the silica-water interface being negatively
charged for pH values greater than 3 there is a net electrostatic attraction between the
mineral-water and oil-water interfaces. This attractive disjoining pressure will cause
destabilization of brine films and lead to mixed-wet conditions™.

Differences are also observed in the breakthrough curves and oil recoveries for
different crude oils at the same salinity. Figure 1.16 shows that the higher base number Mars
A20 crude shows a lower oil recovery than the low base number Mars Al crude. This fits in
with the general trend that the more oil-wet the rock gets during primary drainage the lower
the oil recovery will be during imbibition. No differences in oil recovery are seen during
secondary drainage.

If the pore space is progressively made more oil-wet due to film rupture as the
capillary pressure is raised, the pores rendered oil-wet will be the larger pores, as pointed out

11,12

by Melrose and others . This implies that the waterflooding brine sees a different porous

medium than the connate water sees during primary drainage when the rock was water-wet.
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As a consequence the waterflood water will tend to go into the largest of the oil-wet pores
and of course continue to flow through the smallest pores which have not been contacted by
oil during drainage and are hence still water-wet. This creates a very different fluid
distribution than would be achieved if the core were oil-wet to begin with. Waterflood water
will, therefore, be excluded from the intermediate size pores that have been rendered oil-wet.
The fraction of such pores of course depends on the capillary pressure (trapping number)
imposed during drainage. This reassignment of pore occupancy caused by changes in
wettability during drainage is a likely reason for a larger fraction of the oil being bypassed
during imbibition but not during drainage.

This leads to the conclusion that it is no longer sufficient to know what the original
wettability of the rock is but rather to be able to track changes in the wettability as the rock
undergoes cycles of drainage and imbibition.

The role of crude oil composition on the salinity dependence of the wettability and oil
recovery is a difficult problem to resolve. We have clearly shown that for some crude oils
the oil recovery is sensitive to the connate brine salinity while in mineral oils no such
dependence is observed. The salinity dependent oil recovery during waterflooding is not
limited to acidic crudes since both Shell A1 and A20 (high base number) crudes show a clear
salinity dependence. For Prudhoe Bay crude, the oil recovery data (at high capillary
pressures) indicate that the brine films become more stable as the salinity is increased. This
is consistent with the AFM and adhesion tests (Refs. 3,7) conducted at low capillary pressure
indicate that the critical disjoining pressure increases with salinity (less adhesion of oil).
DLVO theory (a theory of surface forces that accounts for electrostatic and van der Waals
interactions) is unable to explain the increase in brine film stability with salinity. It has been

speculated ® that hydration forces °

and hydrophobic interactions are responsible for this
observation. This effect of salinity on the brine film stability for different crude oils needs to

be investigated further.

CONCLUSIONS
Centrifuge experiments were conducted to investigate the dependence on residual
wetting phase saturation and relative permeability on fluid properties. In two phase systems

the remaining wetting phase saturation shows a slight dependence on the surface energies of
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the fluid-solid interface. It is shown that in three-phase systems the residual intermediate
wetting phase saturation is independent of the individual interfacial tensions and depends
primarily on the spreading properties of the fluids. The oil displacement and relative
permeabilites during secondary drainage are independent of the brine salinity.

Imbibition (waterflood) experiments show a strong salinity dependence. Higher oil
recoveries are obtained for lower connate brine salinities. All three crude oils studied
showed similar results. For the non-polar mineral oils no salinity dependence was detected.
The salinity of the connate water was found to be the primary factor controlling the oil
recovery. We attribute this dependence to alteration of the wettability to mixed-wet

conditions from water-wet conditions.

NOMENCLATURE

D =depth, L

g = gravitational constant, Lt~

k = permeability tensor, L’

k = permeability, L’

N, =bond number

N,,= trapping number of phase /

S, = residual saturation of phase /

Sheh §lov= residual saturation of phase / at high and low N,,, I}/’ PV

T,= trapping parameter for phase /

Greek Symbols

V.¢1 = flow potential gradient
p1 = density of phase /, mL>

oy =interfacial tension between phase / and / “mft?
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&, = potential of phase /, mL'r?

Subscripts
[ = displaced phase
I' = displacing phase
r =residual
Superscripts
high = high trapping number
low = low trapping number
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APPENDIX A

The following steps were followed to obtain strongly oil- wet cores. The cores
previously dried and weighed were evacuated for “five” hours. The cores were then vacuum
saturated and submerged in a solution of Quilon C (20%) in isopropyl alcohol in a dessicator.
The system was kept in vacuum for “three” hours and left to adsorb on the pore surfaces
overnight. After being weighed the cores were heated to dryness overnight at a temperature
of 80°C. The oil-wetness of the Quilon C treated cores was tested by a spontaneous
imbibition test. The brine saturation changes by only 4% during spontaneous imbibition

indicating that the core was still mixed-wet but with large oil-wet domains.
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TABLE 1.1. PROPERTIES OF THE CRUDE OILS USED
CRUDE | Acid DENSITY VISCOSITY WETTABILITY
OIL number / FROM
Base
number kg/m3 cp LITERATURE
Shell A-1 1.93/2.22 0.909 250 Water-wet
(Pink)
Shell A-20 | 0.24/2.60 0.859 42 Mixed-wet
(Terracota)
Prudhoe Bay | 0.15/2.28 0.91 22 Mixed-wet
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Figure 1.1 Wetting phase capillary desaturation curve, (two phase, Berea). The plot shows

the effect of changing the non-wetting phase during primary drainage.
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Figure 1.2 Wetting phase capillary desaturation curve, (two phase, Berea). The plot shows
the effect of changing the wetting phase.
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Figure 1.3 Comparison of centrifuge and displacement wetting phase desaturation curve,

(two phase, Berea).
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Figure 1.4 Effect of core wettability on capillary desaturation curves.
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Figure 1.5 Capillary desaturation curves, (two phase, Berea). Changing the oil from a non-
polar mineral oil to a crude oil (Prudhoe Bay) and /or changing the salinity of the
resident brine does not change the capillary desaturation curve for the wetting

phase (brine) during primary drainage.
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Figure 1.7 Effect of brine salinity on drainage relative permeability to oil, (two phase, Shell

A-20 Crude). Salinity of the injected and connate brine is equal.
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Figure 1.8 Effect of brine salinity on oil recovery by waterflood

Figure 1.9 Effect of connate brine salinity on oil recovery, by waterflood (Prudhoe Bay
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Figure 1.10 Effect of injected brine salinity on oil recovery by waterflood (Prudhoe Bay
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Figure 1.11 Effect of brine salinity on oil recovery by waterflood (Shell A-1 Crude, Berea).

Salinity of the injected and connate brine is equal.
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Figure 1.12 Effect of brine salinity on oil recovery by waterflood (Shell A-20 Crude, Berea).

Salinity of the injected and connate brine is equal.
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Figure 1.13 Effect of brine salinity on oil recovery by waterflood (Dodecene, Berea).

Salinity of the injected and connate brine is equal.
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Figure 1.14 Effect of oil type and brine salinity on oil recovery by waterflood (Prudhoe
Bay/Shell A-1 Crude, Berea).
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Figure 1.15 Imbibition and drainage oil relative permeabilities, (Prudhoe Bay Crude, Berea).
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Figure 1.16 Comparing oil recovery by waterflood for Shell A-1 and A-20 Crude (3% NaCl
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2. Effect of Capillary Pressure, Salinity, and Aging on Wettability

Alteration in Sandstones and Limestones

Chattopadhyay, S., Jain, V., and Sharma, M. M.

SPE paper 75189, presented at the SPE/DOE Thirteenth Symposium on Improved Oil
Recovery held in Tulsa, Oklahoma, 13—-17 April 2002.

ABSTRACT

Oil recovery in petroleum reservoirs is greatly affected by fluid —rock and fluid-fluid
interactions. These surface chemical interactions directly control rock wettability, capillary
pressure curves and relative permeabilities. Centrifuge coreflow tests (Berea sandstone and
Texas Cream limestone) were performed with a range of fluids under different conditions to
identify the factors influencing the residual wetting and non-wetting phase saturations and oil
recovery. Results of the tests conducted with Prudhoe Bay and Moutray crude oil show that
remaining water (S,,) and residual oil saturation vary systematically with Bond number for
both sandstone and limestone samples. Differences in the shape of the wetting phase
capillary desaturation curves are observed during primary and secondary drainage. This
suggests that the distribution of fluids in the rock during secondary drainage is different from
primary drainage due to a change in wettability of the core from a water-wet state to mixed-
wet state. These trends were not observed with decane. Both limestone and sandstone cores
become more susceptible to wettability alteration as the salinity is increased. The wettability
index (Aw-Ao, water Amott-oil Amott) decreases from 0.56 (0.3% brine) to 0.2 (20% brine)
in a limestone core with Prudhoe Bay crude oil. Aging the samples for 20-30 days with
Moutray crude oil shows results in a change in the wettability of the cores. The oil recovery
increases by 10-15% to more than 95% in both Berea and limestone cores. These results
show that with time the crude oil changes the wettability of the core from strongly water wet
to mixed wet, which leads to a higher oil recovery. Experiments with samples of sandstone
and limestone aged with Prudhoe Bay crude oil and brine of different salinities also show

similar trends.
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INTRODUCTION

Oil recovery in reservoirs is greatly affected by fluid-fluid and fluid-rock interactions.
These interactions control rock wettability, capillary pressure and relative permeabilities.
Wettability is a significant issue in multiphase flow problems ranging from oil migration
from source rocks to enhanced oil recovery processes.' It has been generally observed in the
past that relative permeability to the oil is higher in water-wet rocks, however, the ultimate
oil recovery is higher in mixed-wet rocks. This lower residual oil saturation has been
attributed to the presence of thin wetting films of oil on the surfaces of the rock grains®”, that
allows the oil to drain over a long period of time. The ultimate oil recovery at the end of a
waterflood has been shown to either increase or decrease with increasing oil-wetness.”

The importance of wettability in determining oil recovery and relative permeability
curves is well established.> The conditions under which mixed-wettability states are
achieved is less well understood. Recent studies conducted by Basu and Sharma™® and
Buckley et al.' point to the importance of crude oil composition in wettability alteration.
Polar crude oil components can absorb on mineral surfaces and alter their wetting properties.
Polar components of crude oil can absorb by different mechanisms, depending upon factors
that include brine composition, solvent quality of the oil, aging time and type of oil.' In
addition the wettability state has been shown to be a function of the height above the oil-
water contact’ or capillary pressure. The dependence on the capillary pressure can be
explained on the basis of the critical disjoining pressure that has been measured for both
mineral oil and crude oils.™® When capillary pressures above the critical disjoining pressure
are reached, thin brine films that wet the mineral grains are ruptured and the crude oil comes
in contact with the grain surfaces. Since the critical disjoining pressure is a function of the
properties of the brine and the crude oil and the curvature of the mineral grains there can be a
wide range of pressures over which film rupture occurs. This leads to selective dewetting of
surfaces as convex surfaces will be dewet at the lowest capillary pressures in accordance with
the augmented Young-Laplace equation. This gives rise to mixed-wetting conditions over a
range of capillary pressures and the rock becomes more oil-wet as the capillary pressure is
increased. This is consistent with the fact that reservoirs tend to be more oil-wet higher in
the structure.’

Crude oil aging time and temperature can also impact the imbibition process.” The
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extent of wetting alteration is a function of both the duration and temperature at which a core
containing connate water is aged in the oil.'’ The wettability with respect to water decreases
with an increase in aging temperature and decrease in initial water saturation.!' The potential
for improved displacement increases with wettability alteration from strongly to weakly
water-wet conditions.'””  Earlier studies''* have demonstrated the importance of brine
salinity in oil recovery by waterflooding. Core flow tests clearly show that for some crude
oils the residual oil saturation obtained at the end of a waterflood depends on the salinity of
the connate brine used.'> The reasons for this are as yet unclear. However, it is conjectured
that changes in salinity can alter rock wetting that results in changes in the residual oil
saturation.

The objective of this research is to clearly identify the factors that influence: (1) the
residual wetting and non-wetting phase saturations, (2) the impact of salinity on wettability,
and (3) the impact of aging on residual saturations and wettability. Sequences of drainage
and imbibition cycles are conducted using the centrifuge for two-phase systems. Research
shows that the centrifuge method is a fast and reliable method for obtaining the desired
residual saturations as a function of the Bond number or the equivalent trapping number.'®**
In regions of low relative permeability (near end points) and in reservoirs where gravity
drainage controls the recovery process the centrifuge method offers some clear advantages

over other displacement methods.

EXPERIMENTAL METHODS

Fluids Used. The fluid systems (brine/oil) were chosen with the objective of evaluating the
effect of fluid properties on residual wetting and non-wetting phase saturations and
wettability before and after aging. All chemicals used were of analytical grade and were
used as received from the manufacturer without any further purification. Brine solutions
were prepared using deionized water (Milli-Q Plus, Millipore Corp., Bedford, WA). The oil
phases used were decane, Prudhoe Bay (AK93) and Moutray crude oil. Prudhoe Bay and
Moutray crude are very well studied oil with a lot of data available in the literature. Table
2.1 shows some properties of the crude oils."”

The solution chemistry of the fluid systems play a crucial role in defining the
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interfacial properties and wettability as surface active components from the oil are dissolved
into the brine, changing these properties. The brine at different salinities used in the
experiments was pre-equilibrated with the crude oils by letting the liquids stand in contact
with each other for at least 72 hours prior to conducting any experiment. This allows mass
transfer to take place between phases, minimizing transient effects associated with mass

transfer of partitioning components in the core.

Core Preparation. A total of 50 core plugs (2.5 cm in diameter and 2.5 cm in length) were
cut from a large optically homogenous slab of Berea sandstone and Texas Cream limestone
using tap water as the cutting fluid. The core plugs were dried in an air-oven at 100°C for at
least 24 hours. They were weighed and then evacuated and saturated in a dessicator. The
cores were weighed again after saturating them with brine. Core porosities varied from
19.7% to 21% for Berea and 17% to 20 % for the Texas Cream limestone and the absolute
permeability varied from 180 mD to 220 mD for the Berea sandstone and 10 mD to 15 mD

for the limestone.

Interfacial Tension Measurements. The interfacial tension between brine and crude oil
was measured by a DuNouy ring tensiometer. The instrument consists of a platinum-iridium
ring supported by a stirrup attached to the beam of a torsion balance. The flamed ring was
placed at the interface of two liquids or at the surface of a liquid with air. It was than pulled
upward until it breaks free of the liquid and moves into the second liquid or into the air. The
force that is just required to break the ring free of the liquid/liquid or liquid/air interface is
proportional to the surface tension. The instrument reading is the apparent interfacial or

surface tension.

Centrifuge Experiments. A Beckman high-speed ultra-centrifuge (maximum speed of
20,000 rpm) equipped with a stroboscope, an electrical timer, and a device for mounting the
cores in the centrifuge for drainage and imbibition was used in our experiments. The fluid
production from the cores is observed through a transparent window with the help of a
stroboscope.

The combined USBM-Amott method®® consists of increasing the centrifuge speed in
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steps and at each step measuring the amount of fluid produced from a core as a function of
time and at equilibrium when flow has ceased. At each speed, the equilibrium saturation and
capillary pressure can be used to obtain the capillary pressure curve, and the transient
behavior can be used to infer the relative permeability of the displaced phase. A drainage
centrifuge displacement is run, displacing the brine with crude oil until a residual brine
saturation is achieved. The volume of wetting phase collected as a function of time is
recorded at each centrifuge speed. After the drainage cycle, the core is subjected to
spontaneous imbibition, whereby the core is kept in a reservoir of brine and the spontaneous
drainage of crude oil from the core is measured. The forced imbibition test is conducted in
the centrifuge by displacing the crude oil with brine using imbibition centrifuge buckets. The
early time displacement data is recorded with the video-camera for more precise readings and
subsequent displacement data is recorded visually. For our test conditions relatively little
flow occurs after 2 or 3 hours. To ensure equilibrium the core is spun at each rpm for at least
4 hours. Following the imbibition cycle, a spontaneous drainage test is conducted, whereby
the core is kept in a bath of crude oil and the spontaneous drainage of brine from the core is
measured. Subsequently the secondary drainage cycle is conducted in the centrifuge. Figure
2.1 gives all the steps of the experiment.

After the secondary drainage cycle, the core is aged in the crude oil for 20-25 days at
room temperature at connate water saturation. Then another set of spontaneous imbibition
(step2), forced imbibition (step3), spontaneous drainage (step4) and forced drainage (step5)
cycles are conducted with the core to observe the impact of aging on the capillary
destauration curves and wettability of the cores.

The wettability changes in the core are measured by calculating Water and Oil Amott

and USBM indices. The Water and Oil-Amott indices are calculated as

B AS , (step2)
AS , (step2 + step3)

[2.1]

Amott

B AS , (step4)
AS , (step4 + step5)

[2.2]

Amott
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and the USBM index is calculated as

Area under the curve 5

Wusem = LOG [2.3]
Area under the curve 3

where the steps are given in Figure 2.1.

The capillary pressure at any rpm is given by
2
P :A"T‘”(r; —r) [2.4]

where P, = capillary pressure at core inlet, dynes/cm?, r; = radius of core inlet face measured
from the center of rotation, cm, r, = radius of core outlet face measured from the center of
rotation, cm, ® = angular velocity (= 2nN/60, where N = centrifuge speed in revolutions per
minute), radians/second and Ap density difference between the wetting and non-wetting

phases, gm/cm’.

RESULTS AND DISCUSSION
Table 2.2 shows the surface and interfacial tension of the different fluid systems and
Table 2.3 shows the properties of the cores used in this work. The capillary desaturation

curves are presented in terms of a dimensionless Bond Number, which is given as

~1.0823x107"KkNr,Ap
c

N, [2.5]

where r. is the core radius (cm), k is the permeability (mD) and [ is the interfacial tension
(dynes/cm). Presenting the results as a Bond number allows for a direct comparison of
capillary pressure curves among different systems. Figure 2.2 shows a capillary desaturation
curve between decane and 3% brine in Berea sandstone. The figure shows that there are no
significant differences between the primary and secondary drainage curves. A residual water
saturation of 0.19 and 0.205 is achieved with decane in Berea during primary and secondary
drainage cycles, respectively.

Important differences in the shape of the wetting phase capillary desaturation curves

are observed (primary vs secondary drainage) when crude oil is used as the non-wetting
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phase. When the non-wetting phase is changed from decane to crude oil (Figure 2.3), no
change is residual water saturation is observed during primary drainage for different types of
brines in Berea. However, there are significant differences between the primary and
secondary drainage curves. The salinity of the brine primarily impacts the secondary
drainage curves (Figure 2.4). The water saturation is higher during secondary drainage for
the same Bond numbers and more brine is trapped during secondary drainage in
brine/Moutray/Berea systems. The water saturation is generally higher with increase in the
salinity of the brine (increase from 4% NaCl + 0.5% Cacl, brine to 4% NaCl + 2% Cacl,
brine), however the differences are more significant during the secondary drainage. The
increase in the brine salinity increases the difference between Sy, of primary and secondary
drainage from 0.04 (4% NaCl + 0.5% Cacl, brine) to 0.11 (4% NaCl + 2% Cacl, brine).

Similar results were observed in Limestone/Prudhoe Bay/brine system (Figure 2.5).
The primary drainage curve at different brine salinities (3% NaCl to 20% NaCl) shows no
differences. The residual water saturation in limestone is higher than that from Berea
because of differences in the permeability (Berea has a high permeability of 150-200mD,
whereas limestone has a permeability of only 5-10mD). However similar to the Berea-
Moutray system the secondary drainage curves show higher water saturation as compared to
primary drainage at the same Bond numbers (Figure 2.6). Moreover, increase in the salinity
from 0.3% NaCl to 20% NaCl increases the difference between Sy, of primary and secondary
drainage from 0.10 to 0.16.

When brine is equilibrated with non polar oils (such as decane) there is no change in
the solution chemistry of the brine, whereas when brine is equilibrated with polar crude oils,
the composition of the brine is altered because of solubilization of components from the
crude oil into the brine. These changes in the brine solution and the presence of polar
compounds could explain the differences observed during primary and secondary drainage
and the changes observed with increasing salinity of the brine. The pore space progressively
becomes more oil-wet due to film rupture as the capillary pressure is raised. Hence the brine
(during imbibition) and the oil (during secondary drainage) sees a different porous medium,
which is now mixed wet or partially oil wet. As a consequence the brine during imbibition
would tend to go into the largest of the oil-wet pores and of course continue to flow through

the smallest pores which have not been contacted by oil during drainage and hence are still
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water-wet. This creates a very different fluid distribution (Figure 2.7) than would have been
achieved if the core were oil-wet to begin with. Brine is thus excluded from the intermediate
size pores that have remained oil-wet. The fraction of such pores depends on the capillary
pressure imposed during drainage. The reassignment of pore occupancy caused by changes
in wettability during primary drainage is a likely reason for the large fraction of the water
being trapped during secondary drainage. As a result considerable differences in Sy, between
primary and secondary drainage were observed.

The primary and secondary drainage (Figure 2.8) curves in the
Limestone/Moutray/Brine of NaCl and Cacl, show that there are differences in the drainage
curves with increase in salinity. Significant higher brine saturations are observed during
primary drainage with the increase in the Cacl, concentration in the brine from 0.5% to 2%.
However, these differences recede in the secondary drainage cycle.

Figure 2.9 shows the primary and secondary imbibition capillary desaturation curves
in a Berea/Moutray/Brine system. The secondary imbibition cycle is conducted after aging
the cores for 20-25 days. The figure shows that the residual oil saturation decreases after
aging the cores and is also a function of brine salinity. Aging the cores made them more
mixed-wet and hence more oil was recovered during the imbibition cycle. The oil saturation
is higher for a lower brine salinity for both the primary and secondary imbibition curves.
Increasing the salinity leads to more oil recovery.

Figure 2.10 shows the capillary desaturation curves for limestone/Prudhoe Bay
oil/brine systems. Similar to Berea cores lower oil saturation is observed in the limestone
cores after aging, with oil recovery of more than 95%. Similar trends were observed with
Moutray oil/brine systems (Figure 2.11).

Tables 2.4 and 2.5 show the residual saturations and wettability indices of the systems
studied in this research before and after aging, respectively. The water and oil Amott indices
calculated before and after aging and USBM indices are listed in the tables. The indices
show that with Moutray oil, both the Berea and limestone cores exhibit more water-wet
behavior with increasing salinity. However with Prudhoe Bay oil, the water-wetness
decreases with increasing brine salinity. Limestone cores with brine of 20% NaCl
concentration spontaneously imbibes oil, which was not observed with any other core. Thus

cores become less water-wet and more oil-wet with increase in brine salinity. Both limestone
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and sandstone cores become more susceptible to wettability alteration with aging and become
less water-wet. The oil recovery increases by 10-15% to more than 95% in both sandstone
and limestone cores. These results show that with time the crude oil changes the wettability
of the core from strongly water-wet to mixed-wet condition, which leads to higher oil
recovery. This change is also evident from the differences observed in residual oil saturation
observed during primary and secondary imbibition.

Similar results showing the impact of salinity have been observed by Filoco and
Sharma (1999). Jadhunandan and Morrow (1994) have reported similar results for
Berea/Moutray oil/brine systems, where aging made the cores more oil-wet with increasing
brine salinity. The ability of the oil to rupture thin brine films is determined by the critical
disjoining pressure, whereas repulsive forces caused by electrostatic repulsion or hydration
forces can stabilize films. As salinity is increased thin wetting films become increasingly
unstable as the double layer repulsion is screened by the ions, leading to a mixed-wettability
condition, which becomes more permanent with aging of the core.

Basu and Sharma®® have shown that for non-polar mineral oils and some crude oils
the brine films become more stable as the salinity is increased. However, when electrostatic
interactions dominate hydrophobic interactions, the brine films become less stable with
increase in salinity. These explanations substantiate the results observed with AK93 crude
oil, which has a high base number and presents a positively charged oil-water interface.
However, Moutray oil does not show similar trends as the cores show more water wet

behavior with increase in salinity unlike the results observed in AK93.

CONCLUSIONS
Centrifuge coreflow tests (Berea sandstone and Texas Cream limestone) were performed
with a range of fluids (decane and crude oils) under different conditions to identify the
factors influencing the residual wetting and non-wetting phase saturations and oil recovery.
The following conclusions were reached:
1. Significant differences were observed between primary and secondary wetting phase
capillary desaturation curves, when crude oils was used as the non-wetting phase. The

water saturation is higher during secondary drainage for the same bond numbers and
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more brine is trapped. However, when pure hydrocarbon, decane was used as the non-
wetting phase there are no significant differences between the drainage curves.

2. Aging impacts the residual oil saturation, which decreases with aging. Oil recovery of
around 95% is observed in aged cores.

3. Aging impacts the wettability indices. Aging the cores made them more mixed-wet and
hence more oil was recovered. Both limestone and sandstone cores become more
susceptible to wettability alteration as the salinity is increased.

4. Residual oil saturation to a waterflood decreases with an increase in connate brine
salinity.

5. Higher residual brine saturations are observed in limestone cores as compared to
sandstone cores because of the differences in the lithology. The lower permeability of
the limestone cores leads to higher brine saturations at the same bond numbers as

compared to sandstone cores.
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Table 2.1: Properties of the Crude Oils

. Acid number / Density . . Wettability from
Crude Oil Base number kg/m3 Viscosity  cp Literature
Prudhoe Bay 0.14/2.42 0.91 22 Mixed-wet
Moutray 0.56/0.90 0.845 5.23 -
Data from ref 19.

Table 2.2: Properties of the cores used in the research

Sample ID | Length, | Diameter, | Pore volume, | Porosi Saturating liquid
cm cm ml ty
B18-D 2.52 2.274 18.93 3% NaCl
B2M10 2.54 2.466 2.339 19.28 4% NaCl+0.5%
0.5% CaCl2 CaCl2
B4M2 2% 2.51 2.468 2.30 19.16 | 4% NaCl+2% CaCl2
CaClI2
LS5AK93 2.527 2.463 2.419 19.37 0.3% NaCl
0.3B
LS7AK93 2.517 2451 2453 20.67 3% NaCl
3B
LSTAK93 2.512 2.461 2.99 25.07 20% NaCl
20B
LS3M10 2.476 2.387 291 26.25 4% NaCl + 0.5%
0.5% CaCl2 CaClI2
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LSIM2 2% 2.463 2413 2.813 2497 | 4% NaCl+2% CaCl2
CaClI2

Table 2.3: Surface and interfacial tension of the fluid systems used in the experiments

Fluid Systems Air Brine
0.3 % NaCl brine 69 -
AK93 29.6 19
3 % NacCl brine 70 -
AK93 31 12
20 % NaCl brine 71 -
AK93 29.5 16
4 % NaCl +0.5% CaCl, brine 62.4 -
Moutray 27.1 8.3
4 % NaCl +2% CacCl, brine 64.7 -
Moutray 28 9
3 % brine 68.5 -
Decane 25.4 40.2

Table 2.4: Wettability indices and residual saturations for the experiments conducted

Berea

Saturating Brine Displacing Water Oil USBM | Swr: Prim. Sor: Prim. Swr: Sec.
Concentration Fluid Amott Amott Index Drainage Imbibition Drainage
3% NaCl Decane 0.462 0 0.19 0.242 0.208
4% NaCl + 0.5% Moutray 0.181 0 -0.21 0.17 0.124 0.224
CaCl,

4% NaCl + 2% Moutray 0.363 0 -0.04 0.184 0.037 0.283
CaCl,

Limestone

0.3% NaCl AK 93 0.556 0 0.349 0.5 0.156 0.597
3% NaCl AK93 0.5 0 0.255 0.41 0.039 0.651
20% NaCl AK93 0.467 0.136 0.178 0.42 0.083 0.55

4% NaCl + 0.5% Moutray 0.242 0 0.42 0.312 0.12 0.364
CaCl,

4% NaCl + 2% Moutray 0.276 0 0.459 0.32 0.16 0.35
CaCl,
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Table 2.5: Wettability indices and residual saturations for the aged samples.

Berea

Saturating Brine Displacing Water Oil Sor: Sec. Imbibition Swr: Sec. Drainage
Concentration Fluid Amott Amott (aged) (aged)
4% NaCl + 0.5% Moutray 0 0 0.017 0.32
CaCl,

4% NaCl + 2% CaCl, | Moutray 0.06 0 0.005 0.213
Limestone

0.3% NacCl AK 93 0.528 0 0.008 0.517
3% NaCl AK93 0 0 0.03 0.63
20% NaCl AK93 0.166 0 0.05 0.55
4% NaCl + 0.5% Moutray 0 0 0.035 0.278
CaCl,

4% NaCl + 2% CaCl, | Moutray 0.014 0 0.036 0.36
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Sw —»

Figure 2.1: Sequence of the experimental steps conducted in this research; 1: Primary
drainage, 2. Spontaneous imbibition, 3: Primary imbibition, 4:
Spontaneous drainage, 5: Secondary drainage.
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Figure 2.2: Wetting phase drainage capillary desaturation curves in a 3% brine-
decane-Berea system.
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Figure 2.3: Wetting phase capillary desaturation curves in brine-crude oil-Berea system.
(Brine-AK93-Berea data is from Reference 15)

—— 4% NaCl + 0.5% Cacl2 Brine-Moutray: prim. drainage
- - < --4% NaCl + 0.5% Cacl2 Brine-Moutray: sec. drainage
—&— 4% NaCl + 2% Cacl2 Brine-Moutray: prim. drainage
0.8
- - A - - 4% NaCl + 2% Cacl2 Brine-Moutray:sec. drainage
c 0.6
]
o
=1
®
%]
=
Q
&
2 04
0.2 A
BEREA SANDSTONE
0 .
1.00E-06 1.00E-05 1.00E-04

Bond Number

Figure 2.4: Wetting phase drainage capillary desaturation curves in brine-Moutray-Berea
system.
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Figure 2.5: Wetting phase primary drainage capillary desaturation curves in brine-AK 93-
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Figure 2.6: Wetting phase drainage capillary desaturation curves in brine-AK 93-limestone

system.
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Figure 2.7: Proposed mechanism of the change of wettability of the curve from water-wet to
mixed wet during drainage and imbibition process.
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Figure 2.8: Wetting phase drainage capillary desaturation curves in brine-Moutray-limestone

system.
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Figure 2.9: Non-wetting phase capillary desaturation curves in brine-Moutray-Berea system.
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Figure 2.10: Non-wetting phase capillary desaturation curves in brine-AK 93-limestone

system.
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Figure 2.11: Non-wetting phase capillary desaturation curves in brine-Moutray-limestone

system.
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3. Investigating the Role of Crude Oil Components on Wettability

Alteration

Basu, S. and Sharma, M. M.

Presented in SPE Journal, Vol. 4, No. 3, 235-241, Sept. 1999.
ABSTRACT

The surface forces between a crude-oil and its components (oil, resin and asphaltenes)
and a glass substrate have been measured in brine of different salinity and pH using an
atomic force microscope. The force vs. distance curves are used to measure the critical
disjoining pressure for wettability alteration, i.e., departure from water-wet conditions. The
measured data are compared with the classical DLVO theory to explore the nature of
interaction of these components with mineral substrates.

The results indicate that the resins and asphaltenes obey the DLVO theory i.e. the
stability of the brine film decreases with increasing brine salinity and increases with
increasing solution pH. The opposite trend is observed with increasing salinity for the non-
polar (pentane soluble) fraction and for the crude oil itself. This deviation from DLVO
predictions indicates that for non-polar oils, hydrophobic interactions may play an important

role in the interaction of oils with minerals and, therefore, in wettability reversal.

INTRODUCTION
The contribution of surface-active polar components in crude-oils in determining the
wetting preference of reservoir rock minerals for oil or water is well-documented. These

compounds are mainly concentrated in the polar fractions of the crude-oil, i.e. the asphaltenes

and resins.1-3 Many investigators have suggested that the wettability of reservoir rock is

directly related to the adsorption and/or deposition of these petroleum heavy ends on mineral

surfaces.6-9 Wettability alteration studies have mainly focused on understanding the
adsorption of resins and asphaltenes on model mineral surfaces. It is conjectured that once
adsorbed on the mineral surface, they permanently change the preference of the mineral
surface for the oil phase. The variability in wetting properties of reservoirs has been

attributed to factors such as the proportion of asphaltenes and resins in the crude-oil, the
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stability of the intervening water film, and the mineralogy of the rock surface.

The wettability reversal phenomenon has been studied in the past by investigating the
conditions that cause the adsorption and desorption of crude-oil components on reservoir
rock surfaces. The crude oil fractions that are most strongly adsorbed to mineral surfaces are

the polar fractions. Many researchers have clearly demonstrated their effect in changing the

wetting properties of mineral surfaces once they are adsorbed.9 However, it is unclear how
these molecules gain access to the mineral surface. Their role in destabilizing aqueous films
separating the crude-oil and the mineral surface is also not known. There is a great deal of
uncertainty about factors such as the size and complexity of molecular structural
arrangements of these organic molecules and their physico-chemical interactions with rock
surfaces in a reservoir fluid medium. One measure of these interactions is the surface forces
acting between two interacting phases across a fluid medium. It is well known that surface

forces determine the contact angle at a three-phase contact line (Frumkin-Derjaguin

theoryl0:11) and that these forces primarily quantify the wetting properties of reservoir
minerals. The force vs. distance curves provide information regarding the ability of these

crude-oil fractions to break water films under different conditions, thereby, altering the

wettability of the rock surface.12,13
In the past, studies on understanding the intermolecular and surface interactions

causing the collapse of thin brine films confined between an oil and a mineral phase have met
with limited success.14:15 This was primarily due to a lack of quantitative measurements of

the surface force vs. distance curves. Recently, Basu and Sharmal® have demonstrated the
feasibility of measuring these interaction forces between crude-oil and mineral substrates in
an aqueous medium using an Atomic Force Microscope (AFM). The dewetting of pre-
existing brine films on glass and mica substrates for different conditions of oil composition,
brine chemistry, and surface morphology was systematically studied. The results of their

work clearly show the importance of surface forces on wettability reversal phenomenon in

oil/brine/mineral systems in oil reservoirs.l7 1In this paper, the experimental technique
developed in Reference 17 has been used to measure the surface force versus distance curves
for asphaltenes, resins, and oils interacting with glass surfaces in brine. It is observed that the

composition of the oil phase plays an important role in the stability of the brine films.
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Asphaltenes and Resins Crude oil can be fractionated into different components and in
different ways based either on molecular weight or polarity. Fractionation in a refinery is
typically based on molecular weight with the highest molecular weight components being in
general less volatile than the lower molecular weight components. For the purposes of
wettability alteration it is the polarity of the molecules that is of primary concern to us. For
this reason we fractionate the crude oil on the basis of their solubility in various solvents i.e.
on the basis of molecular polarity. The fraction of crude oil, insoluble in heptane but soluble
in benzene or toluene is referred to as the asphaltene fraction; the heptane soluble fraction of
the crude oil consists of oils and resins. The heptane soluble fraction is further fractionated
by eluting a silica gel column with pentane to obtain the oil fraction, with benzene to obtain

the aromatic fraction and with methanol to obtain the resin fraction. This fractionation

procedure with minor variations has been used extensively in the literature. 18,19 The oils,
therefore, consist of the non-polar fraction of the crude oil. The resins constitute the low
molecular weight polar fraction whereas the asphaltene fraction consists of the high
molecular weight polar fraction of the crude oil.

Although the skeletal structure of the asphaltene fraction (obtained from various
crude-oils) has been extracted by analytical methods, their structural arrangement is still not
fully known. It consists of high molecular weight compounds made up of condensed
polycyclic aromatic rings bearing alkyl side-chains with oxygen (O), nitrogen (N), or sulphur
(S) present in the cyclic structure in small proportions. The resins have more aliphatic chains
rendering them more soluble in crude-oil compared to asphaltene. The asphaltenes and
resins are often referred to as the NSO fraction because of the presence of the hetero-atoms

(N, S, and O). It is thought that the polarity induced by the presence of heteroatoms in the
organic molecule makes them interfacially—active.20 A detailed discussion on the chemical
composition and structural arrangement of these fractions is given elsewhere.21

The asphaltene fraction is known to be surface-active and behave in many ways

similar to a surfactant molecule. The kinetics of micellization is very slow because of their

size, structural heterogeneity and chemistry. This results in slow interfacial adsorption of

these fractions when deposited on a mineral surface. 18,19 A deposited layer of asphaltenes

strongly affects the wetting preference of the reservoir rock, changing it from water-wet to
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oil-wet. The mechanism of asphaltene precipitation has been studied through changes in
mixture refractive index!7 and observing the adsorption process through molecularly thin

adsorbed water films.13

Asphaltenes are insoluble in the oil fraction of the crude and are more likely to
separate out than any other component of the crude-oil. The resins, on the other hand, are
more soluble in the oil phase and help to keep the asphaltenes dispersed. It is thought that
both the aromaticity and polarity of resins is, in part, responsible for the peptization
(dispersion) of asphaltenes in the crude-oil. Loss of the resin and aromatic fractions results
in asphaltene flocculation and precipitation. The ability of the asphaltenes to precipitate and
separate out of the crude-oil makes them an important fraction for the study of reservoir
wettability.

It is conjectured that a stable brine film, separating the crude-oil and the rock surface,
prevents the oil phase from coming into physical contact with the rock surface. Under some
conditions, the wetting film destabilizes or breaks and the crude-oil is exposed to the rock
surface. The polar constitutents in the interfacially active fractions (asphaltenes and resins)
get irreversibly adsorbed on the rock surface with the hydrocarbon structures exposed to the
oil phase. This changes the natural hydrophilic character of the mineral surface and renders
it hydrophobic perhaps permanently. The mechanism by which the NSO compounds
partition to the oil/brine interface and rupture the brine film is the primary focus of our study.

The balance between the intermolecular forces in the brine film and the capillary
pressure at the crude-oil/brine interface primarily determines the stability of this wetting film.
The intermolecular forces are a result of the interaction between the oil/brine interface and
the brine/mineral interface across the water film. The surface forces consists of van der
Waals interactions which are primarily attractive, electrostatic interactions which for two
negatively charged interfaces are repulsive, and structural interactions which can be either
attractive or repulsive. While our outstanding of the van der Waals and electrostatic
interactions is reasonably complete, structural interactions are not very well understood.
When the two interacting surfaces are hydrophilic, the structural force is referred to as the
hydration force. The hydration force is essentially repulsive and increases with ionic

strength. Recently, the origin of the hydration forces was adequately explained by

accounting for dielectric saturation effects occurring in the intervening brine film.24,25

The University of Texas at Austin and Rice University



DOE Final Report 1999-2003 3.5

When one of the interacting surfaces is hydrophobic, the structural force can be attractive and

is referred to as hydrophobic force.20 Since the crude-oil water interface is hydrophobic, the
attractive structural forces play an important role in the brine film (in) stability. It is our lack
of understanding of hydrophobic forces that limits our ability to interpret the experimental
data presented in this paper.

The main objectives of our work are to (a) measure the interaction of crude-oil
fractions with a model mineral surface, and (b) study their role in rupturing thin brine films
on mineral substrates. The surface force vs. distance curves have been measured with
asphaltenes and resins in brine to understand their impact on reservoir rock wettability.
Experiments were conducted for different brine salinity and pH to characterize the effect of
brine chemistry. The results reveal contrasting trends in the stability of the thin aqueous
layer at different brine conditions when compared with those for crude-oil. These curves are
analyzed to understand the role played by these compounds in the physico-chemical
interactions between crude-oil and mineral substrates in brine. The disjoining pressure
isotherms have been compared with those obtained from the DLVO theory to explore the

nature of interaction and surface characteristics of these components.

EXPERIMENTAL PROCEDURES

An Atomic Force Microscope2” (AFM) was used to measure forces between crude-
oil fractions and glass substrates in brine as a function of separation distance. The

measurement techniques used in this work are the same as the film stability tests described in

an earlier paper.16 The capability of this apparatus to measure weak intermolecular forces
with precision has been exploited to measure disjoining pressure isotherms between surfaces
of interest. A planar glass substrate was placed on the piezoelectric scanner that moves in the
vertical direction (z axis). The oil phase was placed at the tip of the cantilever, in the form of
a pendant drop, above the glass surface. Using a fluid cell, the cantilever (with the oil phase
in place) and the mineral surface was immersed in brine. When the piezoelectric scanner
moves closer to the cantilever tip, it deflects due to the chemical interactions between glass
and oil. The tip deflection vs. z position of the piezo curves, displayed by the computer

assembly, can be converted to surface force vs. distance curves. The stiffness constant of the

cantilevers used in our measurements varied from 0.042 + 0.006 Nm-1 to 0.32 + 0.05 Nm-!.
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1

Cantilevers with a spring constant of 0.042 Nm™" was used in experiments where small

forces were recorded (< 0.05 Nm'l) in the interest of acquiring greater detail in the measured

tip deflection curves. Cantilevers with higher spring constants were used for systems with

large forces (> 0.05 Nm'l) to expand the coverage of the measurable data.
Crude-oil samples, fractionated into three fractions (asphaltenes, resins, and oils),
were obtained from Mobil Oil Corporation. The elemental composition of the crude oil and

the three fractions are shown in Table 3.1.

Cantilever Tip Preparation. The force curves were measured with crude-oil, asphaltenes,
and resins at different brine salinity and pH. For measurements with crude-oil and resins, the
specific crude-oil fraction was attached to the cantilever tip. The oil phase is attached to the
cantilever tip in the form of a pendant drop. The higher viscosity and lower density of the oil
phase compared to water keeps the oil drop stable on the tip when immersed in brine. Figure
3.1 shows an SEM photograph of the tip with the resin drop in place.

When measuring forces with asphaltenes, the tip was prepared in a slightly different
way. The asphaltene crystals were first dissolved in toluene. A 15 um diameter glass
microsphere was glued to the cantilever tip with an epoxy hardener mix. The cantilever
probe with the colloidal sphere was dipped into the organic solvent containing dissolved
asphaltene. The tip is then removed and held for a couple of hours till the toluene evaporates
and the asphaltene (solute) is left deposited on the microsphere. Figure 3.2 shows a SEM
micrograph of the glass sphere coated with asphaltene. The asphaltene-coated microsphere
has surface irreglarities as expected because the asphaltenes have a crystalline structure. It
should be pointed out that a very small area (nm?) of the tip interacts with the underlying

glass substrate. We expect that the surface will behave like a rough surface with surface

asperities leading to smaller measured disjoining pressures. 16

Surface Preparation and Cleaning Procedures. Glass microslides were used for the force
measurements with crude oil and its fractions. The glass substrates were glued to the
magnetic disks (supplied with the Nanoscope E AFM) using an epoxy hardener mix. The

substrates and the cantilevers were treated with methanol, isopropanol, and acetone followed
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by rinsing with deionized water before each measurement to remove any contaminants. The
same procedures were used for cleaning the fluid cell except that it was not treated with
acetone (because it has a corrosive action on the reflective material coating the cell). The
magnetic disk (with the glass substrate) and the cantilever were then mounted on the
piezoelectric scanner and the fluid cell, respectively. The methodology used for the AFM

measurements and the data analysis used to obtain the force curves for oil/brine/mineral

systems is discussed in detail elsewherel©.

DLVO Force Computations The intermolecular forces in a thin liquid film confined

between surfaces have traditionally been quantified by the DLVO theory.28929 The theory

classifies these intermolecular forces into the electrical double layer force, (¢, and the van

der Waals force, [1ydw. The net pressure, [, which is called the disjoining pressure, is the
sum of these two forces or

IM=11y+11q [3.1]

In this case, a curved surface (oil drop) interacts with a flat surface (mineral

substrate). The Derjaguin approximati0n30 is used to convert measured forces to interaction

energy per unit area,

A [ moan
2 7R s [3.2]

where E is the interaction energy per unit area, F is the force between the interacting
bodies, h is the film thickness, and r is the radius of curvature of the oil drop. The force
curves are plotted as F/R vs. h.

The electrostatic interactions between the mobile ions in the thin film and the charged
surface sites give rise to a double layer of oppositely charges ions in the solution. The
electrical double layer formed at the interface interacts with the double layer at other
interfaces. This causes an overall increase in counter-ion concentration in the film resulting

in an osmotic force. The electrical double layer force, Ilg], is repulsive for negatively

charged surfaces, and can be expressed as29,

e e
1, = 64 kT tanh(ké;j tanh(éf} exp(—«h), [3.3]
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where no is the number density of ions in the bulk solution, £ is the Boltzmann
constant, 7 is the temperature of the system, {7 and ({2 are the zeta potentials at the

interfaces, and « is the Debye length. This equation is derived assuming that the electrical
potential at the center of the thin film for overlapping double layers can be represented as the
sum of the electrical potentials at that position for non-interacting double layers. This
equation is valid for a film thickness 4 > 5-7 nm.

The van der Waals forces are attractive when the dielectric permittivity of the liquid
interlayer is smaller than that of the confining phases. These forces are mainly attributed to
induced dipole-induced dipole interactions between molecules, also known as the London-

dispersion interactions. The retarded van der Waals forces, /4y, are calculated using the

relation,

ERELIIIS
mn, = 4
2 320y

[3.4]
where A is the Hamaker constant and A is the London wavelength (1000 A). The

Hamaker constant used for calculating ITydw between glass and a hydrocarbon phase

interacting across an aqueous medium is 2.0 x 10-21 .26

The DLVO theory is able to predict the magnitude of measured surface forces up to a
separation distance ranging from 5 to 50 nm, depending upon the physico-chemical
characteristics of the interacting surfaces and the chemistry of the liquid interlayer. In many
cases, the measured forces at smaller film thickness are not predicted by this theory. These
non-DLVO forces, commonly known as structural forces, are extremely large and dominate
the surface force components at separation distances smaller than 10 nm. These forces have

important implications in stabilizing and destabilizing thin films in oil reservoirs.

RESULTS AND DISCUSSION

AFM experiments were performed to obtain surface force curves with crude-oil and
its fractions, resins and asphaltenes, on planar glass substrates in an aqueous NaCl solution.
The measured force vs. distance curves are presented for different salinity and pH of the

aqueous medium. The main purpose of these measurements is to investigate the differences
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in behavior between the crude-oil fractions on the wettability reversal of mineral surfaces. To
study the effect of brine chemistry (salt concentration and pH) on wetting film stability,
measurements were made at three different salt concentrations - 0.01M, 0.1M, 1M - each at a
pH of 5.5 and 8.

In this work, the brine film is considered unstable if it collapses spontaneously when
the non-wetting (oil) phase is brought in close physical proximity to the underlying mineral
surface. A metastable film does not break until the capillary pressure applied on the non-
wetting phase exceeds the critical disjoining pressure for film rupture. The wetting brine
films are referred to as stable films if they do not break even when very high capillary

pressures are applied.

Effect of Brine Salinity. Measured force curves with resins and asphaltenes at 0.01M,
0.1M, and 1M NaCl concentrations against glass surfaces are shown in Figures 3.3 and 3.4,
respectively. The curves show a decrease in repulsion with increasing salt concentration for
asphaltenes and resins. In both cases, the brine films are metastable at 0.01M NaCl and
unstable at 1M NaCl. At 0.1M NaCl, the aqueous films are metastable with asphaltenes

whereas they are unstable with resins. The film thickness at rupture, 4;-, decreases with

increasing salt concentration. The results are in qualitative agreement with the DLVO theory
which predicts a decrease in disjoining pressure and film rupture thickness with increasing
salt concentration. The plotted data also indicates the absence of additional repulsive
hydration forces that can stabilize thin films. This matter will be dealt with in later sections.
Brine films with crude-oil reveal decreasing /;- with increasing brine salinity (Fig.
3.5). The films are completely unstable for the whole range of NaCl concentrations. The
film rupture thickness decreases (a trend of increasing stability) with increasing salinity.
Figure 3.6 shows metastable and stable films for 0.01 M and 0.1 M brine salinity,
respectively, at pH 8. Because of the absence of hysteresis in the AFM curves, the zero
reference for the separation distance is not obtained. Therefore, the measured data points are
not shown in the plot and a solid line represents the force curve. This shows that for the
crude oil, film stability increases with increasing salt concentration. These opposing trends
in film stability between the crude-oil and the polar fractions of the crude show that the

surface-active fractions (resins and asphaltenes) behave differently than the crude oil.
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Effect of Brine pH. The aqueous wetting films show an increase in stability with
increasing solution pH with the resin and asphaltene fractions. Figure 3.7 shows an increase
in repulsive intermolecular forces with resins with increasing solution pH. This is expected

since the solution pH strongly influences the surface charge density. Decreasing the

concentration of potential-determining H™ ions increases the concentration of deprotonated
surface groups. The higher surface charge density gives rise to a higher concentration of
mobile counter-ions in the aqueous film through Coulombic interactions. This causes a
higher osmotic or electrical double layer force.

The decrease in repulsion with increasing brine salinity at a higher solution pH (pH 8)
is still observed, similar to the trend obtained at pH 5.5. This is in direct agreement with the
results obtained from the DLVO theory which predicts a decrease in electrical double layer
forces due to surface charge screening effects at a higher ion concentration. Notably, there is
an absence of any additional repulsive structural or hydration forces at small distances of
separation at the higher solution pH.

Figure 3.8 shows the effect of solution pH on the surface force between crude-oil and
glass. The increase in the repulsive force with brine pH is consistent with the DLVO theory.

The qualitative trends essentially are in agreement with previously reported measurements

with similar (oil/brine/rock) systems.16,17

Differences in Force Curves (Resins vs Asphaltenes) Similar film stability results are
obtained for both asphaltenes and resins. Films are more stable at 0.01M brine salinity with
resins compared with asphaltenes on glass surfaces. However, the films become less stable
at 0.IM and 1M salt concentration with resins. Film stability is more sensitive to changes in
pH for resins as compared with asphaltenes. A larger increase in disjoining pressure is
obtained with resins when the pH is raised from 5.5 to 8, as shown in Figure 3.4. However,
changes in brine chemistry cause similar changes in force curves for both the polar fractions.
This indicates that the interfacial properties of these fractions have similar characteristics

when in contact with an aqueous phase.

Comparisons with Force-Curves For Crude-QOil Figure 3.9 shows a comparison of force

curves between crude-oil, asphaltenes, and resins. The brine films are most stable with
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asphaltenes and least stable with crude-oil for the same brine chemistry and mineralogy of
the solid surface. For a brine salinity and pH of 0.01M and 5, the asphaltenes reveal
metastable films whereas unstable films result in the case of crude-oil. For some salinities
and pH values resins may show more stable films (Figure 3.7). For crude oils, increasing salt
concentration and solution pH has a stabilizing effect on the aqueous films as observed in

Figures 3.5 and 3.6. In similar experiments conducted earlier, we have also reported such

trends.106  The wetting films were shown to become more stable with increasing salt
concentration and pH with crude-oils obtained from different reservoirs. NSO compounds,

on the other hand, show a less stable water film with increasing brine salinity.

Comparisons with DLVO Theory Good quantitative and qualitative predictions with
DLVO theory are obtained with resins and asphaltenes for 0.01M brine at a pH of 5.5 and 8,
as shown in Figures 3.10 and 3.11. The {-potentials for glass is obtained from Ref. 14.
Comparisons with the theory were made only for 0.01M brine salinity since the Poisson-
Boltzmann equation, which assumes point charges, is not valid at high brine salinities and
pH. Overall, the force vs. distance curves obeyed the DLVO theory very well. The
calculated C-potentials for resins and asphaltenes are provided in the figure legends. The

disjoining pressure decreases with increasing ion concentration and increases with increasing

solution pH. Higher H™ favors the dissociation of fixed charge groups on surfaces and
causes a higher surface charge density. On the other hand, charge-screening at higher salt
concentrations reduces the effective surface charge density and, therefore, the counter-ion

concentration and electrical potentials in the thin film.

In related recent work31, it has been shown that the interaction of asphaltenes with a
mineral substrate depends on the composition of the brine. Surface imaging studies on aged

mica conducted with an AFM revealed that the weight of adsorbed asphaltene aggregates on

the mineral surface increased with brine salinity and decreased with solution pH.31 This
indicates that the brine films are more unstable at higher salt concentration and low pH in

order for the asphaltenes in the oil phase to gain access to the underlying mica surface.

Structural Forces  Qualitative agreement with DLVO force curves indicates that
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structural forces are not dominant in the intermolecular interactions between the polar
fractions and glass. The brine film invariably ruptures in all force measurements with resins
and asphaltenes. Good agreement between theory and experiments at low brine salinity and
pH indicate the absence of hydrophobic forces. Structural or non-DLVO forces do not
appear to play a significant role in determining film rupture for these polar crude-oil
components.

In contrast with the polar fractions the experimental trends indicate that structural
forces have a strong influence on film stability in the case of crude-oils and alkanes.
Hydrophobic interactions, that are primarily attractive, cause unstable films at low brine
salinity and pH (Fig. 3.5). On the other hand, extremely short-range repulsive hydration
forces result in stable films at high brine salinity and pH (Fig. 3.6). The trend of increasing
water wetness with increasing salinity is observed in simple adhesion tests for a variety of

crude oils™. Similar results have also been obtained using the AFM with octadecane,

Moutray and Prudhoe Bay crude-oils.17

It is now well established that the interaction of a non-polar surface (oil-water) with a

polar surface (glass-water) may be dominated by hydrophobic interactions (attractive).20
This is the most likely reason for the instability of the brine film with the crude oil.
Hydrophobic forces do not arise when two polar surfaces interact. As a result the resin and
asphaltene fractions show good agreement with the DLVO calculations.

The dependence of hydrophobic forces on salinity is not well known. Our limited set
of experiments suggests that the hydrophobic attractive forces increase as the salinity

decreases.

CONCLUSIONS

The surface force vs. distance curves for asphaltenes and resins follow the trends
predicted by the DLVO theory where the critical disjoining pressure decreases with
increasing brine salinity and decreasing pH. This trend of decreasing film stability with
increasing brine salinity and decreasing pH suggests that for the polar fractions of the crude-
oil electrostatic interactions play a dominant role.

In the presence of a non-polar oil, however, hydrophobic interactions (attractive)

become important and the brine film is more unstable. Increasing the pH or the salinity
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results in more stable films. The increase in film stability with salinity is consistent with the

behavior observed for octadecane and two other crude oils'® but is not explainable on the

basis of DLVO theory. Perhaps the explanation lies in the variation of the hydrophobic force

with salinity.
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Table 3.1--Elemental composition of crude oil and its fractions

Crude Oil Oil Asphaltenes Resins

Carbon (%) 84.14 83.91 80.84 80.55
Hydrogen (%) 10.79 11.59 8.25 9.42
Oxygen (%) 0.49 0.20 1.26 1.79
Nitrogen(%) 0.38 0.02 1.06 0.66
Sulfur (%) 427 224 8.05 5.92
Total NSO(%) 5.14 2.46 10.37 8.37

Figure 3.1 A SEM photograph of a drop of resin hanging on the cantilever tip.
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15KV X2.000

Figure 3.2 A SEM photograph of 10 pm diameter glass microsphere glued on the cantilever

and coated with asphaltenes.
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Figure 3.3 Measured surface force curves with resins at pH 5.5. The arrows indicate the
separation distance where the intervening brine film ruptured and the hydrocarbon
phase gained access to the underlying glass surface. The curves suggest
decreasing film stability with increasing brine salinity (consistent with DLVO

theory).
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Figure 3.4 Measured surface force curves with asphaltenes at pH 5.5. The arrows indicate
the separation distance where the intervening brine films ruptured and
hydrocarbon phase adhered to the underlying glass surface. The curves suggest

decreasing film stability with increasing brine salinity salinity (consistent with

DLVO theory).
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Figure 3.5 Measured surface force curves with asphaltenes at pH 5.5. The arrows indicate
the separation distance where the intervening brine films ruptured and
hydrocarbon phase adhered to the underlying glass surface. The curves suggest

increasing film stability with increasing brine salinity.
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Figure 3.6 The measure forces with crude-oil at a solution pH of 8. The brine film become
stable at a higher solution pH compared with those obtained at a pH of 5.5 (Fig.
5). Due to the inherent limitations in the AFM measurements in calculating the
separation distance for completely stable films, solid line is drawn to illustrate this

effect.
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Figure 3.7 Effect of brine pH on measured surface force curves with asphaltenes and resins
in 0.1M brine. The increase in stability of brines films is more with resins than

with asphaltenes.
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Figure 3.8 Effect of brine pH on measured surface force curves with crude-oil on glass in

0.01M brine. The stability of brine films increases with increasing solution pH.
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Figure 3.9 Comparison of measured surface force curves with crude-oil, asphaltenes, and

resins in 1M brine at pH 5.5. The brine films are least stable with crude-oil and

the most stable with asphaltenes.
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Figure 3.10 Comparison of measured surface force curves for resins with DLVO theory in
0.01M brine. The theory predicts slightly larger film rupture thickness. At pH
5.5, Cglass =-65mV and Cresins =-2.6 mV; at pH 8, Cg]ass =-75mV and

Cresins = 5.3 mV)
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Figure 3.11 Comparison of measured surface force curves for asphaltenes with DLVO
theory in 0.01M brine. The theory predicts slightly larger film rupture
thickness. AtpH 5.5, Zglass = -65 mV and asphaltenes = -2.2 mV; at pH 8,

"glass = -75 mV and [lasphaltenes = -4.2 mV)
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4. Influence of Wettability and Saturation on Liquid-Liquid Interfacial

Area in Porous Media

Jain, V., Bryant, S. and Sharma, M. M.

Presented in Environmental Science and Technology, 2003.

ABSTRACT

The knowledge of the area of interfaces between phases is important to understand
and quantify many flow and transport processes in porous media. In this work we apply the
interfacial tracer technique to study the dependence of fluid/fluid interfacial area on
saturation and wettability. The interfacial area between the wetting and non-wetting phases
(brine and decane) in unconsolidated porous media (glass beads) was measured using an
anionic surfactant (3-phenyl decyl benzene sulfonate) as an interfacial tracer. The beads are
water wet; treating them with organosilane rendered them oil wet. The measurements were
done at a series of steady-state fractional flows, providing data at intermediate as well as
residual saturations. Flow rates were kept low so that capillary forces controlled the fluid
configurations. We observe significant differences in interfacial areas as a function of
wetting phase saturation as the wettability is changed from water-wet to oil-wet. During
primary drainage, measured interfacial area increases monotonically with decreasing water
saturation in a water-wet medium. In contrast, the interfacial area measured in the oil wet
porous medium increases with decreasing decane saturation, reaches a maximum and
decreases as the residual decane saturation is achieved. The oil-wet experiment is
qualitatively consistent with theoretical results, which predict the existence of a maximum in
fluid/fluid interfacial area during drainage. The water-wet experiment is consistent with
theoretical predictions that include the area of grains in pores that have been drained. We
conclude that in the water-wet experiments, the tracer adsorbs at the interface between
nonwetting phase and the wetting films on grains. In the oil-wet experiments, either the oil
films are not sustained at high water saturation, or the tracer does not adsorb at them,

possibly prevented by steric hindrance. Interpretation of interfacial tracer experiments
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therefore requires care: for some mass transport processes, the thin films of wetting phase on

grains will not behave the same as macroscopic volumes of wetting phase.

INTRODUCTION

Knowledge of interfacial areas is important to better understand and quantify many
flow and transport processes in unsaturated/saturated porous media. Mass transfer rates for
processes such as adsorption, dissolution, and volatilization are proportional to solid-fluid
and fluid-fluid interfacial areas. Interfacial areas are also important for modeling colloidal
and microbial transport. The air-water interfacial area is important for modeling remediation
processes like soil-vapor extraction in vadose zone. Air-water interfaces serve as sorption
sites for colloids and bacteria, subsequently retarding their transport in unsaturated media.
Similarly, knowledge of liquid-liquid interfacial area is important in estimating the
contaminant flux between non-aqueous phase liquids (NAPL) and water for various
remediation processes such as surfactant enhanced aquifer remediation (SEAR). Knowledge
of interfacial areas, therefore, facilitates the quantification and numerical simulation of a
variety of flow and transport processes (1-2).

Multiphase transport in porous media is characterized by means of several
macroscopic transport properties such as relative permeability, capillary pressure and
dispersivity. These properties have been found experimentally to depend upon parameters
such as fluid saturations, fluid properties, saturation history and pore space morphology.
Alpak et. al. (3) have modified the Carmen-Kozeny equation to model two-phase relative
permeabilites, which includes a dependence on solid-liquid and liquid-liquid interfacial areas.
However, they have no independent measurement of interfacial areas to validate their model.
Moreover, a standard assumption in modeling is that the flowing aqueous phase is in local
chemical equilibrium with the oil phase. Depending on the flow rate, the oil saturation and
the ratio of surface area to volume of the oil phase, this assumption may not be valid.
Moreover, the area of the liquid-liquid interface is likely to vary with oil saturation (4-5), and
this effect is not accounted for in standard kinetic models.

The objective of this research was to apply the tracer technique to study the effect of
fluid saturation, wettability and hysteresis on interfacial area and to model the impact of

liquid-liquid interfacial area on relative permeability. Interfacial tracers (6) can be used to
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measure the specific oil-water interfacial area in a porous medium. Because so little
experimental data is available for liquid-liquid interfacial area, this paper presents a series of
experiments with interfacial tracers in order to better define the possible range of interfacial
areas over different saturations for varying types (water-wet and oil-wet) of porous media.
The measurements are done not just at the end points, but also for intermediate saturations,
where both phases are flowing. Throughout the experiments, capillary forces dominated
viscous forces (N¢, ~ 10_6). Thus the measurements are relevant to fluid configurations
arising in situations such as NAPL contamination events, tracer injection for NAPL volume

estimation, and pump-and-treat remediation.

BACKGROUND

Most models for fluid transport in porous media employ a “lumped” parameter for
interphase mass transport. The lumped parameter includes an interfacial area and a mass
transfer coefficient (7), as it is difficult to measure independently the interfacial area on
which or through which the adsorption, dissolution etc is occurring. This would be less of a
problem if the interfacial area were constant. However, experiments show that interfacial
areas vary with non-wetting phase saturation.

There are many theoretical studies, which have modeled air-water or liquid-liquid
interfacial area in porous media as a function of pressure and saturation by assuming a
specific pore geometry (8-10). Others have used thermodynamic arguments to relate the area
of fluid/fluid and fluid/solid interfaces to the area under drainage and imbibition curves
(4,11). Some experimental measurements of air-water interfacial area in unsaturated porous
media as a function of saturation have been reported. Karkare and Fort (12) used a
hydrophobic surfactant (1-tetradecanol) to study its impact on water movement and then
calculated air-water interfacial area as the number of molecules of surfactant required to
initiate water movement multiplied by area of each surfactant molecule. Kim et. al. (13)
developed a miscible displacement technique using interfacial tracers to measure the
interfacial areas. The interfacial tracer technique can be used as a simple, nondestructive
measurement method for obtaining the specific oil-water interfacial area in both laboratory
and field settings (6,14). Anionic surfactants are used as interfacial tracers at concentrations

below the critical micelle concentration (CMC), to minimize solubilization and mobilization
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of the oil phase. These interfacial tracers accumulate at the oil-water or air-water interface
by adsorption, however they do not partition into the oil or air phase.

Schaeffer et al. (15) measured air-water interfacial area as a function of capillary pressure
and water saturation. They measured interfacial areas greater than that observed by Kim et
al. (13) and attributed this to inclusion of thin films in their measurements. Faisal et al. (16)
developed a new method to measure air-water interfacial area using the surfactant adsorption
concept. Their experimental results show that the air-water interfacial area increases with
decreasing water saturation during the drainage cycle. The imbibition cycle area differs from
the corresponding drainage area at the same water saturation. Schaeffer et al. (15) observed
no relation between interfacial area and water saturation in the imbibition cycle.

Bradford and Leij (4) inferred air-oil and air-water interfacial area from drainage and
imbibition experiments in unconsolidated media that were imperfectly wetted (contact angle
> () or of mixed wettability (some grains water-wet, others oil-wet). The work by Saripalli
et al. (6) involved measuring the liquid-liquid interfacial area at residual non-wetting phase
saturation for water-wet and oil-wet sands. However, the interfacial tracer technique has not
previously been applied to measure the area between two liquids in a porous medium as a
function of saturation and wettability. The objective of this study is to measure liquid-liquid
interfacial area as a function of saturation in different wettability states (water-wet and oil-
wet).

Initial experimental evidence strongly indicates that the specific oil-water interfacial
area exhibits changes as a function of the wetting state of the porous medium. Results of the
column experiments conducted by Saripalli et al. (6) using interfacial tracers demonstrate
that the specific oil-water interfacial area (per unit pore volume) varied from 86 cm*cm’ to
272 cm?’/cm’ depending upon which phase was initially present in the column. Estimation of
the interfacial area from measured capillary pressure-saturation curves (4) indicate that
similar hysteresis is observed in interfacial area as is observed in capillary pressure curves
during primary drainage and imbibition. Moreover, they estimated that interfacial area is
smaller for a mixed wet system as compared to water-wet or oil-wet system. We note that if
the liquid/liquid configurations are controlled by capillary forces in a perfectly wetted

system, the identity of the wetting phase (e.g. water or oil) should be immaterial; the trend of
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area as a function of saturation should be the same for drainage (or imbibition) in a water-wet

system as for drainage (or imbibition) in an oil-wet system.

THEORY

The basis of the interfacial tracer method is the following idealization: the retardation
of an interfacial tracer with respect to a conservative tracer is proportional to the sorbed
concentration of the interfacial tracer within the porous medium. In practice, the retardation
of the interfacial tracer is also impacted by its mobility along the interface (17). Interface
mobility consists of two components: Marangoni flux due to concentration gradient and
convection due to shear at the interface. Here we have assumed that the convection effect is
very small and the interface mobility is small compared to the bulk pore velocity and
subsequently has no effect on the retardation factor. The retention factor, R;;, accounts for
sorption onto the porous medium and adsorption at the wetting-nonwetting phase interface:

K

pKd o
R, =1+24 4 20 4.1

p: bulk density of solid, g/em’; Kg: sorption coefficient onto the solid matrix, cm’/g; Sy:
wetting phase or water saturation; K, (dimensionless): adsorption coefficient at the wetting-
nonwetting phase interface. K, is a function of the interfacial area and the chemical affinity
of the tracer for the interface.

K4 can be estimated from a tracer experiment conducted in a water-saturated column

in the absence of non-wetting phase. The Gibbs adsorption equation relates the adsorbed

i
ads

concentration of the tracer (C., ) at the oil-water interface to the bulk concentration:
Cis =Ta; =K ,C, [4.2]
where a; is the oil-water interfacial area (cm’/cm’) and I, surface excess of the tracer

(mol/cm?) is given as,

r:—L(ﬂj C, [4.3]
2RT(8C, ).

R: ideal gas constant, erg mol' K'; T: absolute temperature, K;y: interfacial tension,

dyne/cm.
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Surface excess of the tracer can be determined using interfacial tension data. Since y
is a nonlinear function of Cy, the interfacial adsorption isotherm is nonlinear too. However,

it can be used to estimate K, using equations 4.2 and 4.3:

KO=Fai=— a [dy |___aPp [4.4]
C 2RT(dC, 2RTC,,

where [ is obtained by fitting the following equation: y = o — B In(Cy,) to measurements of
v at various C.
For a step-input tracer experiment the retardation factor is calculated by measuring
the area above the breakthrough curve, given as (6):
R, =i [4.5]
Heon
where the subscripts ‘ift’ and ‘con’ refer to interfacial and conservative tracers

respectively and p is (6)
= [a-Cdt [4.6]
0

Here C'(t) = C(t)/Cy is the normalized concentration of the tracer monitored at the column
outlet; Cy, is the influent tracer concentration.

The retardation factor is obtained from the analysis of the effluent history of the
tracers using equations 5 and 6 and the interfacial area is calculated by using equations 4.1

and 4.4.
MATERIALS AND METHODS

Materials Flow experiments were conducted in glass columns packed with cleaned glass
beads (Potter Industries, Brownwood, TX). The glass beads were cleaned using 0.1 M HCl
and 15% H,0, in order to remove surface impurities such as metal ions and to oxidize the
organic matter. The glass beads were then thoroughly washed with water to remove the
residual acid and peroxide, and then oven-dried before storing them in a clean beaker for use
in column experiments. The glass beads were made oil-wet using silane and chloroform

following the procedure described in detail by Lewis (18).
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Water was used as the aqueous phase and decane was the organic phase.
Experiments were conducted with decane loaded in different ways (e.g. water loaded first vs
decane loaded first) in columns packed with water-wet or oil-wet glass beads. Potassium
iodide (KI), and pure 3-phenyl decyl benzene sulfonate (Cio 3-¢ LAS), an anionic surfactant
were used as conservative and interfacial tracers, respectively. Cjo 3-¢ LAS is a 10 carbon,
linear alkyl benzenesulphonate, with the benzene ring at the third carbon position. All the
chemicals used in this research were obtained from Aldrich chemical company, Milwaukee,
WI, except the interfacial tracer. The surfactant tracer was purified in the chemistry
department at the University of Texas at Austin. T-stilbene was the conservative organic
phase soluble tracer. Based on the results of Saripalli et al. (6) and Kruger et al. (19), C;o 3-¢
LAS used in this study should have very weak sorption on to the porous medium, be

insoluble in the organic phase and also have no chromatographic separation.

Methods Aqueous solutions were prepared at different surfactant concentrations and the
interfacial tension between the aqueous surfactant solutions and decane was measured using
a ring tensiometer.

The column was a chromatography (Kontes, Vineland, NJ) glass column (diameter: 2.5 cm
and length: 30 cm), fitted with PTFE shielded O-rings, metal screens, and a variable length
teflon fitting at one end, which can be used to control the packed length of the column and
has a single outlet for both the fluids exiting the column. Figure 4.1 shows the setup for the
column experiments. The other end fitting was modified from one inlet to two inlets, to
facilitate simultaneous flow of oil and water. A 100 mesh metal screen was present on each
end of the column to prevent migration of fines and to distribute fluids evenly in the column.
The glass column was dry packed on a vibrating table. The column was packed in
increments, so that the glass beads packed densely. A consistent porosity was achieved by
this method. The column was then evacuated for 1 hour. It was then flooded with CO, gas
and again evacuated for ’2 hour and then saturated with deaerated and de-ionized water.
Subsequently, the column was flushed with 2-3 pore volumes of deaerated water before the
tracer experiments were conducted. The gross weight of the column without glass beads and

the column with glass beads was measured. The dry weight of the beads packed in the
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column was obtained from the difference in weight, which was used to obtain the overall
porosity and pore volume of the column.
The permeability of the column to water was measured using pressure transducers (Cole
Parmer, Vernon Hills, IL) connected to the inlet and outlet lines of the column. The
electrical signal from the pressure transducer was converted into pressure and recorded on a
chart recorder. Measurements were made at different flow rates (1-4ml/min) and the average
permeability was computed.
The retardation factor was determined from effluent concentration histories (concentration of
tracer exiting the column vs. time). The effluent concentrations were measured directly in a
flow-through measurement cell plumbed into the experimental apparatus. This provides the
requisite resolution for determining retardation of the concentration front and eliminates
many of the data quality concerns that would arise if discrete samples were collected and
then analyzed in batch mode. To eliminate the possibility of overlapping absorption peaks,
the tracers were injected in separate slugs.
A step input of KI at a concentration of 25 mg/L (C,,) was initially injected until it was
observed in the effluent. The flow-rate through the column was maintained at 1 ml/min
during the tracer experiments. The tracer was followed by water and once no more KI was
observed in the effluent, the column was flushed with another 2-3 pore volumes of water and
the process was repeated with a step input of C;p 3-¢ LAS at a concentration of 50 mg/L
(Cw). The injected concentration was far below the CMC of the surfactant (600 ppm).
Because of the low injection concentration of the tracer, we did not anticipate nor did we
observe any mobilization or solubilization of the oil, which would have changed the
interfacial area as the tracer was injected in the column. The effluent was analyzed using an
online UV detector (Ocean Optics, Model: CHEM2000-UV-VIS) for continuous detection of
KI (wavelength: 221 nm) or LAS (wavelength: 217 nm). Each data point (concentration in
effluent at a given time) was the average of 25 scans of the contents of the in-line sample
cuvette (Hellma Scientific, 18 pl volume), taken over a 0.04 minute interval. The scanning
and averaging were carried out automatically by the spectrophotometer system that includes
a data acquisition card and software. Data were logged directly to a PC.

A calibration curve was prepared for each tracer that relates measured absorbance to

known tracer concentration. The response was almost perfectly linear. Measurements in the
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range of interest, i.e. greater than 1% of the injected concentration, show high accuracy. The
calibration curve was used to obtain the effluent concentration profile.

Initial tracer tests were conducted to calculate the background sorption of interfacial
tracer onto the glass beads. Decane being lighter than water was introduced into the column
from the top. A connate water saturation of about 30% was obtained. Subsequently, the
column was flushed with 4-5 pore volumes of water from the bottom at increasing flow rates
(1ml/min-4ml/min) to reduce the column to a residual decane saturation. After establishing
residual decane saturation, the tracer experiments were conducted following the procedure
described above.

Next, the decane saturation in the column was increased by flowing decane through the
column, while reducing the water flow rate, keeping the total flow rate through the column
constant at 1ml/min. At each fractional flowrate, water and decane were simultaneously
injected into the column for 35-40 pore volumes to achieve steady state saturations in the
column. The permeability to liquid phases was measured at each stage, followed by the
tracer experiments. Water saturation at each fractional flowrate was obtained from the
conservative tracer profile, and retardation of the interfacial tracer was calculated relative to
the conservative tracer. The residual water saturation was obtained by using T-stilbene as the
conservative tracer in oil. At this point water is present as residual phase in the column. The
following fractional flows of water were used in the experiments: f,, = 1, 0.75, 0.50, 0.25, 0.
When both phases were simultaneously flowing through the glass beads, slugs of decane and
water formed in the effluent line (slug size depending upon the f,,) and subsequently passed
through the UV measurement cell, Figure 4.1. The detector gives a signal when the cell was
filled with tracer solution (size of the signal depending upon the concentration) and a
significantly high detector signal was observed when it was filled with decane. The high
frequency of data accumulation helps in creating an effluent history, even after eliminating

the decane data points at different times, without losing consistency.

RESULTS AND DISCUSSION

Interfacial tension measurements The interfacial tension (IFT) between decane and

different concentrations of Ciy 3-¢ LAS surfactant was measured using a ring tensiometer.
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As shown in Figure 4.2, the IFT decreases with increase in surfactant concentration. The
slope (B) is required to calculate K, as shown in equation 4.6. [ was obtained by fitting the
interfacial tension data (Figure 4.2) and K, has a value of 8.16 times 10™ times a; for a

50mg/L injection concentration of the Cio 3-¢ LAS tracer in the column experiments.

Retardation measurements A typical effluent history as a function of pore volumes
injected (dimensionless time) is shown in Figure 4.3. As the figure shows, there was a small
retardation of Cjo 3-¢p LAS tracer as compared to the conservative KI tracer. Hence sorption
of LAS onto the porous medium, although small, can not be completely neglected in
calculating the retardation factor and the interfacial area. Similar initial sorption experiments
conducted with silanized glass beads show that the tracer absorbed to a small extent onto the
glass beads, which does not have a major impact on the tracer profile.

Repeated injections of tracers (KI and Cj;y 3-¢ LAS) were conducted in water
saturated columns to establish the accuracy and repeatability of the effluent history. Injected
concentrations of the tracers used ranged from 25 to 50 mg/l. The standard deviation of the
replicate analysis of tracer concentration was of the order 10° mg/l, so that the method
detection limit was of the order 10* mg/l. The precision of concentration measurements
obtained from the UV spectrophotometer was better than 1%. Two sets of replicate analyses
on each of the two tracers (KI and LAS) were conducted. The results of the replicate effluent
histories and batch studies show good reproducibility of the data and the high accuracy of the
detectors. The retardation factor Ris, was obtained by analyzing the effluent concentration
profile of the tracers. Calculations showed that the arrival time of dimensionless
concentration 0.5 in the effluent provides a convenient approximation to the moment defined
in Equation 4.6. This approximation typically introduces less than 1% error due to the
symmetry of the effluent concentration history and the high frequency of sampling (one
measurement every 0.05 seconds).

Repeat injections of C;jo 3-¢ LAS tracer were conducted in columns at residual decane
saturation to observe the impact of flow stoppage and flowrate. Results indicate that the
changes in flowrate (reduction from Iml/min to 0.25 ml/min) and flow stoppage (15 hrs) had
no impact on the effluent history. Thus, mass transfer limitations are not governing the

sorption of surfactant.
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Figure 4.3 also highlights the impact of residual decane on the retardation of LAS in a
glass column. The presence of residual decane saturation results in KI tracer breakthrough
before 1 pore volume (earlier than in a water saturated column). The C;o 3-¢p LAS profile is
delayed relative to the KI profile, due to the sorption of surfactant onto the porous medium
and also at the water-decane interface. Equation 4.1, which includes sorption of tracer onto
the porous medium, was used to calculate the interfacial area between the water and decane
in all the experiments.

Table 4.1 shows the experimental conditions for the four main experiments for which
results are presented in this paper. Experiments ww1 and ww2 were conducted using water-
wet glass beads, while in experiments ow3 and ow4, oil-wet beads were used. The glass
beads were made oil-wet using the silanation method described earlier. In the wwl
experiment the interfacial area was measured at a succession of steady states during primary
drainage (wwla). In primary drainage the non-wetting phase displaces the wetting phase
from a porous medium initially completely saturated with wetting phase. The fractional flow
of water was decreased in steps and the interfacial area measured at each of 4 fractional flows
during the primary drainage. Oil-water interfacial areas were also subsequently measured,
during secondary imbibition (ww1b) and secondary drainage (wwlc). (Secondary imbibition
refers to displacement of nonwetting phase by wetting phase from a medium initially at
residual wetting phase saturation. In water wet glass beads, water is the wetting phase and
decane is the non-wetting phase and vice versa in oil-wet glass beads. During secondary
drainage, non-wetting phase displaces the wetting phase from a medium initially at residual
nonwetting phase saturation.) In the ww2 experiment the column was reduced to residual
decane saturation and the specific interfacial area was measured during secondary drainage,
1.e. the water flowrate was decreased and decane flowrate increased, until residual water
saturation was achieved. However, unlike the other experiments, the liquids were injected
from bottom up, thus creating an unstable displacement process. Experiments ow3 and ow4
were conducted with oil-wet beads. In experiment ow3, interfacial area was measured during
primary drainage, where water displaced decane. Experiment ow4 is similar to wwlb;
however, the non-wetting phase (water) was first loaded into the column, and the interfacial

area was measured during the imbibition cycle.
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Figure 4.4 compares the changes in interfacial area measured during primary drainage

in columns packed with 400 um water-wet (ww1la) and oil-wet glass beads (ow3). There are
significant differences in the two curves. In experiment wwla, reducing the water fractional
flow through the column decreases the water saturation in the column. As the figure shows,
a decrease in water saturation leads to a monotonic increase in the interfacial area. The total
interfacial area calculated and measured here evidently includes contributions from the thin
water films covering the glass beads. This result is consistent with changes in air-water
interfacial area observed in other studies (13, 15-16).
However, the interfacial area measured during primary drainage in oil-wet beads shows
significant differences from the water-wet curve. In the early stages the behavior is similar.
The area increases from 50 cm’/cm’ to 95 cm?/cm’ with an increase in water (non-wetting
phase) saturation from 10% to 25%. However, unlike for water-wet beads, as drainage
continues the interfacial area reaches a maximum and then declines, reaching 45 cm?/cm’ at
the residual decane saturation (28%). This result suggests that the tracer does not see the
decane films or that such films are not sustained over the glass beads as the decane saturation
decreases. There are no reported literature values to compare our results of interfacial area
for an oil-wet medium. The observed maximum in area is however consistent with
theoretical predictions which do not include thin films (9, 20-21).

The differences in the two cases can also be explained by comparing the morphology
of the phases in the porous medium. Consider the drainage endpoint, when the trapped
wetting phase exists as pendular rings at grain contacts, as lenses in pore throats, and/or as
islands (connected volumes spanning one or more pores). A pendular ring at a contact
between two spheres of radius R contributes an area of 18 to 20 R per unit ring volume (22).
Similarly, a lens contributes an area of about 5 R* per unit lens volume. Islands contribute of
order 1 R? per unit phase volume (21). In our bead packs R =200 um and porosity is 0.40. If

all the irreducible wetting phase saturation (S, = 0.27) exists as pendular rings, then we

would expect an interfacial area
2 3 .. 3 2

a,, =20 3R ><0.25R3rmg x0.40 R3PV X IR =100 cm3 . This is comparable to
R’ring R PV R’Bulk  0.02cm cm

_ 2
3(1 ¢) = 3x0.6 90" At higher wetting phase

the surface area of the beads, i.e. 3
R 0.02cm cm
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saturations, when more of the wetting phase is connected, we would expect smaller areas. In
contrast, the measured area at a wetting phase saturation of 0.40, when the water fractional
flow is 0.25, is 200 cm*/cm®. We conclude that the wetting film on the surface of drained
pores contributes to the measured area. Evidently such films of water can accommodate the
hydrophilic end of the tracer molecules in sufficient numbers to influence the retardation.

This hypothesis is reinforced by the measurements made during drainage in the oil-
wet bead pack. A decane film is unlikely to be able to accommodate the 10-to-12 carbon
alkyl group of the tracer molecule in large numbers, and thus we expect little retardation due
to sorption at this interface. Moreover, a hypothetical distribution of the irreducible wetting
phase saturation (Sy, =0.27) into equal volumes of pendular rings, lenses and larger islands of
connected decane would yield an interfacial area contributions of 36, 9, and 2, respectively,
in units of cm*cm’ bulk. The sum of these contributions is close to the measured value.
Thus the wetted bead surface does not appear to contribute significantly to the measured area
in the oil-wet experiments.

The implication of these results is that the area of wetting films on surfaces of drained
pores can be much larger than the area of the interface between macroscopic phase volumes.
If the film contribution is included in the measurement, it can lead to substantial errors in
interpreting mass transfer data, for example. Most measurement techniques, or at least their
common application in water-wet systems, include the film contribution (21).

The relative permeability measured during primary drainage in these experiments is
shown in Figure 4.5 and the values are given in Table 4.2. In the experiment wwla the water
relative permeability decreases gradually, while the decane relative permeability increases,
with decreasing wetting phase saturation. The wetting phase (decane) relative permeability
decreases sharply in experiment ow3, as compared to that in wwla, where water is the
wetting phase. The nonwetting phase relative permeability increases similarly in both the
experiments (wwla and ow3). The presence of films and changes in interfacial area impacts
the relative permeability.

The interfacial area measured during secondary imbibition in columns packed with
water-wet (wwlb) and oil-wet (ow4) glass beads is given in Figure 4.6. During secondary
imbibition, the behavior of the water-wet bead pack is qualitatively very similar to the

drainage curve, Figure 4.4. In the experiment, wwlb, the interfacial area decreases with
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increasing wetting phase saturation. This is consistent with the area being dominated by the
contribution of wetting films, which necessarily decreases as the wetting phase saturation
increases. Also, the wetting phase is present in high surface area morphologies (pendular
rings at grain contacts, lenses in pore throats) at the beginning of the imbibition, and those
volumes are reconnected to the bulk wetting phase (which has a much lower area/volume
ratio) during imbibition. The area at water fractional flow of 0.25 is 200 cm?*/cm”, similar to
the value obtained at the same fractional flow rate during drainage. Tracer transport is thus
influenced by wetting films as well as by rings, lenses and islands of wetting phase.
The imbibition curve observed in experiment ww1b is different from the results of Schaefer
et al. (15) who report that as imbibition begins after drainage, interfacial area decreased
rapidly, then stayed constant till a saturation of 0.5, then increased to a maximum near S, =
0.65 before gradually declining again. This result is also different from the water-decane
interfacial area observed here and shown in Figure 4.6. In contrast, the area measured during
imbibition in the oil-wet bead pack increases monotonically.
For the water-wet experiment, the initial value (50 cm?cm’) is quite close to the drainage
endpoint value, Figure 4.4. The area at a fractional flow of water of 0.75 is 100 cm?*cm’,
similar to the value obtained during drainage at the same fractional flow. But at smaller
fractional flows of water, the area continues to increase, rather than decrease as it did during
drainage. A contribution from wetting films would account for the magnitude of the area
measured at residual nonwetting phase saturation in Figure 4.6. No such contributions were
evident either at the beginning of secondary imbibition or during the drainage experiment.
The reason for this hysteresis remains unclear and will be the subject of further investigation.
Figures 4.7 shows the changes in water-decane interfacial area as a function of
saturation in columns packed with water-wet glass beads measured during different cycles.
This figure highlights the impact of hysteresis observed in capillary pressure curves and
interfacial area as a function of saturation. The total interfacial area measured during
primary imbibition (ww1b) shows hysteresis effects. The water saturation is lower during
the imbibition process than drainage at the same capillary pressure. Therefore, due to the
presence of trapped decane and the lower water saturation, the interfacial area measured
during imbibition (ww1b) is higher than that measured during drainage (wwla). The figure

also shows that the interfacial area measured during secondary drainage (wwlc) is higher
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than measured during primary drainage. During primary drainage there is no trapped non-
wetting phase, however during subsequent cycles the non-wetting phase is present as trapped
ganglia. These ganglia increase the total interfacial area as observed in Figure 4.7. These
results agree well with the pore scale network modeling done by Reeves and Celia (9) and
Held and Celia (23).

Figure 4.8 compares changes in interfacial area and residual decane saturation as a
function of grain size. The residual decane saturation decreases with increasing grain size,
which leads to a decrease in the specific interfacial area. The water-decane interfacial area
for 3-mm glass beads is 22 cm*/cm’ as compared to 50 cm*/cm’ for 0.4-mm glass beads.
This is very much expected as the specific solid surface area increases with decrease in grain
size, which also leads to an increase in the specific liquid-liquid interfacial area. Film area is
at a minimum at residual decane saturation. Faisal et al. (16) observed similar results in their
air-water experiments with glass beads ranging from 0.25mm to 0.75mm diameter.

Figure 4.9 compares gravity stable (ww1c) and unstable (ww2) displacements and the
impact on interfacial area. In experiment ww2, water and decane were injected from the
bottom of the column in the upward direction. However, decane being lighter than water
creates an unstable displacement front, which results in fingering along preferential flow
paths. A large amount of water is left bypassed by decane. Figure 4.9 shows that decreasing
the water saturation from 82% to 61% increases the interfacial area from 50 cm*cm’ to 190
cm’/cm’. A comparison of results (wwlc vs ww2) shows that in experiment ww2, higher
water saturations were achieved at the same fractional flow rates. However, similar results
for interfacial areas were obtained in both experiments. This shows that fingering and an
unstable drainage process results in higher water saturations at the same fractional flow. This
leads to a higher saturation of trapped and disconnected i.e. an increase in the total interfacial
area.

These results show the range of interfacial areas that could be expected for different
saturations and wettability. The research forms the basis for developing a process whereby
liquid-liquid interfacial area could be measured where both the phases are flowing and
saturation is controlled by the fractional flow rate. The application of these data will serve as
a baseline for future work on more heterogeneous porous media, notably soils/rocks with a

wider distribution of grain sizes. These data can be compared with pore-scale model
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predictions. The resulting data can be used to characterize the constitutive relationships
between a;, Sy and relative permeability and to verify and advance the mathematical models.

Interphase mass transfer rates are proportional to liquid-liquid interfacial area. Our results
show that wettability significantly impacts the value of area inferred from interfacial tracer
experiments and its dependence on saturation. In a water-wet medium, the interfacial tracer
technique included the contribution of water films on the glass beads; the resulting trend in
area as a function of saturation can be explained by the morphology of the wetting phase.
However, during primary drainage in an oil-wet medium, the area inferred from the
interfacial tracer technique exhibited a clear maximum at intermediate saturation. This
observation is consistent with theoretical predictions that do not include the film of wetting
phase on the beads, but the reason for difference in behavior from the water-wet system is
unclear. Similarly difficulties arise in interpreting the trend in areas measured during
imbibition. Hence in order to estimate the mass transfer rates, its important to understand the
history (wettability, saturation, flow of fluids through the porous media etc) of the system,
and further research is needed to account for the transport of interfacial tracers in such

systems.
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Experiment | Type of Phase first | Measurement of interfacial area
name porous media | loaded

wwla Water-wet water Prim. drainage

wwlb Water-wet water Prim. imbibition

wwlc Water-wet water Sec. drainage

ww2 Water-wet water Sec. Drainage (bottom loading)
ow3 Oil-wet oil Prim. drainage

ow4 Oil-wet water Sec. imbibition

Table 4.1: Conditions of column experiments

Experiment | Porosity | Saturated permeability, | Pore Swr Sor
name 107, cm? volume
wwla 0.35 4.29 39.5 25% -
wwlb 0.35 4.29 39.5 25% 22%
wwlc 0.35 4.29 39.5 23% 22%
ww2 0.346 4.95 41 60% 18%
ow3 0.367 5.22 40.5 - 30%
ow4 0.36 3.34 40.6 22% 28%

Table 4.2: Results from column experiments
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Figure 4.1 Experimental setup for column experiments.
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Figure 4.3 Comparison of effluent profile of LAS surfactant and KI showing the
impact of residual decane in a column packed with water-wet glass beads.
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Figure 4.4 Change in interfacial area between water and decane as a function of
wetting phase saturation in columns packed with water-wet (ww1la) and
oil-wet (ow3) glass beads, measured during primary drainage.
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Figure 4.5 Comparison of relative permeability measured during primary drainage
in columns packed with water-wet (ww1la) and oil-wet (ow3) glass beads.
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Figure 4.6 Change in interfacial area between water and decane as a function of
saturation in columns packed with water-wet (ww1b) and oil-wet (ow4)
glass beads, measured during secondary drainage.
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Figure 4.7 Change in interfacial area between water and decane as a function of
saturation in column packed with water-wet (ww1) glass beads, measured
during different cycles.
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Figure 4.8 Change in interfacial area between water and decane at residual decane
saturation as a function of glass bead size.
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5. Experimental and Theoretical Basis for a Wettability-Interfacial
Area-Relative Permeability Relationship

Mikhail Gladkikh, Vivek Jain, Steven Bryant, and Mukul Sharma,

SPE 84544 presented at the SPE Annual Technical Conference and Exhibition held in
Denver, Colorado, U.S.A., 5 — 8 October 2003.

ABSTRACT

Using an interfacial tracer technique, our experiments show qualitatively different
trends of total interfacial area between the wetting and non-wetting phases as a function of
saturation, depending on whether the system is strongly or weakly wetted. A strongly wetted
system is defined as one in which the wetting phase can spread as a thin film on the solid
surface. We assess the relative contributions of fluid/fluid and fluid/solid interfaces to the
total area using thermodynamic arguments. The fluid/solid contribution to area plays a
crucial role in explaining the measurements.

The influence of interfacial area on relative permeability is not straightforward.
Simple analysis based upon pore-level distribution of phases in a model porous medium
allows quantifying the differences in the relative permeabilities for both weakly and strongly
wetted systems, measured simultaneously with the interfacial area. Relative permeability

correlates with fluid/solid area but not with fluid/fluid interfacial area.

INTRODUCTION

Relative permeability is a measure of the ability of the porous medium to conduct
fluid flow when multiple fluid phases are present. It is intuitively clear that the relative
permeability to a phase should increase as the phase saturation increases, and experiments
have validated this expectation. Consequently it is routine to parameterize relative
permeabilities only in terms of fluid saturations. Yet a first-principles analysis' as well as a
long history of experimental work both teach that relative permeability is more complicated
property, the composite effect of pore geometry, wettability, fluid distribution, saturation

history, and contact areas (fluid-fluid interfacial area and solid-fluid area).
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Evaluation of the influence of contact areas and wettability on relative permeability,
e.g. by Alpak ef al?, has been hindered by the lack of independent measurements of areas
between phases in a porous medium. In this paper we present the results of such
measurements in strongly wetted and weakly wetted systems and interpret the data in terms
of a simple thermodynamics analysis.

Many results presented in the literature have established the connection between the
wettability of the system (expressed usually in terms of contact angle) and relative
permeabilities. To our knowledge, very little work has been done to investigate the

relationship between wettability, interfacial area and two-phase relative permeability.

THERMODYNAMIC ANALYSIS OF INTERFACIAL AREA
The behavior of the interfacial area between phases during drainage/imbibition
experiments depends upon the wettability of the system. Wetting phase will spread over the

grain surface, if the following condition holds:

Vo +7 =7 <0 or S=TTT oy )

where s, s and y are the interfacial tensions between wetting phase/solid grain,
nonwetting phase/solid grain and wetting/nonwetting phases. The fraction in Eq. 1 is called
the spreading coefficient S. If S<1, wetting phase will form thin films on the surface of solid
grains. For the case $>1 wetting phase will remain at grain surfaces in the form of drops, and

a contact angle can be defined as follows:

Simple thermodynamic analysis for the free energy of the system during drainage or
imbibition>* demands qualitatively different behavior of W-NW interfacial area for the
strongly and weakly wetted systems. In a strongly wetted system, W spreads and thin films
are present. In a weakly wetted system, W phase is in the form of drops. Schematic trends of
qualitative behavior of the interfacial area at different conditions are shown on Figures 1 — 4.
In these figures A, is the total surface area of the grains; A, is the total interfacial area
(including contributions from thin films, if they exist); Az, 1s the area of thin films alone;

and A is the area of bulk interfaces. There are two important points in the analysis. First, for
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the strongly wetted system two types of fluid-fluid interface contribute to the interfacial area:
bulk interface between phases, and thin films. For the case of a weakly wetted system there
are no films. Thus qualitatively different behavior arises in the trends of interfacial areas:
compare A, on Figs 1 and 2 and 4 on Figs 3 and 4. Secondly, the interfacial area cannot
exceed total grain area. This fact can be used to gauge the accuracy of the method of
measuring interfacial areas, though unfortunately the total grain area itself can be very hard

to measure and quantify.

Influence of Wettability

According to conventional wisdom, oil wet rocks exhibit higher values of relative
permeability to water, and water wet rocks exhibit higher oil relative permeability. This is
because NW phase tends to occupy larger pores, so that at the same water saturation relative
permeability to water is larger when it is NW phase. The usual behavior of the relative
permeabilities as functions of water saturation for strongly wetted systems (zero contact
angle) in oil wet and water wet cases is shown on Figure 5. The relative positions of the
crossover points (ky.oi = kywaer) for each case in Fig 5 are the consequence of NW phase
occupying larger pores. But this shift in crossover point disappears when relative
permeabilities are plotted against W phase saturation. The different values of oil saturation
when relative permeability to it is zero should be readily identified with residual NW phase
saturation in the case of water wet system and irreducible W phase saturation for the case of
oil wet; that is why the second is usually smaller.

So, this common explanation of the influence of wettability on relative permeabilities
has nothing to do with the analysis presented in this paper, and represents just another way of
data interpretation. All else being equal, strongly wetted systems should exhibit the same
relative permeability curves when plotted vs. wetting phase saturation.

The wettability (value of contact angle) affects the form of pendular rings and
menisci and so influences the critical curvatures (curvature of the meniscus when it just
moves into or out of a pore) for both drainage and imbibition. This effect shifts the capillary
pressure — saturation curve, but does not affect the dependence of relative permeability on W
phase saturation. The differences in the values of interfacial tensions also do not affect fluid

flow (and so, relative permeabilities). Rather, relative permeability to W phase depends on
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the fraction of pores and pore throats completely filled with W phase. Relative permeability
to NW phase depends on (1) the fraction of pores/pore throats that contain NW phase and (2)
the sizes of parts of pore throats available for NW phase flow. The latter are complicated by
the fact that W phase forms pendular rings at grain contacts, thus restricting the size of the

pore throat, as illustrated in Figure 6.

Strongly Wetted vs. Weakly Wetted Systems

We define strongly wetted systems as ones in which the spreading coefficient S for
the solid surface is less than unity. The main difference between strongly wetted and weakly
wetted systems is that in the former, the W phase remains connected at any saturation and
capillary pressure. At small saturations this hydraulic connectivity is provided by the
presence of thin films. In principle, such a system can be driven to as low a value of W
saturation as desired. Because the bulk W phase, which at small saturations exists in the form
of pendular rings around grain contacts, remains connected by the films, these rings can
diminish indefinitely as the capillary pressure is increased. The contribution of thin films to
flow is small because their thickness may only be a few molecular diameters. The presence
of films thus does not significantly affect relative permeability curves. In weakly wetted
systems, the W phase loses its bulk connectivity and can be trapped as rings and other
morphologies’. This trapping leads to the irreducible W phase saturation.

The above suggests that the wettability (strong vs. weak, or equivalently the presence
vs. absence of W phase films) affects relative permeability only when the growth/shrinkage
of pendular rings is significant. This is the case at small W phase saturations. For high W
phase saturations, most pendular rings are in direct contact with the W phase in neighboring
pores. Thus even in the absence of thin films their form adjusts to the current capillary
pressure. In effect, then, there is no difference between the strongly and weakly wet
situations at high W saturation.

The qualitative behavior of the relative permeability curves, based upon the above
considerations, is shown on Figure 7 for primary drainage. The differences in wettability do
not have a significant impact on relative permeability curves at high W phase saturations.
Differences arise when pendular rings and lenses of W phase become trapped in the weakly

wetted system. A trapped ring does not shrink as capillary pressure increases and therefore
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contains more W phase than a ring in a strongly wetted medium. At a given saturation,
therefore, more of the W phase volume in a strongly wetted medium exists as pores
completely filled with W phase. The smaller size of pendular rings in a strongly wetted
system also implies larger cross-sectional areas in the pore throats available for the flow of
NW phase. This yields higher relative permeability for the W phase in strongly wetted
systems. We hypothesize that this is the primary influence on the NW phase relative
permeability.

The strongly wetted system also has a lower irreducible W phase saturation (which
ideally can go to zero as the capillary pressure goes to infinity) and higher relative
permeability to NW phase in this irreducible state. This is because of the same effect as was
considered above: pendular rings are all hydraulically connected and their volume can be
reduced (which decreases irreducible saturation), which, in turn, increases pore throat
constrictions, available for the flow of NW phase.

For the case of imbibition, Figure 8, the above arguments are still valid, only now,
pendular rings grow in the strongly wetted system. The rings remain smaller than their
counterparts in a weakly wetted system until the capillary pressure reaches the value at which
the rings were trapped in the weakly wetted system. This again suggests larger values of
relative permeabilities to both W and NW phases at low W phase saturations. At higher W
saturations all trapped pendular rings regain connectivity. This restores hydraulic
conductivity to the W phase in a weakly wetted system. All pendular rings now adjust their
sizes to the current capillary pressure, and thus the difference between strongly/weakly

wetted systems disappears.

Experiments - Materials and Methods

The above analysis of the behavior of interfacial area and qualitative predictions of
relative permeabilities in strongly/weakly wetted systems now allows us to interpret results
of experiments in which interfacial area and relative permeabilities are measured
simultaneously on samples of different wettability.

Flow experiments were conducted in glass columns packed with cleaned glass beads
(Potter Industries, Brownwood, TX). The glass beads were cleaned using 0.1M HCI and

15% H>0; in order to remove surface impurities such as metal ions and to oxidize the organic
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matter. The glass beads were then thoroughly washed with water to remove the residual acid
and peroxide, and then oven-dried before storing them in a clean beaker for use in column
experiments. The glass beads were made oil-wet using silane and chloroform following the
procedure described in detail by Lewis®.

Water was used as the aqueous phase and decane was the organic phase. Experiments
were conducted with decane loaded in different ways (e.g. water loaded first vs decane
loaded first) in columns packed with water-wet or oil-wet glass beads. Potassium 1odide (KI),
and pure 3-phenyl decyl benzene sulfonate (C;o 3-¢ LAS), an anionic surfactant were used as
conservative and interfacial tracers, respectively for measuring interfacial area. Cyo 3-¢ LAS
is a 10-carbon, linear alkyl benzenesulphonate, with the benzene ring at the third carbon
position. All the chemicals used in this research were obtained from Aldrich chemical
company, Milwaukee, WI, except the interfacial tracer. The surfactant tracer was purified in
the chemistry department at the University of Texas at Austin. T-stilbene was the
conservative organic phase soluble tracer.

The column was a chromatography (Kontes, Vineland, NJ) glass column (diameter:
2.5 cm and length: 30 cm), fitted with PTFE shielded O-rings, metal screens, and a variable
length teflon fitting at one end, which can be used to control the packed length of the column
and has a single outlet for both the fluids exiting the column. Figure 9 shows the setup for
the column experiments. The inlet end fitting was modified from one inlet to two inlets, to
facilitate simultaneous flow of oil and water. A 100 mesh metal screen was present on each
end of the column to prevent migration of fines and to distribute fluids evenly in the column.

The glass column was dry packed on a vibrating table. The column was packed in
increments, so that the glass beads packed densely. A consistent porosity was achieved by
this method. The column was then evacuated for 1 hour. It was then flooded with CO, gas
and again evacuated for ’2 hour and then saturated with deaerated and de-ionized water.
Subsequently, the column was flushed with 2-3 pore volumes of deaerated water before the
tracer experiments were conducted. The gross weight of the column without glass beads and
the column with glass beads was measured. The dry weight of the beads packed in the
column was obtained from the difference in weight, which was used to obtain the overall
porosity and pore volume of the column.

The permeability of the column to water was measured using pressure transducers
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(Cole Parmer, Vernon Hills, IL) connected to the inlet and outlet lines of the column. There
are two separate inlet lines to the column for water and decane phase and one common outlet
line from the column. The pressure was measured as differential pressure between the two-
inlet lines and outlet line giving pressure drop for wetting and nonwetting phases. Three
pressure transducers were connected in parallel to cover the range of differential pressure
expected during the measurements. The electrical signal from the pressure transducer was
converted into pressure and recorded on a chart recorder. Measurements were made at
different flow rates (1-4 ml/min) and the average permeability was computed.

The procedure for measuring interfacial area is described in Jain er al’. The
retardation factor required for measuring interfacial area was determined from effluent
concentration histories (concentration of tracer exiting the column vs. time). The effluent
concentrations were measured directly in a flow-through measurement cell plumbed into the
experimental apparatus. This provides the requisite resolution for determining retardation of
the concentration front and eliminates many of the data quality concerns that would arise if
discrete samples were collected and then analyzed in batch mode. To eliminate the possibility
of overlapping absorption peaks, the tracers were injected in separate slugs.

Initial tracer tests were conducted to calculate the background sorption of interfacial
tracer onto the glass beads. Decane being lighter than water was introduced into the column
from the top. A connate water saturation of about 30% was obtained. Subsequently, the
column was flushed with 4-5 pore volumes of water from the bottom at increasing flow rates
(1- 4ml/min) to reduce the column to residual decane saturation. After establishing residual
decane saturation, the tracer experiments were conducted. Next, the decane saturation in the
column was increased by flowing decane through the column, while reducing the water flow
rate, keeping the total flow rate through the column constant at Iml/min. At each fractional
flowrate, water and decane were simultaneously injected into the column for 35-40 pore
volumes to achieve steady state saturations in the column. The permeability to liquid phases
was measured at each stage, followed by the tracer experiments. Water saturation at each
fractional flowrate was obtained from the conservative tracer profile, and retardation of the
interfacial tracer was calculated relative to the conservative tracer. The residual water
saturation was obtained by using T-stilbene as the conservative tracer in oil. At this point

water is present as residual phase in the column. The following fractional flows of water
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were used in the experiments: f,, = 1, 0.75, 0.50, 0.25, and 0.

RESULTS AND DISCUSSION

The results of the experiments are shown on Figures 10 and 11 for the interfacial area
and on Figures 12 and 13 for the relative permeabilities. Comparing the measurements in
Figs 10 and 11 with the curves in Figs 1 — 4, it is evident that the water-wet medium is a
strongly wetted system, i.e. thin films of water are present on grain surfaces, and that the oil-
wet medium is a weakly wetted system. The measured interfacial area reaches a maximum
then decreases during drainage in the weakly wetted medium, whereas it monotonically
increases for the water-wet medium. This classification is also confirmed by the imbibition
experiment in the water wet medium, where interfacial area monotonically decreases. For the
oil-wet system, however, the measurement shows a monotonic increase in interfacial area
during imbibition. Assuming that the system was weakly wetted in this case as in the
corresponding drainage experiment, we would expect the trend to exhibit a maximum,
similar to that of Fig 4. It is conceivable that a decrease in interfacial area would be observed
if it were possible to reduce the NW saturation further.

Relative permeabilities to both water and oil are presented on Fig 12 for primary
drainage and on Fig 13 for secondary imbibition. Decreasing water saturation decreases
permeability of the column to water, while it increases the decane permeability. The relative
permeability is presented as a function of wetting phase saturation; hence the crossover
points do not indicate the wettability of the column. The previous classification of water wet
medium as strongly wetted and oil wet medium as weakly wetted implies a qualitative
correspondence of the data with the predicted trends in Figs 7 (primary drainage) and 8
(secondary imbibition).

For primary drainage, Fig. 12, we find qualitative agreement with the predictions.
Relative permeability to the W phase remains smaller for the weakly wet medium than for
the strongly wet medium during all stages of drainage. The behavior of relative
permeabilities to both phases at low W phase saturation agrees well with the predicted trends.
As predicted, irreducible W phase saturation is smaller for the water wet medium (strongly
wetted), and relative permeabilities to both phases are lower for the oil wet (weakly wetted)

medium (compare to Fig 7). However, the large differences between the two systems for high
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W phase saturation (a factor of 4 at §,, = 0.75) cannot be explained by the presented
considerations alone.

For secondary imbibition, Fig. 13, the agreement with Fig 8 is not good. While the
trends in relative permeabilities to the both phases are consistent with predictions at low W
phase saturation (viz., relative permeabilities to both phases are smaller for the weakly
wetted (oil wet) system), the observed values of these quantities do not agree with the
predictions at high W phase saturation: relative permeability to NW phase is larger for the
weakly wetted (oil wet) system, while relative permeability to W phase is smaller for the
same medium. Also, the residual NW phase saturation is much higher for the strongly wetted
(water wet) system (25% in comparison with 15% in the oil wet (weakly wetted) medium).
These discrepancies cannot be explained by our analysis. Moreover, the large difference in
the residual saturations suggests that the number of pores with NW phase trapped during
imbibition is different for water-wet and oil-wet media. A possible factor is the different
saturation history preceding imbibition in the water-wet and oil-wet experiments.

For comparison we have also plotted the results of Embid® in Figs 12 and 13. She
measured relative permeabilities in steady-state experiments in which the oil phase was
decane and the water was 1% NaCl brine. The media were water-wet sandpacks and a
chemically treated sandpack that was moderately oil-wet. The wettability of each system was
estimated from measurements of brine-oil contact angles on glass slides that were pretreated
in the same way as the sands. The contact angle for primary drainage in the water wet system
was less than 5°, which suggests strongly wet behavior in this case. For the other experiments
much larger values of contact angles were measured, indicating weakly wet behavior.

Embid’s results are consistent with the behavior of a weakly wetted system.
Unfortunately, she did not measure primary drainage in a weakly wetted system; relative
permeabilities during secondary drainage are shown instead. In this case (Fig 12) there is a
large difference between relative permeabilities to the wetting phase at the beginning of
drainage (high wetting phase saturation) for water and oil wet systems, whereas relative
permeability to the nonwetting phase remains roughly the same. This can be explained by the
difference between primary and secondary drainage, rather than the above analysis for
systems with different wettabilities, which predicts the same values of relative permeabilities

at high wetting phase saturations. For the same value of saturation and relative permeability
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at the beginning of drainage, the nonwetting phase forms flow channels with some dendritic
regions through the medium. For primary drainage, these regions must be adjacent and
connected to this channel, whereas for secondary drainage regions with residual nonwetting
phase exist that are disconnected from the network of pores through which the NW phase is
flowing. This creates additional obstacles for the flow of the wetting phase in comparison
with primary drainage.

The dependence of relative permeabilities upon interfacial area during our
experiments is shown on Figure 14 for primary drainage and on Figure 15 for secondary
imbibition. For primary drainage in the water wet medium (strongly wetted system) there is a
strong correlation between these parameters: relative permeability to the wetting phase
decreases and to the nonwetting phase increases while interfacial area increases during
primary drainage. This is not surprising, since the interfacial area in this case is dominated by
the grain area in drained cells and thus increases monotonically during drainage. For the oil
wet (weakly wetted) medium, though, the dependence is more complex: interfacial area
reaches a maximum, while relative permeabilities remain monotonic. This behavior can not
be explained by any simple relationship between these parameters. In fact it suggests that the
interfacial area between the fluid phases does not influence relative permeability; instead the
area of the fluid/solid interfaces is the primary factor. (Recall that this interface does not
contribute to the measured area in the weakly wetted system).

For secondary imbibition, the absence of correlation is even more evident: relative
permeability to the wetting phase in the strongly wetted system (K. ,qze in Water wet medium)
increases as interfacial area decreases, whereas the in weakly wetted system (K, ,; in oil wet
medium) it increases as interfacial area increases. Relative permeability to the nonwetting
phase likewise exhibits opposing trends as wettability changes. The results shown on Figs 14
and 15 suggest that there are no simple correlations between relative permeability and W-
NW interfacial area (such as a power law, for instance). To use such a correlation in some
empirical model, one would have to take into account a number of other factors that can
influence this relationship (such as the wettability of the system).

The above qualitative analysis of the measurements of interfacial area simultaneously

with the relative permeabilities allows us to identify a system as weakly or strongly wet.
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CONCLUSIONS

Our analysis suggests qualitatively different behavior of interfacial area and relative
permeabilities of two-phase flow in porous media, depending on whether the system is
strongly or weakly wetted. This knowledge allows classifying the degree of the wettability of
the system from measured trends of one parameter (interfacial area or relative permeability).
Knowing the wettability of the system, it is possible to predict qualitative trends of both
interfacial area and relative permeability. This idea was demonstrated in this paper, where
interfacial area and relative permeability were measured simultaneously and were generally
consistent with the predicted trends. An exception was the behavior of the NW phase during

imbibition in oil-wet media.
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Nomenclature
A, = total surface area of the grains, cm’/cm’
Apm = surface area of thin films of W phase, cm?/em?®
A = total interfacial area between phases, cm?/em?’
A = area of bulk interface, cm*/cm’
f,» = fractional flow of water, parts of unity
k. = relative permeability, parts of unity
k. warer = relative permeability to water, parts of unity
k.. = relative permeability to oil, parts of unity
S = spreading coefficient, number
S, = W phase saturation, parts of unity
Shwarer = Water saturation, parts of unity
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S = residual NW phase saturation, parts of unity
W = wetting
NW = non-wetting
6 = contact angle, degree
y = interfacial tension between W and NW phases, mN/m
yws = interfacial tension between W phase and solid grain, mN/m
yvs = interfacial tension between NW phase and solid grain, mN/m
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Figure 5.1  Schematic trends of interfacial areas during primary drainage for the case S<1 (strongly wetted).
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Figure 5.2 Schematic trends of interfacial areas during imbibition for these cases case S<1 (strongly wetted).
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Figure 5.4  Schematic trends of interfacial areas during imbibition for the case §>1 (weakly wetted).
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Figure 5.5 Effect of strong preferential wettability on relative permeabilities as functions of water saturation

Figure 5.6Pendular rings of W phase restrict the size of the pore throat available for the NW phase flow,
reducing relative permeability to NW phase. Pendular rings in a weakly wetted system are trapped and
disconnected from the bulk so that they remain constant in size during drainage (shown by gray color).
In a strongly wetted system they diminish in size as capillary pressure increases (shown by the dotted
lines), thus increasing the size of the pore throat available for the flow of NW phase.
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Figure 5.7Qualitative behavior of relative permeabilites of W and NW phases as a function of wetting phase
saturation for primary drainage.
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Figure 5.8Qualitative behavior of relative permeabilities of W and NW phases a function of wetting phase
saturation for secondary imbibition.
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Figure 5.10 Interfacial area during primary drainage for water-wet (strongly wetted) and oil-wet (weakly wetted)

conditions.
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Figure 5.11 Interfacial area during secondary imbibition for water-wet (strongly wetted) and oil-wet (weakly
wetted) conditions.
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Figure 5.12 Relative permeabilities to W and NW phases during drainage for water-wet and oil-wet

conditions. (Points joined with lines are this work; points without lines are from Embid®).
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Figure 5.13Relative permeabilities to W and NW phases during secondary imbibition for water-wet and oil-wet
conditions. (Points joined with lines are this work; points without lines are from Embid®).
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Figure 5.14Dependence between relative permeability and interfacial area during primary drainage for water-
wet (strongly wetted) and oil-wet (weakly wetted) conditions. Arrows indicate the direction of
decreasing wetting phase saturation for each experiment.
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Figure 5.15Dependence between relative permeability and interfacial area during secondary imbibition for
water-wet (strongly wetted) and oil-wet (weakly wetted) conditions. Arrows indicate the direction of
increasing wetting phase saturation for each experiment. Note the opposite trends for the two
wettabilities.
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6. Phase Behavior Modeling of Hydrocarbon-Methanol-Water Mixtures

by Peng-Robinson and SAFT Equations of State
Ayyalasomayajula, P., Sharma, R., Walker, J. G., Sharma, M. M., and Pope, G. A.

SPE 77575, presented at the SPE Annual Technical Conference and Exhibition held in San
Antonio, Texas, 29th September—2th October 2002.

ABSTRACT

The phase behavior of mixtures of hydrocarbons, methanol and water is important in
gas-condensate reservoirs as well as in gas hydrates. Gas-condensate wells frequently show
reduced productivity when operated below the dew point due to the build up of condensate
near the well. A combination of high water and condensate saturation results in a significant
reduction in the gas relative permeability. Recently, methanol has been used to remove liquid
blocking around such wells and restore well productivity. The phase behavior of such fluid
mixtures is difficult to model using currently available equations of state.

In this study, phase behavior data were measured both to help interpret coreflood
experiments and for testing of equation-of-state models used in compositional simulation
studies of methanol well treatments. The Peng-Robinson equation-of-state and the SAFT
equation-of-state were used to model this new phase behavior data. The Peng-Robinson
equation-of-state does better than the SAFT equation-of-state for hydrocarbon mixtures. The
binary interaction coefficients had to be adjusted in both models to match the experimental
data when methanol and water are in the mixture. The SAFT EOS required less tuning to
match data from hydrocarbon-methanol mixtures. SAFT EOS, as expected, agrees with the

data better than the Peng-Robinson EOS when water is in the mixture.

INTRODUCTION

Hydrocarbon-water-methanol mixtures are important in diverse applications such as
the productivity of gas-condensate wells'? as well as gas hydrate inhibition.” In gas-
condensate reservoirs, a liquid hydrocarbon phase (condensate) drops out when the
bottomhole pressure falls below the dew point pressure. This results in a build-up of liquid

near production wells and a corresponding decrease in the gas relative permeability and well
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productivity. Afidick et al.* have reported field data from the giant Arun field in Indonesia
that show a reduction in well productivity by a factor of 2 to 4 due to condensate
accumulation.

The phase behavior of gas-condensate hydrocarbon mixtures has been extensively
studied [Whitson ez al.,’ Wang et al.,’ Sarkar et al.’]. However, there have been very few
studies [Kokal,® Ng and Robinson’] on the influence of water on the phase behavior and
properties of gas-condensate fluids. Recently, experimental coreflood studies have shown
[Du et al.,' Walker’] that methanol treatments can significantly increase the gas relative
permeability when condensate and/or water blocking is present. No phase behavior data or
modeling under these conditions was available to aid in the interpretation of these
experiments. Hydrocarbon-water-methanol mixtures have been studied at lower temperatures
where hydrates form.'" !

In this study, we present the pressure-volume relationships for a synthetic gas-
condensate mixture and the effect of methanol and methanol-water mixtures at 145 °F. We
also model these phase behavior data using a Peng-Robinson equation-of-state and a
theoretical equation-of-state, Statistical Associating Fluid Theory (SAFT). The most
important property of interest in gas-condensate modeling is the liquid dropout. We also

model the effect of the polar components water and methanol on the condensate dropout.

EXPERIMENTAL METHODS

The four hydrocarbons used to create the gas-condensate mixture were methane (C1),
normal butane (nC4), normal heptane (nC7), and normal decane (nC10). The composition of
the mixture is shown in Table 6.1 (Mixture 1). The C1 was from Air Liquide America Corp,
and was stored in a high-pressure tank with unlisted purity. The nC4 was from Speciality Gas
Concepts and was stored in a 24 pound tank with unlisted purity. The nC7 and nC10 were
from Philips Petroleum Co., stored in 30 pound cans, each with 99 mol % percent purity.
Methanol was from EM Science and was 99.9 mol % pure. Distilled water was taken from
the building supply line.

Figure 6.1 shows the apparatus that was used to measure hydrocarbon-methanol-
water phase behavior. A Ruska windowed cell with an internal volume of 93.7 cc was

enclosed in a Ruska PVT oven and maintained at 145 °F. Mercury was used as the pistoning
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fluid inside the windowed cell in contact with the experimental mixture (e.g., a hydrocarbon-
methanol-water mixture). This mercury was reservoired in a high-pressure accumulator
inside the oven and was driven by a Ruska proportioning pump using water as the hydraulic
fluid. An Isco syringe pump, also using water as the hydraulic fluid, was used to drive
hydrocarbon mixture from a high-pressure accumulator in an adjacent coreflood oven (Du et
al.' gives an explanation of the coreflood apparatus). Using the Isco syringe pump to inject
hydrocarbon mixture into the windowed cell while the Ruska proportioning pump
simultaneously withdrew mercury, hydrocarbon mixture was transferred at constant pressure
to the windowed cell above its dew point pressure. Another Ruska proportioning pump was
used to inject methanol or water into the windowed cell above the dew point of the mixture.
After the injection ports of the windowed cell were closed, mercury was withdrawn to
decrease the pressure in the windowed cell. All liquid dropout experiments were constant

composition expansion processes.

EQUATIONS-OF-STATE

Two equations-of-state were used to model the hydrocarbon-water-methanol
mixtures. The Peng-Robinson equation-of-state (PREOS) [Peng and Robinson'*"] is a cubic
equation-of-state that has been shown to accurately model hydrocarbons typically found in
gas and oil reservoirs and is widely used in reservoir simulators. However, when water and
methanol are added to hydrocarbon mixtures the binary interaction coefficients used with the
PREOS must be adjusted to fit the data. The Statistical Associating Fluid Theory (SAFT)

equation-of-state  developed by Huang and Radosz,'*'

and implemented by
Ayyalasomayajula'® to test its predictive capabilities for multi-component mixtures of
hydrocarbon and polar components, was tested in the hope that it would have greater

predictive capability for the hydrocarbon-water-methanol mixtures than the PREOS.

The PREOS can be expressed as follows:

p_RT _ a
Cv-b  v(v+b)+b(v-b) (6.1)

For mixtures simple mixing rules are used to obtain a and b from pure component
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parameters

n
2 XX b=Yx;b; (6.22)

a; =(1-k;)\|a,a; (6.2b)

SAFT is an equation of state based on statistical mechanical theories and takes into
account the intermolecular potential function. It is of special interest because it captures the
major effect of the non-spherical nature and the association among molecules. We give the

basic equations involved in SAFT in this section. The compressibility factor is given as

7=1 + Zhs+ Zchain+ Zassoc+ Zdisp (63)

In the above expression Z™ is the compressibility factor contribution due to the hard-

sphere repulsion of the molecules and is given by the well-known Carnahan and Starling

equation'?
h
hs — PCZ
KT (6.4)
7™ is the compressibility factor contribution due to association. The Helmholtz free

energy for association has been proposed by Wertheim'’ and implemented by Huang and

Radosz,m’15

assoc assoc

assoc __ i _ a
ANE DR RT _RT (6.5)

i

The Helmholtz free energy contribution due to association bonding is given by

M.
= = Z xz'B {ln(Y(lj,,i)) - Y(i.,i) }+ 71 (6.6)

(A
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The most important term in the above expression is the YB(m) which is the mole
fraction of molecules of i that are not bonded at the association bonding site A;, or in terms of
Wertheim’s terminology, the monomer density. The monomer density is dependent on the
associating strength of the molecule, number of associating sites on each molecule as well as
the molecular density of the mixture.

The non-spherical nature of the molecules is accounted for by Z“™" and is based on

Chapman et al.,"

(6.7)

hs
Zchain :zxi(l_mi)p|:alngii(di) :|
i T,x

op

X
J

Finally, any additional intermolecular effects, (e.g., quadrupolar forces) are accounted
as perturbations to the reference potential and are given by Z% based on Chen and

Kreglewski."

Zdisp = m;Zk:kDJk [%} |:%:| (68)

The complete and more detailed SAFT equations are given elsewhere.”' !

RESULTS AND DISCUSSION

A) Pure gas-condensate mixtures

The experimental liquid dropout data obtained at 145 °F by Walker® for the gas-
condensate mixtures shown in Table 6.1. Figure 6.2 shows the total liquid volume fraction
data for gas-condensate mixtures without any methanol or water (Mixture 1) and a
comparison with the curves computed from the two equations-of-state. The binary interaction
coefficients for the PR EOS were taken as zero in these calculations. On the other hand, the
SAFT prediction for the same gas-condensate mixture without adjusting the binary
interaction coefficients is not good. As shown in Figure 6.2, after adjusting the binary

interaction coefficients, the SAFT equation does match the data. Table 6.2 shows the binary
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interaction coefficients used to fit the liquid volume fractions. Since the PREOS was
developed for hydrocarbons, it is not a surprise to see that the PR EOS fits the data better for

pure hydrocarbon mixtures.

B) Gas-condensate-methanol mixtures

Figure 6.3 shows the variation in the experimental liquid volume fraction data with
pressure at different methanol concentrations. Below 25 overall mole percent, the methanol
increases the dew point pressure and the volume of liquid phase, but the behavior is still that
of a retrograde condensate fluid. Above 25 mole percent methanol, a bubble point is
observed rather than a dew point (i.e., the critical temperature of the mixture is now greater
than the experimental temperature of 145 °F). At sufficiently high pressure, all of the
hydrocarbons are miscible with the methanol (methanol is below its critical temperature and
above its vapor pressure at 145 °F and 3000 psia), so the entire mixture is observed to be a
single-phase liquid. As the pressure is decreased, the lower molecular weight hydrocarbons
form a gas phase and a bubble point is observed.

The binary interaction coefficients between methanol and the hydrocarbons in each
EOS had to be adjusted to fit the data shown in Figure 6.3. Figure 6.4 shows the liquid
volume fraction curves computed using the PR and SAFT equations-of-state for the overall
composition corresponding to Mixture 2 in Table 6.1. The hydrocarbon-hydrocarbon binary
interaction coefficients remain zero for the PR EOS and the same as those given in Table 6.2
for the SAFT EOS. Only the methanol-hydrocarbon binary interaction coefficients were
adjusted to get a good fit to these data with both the PR and SAFT equations. After the
methanol-hydrocarbon binary interaction coefficients were adjusted to those shown in Table
6.3, their dependence on temperature was less for the SAFT EOS than that for PR EOS.

After matching the liquid volume fraction curves for 10 mol % methanol with both
the PR and SAFT EOS by adjusting the binary interaction parameters in each equation, the
behavior of a 50 mol % methanol mixture with 50 mol % gas-condensate fluid with the
composition given by Mixture 3 in Table 6.1 was predicted with each EOS. As shown in
Figure 6.5, the PR EOS under-predicts the liquid volume fraction curves whereas the SAFT
EOS slightly over-predicts the liquid volume fractions but captures the correct trend with

pressure.
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We should note here that when modeling the gas-condensate-methanol mixtures with
the PR EOS we did only a two-phase flash rather than the more general multi-phase flash.
This was done because we observed only two phases at all pressures in our experimental
studies. When a phase stability test was done with the PR EOS, a spurious third phase at
lower pressures was found over a wide range of binary interaction coefficients even with the
Huron and Vidol mixing rules as well as the original PR EOS mixing rules. This clearly
indicates one of the limitations of the PR EOS for mixtures with polar molecules and the

advantage of the SAFT EOS since this problem was not observed with it.

C) Effect of methanol concentration on gas-condensate-methanol mixtures

Figures 6.6 and 6.7 show the changes in the liquid volume fraction curves with
varying methanol concentration at temperatures 145 °F and 250 °F, respectively. These plots
have been generated using the SAFT EOS with the binary interaction coefficients given by
Table 6.2 and Table 6.3. As shown in Figure 6.6, at 10 and 15 mol % methanol
concentrations the mixture exhibits retrograde behavior i.e. a liquid phase is formed as the
pressure is lowered below the dew point pressure. There is a transition from dew-point
behavior to bubble-point behavior as the methanol concentration is increased to about 20 %.
Figure 6.7 shows the liquid volume fraction curves at 250 °F. The transition now shifts to a
higher methanol concentration of about 25-30 %. Also, the 0 % methanol dew point has

decreased to 2600 psia from 2700 psia as the temperature is increased from 145 °F to 250 °F.

D) Water-methanol mixtures

In this section, we briefly present a study of the phase behavior of binary mixtures of
methanol and water that are of particular significance in the context of methanol treatment of
gas-condensate reservoirs with a substantial water saturation. Figure 6.8 shows the pressure-
composition diagram at 39.9 °C. By adjusting the binary interaction coefficients (BIC), the
PR EOS gives a very good fit to the experimental data® even for these very highly
associating species. Note that the binary interaction coefficient between methanol and water
is a negative value of -0.1. When a positive BIC is used, two phases rather than one phase is
calculated above the bubble point curve where there should only be one liquid phase. The

BIC used to match these same data with the SAFT EOS is -0.15. Clearly, the use of a
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negative BIC is needed to match these experimental data over a range of pressures and

temperatures.

E) Gas-condensate-water-methanol mixtures

Figure 6.9 shows a comparison of the PR EOS predictions of the phase volume
fractions with the measured data for a 30 mol % water, 17 mol % methanol and 53 mol %
gas-condensate mixture with the overall composition of Mixture 4 in Table 6.1. The BICs
given in Table 6.3 were used without adjustment. The PR EOS predicts the three-phase
behavior reasonably well. Figure 6.10 shows the same comparison with the SAFT EOS,
which also shows reasonably good agreement with the experimental three-phase data. The
hydrocarbon-water BICs in this case have been adjusted to those shown in Table 6.3.

Figure 6.11 shows a comparison of the PR EOS predictions of the phase volume
fractions with the measured data for a 13 mol % water, 65 mol % methanol and 22 mol %
gas-condensate mixture with the overall composition of Mixture 5 in Table 6.1. The PR EOS
captures the phase behavior qualitatively without any adjustment of the BICs, but it does not
agree with the data quantitatively except it does predict the pressure for the transition
between two and three phases rather well. Above pressures corresponding to the original
gas-condensate dew point pressure of about 2700 psia, the data show a gas phase and an
aqueous phase rather than just a gas phase as observed without the water and methanol
components in the mixture. Figure 6.12 shows the same comparison for the SAFT EOS. The
SAFT EOS shows good agreement with the experimental data without any adjustment of the
BICs from those given in Tables 6.2 and 6.3. This indicates that the SAFT EOS may provide
better predictions for mixtures with methanol and water as expected from theoretical
considerations.

Finally, we have also made some comparisons with experimental composition data
available in the literature for some hydrocarbon-water-methanol mixtures. Table 6.4 shows
the PR and the SAFT predictions for a hydrocarbon-methanol-water mixture at 122 °F for
which experimental Liquid-Liquid-Vapor equilibrium data were measured by Ng et al.,'® in
the context of gas-hydrate inhibition. Both equations give reasonably good predictions for the
compositions of all three phases when using the same BIC given in Tables 6.2 and 6.3 i.e.

without adjustment of the BICs.
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CONCLUSIONS

A SAFT equation-of-state is presented that can model the phase behavior of water-
methanol-hydrocarbon mixtures with somewhat better accuracy than the more commonly
used Peng-Robinson equation-of-state. This is because the SAFT equation of state explicitly
accounts for association bonding among polar molecules. The highly directional and strong
intermolecular potential among associating molecules is of particular significance. The
methanol-water and methanol-hydrocarbon binary interaction coefficients play a very
important role in the phase behavior modeling of these mixtures using both the equations-of-
state. We have also shown the effect of methanol concentration and temperature on the dew-
point to bubble-point transition of a gas-condensate mixture. The transition from a bubble
point to dew-point behavior occurs at a higher methanol concentration with increasing
temperature. We have been able to tune the binary interaction coefficients of both the PR and
SAFT equations to fit the experimental phase behavior data of hydrocarbon-water- methanol
mixtures at a given temperature, but as would be expected the SAFT equation gives better

predictions if the temperature is changed.

Nomenclature

P pressure

V volume

R Avogadro’s constant

T temperature

a energy parameter of Peng-Robinson EOS

b co-volume parameter of PR EOS

ai; pure component energy parameter of component i

b; pure component co-volume parameter of component i
X; mole fraction of component i

kij binary interaction coefficient between component i and j
VA compressibility factor

z" hard-sphere compressibility factor

Zm - chain compressibility factor
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Z%° association compressibility factor
z%sp dispersion compressibility factor
P"cs  Carnahan Hard-Sphere pressure
p density of the mixture
a™  association Helmholtz free energy
¢ association chemical potential of component i
Y8 A mole fraction of molecules of i not bonded at associating site A;
M; number of associating sites available on molecule i
m; chain length of component i
gii radial distribution function of component i
m average chain length of mixture
Ui dispersion energy of component i
D Chen and Kreglewski constants for dispersion potential
& reduced density
T closed packing density limit (0.74048)
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Table 6.1 Overall composition of gas-condensate for various mixtures used in this study.

Compon Mixtur Mixtur Mixtur Mixture Mixture

ent el e?2 e3 4 5
Water 0.000 0.0000 0.000 0.307 0.128
Methano

| 0.000 0.1000 0.500 0.173  0.654

Methane 0.800 0.7200 0.400 0.416 0.174
Butane 0.150 0.1350 0.075 0.078  0.033
Heptane 0.038 0.0342 0.019 0.020  0.008
Decane 0.012 0.0108 0.006 0.006  0.003

Table 6.2 Binary interaction coefficients, kj, between hydrocarbons used in the SAFT

Equation of state.

Methane Butane Heptane  Decane
Methane 0
Butane 0.025 0
Heptane 0.13 0.05 0
Decane 0.16 0.1 0 0
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Table 6.3 Binary interaction coefficients, kj, between methanol and water with other
components with the PR and the SAFT equations-of-state.

Binary Interaction ‘ ‘
Binary Interaction
Coefficients With
Coefficients With Water
Methanol
PR SAFT PR SAFT
Methane 0.2 0 0.50 0.2
Butane 04 0 0.47 0.15
Heptane 0.1 0.05 0.47 0.05
Decane 0.2 0.05 0.45 0
Methanol 0 0 -0.1 -0.15
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Table 6.4 PR and SAFT EOS predictions of compositions of liquid-liquid-vapor phase
equilibrium of a synthetic hydrocarbon-methanol-water mixture at 122 °F and

1026 psia.

Component Overall Vapor Phase Liquid Hydrocarbon Phase Aqueous Phase

Composition Expt PR SAFT Expt PR SAFT Expt PR SAFT
Water 0.3917 0.0017  0.0016  0.0018 | 0.0015 0.0012  0.0011 | 0.7705 0.7838  0.7705
Methanol 0.1188 0.0043  0.0041  0.0039 | 0.0105 0.0349 0.0092 | 0.2261 0.2161  0.2291
Methane 0.2937 0.9846  0.9832  0.9861 | 0.2890 0.2936  0.2260 | 0.0032 3e-5 2e-4
Heptane 0.1958 0.0093  0.0109  0.0080 | 0.6990 0.6701  0.7533 9e-5 5e-15 2e-6
Volume % 62.70 59.67 65.76 27.80 29.04 25.18 9.50 11.28 9.05
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Figure 6.1 Schematic of PVT apparatus in Ruska oven and associated pumps.
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Figure 6.2 Liquid volume fraction curves for Mixture 1 of Table 6.1 at 145 °F.
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7. SAFT Based Interfacial Tension Model with Gradient Theory

Padmakar Ayyalasomayajula and Mukul M. Sharma

ABSTRACT

SAFT equation of state is used with the generalized van der Waals gradient theory to
evaluate the inhomogeneous influence parameter ¢ for several non-polar and polar mixtures,
which give an excellent agreement with the pure component interfacial tensions. Interfacial
tensions of several binary mixtures are also computed. A mixing interaction coefficient
similar to the binary interaction coefficient for bulk fluids had to be introduced in certain
cases so as to obtain better predictions. The effect of high temperature and pressure on the

interfacial tension of methane-water and CO2-water mixtures is also presented.

INTRODUCTION

The earliest theoretical models for describing the forces acting near a fluid interface
were studied as far back as the early 19" century. Laplace [1] was the first to describe the
intermolecular forces and their effect on capillary phenomena. He introduced a concept of
internal pressure, which is the force per unit area needed to separate an infinite body of liquid
into two semi-infinite bodies bounded by their surfaces. The quantity that arises is the work
per unit area that is done to separate the two surfaces which is equal to twice the interfacial
tension because of the creation of two new surfaces.

Van der Waals [2] presented the earliest gradient based model, which was later
extended by Cahn and Hilliard [3]. Since then gradient theory has been used by various
authors [4,5,6,7] to predict interfacial tensions of various mixtures with varying success.
Carey et. al. [4,5], have used the Peng-Robinson equation of state as the underlying model
for free energy and the chemical potential calculation whereas Cornelisse et al.[6] had used
both the PR and APACT equation of state. Sanchez et al., [7] have used lattice fluid models
with the gradient theory to predict interfacial tensions. In this study we have used the SAFT
equation of state as it is widely considered [8] as a very accurate and realistic representation

for polar mixtures.
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GRADIENT THEORY

The gradient theory of inhomogeneous fluids has been discussed extensively in the
literratue. Here we presently briefly the outline of the gradient theory as formulated by
Davies et al., [9]. The Helmholtz’s free energy can be divided into the ideal and the excess

parts.

Flp(r)] = F [p(r)] + F* [p(r)] (7.1)
The capital F denotes that we are referring to the total Helmholtz energy of the mixture. The
ideal gas functional is known exactly.

N;j is the total number of molecules of component 1 and p is the total mixture density
at the point r in space. The Helmholtz free energy across the interface is given by free
energy gradient approximation obtained by assuming that the molar free energy f(r) is a
function of the local density n(r) and all its derivatives at r and expanding about the

homogeneous state to obtain gradients in the Cahn-Hilliard form:
1
F :j f(n) + chi,jVnian d’r (7.2)
L,

The chemical potential of species i given by

_OF

= on (7.3)

H;

The chemical potential of component i computed from the integral equation (1) with minor

rearrangement can be written as

1 c?ck. 8(0
Zv.(c”Vn.)-Ezan{VnkVn:a— (7.4)

where o is a thermodynamic potential defined by

o) =f ()Y n, 4 (7.5)

Equation (7.3) above is a non-linear ordinary differential equation with appropriate boundary
conditions, which can be solved to obtain the interfacial profile of components. The
microstructure of the interface, whether it is planar, spherical or a thin-film is determined by

the total Helmholtz free energy function (o).
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For a planar system, the interfacial density is a function of only the interfacial
distance n; = n; (x), which reduces the partial differential equation (7.3) to the one-

dimensional form,

0% n. .
p L= p!()- 4 (n) i=1,n (7.6)

n
Zcij
i=1

from which the interfacial tension of the system is given as

2
X

% dn,dn,

i,] —oo

Gradient theory is comparatively mathematically simple and presents the physics of
interfaces very clearly. The homogeneous system free energy and the influence parameters
for the inhomogeneous fluid are separated clearly.

If we consider a one component fluid for a planar interface, the boundary conditions

1) 2)

aren (x) ->n " as x -> -0 and n (x) ->n @ as x -> +oo, where n  is the bulk composition of

phase i. For a one-component system, the above boundary conditions simplify as follows,

dn
e = \ﬁ (7.8)
* 2 JA @ (n)
where A ®w(n) = ®(n) - ®p.
With the above simplification the interfacial tension for a pure component is given by

1/2

y=+2 T[cAa)(n)] dn (7.9)

Geometrically Ao (n) can be represented as the vertical line between the curve of f;
(n) versus n and a straight line touching f; at the vapor and liquid densities, ng and n;.

Another simplifying assumption to the above expression is that the cross interaction
parameter also known as the influence parameter is taken to be independent of the density

and hence can be taken outside of the integral.

One of the most elegant approaches which has been found to be extremely useful is
the space transformation first suggested by Carey et al., [10].
y =tanhx (7.10)

Using this transformation the governing equations above can be written as
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n

62 l’li ani .
Zcij {(1—372)2 ayz —2y(1—y2)ayi|=/ui0(n)-lui 1=1,1’1 (711)

i=1

The boundary conditions in the transformed conditions are

n->n' fromy->-1
(7.12)

n->n"  fromy-> 1

It is to be noted that the boundary condition is now over a finite domain rather than over the
infinite domain in the original formulation.
The cross interaction coefficient c; for mixtures is obtained from the pure component

interaction coefficient by the following equation.

¢; =(1-xy)4/cii ¢ (7.13)

i 1s the mixing interaction coefficient defined for the interfaces. Usually, the binary
interaction coefficient (k;j) for the bulk phases is taken as the mixing interaction coefficient
i for most cases. In some cases, however, the mixing interaction coefficient had to be

adjusted to get a good prediction of the experimental interfacial tension values.

SAFT EQUATIONS OF STATE

The Statistical Associating Fluid Theory (SAFT) is an equation of state based on
statistical mechanical theories and takes into account the intermolecular potential function. It
is of special interest because it captures the major effect of the non-spherical nature and the
association among molecules. We give the basic equations involved in SAFT in this section.

The compressibility factor is given as
7=1 + Zhs+ Zchain+ Zassoc + Zdisp (714)
In the above expression Z™ is the compressibility factor contribution due to the hard-sphere

repulsion of the molecules and is given by the well-known Carnahan and Starling equation

[11]

z,) =——— (7.15)

Z™° is the compressibility factor contribution due to association. The Helmholtz free

energy for association has been proposed by Wertheim [13] and implemented by Huang and
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Radosz [11,12],

Zassoc — Xi /Ui _ a (716)
: RT RT

The Helmholtz free energy contribution due to association bonding is given by

assoc

M,
aRT :,-Zl,‘zxf ll.-zl,“M[ {ln(m”"))_%”}JrTl 710

The most important term in the above expression is the YB(M,i) which is the mole
fraction of molecules of 1 that are not bonded at the association bonding site A;, or in terms of
Wertheim’s terminology, the monomer density. The monomer density is dependent on the
associating strength of the molecule, number of associating sites on each molecule as well as
the molecular density of the mixture.

The non-spherical nature of the molecules is accounted for by Z“™" and is based on
Chapman et al., [14]

hs
Zchain :le(l_ml)p[alngg(dl) :| (718)
i 1% Tx.

Finally, any additional intermolecular effects, (e.g., quadrupolar forces) are accounted
as perturbations to the reference potential and are given by Z%* based on Chen and
Kreglewski [15].

j k
i _ m;;kD N {%} {%} (7.19)

The complete and more detailed SAFT equations are given elsewhere [11,12,13,14].

PARACHOR METHOD FOR EVALUATION OF SURFACE TENSION

We have also compared the results of the interfacial tension calculation by the
Gradient Theory with the parachor calculations for mixtures. This is especially useful
because parachors are very widely used especially in the petroeleum engineering community
for the calcualation of interfacial tension in reservoir simulators. The earliest empirical
model for prediction of interfacial energy is due to Macleod and Sugden using parachors
[16,17,18]. The method developed by Macleod in 1923 and modified by Sugden in 1932 is

given for pure fluids.
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y=[A@ P (7.20)
where A is the parachor of the fluid and Ap is the density difference between vapor and
liquid of pure species. The above correlation can be extended to mixture [5].

V= Z[Ai (PiXi-p; Yi)]4 (7.21)

i=1
where n is the number of species i, A, is the parachor of species 1, py is the density of denser
phase and py is the density of the lighter phase. x; and y; are the compositions of the

respective phases.
RESULTS AND DISCUSSION

A) Pure Components

Figure 7.1 shows the interfacial tension of some pure non-polar compounds like CO,
and n-alkanes. We observe that SAFT is able to predict the interfacial tension using the
gradient theory fairly accurately. We note that the interaction parameter (c;) has been
obtained by fitting the experimental interfacial tension value at a single temperature for each
compound. The average absolute deviation between the predicted values and experimental
interfacial ranges from about 1.1 % for Nitrogen to less than 10 % for decane. Similarly
Figure 7.2 shows the interfacial tension calculation for polar compounds like n-alcohols and
water. Since the SAFT equation of state has been shown to do particularly well for polar
compounds, we observe that the interfacial tension predictions for the polar compounds are
also very good. The average absolute deviation ranges for 1.7 % for ethanol to about 10 %

for water over a wide range of temperatures.
Table 7.1: Pure component interaction parameter with the SAFT equation

Mixtures
B) CO; — Decane Mixture

Next we present the SAFT-GT predictions of the interfacial tensions of mixtures.
Figure 7.3 shows the interfacial profile for a CO, — decane mixture at 344 K and 0.94 MPa.

The interfacial tension for this mixture predicted is 8.29 mN/m which compares very well
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with the experimental values. We observe that for all compositions of the equilibrium
mixture the interfacial profile of decane is monotonically increasing. CO, on the other hand
shows increased surface concentration at intermediate as well as high concentrations of COs,.
Figure 7.4 shows the interfacial tension of the mixture as a function of CO, concentration in
the liquid phase. We see that the SAFT based IFT model does a fairly good job of predicting
the interfacial tension of this mixture. The mixing interaction coefficient for the interface
(i) used in this case is same as the bulk phase binary interaction coefficient. We also show
the parachor calculations of interfacial tension for this mixture and we observe that the

parachor predictions are off at very low CO, concentrations in the liquid phase.

C) Ethanol — Heptane Mixture

Figure 7.4 shows the interfacial profile of an ethanol-heptane mixture, which is a non-
polar-polar mixture. Note that this is essentially a three component mixture as nitrogen is
added to the mixture to form a gas-liquid interface. At the system pressure of 0.101 MPa and
temperature of 298.15 K ethanol and heptane form a single-phase binary mixture over the
entire heptane concentration range, so that we measure the interfacial tension over nitrogen.
The interfacial profiles of heptane is monotonously increasing whereas ethanol exhibits slight
interfacial activity. On the other hand, we observe that when there is significantly small
amount of ethanol present in the liquid phase (Figure not shown) the interfacial profiles of
ethanol are monotonously increasing and heptane exhibits a slight interfacial activity. At
intermediate ethanol concentrations it is interesting to note that; ethanol shows an increased
interfacial activity whereas the heptane concentration is suppressed in the interfacial region.
This is because ethanol is a polar molecule so that the polar sites tend to be localized near the
interface. We observe that SAFT together with gradient theory provides very good
predictions of interfacial tension of the ethanol-heptane mixture as shown in Figure 7.6. The
mixing interaction coefficient for the interface (y;j) used in this case is again the same as the
bulk phase binary interaction coefficients. On the other hand, we observe that the parachor

calculatons significantly over predict the interfacial tension of this mixture.

D) Methanol-Water Mixture

Next we present the results for a methanol-water mixture at 263.15 K and 0.101 MPa.
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Here again we introduce nitrogen in the mixture so as to be able to calculate the tension of
the vapor-liquid interface. In this case the cross-interaction parameter for the binary mixture
(i) for predicting the interfacial profiles of this mixture. It is interesting to note, however,
that even for two very different values of mixing interaction coefficients (y; = 0 and 1), we
have been able to predict the interfacial tension of the mixture accurately as shown in Figure

7.7. Again, the SAFT predictions are much better than the parachor calculations.

E) Ethanol-Water Mixture

Figure 7.9 show the interfacial tension predictions with both SAFT — Gradient Theory
and the parachor calculations for ethanol-water mixture at 288.15 K and 0.101 MPa.
Nitrogen is present as a third component to provide a vapor-liquid interface. The behavior
observed in the interfacial profiles is similar to what we have seen earlier in the methanol
water mixtures. As low concentrations of ethanol the profiles are monotonic. As we
increase the water concentration the water profile is monotonic whereas ethanol shows
increased interfacial activity as shown in Figure 7.8. The mixing interaction coefficient of
the interface (y;j) 1s set to zero, which results in very good interfacial tension predictions.

The parachor predictions on the other hand are not very accurate.

F) Methane-Water Mixture

Figure 7.10 shows the SAFT predictions of the interfacial tension variation with
pressure for a methane-water mixture at 25 C along with experimental data and parachor
predictions. The mixing interaction coefficient for interfaces (y;) had to be adjusted to 0.35
S0 as to obtain a reasonable match with the experimental measured values. We observe that
SAFT predicts the interfacial tension very well with the adjustment of mixing interaction
coefficient at this temperature whereas the parachor predictions are very poor especially at
high pressues, which are typically experienced in underground gas reservoirs. Next we study
the effect of temperature on the interfacial tension for this same mixture. Figure 7.11 shows
the interfacial tension of methane-water mixtures at 106 C and 176.6 C using the mixing
interaction given earlier for the 25 C case. The interfacial tensions predictions with the
mixing interaction coefficient of are fairly accurate without further adjusting the mixing

interaction coefficient for this case
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CONCLUSIONS

We have used the SAFT equation of state with the gradient theory to predict the
interfacial tension of pure components and mixtures. We have shown that this model
predicts the interfacial tension of both non-polar and polar, pure components very accurately.
We have introduced the pure component interaction parameters for the calculation of
interfacial tension with the SAFT equation. We have also presented interfacial tension
calculations for non-polar and polar mixtures. We have shown that SAFT with the gradient
theory does a fairly good job of predicting interfacial tension of these mixtures. The
interfacial tension of water-ethanol, water-methanol and a few other mixtures have been
satisfactorily predicted .by the SAFT equation of state by introducing a mixing interaction
coefficient. We have studied the effect of temperature and pressure on a methane-water
mixture with this and have found that the theory holds well at different temperatures and
pressures although we need to adjust the mixing interaction coefficients for interfaces ()

initially.

NOMENCLATURE

F(p) Helmholtz free energy functional

y Surface tension/ interfacial tension (N/m)

y7, chemical potential (J/mol)

cij cross-interaction coefficient between species i and j

X mixing interaction coefficient for interfaces between species i and j
n; molar density (mol/m’)

Xi mole fraction of component i

kij binary interaction coefficient between component i and j

Z compressibility factor

7" hard-sphere compressibility factor
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ZMm chain compressibility factor
Z*° association compressibility factor
zZ dispersion compressibility factor
P s Carnahan Hard-Sphere pressure
p density of the mixture
a™  association Helmholiz free energy
5 association chemical potential of component i
Y2 mole fraction of molecules of i not bonded at associating site A;
M, number of associating sites available on molecule i
m; chain length of component i
Zii radial distribution function of component i
m average chain length of mixture
Uji dispersion energy of component i
D Chen and Kreglewski constants for dispersion potential
&3 reduced density
T closed packing density limit (0.74048)
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Component Interfacial Tension % Average Absolute | Parachor
Parameter (c;i ), Deviation
J/m°mol’
Nitrogen 1.38e-20 1.0 35.00
CO, 2.33¢-20 35 77.50
Methane 2.79¢e-20 5.0 77.90
Propane 2.33e-20 2.6
Butane 2.33¢-20 4.4
Heptane 4.63e-19 6.9 311.36
Decane 7.52¢-19 10.0 431.20
Methanol 2.77e-20 7.9 89.60
Ethanol 5.26e-20 1.8 126.80
Butanol 1.29¢-19 7.6
Water 9.32¢-21 1.7 52.60

Table 7.1: Pure component interaction parameter with the SAFT equation.
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8. Estimation of Relative Permeability Curves and Wettability from

Transient Pressure Drop Measurements
ABSTRACT

In this chapter a method is provided for the rapid determination of relative
permeability curves and wettability from simple displacement experiments. The results for
core flood experiments conducted on Texas Cream limestone and Berea sandstone are
presented that illustrate the methodology.

The peak in the transient pressure drop response during displacement is found to be a
very sensitive indicator of the curvature of the relative permeability curves. A simple curve-
fitting algorithm is used to obtain the best fit to the transient pressure response during
primary drainage and imbibition to obtain the water and oil exponents in a Corey type
relative permeability model. It is shown that these exponents of the relative permeability
curves provide a good initial estimate of the curvature of the relative permeability curves,
which, in addition to the relative permeability end-points, can be used in reservoir simulators.

The ratio of dimensionless end-point pressure drop during primary drainage,
normalized by viscosity ratio, to the dimensionless pressure drop during secondary
imbibition is defined as a new wettability indicator. For oil-wet rocks, the Relative
Permeability Wetting Index (RPWI) is greater than one, whereas, for water-wet rock the
RPWI is less than one. For intermediate wet rock, the wetting index is observed to be close to
one.

The methodology provided in this paper gives a rapid and convenient way of
estimating both wettability and relative permeability curves without having to conduct
capillary pressure or steady state relative permeability experiments, which can be very time

consuming.

INTRODUCTION

The relative permeability to oil and water in rocks is measured either by an unsteady
state method (1) or by a steady state displacement method. The wettability of a rock is
measured by one of three quantitative methods: contact angle, Amott method, and the U. S.
Bureau of Mines (USBM) method. Both wettability and relative permeability are strongly

correlated for a given rock sample (2).
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The steady-state experiments required to measure the relative permeability curves are
time consuming and tedious. The end-point pressure drop as well as the fractional flow as a
function of time is measured when using the JBN (1) method for obtaining the relative
permeability from unsteady state data. Although the unsteady state method is faster than the
steady-state method, measuring the fractional flow of water as a function of pore volumes
injected can be challenging since only a few samples are obtained where oil and water both
are produced during the displacement experiment. This provides poor resolution over the
course of the displacement experiment. Measurement of the volumes of oil and water
recovered is a discrete sampling process and can have large errors. At high mobility ratios
and in high rate displacements, the experiment is affected by viscous instability (3).

An alternative strategy is to measure the pressure drop across the core continuously
and use this as an indication of the relative permeability of the core. This strategy has been
followed in this paper and it is shown that good estimates of relative permeability are
obtained using the method. It should be noted that the methodology illustrated in this paper
assumes a Corey (4) type saturation dependence for the relative permeability. This
assumption can in principle be relaxed. If, however, this assumption is used, the relative
permeability obtained may only be approximate particularly for rocks that do not follow a
Corey type relative permeability relationship. The relative permeability curves obtained may
be used as a first estimate in reservoir simulators because of the simplicity of the method and
the fact that results can be obtained in a relatively short period of time.

The proposed method of determining the relative permeability from transient pressure
drop measurements provides a simple alternative for approximately measuring the relative
permeability curves and defining the wettability of the core using relatively simple
displacement experiments. The method takes advantage of the fact that pressure drop can be
measured continuously and much more accurately than the fractional flow of oil at the outlet
of a core.

The wettability of reservoir core samples is traditionally measured using capillary
pressure curves. The combined Amott-USBM index (5) has been extensively used as an
indicator of wettability in core samples. The procedure involves conducting spontaneous and
forced imbibition and drainage cycles that are typically conducted in a centrifuge. Although

good indications of wettability that distinguish between water-wet, oil-wet, intermediate wet
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and mixed wet conditions are obtained, this process is time consuming and may require
several days of experimentation to complete. A comprehensive review of the trends in
wettability measurement is available in a paper by Anderson (6).

Contact angle measurements (7) require thoroughly clean and smooth sample
surfaces. The measurements are localized and do not give a representative value for the
reservoir rock. The Amott method suffers from its insensitivity at neutral wetting states and
the USBM is time consuming. In this paper, we present a method that allows us to obtain a
wettability index directly inferred from displacement experiments that need to be conducted
for obtaining the relative permeability curves. The wettability index is defined on the basis of

pressure drops measured during the drainage and imbibition displacement processes.

OBTAINING RELATIVE PERMEABILITY CURVES
The relative permeability model assumed is the Corey type model where the relative

permeability is a function of the normalized saturation as detailed below.

no

k,(S))=k,™S,

o ro o

klS,)= k0= )
where S_U Vil .
1-S,-S,,

Mass conservation equations are used to describe the multi-phase fluid flow in the
core and a relationship is derived between the saturation and the distance along the core, the
pressure drop across the core and the time elapsed from injection of displacing fluid. The
derivations of these relationships are discussed in Appendix A. The transient pressure drop
across the core is dependent on the endpoint relative permeability, and the exponent of the
Corey model. The pressure drop across the core is related to the spatial integral of fractional

flow and the relative permeability by the following equation (see Appendix A for derivation),
X.ca/'
_ 44, J‘ Qﬂw J‘
kA 0 k ro
A numerical routine was programmed to automatically history match the pressure

history curves from experimental data and obtain the Corey exponents. These exponents

together with the end-point relative permeabilities and the residual saturations (which are
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obtained from the experiments) completely define the oil and water relative permeability
curves.

Figure 1 shows the pressure drop across a core during primary imbibition for different
Corey exponents. It is evident that the pressure drop transient curve is very sensitive to the
Corey exponents. Any match to the pressure drop data will, therefore, provide and excellent

estimate of the Corey exponents.

INFERRING WETTABILITY

The pressure drop transient history also gives us a good estimate of the wettability of
the rock. The end-point pressure drop is the pressure drop measured across the core after a
large number of pore volumes of displacing fluid have been flowed through it and the
pressure drop does not show any change with additional injection of the displacing fluid. It is
made dimensionless by dividing the measured pressure drop by the single-phase (brine)
pressure drop AP,_, .

The end-point pressure drop for drainage (oil displacing brine) measured from
4,1, L

o
ro

experiment is denoted by, AP’/ (which is equal to ). The dimensionless oil

o
olw

. This is further normalized with the

displacing water pressure drop is then given by
I-p

APOO/W &
AR_, 4,
The dimensionless end-point pressure drop for imbibition (brine displacing oil) is

ratio of water to oil viscosities to give

o
w/o

similarly defined as
I-p

The ratio of the dimensionless end-point pressure drops is defined as a relative
permeability wettability index,

APOU/W &
APUw/o M, .

RPWIz{

This indicator of wettability (RPWI) is significantly less than one if the core is water-
wet and is significantly greater than one if the core is oil-wet. A RPWI close to one indicates

that the core is intermediate-wet.
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EXPERIMENTAL METHODS

Experiments were conducted on fluid flow through cylindrical cores, which were
either oil-wet or water-wet (details of the experimental procedure are presented in the
following subsection). The pressure drop across the core was obtained at various points in
time. Also, the end-point saturations were measured from the volumetric data collected
during the experiments. This enables us to determine the end-point relative permeability and

residual saturation for both the oil and the water phases.

FLUIDS USED

The fluid system-3 wt% brine/decane was chosen for Berea sandstone with the
objective of obtaining near equal mobility ratio displacement and also minimize the pressure
drop across the core. The 3-wt% brine/crude oil (AK-93 Prudhoe Bay) system is used to

perform displacements in the Texas Cream limestone.

CORE PREPARATION

Two cylindrical cores (1 inch in diameter and 6 inches in length) were cut from a
homogenous slab of Berea sandstone using tap water as the cutting fluid. The cores were
dried in an air-oven at 100°C for at least 24 hours and then evacuated and saturated directly

in the Hassler apparatus, which is later used for the core flooding experiments.

Berea sandstone in its original state is water-wet. To artificially render the cores oil-
wet the cores were treated with a wettability-altering agent, a 1% v/v solution of OTS

(octadecyltrichlorosilane). Details of the core treatment procedure are given in Appendix B.

A limestone core was cut from a slab of rock after making sure there were no vugs or
any major inconsistencies. The core is then cut into lengths of 2 inches and left in an oven for
drying for at least 24 hours at 100 °C. These cores are then evacuated in the Hassler

apparatus and vacuum saturated in the Hassler apparatus.

COREFLOOD EXPERIMENTS

Water-Wet Rock
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3-wt% brine is first de-aerated to eliminate any dissolved gases. This brine is stored
in an airtight container and later used to saturate the evacuated cores using a burette. The
volume of brine used to saturate the core is read from the burette and is used to calculate the
porosity of the core.

In primary drainage, decane displaces the brine. Decane is injected at a constant flow
rate. The pressure drop is recorded across the core continuously and the displaced brine is
collected at the outlet end of the core. The flooding is carried out for more than 25 pore
volumes until the change in volume of brine collected is negligible. The residual saturation of

brine is also calculated using a simple volume balance.

The primary drainage is followed by an imbibition step where brine is injected into
the core from the same inlet end at a constant rate. The flow rate is maintained the same as
that during primary drainage and the pressure drop across the core is recorded continuously.
The displaced decane is collected at the outlet. Brine injection is performed for more than 25
pore volumes until the change in volume of decane collected is negligible. Secondary
drainage is performed by injecting decane at the same flow rate and the pressure drop across
the core is recorded continuously. The displaced brine is collected at the outlet to calculate

the residual saturation of brine in the core.

The above procedure was repeated for a 3-wt% brine/crude oil system instead of
decane. In addition to the other measurements listed above, the outlet fluid was collected in a
fractional collector periodically to measure the oil-to-water ratio.

Another set of experiments was conducted on Berea sandstone with the same
sequence as above but with an ageing step of 20 days after primary drainage (the core was

left for 20 days at residual water saturation).

Oil-Wet Rock
Berea sandstone cores were made oil-wet by saturating with OTS solution as

described in Appendix B. The oil-wet core was saturated with brine. Decane was then used to
displace the brine. The pressure drop across the core is measured and the volume of brine

collected at the outlet is used to calculate the residual saturation.

Mixed-Wet Rock
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Primary imbibition in the limestone rock was carried out in the same manner as the
Berea sandstone core. The brine is displaced by crude oil injected at constant rate through an
accumulator. The outlet fluid was collected in a fractional collector periodically in addition to
the other measurements listed above. The core was left to age in the core holder for 20 days
after primary drainage after which secondary imbibition and secondary drainage steps were

conducted.

RESULTS AND DISCUSSION

OBTAINING RELATIVE PERMEABILITY FROM PRESSURE DROP TRANSIENT
CURVES

Figures 1 to 4 show the effect of Corey exponents and the mobility ratio on the shape
of the pressure drop history for a Berea sandstone core. The shapes show large sensitivity to
the Corey exponents and the mobility ratio. Increasing the value of the exponents signifies an
increase in the curvature of the relative permeability curves. As the value of the exponent
increases, the magnitude of the peak (in the case of a drainage process in a water-wet core)
increases. An increase in both water and oil exponents results in an increase in magnitude of
the peak pressure drop with the water exponent showing a larger effect (Figure 1a) than the
oil exponent (Figure 2a). Figures 1b and 2b show the effect of changing the exponents on the
position of the peak. An increase in the water exponent advances the occurrence of peak
slightly (Figure 1b) while an increase in oil exponent delays the occurrence of the peak
(Figure 2b). Figure 3 shows the effect of increasing both the oil and water exponents. The
effect of increase of oil and water exponents appear to be additive in creasing the pressure
drop peak magnitude. The magnitude of the peak also varies with the mobility ratio. When
the end-point oil mobility ratio is increased, the magnitude of the peak, in the case of a
drainage process in a water-wet core, decreases (Figure 4).

Figures 5 and 6 show a history match of the experimental pressure drop data for a
water-wet Berea sandstone core (secondary imbibition and secondary drainage). The pressure
drop approaches a constant value after injection of many pore volumes and this gives us the
end-point relative permeability to water and decane respectively. In this sample, the end-
point pressure drop for decane (Figure 5) is low so that the end-point relative permeability of
decane is high. The opposite is true for the water relative permeability. An automatic history

match of the pressure drop transient with equation A-16 gives the Corey exponents. The only
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parameters varied for the match are the exponents (n, and ny), since the mobility ratio is
fixed by the experiment. Two sets of exponents can be obtained from each of the
displacement sequences.

Similarly, Figures 7 and 8 show the theoretical simulation of the pressure drop history
for the secondary imbibition process and secondary drainage process in an oil-wet core. Here
the end-point pressure drop for decane is high (Figure 7) i.e. the end-point relative
permeability to decane is low. The Corey exponent parameters, which were estimated using
the numerical history match routine, are listed in Table 1.

The relative permeability curves for water-wet and oil-wet cores can be obtained
using the exponents from history matching and the end-point relative permeability from
experiment and are shown in Figures 9 and 10. Figure 9 shows that, as expected, the relative
permeability to water in a water-wet core is lower than the relative permeability to oil. On the
contrary the relative permeability to water in an oil-wet core is higher than the relative
permeability of oil. The curves also show hysteresis in the non-wetting phase, with the non-

wetting phase imbibition curves showing lower relative permeabilities.

INFERRING WETTABILITY FROM PRESSURE DROP TRANSIENT CURVES

Figure 11 shows the pressure drop versus time data for primary drainage when decane
is displacing the imbibed brine from a water-wet sandstone core. The pressure drop achieves
a peak value at breakthrough and subsequently flattens out at large pore volumes injected.

Figures 12 and 13 show the pressure drop history for secondary imbibition and
secondary drainage. The pressure drop for secondary imbibition is high due to the water-wet
nature of the rock. For water-wet rocks, the flow of brine faces more resistance from the
permeable media than does the oil flow.

Figures 14, 15 and 16 show the primary drainage, secondary imbibition and
secondary drainage for the case of oil-wet Berea. Note that the three curves are similar to the
trends observed for the same processes in a water-wet core. This is because the flow of a
wetting fluid faces more resistance than a non-wetting fluid in permeable media irrespective
of whether the fluid is oil or brine.

Figures 17, 18 and 19 show drainage and imbibition sequences in both oil-wet and

water cores. The purpose of this sequence of fluids is to enable comparison of the pressure
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drop profiles for rocks, which differ only in wettability. It is evident that not only are the
equilibrium pressure drops dramatically different, but even the transient response is
qualitatively different.

Figure 20 shows a plot of dimensionless pressure drop across a water-wet core versus
pore volumes of fluid injected for primary drainage and secondary imbibition. The plot
shows that the end-point pressure drops after injection many pore volumes of fluid differ
significantly. Figure 21 shows a plot of dimensionless pressure drop across an oil-wet core
versus pore volumes injected. The end-point pressure drop for primary drainage is
significantly different from the end-point pressure drop for secondary drainage. However, in
the oil-wet case, primary drainage end-point pressure drop is higher than the secondary
drainage end-point pressure drop as compared to the water-wet case. This shows that the
wetting liquid faces greater resistance to flow than the non-wetting liquid.

Figure 22 shows the comparison of dimensionless pressure drop for the limestone
core that has been converted to mixed-wet by ageing in crude oil for tertiary drainage and
tertiary imbibition. In the case of the mixed-wet core, the end-point pressure drops are close
to each other, which indicates that, both the liquids face about equal flow resistance.

There is a significant difference in the ratio of end-point pressure drops among the
three cases. This difference between the ratios of the pressure drops is an indication of the
wettability. The Relative Permeability Wetting Index (RPWI) for each of the cores is given
in Table 2.

Figure 23 shows the relative permeability curves (calculated using JBN method from
fractional flow data) before ageing. Figure 24 shows the relative permeability curves after
ageing between primary drainage and tertiary drainage in a limestone core. There is a marked
increase in the end-point relative permeability to water and a decrease to that of oil. The
residual saturation of water after tertiary drainage is lower than that after primary drainage.
This observation leads us to believe that there has been a significant change in wettability
from water-wet to a mixed-wet core because of ageing of the core at residual water

saturation.

CONCLUSIONS
1) The results for core flood experiments conducted on Texas Cream limestone and

Berea sandstone show that the pressure drop across the core increases to a peak value
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2)

3)

4)

5)

6)

and then drops to a steady state value gradually. In the case of a drainage process the
end-point pressure drop is lower than for an imbibition process.

An analytical expression for the pressure drop across a core sample was derived as a
function of Corey exponents and end-point relative permeabilities. It is shown that the
pressure drop profile is significantly affected by the value of the Corey exponents and
the end-point mobility ratio.

A method for automatic history matching of the pressure drop transient history with
the analytical model is used to obtain the Corey exponents and hence the relative
permeability curves.

A relative permeability based wetting indicator called RPWI is obtained from the
pressure drop curves in displacement experiments. For oil-wet rocks, the wetting
index (RPWI) is greater than one whereas for water-wet rock the RPWI is less than
one. For intermediate wet (or mixed wet) rock, the wetting index is observed to be
close to one. The proposed method to determine wettability is rapid, does not require
time consuming capillary pressure measurements and is measured simultaneously
with relative permeability curves. The method also easily accommodates cores of any
length that are representative of the reservoir.

As expected a change in wettability from water-wet to oil-wet increased the water
relative permeability and decreased the oil relative permeability for a Berea sandstone
core. The residual oil saturation decreased and the residual water saturation remained
approximately the same.

The relative permeability to oil is decreased and the relative permeability of water is
increased when Texas cream limestone rock is aged at Sy,. The residual saturation of
oil and the residual water saturation decrease slightly when the core is aged at Sy;.
This reduction of residual water saturation at the end of a drainage process is
desirable as the oil relative permeability increases with decreasing residual water

saturation.

NOMENCLATURE

S, - Saturation in phase i

®,;- Mass fraction of species 1 in j
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Pi-
K?/'
k?f

D;i-
¢ .
D,

Density of phase i

- Dispersion tensor

- Permeability tensor

Pressure in phase i at a given location
Porosity of the permeable medium

- Capillary pressure between two phases

Np - Number of phases(=2)

R;-
fi_

Reaction in phase i (=0)

Fractional flow of phase I

M _ - Mobility ratio of ‘x’

q
Ay
K,
90"
Hy
ko

- Brine flow rate in cm®/s

- Brine viscosity in cP

- Brine relative permeability

Oil flow rate in cm’/s

- Oil viscosity in cP

Oil relative permeability

k - Absolute permeability of the core sample in mD
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APPENDIX A

Derivation of equation describing the saturation distribution and pressure drop in a one-
dimensional two-phase immiscible displacement (oil displacing brine).

Constitutive equations:

Mass conservation equation:

a—W+v N, =R, (A1)
Ot

W ¢Zp]S CO + 1 ¢)psa)is (A-2)

_ Np —_ _
Ni=2(pjwijuj—¢ijjKU-Va)y.) (A-3)

J=1
Momentum conservation equation:
==,k (ij + ,ojg) (A-4)

D =Py =Py (S,a),x) (A-5)
Consider a one-dimensional flow and neglecting the effect of capillary pressure, gravity and

adsorption, we have for an immiscible displacement,

w, =1
o, =0
w,, =1
w, =0

and making u; = uf,, where f; is the fractional flow of phase i, we get,

oS of
—~+u—>=0 (A6

P T D0 (A0
. ey
ot Oox

Solving one of the above equations by method of characteristics gives the saturation

distribution of both the phases.
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Therefore we solve for the oil phase saturation distribution.

_qt 9,
% 4¢ oS,

(A-8)

The fractional flow derivative in the above equation can be estimated analytically by

assuming a relative permeability model. In this case we assume the Corey'” model as detailed

below.
k(S,)=k,"5" a9
ko (8))=k, ™ (1-5,)" @10
where S = %

We know that fractional flow of oil is given by,

kVOILlW
k
f = ”k—’W (A-11).
1 + I‘OILIW
Aok
Substituting for the relative permeability expressions and after algebraic manipulations we
get,
M S_l’lO
fO = - nv: - ——no (A-12)
(1-5,)" +m,s,
Where M, is called the mobility ratio of oil and is given by,
M, =Ko Fo
/uokrw

Writing equation for saturation distribution as,

_at ¥, 08,
% A¢ oS, oS,

(A-13)
and after substituting for the derivatives we get,

a5 o S ]
"4 fsfemsc] 0SS

(A-14)
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From the above, after assuming suitable values of exponents and residual saturations, we can
determine the saturation distribution with respect to distance and also time. However the

above solution gives triple valued result for saturation, which can be corrected by doing a

material balance around the displacing front. The position of the displacing oil front, X| ; is

given by solving for E from the equation,

M0§n01 (1 B S—Of)nwfl i M, Sqf 1 ais)

The pressure drop in the permeable medium is then given by,

au, Ly o am S
Ap =15 j Lo gy 4 L850 J' T g (a-16),
kA + k, kA , k,,
A similar exercise for the brine displacing oil case gives the position of the displacing water
front as,
| _ qt MWS_an_l (1 B S_w),u ) [nw' + S_w(no — nw )] (A 17)
Swo P —n 2 _ _ i
A9 [(1 - Swf” +M,S, } (1-s,-5,)

maxﬂ
Where M| = >——¢2.
k max
ILIW ro

As earlier, the above solution gives triple valued result for saturation, which can be corrected

by doing a material balance around the displacing front. The position of the displacing oil

front, X |Sw ; is given by solving for S_wf from the equation,

m,s, " -5, )" M,S,"

wwf =
=5 ) a5, ] [(1 -8, ) M8, IW * (I—SS—S)J

The pressure drop across the core at any time is then given by,

(A-18)

L Xsw/’
Ap = P j So gy I j Joge a9,
kA |k kA Yk

w
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APPENDIX B

PREPARATION OF OIL-WET CORES

The procedure for preparation of oil-wet core sample is described below. This procedure was used for

making both Berea sandstone and Texas Cream limestone oil-wet.

1) The cores required to be made oil-wet are cleaned, dried in an oven for 24 hours and
placed in the Hassler apparatus (with Viton Sleeve to prevent damage from
Chloroform used later).

2) The cores are evacuated for 2 hours until the vacuum attains 30mmHg.

3) The cores are saturated with Decane by directly flowing it into the evacuated cores.

4) The decane imbibed is displaced with 50 pore volumes of a 1% by wt solution of
OTS (Octadecyltrichlorosilane) in Chloroform.

5) The cores are allowed to sit in with the solution for about 15 minutes and then flushed
with 50 pore volumes of chloroform.

6) The cores are removed from the core holders and placed in an oven to heat-dry at 80

degc.
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Table 8.1 Calculated relative permeability’s, residual saturation and Corey exponents.

Oil-wet
Water-wet (Decane-Water in treated

(Decane-Water in Berea) Crude Oil-Water

untreated Berea) in Limestone
K°ro 0.730 0.061 0.540
K’ 0.091 0.568 0.342
Sor 0.303 0.514 0.474" (0.374™)
Swr 0.4 0.25 0.24% (0.19%%)
N, 2.4* (2.1*%) 2* (2.8*%)
Nw 1.6* (1.9%%) 3* (2*%)

-Calculated from the experimental transient pressure drop data for wetting liquid
displacing non-wetting liquid (secondary imbibition).

*x -Calculated from the experimental transient pressure drop data for non-wetting liquid
displacing wetting liquid (secondary drainage).

+ -Residual saturation of oil before ageing.

++ -Residual saturation of oil after ageing.

# -Residual saturation of water before ageing.

Ht -Residual saturation of water after ageing.

Table 8.2: Wettability inference from the ratio of end-point pressure drops (WI)

Water-wet core Oil-wet Mixed wet core
(Berea) core(Treated Berea) | (aged Limestone)
Wettability Index 0.124 6.295 0.963
(RPWI)
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Figure 8.1a: Effect of Corey water exponent on pressure drop history of water-wet
core (primary drainage).
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Figure 8.1b: Effect of Corey water exponent on pressure drop history of water-wet
core (primary drainage) showing variation of position of peak.
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Figure 8.2a: Effect of Corey oil exponent on pressure drop history of water-wet core
(primary drainage).
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Figure 8.2b: Effect of Corey oil exponent on pressure drop history of water-wet core
(primary drainage) showing variation of position of peak.
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Figure 8.3: Effect of Corey oil and water exponents on pressure drop history of
water-wet core (primary drainage).
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Figure 8.4  Effect of mobility ratio on pressure drop history of water-wet core
(primary drainage).
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Figure 8.5  History match of secondary imbibition (brine displacing decane) pressure
drop data for a water-wet Berea sandstone core.
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Figure 8.6  History match of secondary drainage (decane displacing brine) pressure
drop data for a water-wet Berea sandstone core.
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Figure 8.7  History match of secondary imbibition (decane displacing brine) pressure
drop data for an oil-wet Berea sandstone core.
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Figure 8.8  History match of secondary drainage (brine displacing decane) pressure
drop data for an oil-wet Berea sandstone core.
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Figure 8.9  Oil-water relative permeability for oil-wet core.
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Figure 8.10 Oil-water relative permeability for water-wet core. These curves were
generated by using end-point relative-permeability, residual saturation
and Corey exponents obtained by history matching the experimentally
measured pressure drop profiles and residual saturation.
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Figure 8.11 Transient pressure drop across a water-wet Berea sandstone core
(primary drainage, decane displacing brine).
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Figure 8.12 Transient pressure drop across a water-wet Berea sandstone core
(secondary imbibition, brine displacing decane).
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Figure 8.13 Transient pressure drop across a water-wet Berea sandstone core
(secondary drainage, decane displacing brine).
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Figure 8.14 Transient pressure drop across an oil-wet Berea sandstone core (primary

drainage, brine displacing decane).
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Figure 8.15 Transient pressure drop across an oil-wet Berea sandstone core
(secondary imbibition, decane displacing brine).
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Figure 8.16 Transient pressure drop across an oil-wet Berea sandstone core
(secondary drainage, brine displacing decane).
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Figure 8.17 Comparison of pressure drop (across the core) history of oil-wet and
water-wet cores (decane replacing brine).
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Figure 8.18 Comparison of pressure drop (across the core) history of oil-wet and
water-wet cores (brine displacing decane). The core is initially at residual
water saturation.
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Figure 8.19 Comparison of pressure drop (across the core) history of oil-wet and
water-wet cores (decane displacing brine). The core is initially at residual
decane saturation.
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Figure 8.20 Comparison of pressure drop (across the core) history of water-wet Berea
core (primary and secondary imbibition).
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Figure 8.21 Comparison of pressure drop (across the core) history of oil-wet Berea
core (primary drainage and secondary imbibition).
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Figure 8.22 Comparison of pressure drop (across the core) history of mixed-wet
limestone core (tertiary drainage and tertiary imbibition). The core is
initially at residual water saturation.
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Figure 8.23  Oil-water relative permeability for limestone core. These curves were

generated by using the unsteady state measurement (JBN'?) method. The
plot shows the relative permeability curves before ageing with crude oil.
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Figure 8.24 Oil-water relative permeability for Limestone core. These curves were

generated by using the unsteady state measurement (JBN'?) method. The
plot shows the change in relative permeability curve after ageing with
crude oil (aged for 20 days at residual water saturation).
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9. Enhanced Imbibition into Oil-Wet Matrix
Zhang, L. D. and Hirasaki, G.

Presented at the 2003 SPE International Oilfield Chemistry Symposium

ABSTRACT

Oil recovery by water flooding in fractured formations is often dependent on
spontaneous imbibition. However, spontaneous imbibition is usually insignificant in oil-wet,
carbonate rocks. Sodium carbonate and anionic surfactant solutions are evaluated for
enhancing oil recovery by spontaneous imbibition from oil-wet carbonate rocks. Crude oil
samples must be free of surface-active contaminants to be representative of the reservoir.
Calcite, which is normally positively charged, can be made negative with sodium carbonate.
The ease of wettability alteration is a function of the aging time and temperature and the

surfactant formulation.

INTRODUCTION

Much oil remains in fractured, carbonate oil reservoirs after waterflooding and in
some cases in paleo-transitions zones, which result from the oil/water contact moving
upward before discovery. The high remaining oil saturation is due to a combination of poor
sweep in fractured reservoirs and the formation being preferentially oil-wet during
imbibition'?. Poor sweep is not an issue in paleo-transition zones but yet the remaining oil
saturation may still be significant.

There are several reasons for high remaining oil saturation in fractured, oil-wet,
carbonate formations. Poor sweep was mentioned earlier. If the formation is preferentially
oil-wet, the matrix will retain oil similar to an oil-wet blotter and high oil saturation transition
zones will exist where the upward oil film flow path is interrupted by fractures. This is
illustrated in Fig. 9.1, which shows the oil retained by oil-wet capillaries of different radii.
The height of the capillary retained oil column is greater for the smaller pores. In oil-wet
systems, oil is the phase contacting rock surfaces, and surface trapping is likely to be
particularly important in rocks with highly irregular surfaces and large surface areas', Fig.

9.2.
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The objective of this investigation is to develop a process to overcome the
mechanisms for oil retention illustrated by Figs. 9.1 & 9.2. Oil is retained by wettability and
capillarity. Thus altering the wettability to preferentially water-wet conditions and reducing
the interfacial tension to ultra-low values can overcome these mechanisms. Introducing an
injected fluid into the matrix of a fractured formation is challenging because the injected
fluid will flow preferentially in the fractures rather than through the matrix. Thus the process
must spontaneously imbibe the injected fluid from the fracture system into the matrix, as
illustrated in Fig. 9.3. Spontaneous capillary imbibition may no longer be important because
of low interfacial tension. However, if wettability is altered to preferentially water-wet
and/or capillarity is diminished through ultra-low interfacial tensions, buoyancy will tend to
allow oil to flow upward and out of the matrix into the fracture system. The injected fluid
will replace the displaced oil in the matrix and thus the spontaneous imbibition will continue
as long as oil flows out of the matrix.

Spontaneous imbibition is an important mechanism in oil recovery from fracture
reservoirs. A recent survey by Morrow and Mason reviews the state-of-the-art’. They state
that imbibition rates with different wettability can be several orders of magnitude slower and
displacement efficiencies range from barely measurable to better than very strongly water-
wet. The primary driving force for imbibition in strongly water-wet conditions is the
capillary pressure. Reduction of interfacial tension reduces the contribution of capillary
imbibition. Buoyancy, as measured by the Bond number then becomes the dominant
parameter governing the displacement, even of the wetting phase”.

Application of surfactant to alter wettability and thus enhance spontaneous imbibition

-11
1.’

has been investigated by Austad, et a with chalk and dolomite cores. Chen, et al.'?,

investigated enhanced imbibition with nonionic surfactants. Spinler, et al.”

, evaluated 46
surfactants for enhanced imbibition in chalk formations. Standes, et al."" and Chen, et al.!?
used either nonionic or cationic surfactant with a strategy to alter wettability but avoiding
ultra-low tensions. The work presented here differs from the previous work in that sodium
carbonate and anionic surfactants are used to alter wettability and reduce interfacial tension

to ultra-low values.
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CRUDE OIL SAMPLES

It is important to have a representative crude oil sample when designing an EOR
process. Since the process is based on surface phenomena, it is important that the crude oil is
free of surface-active materials such as emulsion breaker, scale inhibitor, or rust inhibitor. A
simple test for contamination is to measure the transient interfacial tension (IFT) of the crude
oil sample with synthetic brine. Fig. 9.4 is a plot of the transient oil/brine IFT of several
crude oil samples from the same field. These measurements were made with a pendant drop
apparatus with automatic video data acquisition and fit to the Young-Laplace equation.
Samples MY1 and MY?2 have low initial IFT and the value decreases with time. This is an
indication that these samples contain a small amount of surface-active material, which slowly
diffuses to the interface and reduces the IFT. Samples MY3 — MY6 have a much larger
initial IFT and the value does not change significantly with time. Some early experiments
were made with MY 1 but the later experiments were made with MY 3.

The properties of the crude oil samples are listed in Table 9.1. The higher acid
number and viscosity for MY 1 compared to the other samples suggest that it may be an
outlier. The wettability of the oil samples were compared by pressing an oil drop in brine
against a calcite (marble) or glass plate for 5-10 minutes, withdrawing the drop, and
measuring the water advancing contact angle after motion has ceased. The water advancing
contact angles of MY 1 and MY3 against calcite or glass after aging time of 5-10 minutes are

compared in Fig. 9.5. Clearly, MY 1 and MY3 have different wettability properties.

FORMATION WETTABILITY

Spontaneous imbibition in carbonate formation usually does not occur or is slow
compared to sandstone formations. Treiber, Archer, and Owens'* measured the equilibrated
water advancing contact angles of fifty crude oils. They found that of the carbonate
reservoir-crude oil-water systems tested, 8% were water-wet; 8% intermediate; and 84% oil-
wet. This is in contrast to 43% water-wet; 7% intermediate-wet; and 50% oil-wet for silicate
formation reservoirs.

Freedman, et al.ls, evaluated the wettability of Bentheim sandstone, Berea sandstone,
and the dolomite formation of the present investigation. A common crude oil from the North

Sea was used for the evaluation. Water would spontaneously imbibe into the sandstone
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formation materials but no measurable spontaneous imbibition occurred in the dolomite
formation during 24 hours. The dolomite cores were partially water flooded to an
intermediate saturation and the NMR relaxation time distribution of the remaining oil was
measured. The relaxation time distributions of the oil in the sandstones were identical to that
of the bulk oil but that of the carbonate was shortened, indicating surface relaxation due to oil
making contact with the pore walls. This is evidence of oil wetting the pore walls.

The wettability of the MY3 crude oil was evaluated by measuring the water
advancing contact angle of calcite (marble) plates. The plates were solvent cleaned, polished
on a diamond lap to remove the surface layer, aged in 0.1 M NaCl brine overnight, and aged
in the crude oil for 24 hours, either at room temperature or 80° C. The reservoir is close to
room temperature but the elevated temperature aging was done to compensate to the short
aging time compared to geological time. Photographs of an oil drop on the upper calcite
surface after all motion had stopped are shown in Fig. 9.6. It is clear that the water
advancing contact angle is near 180°, i.e., it is oil-wet. It should be noted that MY 3 aged for
only 5-10 minutes, shown earlier, had an advancing contact angle of only 50°. These results
demonstrate the importance of both aging time and temperature on wettability.

One of the most important factors in the determination of the wettability of crude oil-
brine-mineral systems is the electrical or zeta potential of the crude oil/brine interface and of
the mineral/brine interface'®'®. The zeta potentials of these interfaces as a function of pH are
shown in Fig. 9.7. The zeta potential of the MY1 crude oil is negative for pH greater than 3.
This is due to the dissociation of the naphthenic acids in the crude oil with increasing pH.
The surface of calcite is positive for pH less than 9 when the only electrolytes are 0.02 M
NaCl and NaHCO3/Na,COs. The opposite charge between the two surfaces results in an
electrostatic attraction between the two interfaces, which tend to collapse the brine film and
bring the oil in direct contact with the mineral surface. Thus this system can be expected to

be non-water-wet around neutral pH'*2°,

However, this figure also shows that the zeta
potential of calcite is negative down to neutral pH when the brine is 0.1 N Na,CO3;/NaHCO;
plus HCI to adjust pH. This is because the potential determining ions for the calcite surface
are Ca”" and CO;>. An excess of the carbonate anion makes the surface negatively charged.
If both the crude oil/brine and calcite/brine interfaces are negatively charged, there will be an

electrical repulsion between the two surfaces, which tends to stabilize a brine film between
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the two surfaces. Thus a system with brine containing sufficient excess carbonate ions may
be expected to have a preference to be water-wet, compared to in the absence of excess
carbonate 1ons.

Figs. 9.8 and 9.9 illustrate the effect of alkaline surfactant on wettability alteration of
a calcite (marble) plate that has been aged in crude oil either at room temperature or 80° C.
The oil-wet system with brine is the same as that shown in Fig. 9.6. The displacement of oil
by reduction of the interfacial tension and the alteration of the wettability upon replacement
of the brine with 0.05% CS-330 and 0.5 M Na,COs are shown as a function of time. Both
systems showed the oil streaming from the surface at early times as a result of the reduction
in interfacial tension. Later, small oil drops are observed with higher magnification and the
change in contact angle can be observed.

An oil drop on the upper surface of a solid immersed in brine is not stable for drop
dimensions such that the Bond number is the order of unity or greater. Fig. 9.10 illustrates

21,22

possible equilibrium shapes of axisymmetric oil drops The length scales are made

dimensionless with respect to the capillary constant, [ /(Apg) - The interface intersects the

flat solid at the point where the angle is equal to the equilibrium contact angle. This figure
shows that the maximum stable oil drop size is proportional to the square root of the
interfacial tension. Also, oil drops with small contact angles are smaller than those with
larger contact angles. Thus the oil drop size being 10% smaller implies that the IFT is 10*
smaller.

Alteration of wettability also contributes to the displacement of the oil. Fig. 9.8
shows the wettability being altered from strongly oil-wet to preferentially water-wet for the
plate that was aged in crude oil at room temperature. An oil drop becomes unstable and
detaches after the contact angle approaches a small value. Fig. 9.9 shows that the plated that
was aged in crude oil at 80° C altered to intermediate water-wet conditions during the period
of observation. No further change was observed over a period of 4 days.

The observations with 0.05% TDA-4PO in 0.3 M Na,COs aged at room temperature
and at 80° C are shown in Figs. 9.11 and 9.12. With this formulation, the wettability only
alters to intermediate wettability, even for the system aged at room temperature. These
figures show the oil on an oil-wet surface being displaced by buoyancy as interfacial tension

is reduced and wettability is altered to more water-wet conditions. The degree of wettability
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alteration is very dependent on whether the system was aged at room temperature or elevated

temperature and the surfactant formulation.

SPONTANEOQOUS IMBIBITION

Spontaneous imbibition is most commonly associated with counter-current capillary
imbibition in systems that are preferentially water-wet’. If the interfacial tension is very low,
capillarity becomes less important compared to buoyancy®. However, for systems that are
preferentially oil-wet, spontaneous imbibition of brine does not occur and capillarity is the
mechanism that retains oil in the matrix, as illustrated in Fig. 9.1. Buoyancy is an
omnipresent driving force for displacement of oil by water. Reduction of interfacial tension
and alteration of wettability inside the matrix will reduce the tendency for capillarity to retain
the oil. Thus a low-tension process has the process fluids entering the matrix to replace the
oil that is leaving by buoyancy, as illustrated in Fig. 9.3.

The effect of buoyancy displacing oil from between two parallel surfaces is
demonstrated with the system in Fig. 9.13. A calcite (marble) plate was aged in crude oil at
room temperature. It is placed in an optical cell with a plastic film as a spacer to create a 15
pm gap between the plate and the front wall of the cell. The glass of the front of the cell has
been treated with a dilute solution of hexadecyltrimethylammonium bromide to make the
glass preferentially oil-wet. Oil in the gap is not displaced when the cell is filled with brine.
The buoyancy forces cannot overcome the capillary entry pressure to displace the oil from
the gap. However, when the brine is replaced with 0.05% CS-330 and 0.3 M Na,COs, the
displacement of oil is rapid, Fig. 14. The alkaline surfactant solution both lowers the
interfacial tension and alters the wettability. Only isolated drops of oil remain after 7 hours.

One qualitative difference between displacement of oil from a gap between parallel
surfaces and a porous rock is that the gap has 100% oil saturation while a porous rock has
formation brine occupying the pore space along with the oil, Fig. 9.15. Buoyancy may
displace the mobilized oil but may not displace the formation brine unless there is a
significant density difference between the formation brine and the alkaline surfactant
solution. This will result in accumulation of a bank of formation brine ahead of the alkaline

surfactant solution. Dispersive mixing is necessary for the alkaline surfactant solution to

The University of Texas at Austin and Rice University



DOE Final Report 1999-2003 9.7

penetrate past the bank of formation brine and contact the trapped oil. Also, the alkaline

surfactant solution must remain active as it mixes with the formation brine.

SURFACTANT FORMULATIONS
It was mentioned earlier that nonionic and cationic surfactants have been previously

5-13

evaluated for wettability alteration in carbonate formations™ ~. This investigation focuses on

the use of anionic surfactants and sodium carbonate. It builds on the previous understanding

23,24

developed for alkaline surfactant flooding Also, this technology has found many

applications during the past decade when it was commonly thought that surfactant flooding
was not economical because of the expense of the surfactant™ .

There are a number of reasons for choosing sodium carbonate as the alkali. We
mentioned earlier that the carbonate ion is a potential determining ion for carbonate minerals
and thus is able to impart a negative zeta potential to the calcite/brine interface, even at
neutral pH. A negative zeta potential is expected to promote water-wetness. Other reasons
for choosing sodium carbonate include:

e The moderately high pH generates natural surfactants from the naphthenic acids in
the crude oil by in situ saponification;

e Sodium carbonate suppresses calcium ion concentration;

e Sodium carbonate reduces the extent of ion exchange and mineral dissolution (in
sandstones) compared with other alkali*” *';

e Adsorption of anionic surfactants is low with the addition of an alkali, especially with

sodium carbonate 41'43;

e (Carbonate precipitates do not adversely effect permeability as compared to hydroxide
and silicates“;
e Sodium carbonate is an inexpensive alkali since it is mined as the sodium carbonate —
bicarbonate mineral, trona.
The phase behavior of MY3 crude oil and different concentrations of sodium carbonate
solution is shown in Fig. 9.16. The aqueous phase is most turbid at a concentration of 0.1 M
and becomes clear at a concentration of 0.2 M. Based on an acid number of 0.2 mg KOH/g,

a concentration of 0.003 M Na,COs is required to neutralize the acid to soap and NaHCOs.
The pH of the equilibrated solutions exceed 10 with a Na,COj3 concentration of 0.05 M. The
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clear aqueous phase at a concentration of 0.2 M indicates that a Winsor Type II
microemulsion has formed at this concentration. This is an oil-continuous microemulsion, or
is commonly called as “over-optimum”. Thus a concentration of alkali large enough to
transport through a reservoir is often over-optimum in electrolyte strength. Some crude oil-
brine-mica systems, which were water-wet at high pH and low salinity, became oil-wet at

high pH and high salinity™*.

Thus, the over-optimum phase behavior must be avoided if
water-wet conditions are desired. Also, over-optimum conditions result in high surfactant
retention in conventional surfactant flooding™.

The choice of surfactants to use for an alkaline surfactant process for carbonate formation
was guided by the experience with sandstone formations but recognizing that adsorption is
going to be on the carbonate minerals, calcite and dolomite. Thus internal olefin sulfonates,
which are effective for sandstones®, were not considered since they are very sensitive to
calcium ions. Rather, ethoxylated and propoxlated sulfate surfactants were evaluated’™
because of their tolerance to divalent ions. Sulfates rather than sulfonates were evaluated
because of their greater availability and because the target application is at a low temperature
where the sulfate hydrolysis should not be a problem. The surfactants evaluated are
identified in Table 9.2. CS-330 is similar to NEODOL 25-3S, used previously”. The
propoxylated surfactants are calcium tolerant such that CaCl, has been used as the electrolyte
to achieve optimal salinity".

The phase behavior of the MY3 crude oil with alkaline surfactant solutions as a
function of Na,COs concentration with 0.05% (active material) surfactant is shown in Figs.
9.17-9.20. CS-330 is shown in Fig. 9.17; C12-3PO in Fig. 9.18; TDA 4PO in Fig. 9.19; and
ISOFOL14T-4.1PO in Fig. 9.20. Only Na,CO; was used as the electrolyte rather than a
mixture of NaCl and Na,COs to reduce a degree of freedom in the comparisons. The
spinning-drop interfacial tensions of the equilibrated phases are shown in Fig. 9.21. All
systems have interfacial tension in the range 10° — 10? mN/m for a range of Na,COj;
concentrations. Nelson et al.”> pointed out that amount of oil relative to the amount of
synthetic surfactant is an important parameter since the natural surfactant from the
naphthenic acids and the synthetic surfactant have different optimal salinities. This is

illustrated by the dependence of the interfacial tension on the water/oil ratio, Fig. 9.22, since

the synthetic surfactant is in the water and the natural surfactant comes from the oil. While
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each system had ultra-low tension at a water/oil ratio of 1:1, the tension increases with
increase in water/oil ratio. This increase is rapid for CS-330 but much less for TDA-4PO.
The phase behavior of the systems with increased concentrations of TDA-4PO of 0.2%
(active material) and 1% are shown in Figs. 9.23 and 9.24. Compared to a concentration of
0.05%, the corresponding phase behavior has moved to higher Na,CO3 concentrations. The
interfacial tensions, shown in Fig. 9.25, have optimal conditions at higher Na,CO;
concentrations.  Also, the minimum tension is lower with the higher surfactant
concentrations. Apparently, the optimal salinity changes to higher electrolyte strength since
the ratio of the synthetic surfactant to natural surfactant increases with increasing surfactant
concentration. These dependencies must be considered in optimizing a system for oil

recovery™ ¥.

MIXING WITH FORMATION BRINE

Mixing with formation brine has always been an important issue with surfactant
flooding, but new considerations are needed because of the presence of sodium carbonate.
Hard water cannot be used to prepare the solutions for injection because of precipitation of
CaCOs;. Also, premature production of injected fluids should be minimized to avoid
production well scaling and produced emulsions. Fig. 9.15 shows that there will be mixing
with the formation brine as the alkaline surfactant solution invades the formation matrix.
Besides dilution, alkalinity will be lost due to precipitation of divalent ions in the formation
brine. The surfactant formulation should be formulated such that the diluted system is active

49 of the concentration

in altering wettability and lowering IFT at the low concentration “toe
profile illustrated in Fig. 9.15. This will require evaluating changes in: electrolyte strength,

alkalinity and pH, surfactant concentration, and ratio of synthetic/natural surfactants.

ALKALI CONSUMPTION AND SURFACTANT ADSORPTION

Alkali consumption is an important issue in sandstones because of ion exchange with
clays, dissolution of silicate minerals, mixing with formation brine, and neutralization of the
acids in the crude oil. Soluble calcium minerals such as gypsum or anhydrite can contribute
to alkali consumption. However, Cheng*', found no significant consumption of Na,COs3 on

dolomite. Olsen, et al.”, reported 5.8 meq of alkalinity consumed per kg of carbonate rock
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with an ASP system using Na,COs; and sodium tripolyphospate. Measurement of alkali
consumption of the system of interest is needed to determine how much of the electrolyte
strength can be accomplished with NaCl rather than Na,COs.

Addition of an alkali significantly reduces surfactant adsorption in sandstones®. Al-
Hashim, et al.*’, showed surfactant adsorption on limestone to be decreased in the presence
of 1:1 NaHCO3:Na,CO; for low surfactant concentrations. The adsorption of the alkaline

surfactant systems introduced here is yet to be evaluated.

OIL RECOVERY

Spontaneous imbibition experiments were conducted for two systems. The properties
of the dolomite cores and experimental conditions are listed in Table 9.3. There was no
further extraction or cleaning of the cores. The composition of the formation brine is in
Table 9.4. Core B showed no spontaneous imbibition after it was immersed in formation
brine for 9 days. The recovery from the enhanced spontaneous imbibition with alkaline
surfactant solutions was faster and greater for Core A compared to Core B, Fig. 9.26. The
primary reason for the difference is thought to be due to Core A not being aged and Core B
being aged at 80° C for 24 hours. Other differences that could be contributing to the
recovery performance include: surfactant systems, initial oil saturation, and length of the

corc€.

FUTURE WORK

The work to date has been to identify the important factors affecting the enhanced
recovery with alkaline surfactant solution rather than to optimize the system. A practical
system will have only enough Na,COs to satisfy the alkali consumption and use NaCl for the
remainder of the electrolyte strength. The frontal advance rate of the alkali and surfactant
should be matched. A possible approach to optimization of a surfactant formulation is to
design the system such that with the changing concentrations and saturations, the system
changes from being optimum or over-optimum at the front of the displacement front to being

under-optimum behind the displacement front”".
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The different surfactants need to be systematically characterized. Fundamental
questions remain about mixtures of dissimilar surfactant. For example, one system appeared
to have two local minimums in interfacial tension.

One alkaline surfactant system shown here altered a calcite plate that was aged at
room temperature to preferentially water-wet conditions. However, the system that was aged
at 80° C only altered to intermediate-wet (~90° contact angle). The mechanisms governing
the wettability alteration and methods to make the elevated temperature system more water-
wet will be sought™”.

The long-term stability of a surfactant formulation at the condition of application
should be evaluated. Talley” shows that ethoxylated sulfates as those shown here are
unstable at low pH and high temperatures. They were more stable at neutral and high pH
provided a significant concentration of calcium ions was not present. Na,COj; should
suppress the calcium ion concentration in the alkaline surfactant systems discussed here.

The spontaneous imbibition experiments shown were in small cores. The controlling
displacement mechanism needs to be identified and be scaled to the rate of displacement
from matrix blocks of dimensions typical of actual reservoirs.

The scope of the work discussed here is limited to a single matrix block. Sweep
efficiency is an equally important factor in oil recovery, especially in fractured formations.
Fracture systems generally have a broad distribution of fracture widths. The wider fractures
will act as thief zones for the injected fluid and little of the injected fluid will reach the
narrower fractures. Favorable mobility ratio displacement aids in the distribution of injected
fluids in heterogeneous systems. Polymer has commonly been used for mobility control of
surfactant flooding processes. However, polymer will also retard the invasion of the
surfactant solution into the matrix. An alternative process of mobility control for surfactant

40,54

flooding is foam Foam mobility control has been field demonstrated for aquifer

remediation® and since then, applied to full-scale expansions.

CONCLUSIONS
1. Crude oils used for interfacial research should be screened for contamination.
2. Calcite, which is normally positively charged at neutral pH can be made negatively

charged through the presence of NaHCO3/Na;COs in the brine.
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3. The wettability of crude oil on calcite and the ease of wettability alteration with
alkaline surfactant solution is a function of aging time, temperature, and surfactant
formulation. The degree of wettability alteration observed here ranged from
preferentially water-wet to intermediate-wet.

4. Oil is retained in oil-wet pores by capillarity. Oil displacement can occur by
buoyancy since alkaline surfactant solution reduces interfacial tension and alters
wettability to more water-wet conditions.

5. Oil recovery from oil-wet cores has been demonstrated by spontaneous imbibition of

an alkaline anionic surfactant solution.
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NOMENCLATURE

g = acceleration of gravity, m/s>
IFT = interfacial tension, mN/m

o = interfacial tension, N/m

Ap = density difference, kg/m’
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Table 9.1 Crude oil properties (Jill Buckley, private communication)

0il ID| °API |RI@20°C| p@20°C | Acid# |Base #| IEP | B/A | Sat. | Arom. |Resins| Asph. Visc.(cp)
MY1 272 14979 0.8887 050 1.17 32 234 64.02 2459 967 1.71 226
MY2 289 14941 08789 0.17 1.16 3.7 6.82 6252 23.72 1268 1.08  18.1
MY3 282 14955 0.8830 0.20 1.17 3.3 5.85 61.86 24.83 1222 1.09  19.1
MY4 284 14943 0.8818 022 123 3.4 559 6528 2369 994 110 188

The University of Texas at Austin and Rice University




DOE Final Report 1999-2003

9.19

Table 9.2 Surfactant identification

Trade name Structural name

CS-330 Sodium dodecyl 3EO sulfate

C12-3PO Sodium  dodecyl(Guerbet) 3PO
sulfate *°

TDA-4PO Ammonium  iso-tridecyl ~ 4PO
sulfate®

ISOFOL14T-4.1PO

Sodium tetradecyl(Guerbet) 4PO
sulfate *°

Table 9.3 Core properties and results

Property Core A Core B
diameter, inch 1.5 1.5
length, inch 8 3.5
porosity, % 11 20
Permeability, md 7.3 90

brine Table 9.4 Table 9.4
crude oil MY1 MY3

oil saturation, % 36 71

aging none 80° C, 24 hr
surfactant CS-330 TDA-4PO
surf. conc., % 0.05 0.05
Na,CO;, M 0.3 0.3
Recovery, % OOIP 37 >18

Table 9.4 Formation brine composition

Element mg/L mmole/L
sodium 2024 88.0
calcium 802 20.0
magnesium 243 10.0
strontium 21 0.2
chloride 3899 110.0
sulfate 164 1.7
bicarbonate 2110 34.6
ppm TDS 9265

ionic strength 180.2

Apgh=—-20cos0/R

Water
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Water

Mineral

Fig. 9.2 Oil is trapped by surface trapping in

oil-wet and small pores of oil-wet systems.
Fracture

| e |
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T

Surfactant
Solution

Matrix

Fig. 93 Spontaneous imbibition of
surfactant solution from the fracture system
into the matrix occurs to replace the oil that
flows out of the matrix by buoyancy.
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Fig. 9.6 Water advancing contact angle of MY3 crude
oil in 0.1 M NaCl brine after aging for 24 hours either

at room temperature or 80 °C.
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Fig. 9.7 Zeta potential of MY1 crude oil/lbrine and
calcite/brine interfaces in 0.02M NaCl as a function of
pH without and with added Na,CO; / NaHCO; and pH
adjusted with HCI.
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Fig. 9.8 Wettability alteration of calcite plate aged at
room temperature with 0.05% CS-330 and 0.5 M
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Fig. 9.9 Wettability alteration of calcite plate
aged at 80 °C with 0.05% CS-330 and 0.5 M

Na,CO;. (Two different drops show different
wettability.)
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Fig. 9.12 Wettability alteration of calcite plate aged at
80° C with brine and with 0.05% TDA-4PO and 0.3 M
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Fig. 9.17 Phase behavior of MY3 crude oil with 0.05% (AM)
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Fig. 9.20 Phase behavior of MY3 crude oil with
0.05% (AM) ISOFOL 14T-4.1PO.
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10. Effects of Asphaltene Polydispersity on its Phase Behavior In Oil
P.D. Ting, G.J. Hirasaki, and W.G. Chapman

INTRODUCTION

By using a proposed oil and asphaltene equation-of-state (EOS) characterization scheme,
Ting, et al. (2003) has shown that the Statistical Associating Fluid Theory (SAFT) equations of
state can adequately describe asphaltene phase behavior in model live oil and recombined oil
systems under reservoir conditions. The results presented by these authors were calculated by
treating asphaltenes as a single, monodisperse component in oil. Since asphaltenes are, in
actuality, a polydisperse class of compounds with resins as their lowest molecular weight sub-
fractions, the effects of asphaltene polydispersity need to be incorporated.

The goal of this investigation is to examine the effects of asphaltene polydispersity on its
thermodynamic phase behavior in oil. One of the questions we will try to answer is whether the
lowest molecular weight asphaltenes (including the resins) can stabilize, via nonpolar
interactions, the higher molecular weight asphaltenes. Another question we will try to address is
whether SAFT can describe the correct partitioning of the asphaltene pseudo-components
between the oil and the precipitated phases at equilibrium. Since deposition tendencies onto
pipeline surfaces have often been associated with variations in the morphology and the
composition of the precipitated asphaltene phase, an understanding of the molecular weight
distribution of polydisperse asphaltenes in equilibrium phases will help us estimate asphaltene’s
deposition tendencies.

At this stage of the research, polydisperse asphaltene will be represented as four pseudo-
components in SAFT: the n-Cs_s, the n-Cs_7, the n-C7_;5, and the n-C,s; n-alkane insoluble sub-
fraction. The reader should keep in mind that, traditionally, the n-Cs_s fraction is called resins
and that conventional asphaltene extraction techniques generally identify asphaltenes as the n-
Cs+ or n-Cy: insoluble fractions of heavy organics. All asphaltene sub-fractions in this work are

soluble in aromatic solvents.
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SELECTION OF SAFT PARAMETERS FOR POLYDISPERSE ASPHALTENES

In experiments performed by Wang (2000), the asphaltenes for Lagrave oil (the oil
modeled in this study) were first separated into various solubility fractions using excess n-
pentane, n-heptane, and n-pentadecane precipitants; these sub-fractions are called n-Cs insoluble
asphaltenes (7.5 g/100 mL oil), the n-C; insoluble asphaltenes (6.7 g/100 mL oil), and the n-C;s
insoluble asphaltenes (5.1 g/100mL oil), respectively. The asphaltene instability onsets for
mixtures of asphaltenes, toluene, and n-alkanes (at ambient condition and initially with an
asphaltene/toluene ratio of 1 g per 100mL toluene) were then measured for each asphaltene
fraction. The experimental asphaltene fractionation and instability onset data that we used to fit
the SAFT model are those for Lagrave oil and were taken from Wang (2000).

The method used to obtain the SAFT parameters for polydisperse asphaltenes was similar
to the monodisperse SAFT asphaltene characterization procedure given in Ting, et al. (2003).
Within the SAFT model, polydisperse asphaltenes were modeled as three or four pseudo-
components (depending on whether the resin fraction, which is the n-Cs.s asphaltene sub-
fraction, was included): an n-C;s; sub-fraction, an n-C;.;5 sub-fraction, an n-Cs.; sub-fraction,
and an n-Cs_s sub-fraction. SAFT parameters were fit for the n-C;s; asphaltene sub-fraction to
reproduce the experimental data on the minimum volume fraction precipitant needed to induce
asphaltene instability (¢,"") for mixtures of n-C;s insoluble asphaltene, toluene, and various n-
alkanes. The asphaltene made from the combination of n-C;s; and n-C;.;s sub-fractions were
assumed to represent the n-C; insoluble asphaltenes; a second set of SAFT parameters were fit
for the n-C7_;5 sub-fraction to reproduce (together with the previously fitted n-C;s; sub-fraction)
the experimental ¢, data for a mixture of n-C; insoluble asphaltene, toluene, and n-alkane.
Finally, a third set of SAFT parameters were fit to the n-Cs_; sub-fraction so that the combination
of the n-C;s; (previously fit), n-C;.1s (previous fit), and n-Cs_; sub-fractions represented the n-Cs

PPt Jata for a mixture of n-Cs insoluble

insoluble asphaltenes and reproduced the experimental ¢,
asphaltene, toluene, and n-alkanes. Due to lack of precipitation data, the SAFT parameters for
the resin (n-Cs.s) sub-fraction were obtained by decreasing the SAFT parameters (m and gk) of
the n-Cs.; asphaltene sub-fraction until a set of parameter was obtained that would make the
resins insoluble in propane (tested at 10 bars) and soluble in n-pentane.

A comparison of the equation-of-state fitted and the experimental ¢,” data is shown in

Figure 10.1, with the fitted SAFT asphaltene parameters listed in Table 10.1. As seen in the
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figure, the agreement between SAFT calculated and measured ¢,” is qualitative. SAFT is able
to describe the change in magnitude (and to a lesser extent, the curvature) of the ¢,”* vs. n-
alkane carbon number curve between n-C;s insoluble and n-Cs insoluble asphaltenes. For the
precipitation onsets with n-C; and n-Cs extracted asphaltenes, SAFT does not accurately describe
the experimental ¢,”" data in cases where larger n-alkanes (undecane and higher) are used to
induce asphaltene precipitation; SAFT consistently under-predicts the volume fraction of n-
alkane precipitants needed to induce asphaltene instability.

A comparison of SAFT and measured mass distribution of the asphaltene sub-fractions is
shown in Figure 10.2. For the column labeled “experimental”, the mass of each asphaltene sub-
fraction was inferred from the difference in the measured amount of asphaltenes precipitated
with different precipitants. Within the SAFT model, the amount of each asphaltene sub-fraction
was optimized (together with the sub-fraction’s asphaltene SAFT parameters) to fit the
experimental ¢, data in Figure 10.1. It is interesting to note the large discrepancy in the
amount of n-Cs.; asphaltene sub-fraction between experimental inferred and SAFT calculated n-
Cs extracted asphaltenes; to get a reasonable fit to experimental ¢, data, SAFT requires three
times as much low molecular weight asphaltenes (n-Cs.; sub-fraction) as was inferred from
experiments.

Several factors may contribute to the poor agreement in the amount of low molecular
weight asphaltenes in the asphaltene fraction shown in Figure 10.2. Experimentally, the
measured amount of asphaltenes precipitated may contain not only asphaltenes that should
precipitate with the precipitant used but also small amounts of entrained resins, oil, and other
asphaltene fractions; variations in the amount of asphaltenes precipitated exist even for the same
oil using the same extraction procedure. On the modeling side, because there are insufficient
data to uniquely fit all of the model parameters for polydisperse asphaltenes, certain
approximations and relationships have to be made. For instance, the molecular weights of all
SAFT asphaltene sub-fractions were set to be linearly dependent on chain length. This was done
because the experimental molecular weight of each asphaltene sub-fraction is not known and
because the SAFT chain length is roughly linearly dependent on molecular weight for
polynuclear aromatics. The constant of proportionality (MW=m/0.0216) used in this work was
set to give the n-C;s; asphaltene sub-fraction a molecular weight of 2,500. In another

approximation, the segment diameters of all asphaltene sub-fractions were set to 4 Angstroms.
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The rationale behind setting the segment diameter to 4 was that for most polynuclear aromatics
and polynuclear aromatics derivatives, the average value for the SAFT parameter o is about 4.

A plot of the SAFT parameters &k vs. m for the various SAFT asphaltene fractions and
resin (the n-Cs_s sub-fraction) shows a well-defined trend between ¢k and m (Figure 10.3). The
asphaltenes precipitated by the lower molecular weight n-alkanes tend to be smaller in size and

have lower segment energy.

EFFECTS OF ASPHALTENE POLYDISPERSITY AND RESIN ADDITION

To investigate the roles resins and asphaltene polydispersity play on asphaltene phase
behavior in oil, the asphaltene solubility behavior of four model oil mixtures with monodisperse
or polydisperse asphaltenes are compared. In these model systems, toluene is used as the model
oil (with different amounts of n-alkane precipitants added) and the asphaltene parameters were
fit to experimental ¢, data for Lagrave asphaltenes. The properties and asphaltene/resin
contents of these systems are listed in Table 10.2 and are discussed in the following paragraph.
We use a mixture of 7.5g asphaltenes in 100mL of toluene in these investigations because the
total amount of n-pentane insoluble asphaltenes in Lagrave oil is 7.5g. Following Ting, et al.
(2003), all binary interaction parameters between all species are set to zero.

The biggest difference between the various systems in Table 10.2 is that asphaltenes in
Systems 1 and 2 are monodisperse, while the asphaltenes in Systems 3 and 4 are polydisperse.
More specifically, the asphaltene used in Model System 1 is monodisperse and was fit to
experimental (1)Vppt data for the n-C;s insoluble Lagrave asphaltenes (also called the n-Cis;
asphaltene fraction in this work). The asphaltene used in Model System 2 is monodisperse and

ppt

was fit to experimental ¢," data for the n-Cs insoluble Lagrave asphaltenes. The asphaltene

used in Model System 3 is polydisperse and the SAFT parameters for each asphaltene sub-

fraction was fit to the experimental ¢,”™

data of the fractionated asphaltenes. Model System 4 is
similar to Model System 3 with the exception that 10g of resin per 100mL oil (approximately 1-2
moles resin/100moles toluene) is added to the system. The amount of resin added (10g resin per
100mL oil) is arbitrary because the actual amount of resin in the oil is not available in literature.
The effects of n-alkane addition on the amount of asphaltenes precipitated (at 20°C and 1

bar) for the four model oil mixtures are shown in Figures 10.4 and 10.5. For systems containing

monodisperse asphaltenes (Figure 10.4), the change in asphaltene solubility is dramatic:
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asphaltenes go from completely soluble to almost completely insoluble in the model oil when the
volume fraction of the n-alkane precipitant is increased slight past the asphaltene instability onset
point. As expected, the lower molecular weight asphaltenes (the monodisperse asphaltene fit to
the n-Cs insoluble asphaltenes ¢,” data) are more soluble than the higher molecular weight
asphaltene (the monodisperse, n-C;s insoluble asphaltene) in terms of the amount of precipitant
needed to induce asphaltene instability. When sufficiently large amount of n-alkanes are added
to the model oil, all asphaltenes will precipitate.

A large change in the amount of precipitated asphaltenes vs. precipitant volume fraction
can be seen when the effect of asphaltene polydispersity (and resin addition) is taken into
consideration (Figure 10.5). By treating asphaltene as a polydisperse specie, the amount of
asphaltenes precipitated increases much more gradually with precipitant addition. A significant
amount of asphaltenes will stay in solution even at high precipitant volume fractions, and more
asphaltenes can be precipitated using lower molecular weight n-alkanes. It is interesting to note
that when n-C;s is used as the precipitant, SAFT predicts the existence of a solubility minimum
around ¢,””'=0.9.

A comparison of the saft-predicted behavior of polydisperse asphaltenes with and
without resins show that the presence of resins will increase the amount of precipitant needed to
induce the onset of asphaltene instability (figure 10.5). Furthermore, at lower precipitant volume
fractions in the oil, the amount of asphaltenes that will precipitate is less when resins are present.
Even though only dispersion interactions are considered in our models, the lower molecular
weight asphaltenes and especially resins will stabilize the heavier asphaltenes in the oil. It can
be seen in figure 5 that the effects of resins on asphaltene phase behavior in the oil become less
pronounced, as the oil becomes more dilute with precipitants.

A plot of the mass distribution of the asphaltene sub-fractions as a function of precipitant
volume fraction is shown in Figure 10.6. As seen in the figure, near the initial asphaltene
instability onset, the precipitated phase is composed mostly of the heaviest asphaltene fractions
(in this case, the n-Cs; sub-fraction). As the amount of precipitant is increased further, more

and more lower molecular weight asphaltenes will precipitate.
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SUMMARY

In this study, we investigated the effects of asphaltene polydispersity on the
thermodynamic phase behavior of oil. At this stage of the research, we represented
polydisperse asphaltene in SAFT with four pseudo-components: the n-Cs_s (the resins), the n-
Cs.7, the n-C7_;5, and the n-C;s, sub-fractions. Using an extension of the monodisperse SAFT
asphaltene parameter fitting procedure, we were able to assign a set of SAFT parameters to
represent each of the four sub-fractions. The volume fractions of precipitants at asphaltene
instability onset calculated using these parameters qualitatively agree with experimental
findings.

SAFT calculations show that the lower molecular weight asphaltenes and resins play
a large role in stabilizing higher molecular weight asphaltenes in oil. This is despite the
inclusion of only dispersion interactions in the SAFT model. Resin’s stabilizing effects on
polydisperse asphaltene is greatest in the region of incipient asphaltene instability; when
sufficiently large amounts of n-alkane precipitants are added, similar amounts of asphaltenes
would precipitate regardless of the presence of resins in the oil. An analysis of the mass
distribution of the asphaltene sub-fractions in the precipitated phase shows that the largest
asphaltenes will precipitate first, followed by the precipitation of smaller asphaltenes upon

further oil dilution.
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Table 10.1. SAFT parameters for the various asphaltene sub-fractions (including resins)
SAFT Parameters
asph sub-fraction MW m c (A) &k (K) 5 (MPa’?) p (g/cm’)
n-Cys¢ 2500 54 4.00 350.5 22.17 1.150
n-Cy g5 1852 40 4.00 340.0 21.52 1.137
n-Cs; 1806 39 4.00 335.0 21.25 1.133
resin 556 12 4.00 330.0 20.41 1.103

Table 10.2. Oil and asphaltene properties of four representative model oils tested to study

the effects of asphaltene polydispersity and resin addition.

Ratio of asphaltene/toluene:
Asphaltene type:
Resins in system:

Model System 1

7.5 g/100mL (20°C, 1 bar)

Monodisperse, fitted n-C;s. asphaltene (see Table 1 for parameters)

No

Ratio of asphaltene/toluene:
Asphaltene type:

Resins in system:

Model System 2

7.5 g/100mL (20°C, 1 bar)

Monodisperse, n-Cs asphaltene (m = 46; o=4.0 A; gk =350.5K;

MW =2080; p = 1.12 g/cm’; § = 22.13 MPa")
This asphaltene was fitted to experimental ¢,”™ data for n-Cs

insoluble Lagrave asphaltenes
No

Ratio of asphaltene/toluene:
Asphaltene type:

Mass ratio of asph fractions:
Resins in system:

Model System 3

7.5 g/100mL (20°C, 1 bar)

Polydisperse with 3 sub-fractions: n-C;s., n-C;.15, and n-Cs_;
Lagrave asphaltenes (see Table 1 for parameters)
45:2.0:35 (n-C15+:n-C7_15: H-C5_7)

No

Ratio of asphaltene/toluene:
Asphaltene type:

Mass ratio of asph fractions:
Resins in system:
Ratio of resin/toluene:

Model System 4

7.5 g/100 mL (20°C, 1 bar)

Polydisperse with 3 sub-fractions: n-C;s., n-C;.y5, and n-Cs_;
Lagrave asphaltenes (see Table 1 for parameters)
4.5:2.0:3.5 (n-Cy5+:n-C7.45: n-cs7)

Yes (see Table 1 for parameters)

10 g/100 mL (20°C, 1 bar)
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Figure 10.1. Comparison of SAFT and measured precipitant volume fraction at asphaltene instability onset for
asphaltene-toluene-n-alkane mixtures at 20°C and 1 bar. The initial asphaltene/toluene ratio is

1g/100mL. Experimental data are from Wang (2000).
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Figure 10.2. Comparison of saft and experimental mass distribution of each asphaltene sub-fraction in lagrave
asphaltenes. The red column labels identify the precipitants used to extract the asphaltenes.

Experimental data are from wang (2000).
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Figure 10.3. Plot of &k vs. m for the various SAFT asphaltene sub-fractions and resin.

n-C15 precipitant
Model System 1
0.8 -

n-C5 precipitant
Model System 1
0.6

n-C15 precipitant
Model System 2

0.4 -
n-C5 precipitant
I I Model System 2

0.2

Stable
Region

amount asphaltene precipitated
over total amount asphaltene
(mass)

Unstable Region

O T T T T
0 0.2 04 0.6 0.8 1
precipitant volume fraction

Figure 10.4. Solubility of monodisperse asphaltenes in model Lagrave oil (7.5g asphaltene/100mL toluene)

mixed with n-alkanes at 20°C and 1 bar.
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Figure 10.5. Solubility of polydisperse asphaltenes (with or without resins) in model Lagrave oil (7.5g total

asphaltene/100mL toluene) mixed with n-alkanes at 20°C and 1 bar.

precipitant = n-Cys
dashed lines = polydisperse asph
(Model System 3)
| solid lines = polydisperse asph
+ resins (Model System 4)

n-C,s5. sub-fraction

w
g !

amount asphaltene precipitated
over total amount asphaltene

n-C;.45 sub-fraction

0 0.2 04 0.6 0.8 1

precipitant volume fraction

Figure 10.6. Normalized distribution of the asphaltene sub-fractions in the precipitated phase as a function of

volume fraction precipitant in the model oil mixtures.
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