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ABSTRACT

This document presents the second year results from the project, “Improved Gas Flooding
Efficiency,” Department of Energy Contract No. DE-FC26-04NT15532. This study focuses on
laboratory studies with related analytical and numerical models, as well as work with operators
for field tests to enhance our understanding of and capabilities for more efficient enhanced oil
recovery (EOR).

Concern over increased greenhouse gas emissions is encouraging increased carbon
dioxide (CO,) injection into geological formations, for EOR as well as for sequestration. The
development of CO, plumes and their subsequent dissolution into formation brine are essential
mechanisms in most sequestration scenarios and are apparent causes for long-term injectivity
reduction in EOR WAG (water alternating with gas injection) projects. Chapter 1 reports
laboratory tests on sandstone and carbonate core samples to understand end-point and transition
saturations in CO»/brine systems. Gas injection into a brine saturation system to residual brine
saturation with respect to gas and brine injection to a residual gas until all gas is produced were
performed. The level of CO; saturation in the injected brine at reservoir pressure and temperature
was varied from zero to over 90% saturation. Sandstone and carbonate rock samples were tested.
In most tested cases, once CO, saturation was sufficient for a mobile gas, only limited increases
in gas saturation occurred. Also, when switched to brine injection, gas saturation generally
decreased only by dissolution into the brine; thus gas saturation (retention) and injectivity
decreases persisted. This information is being used in CO,-EOR-WAG projects and for carbon
sequestration into geological formations.

Anionic surfactants, good foaming agents, can be used in CO, foam flooding to improve
high-pressure, high-density CO, reservoir sweep efficiency. In Chapter 2, kinetics and
equilibrium adsorption were determined by examining adsorption behavior in a system of solid
phase sandstone or limestone and of surfactant in 2 wt% brine. Parameters that effect kinetics
and equilibrium on surfactant adsorption density for different solid to liquid ratios as well as
surfactant concentration, rock type and state, and flow conditions are presented. Three systems
were used: batch tests on crushed rock, circulation tests through core samples, and non-flow
diffusion tests on brine-saturated cores. The density of an anionic surfactant adsorption on rock
is best described as a function of surfactant available in the system (concentration plus volume),

rather than by surfactant concentration as used by previous investigators. Experiments with solid
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rock were carried out to determine surfactant capacity of the porous media through flow and
non-flow rock samples and crushed rock samples. Adsorption end-points are compared for
crushed sandstone, flow tests, and non-flow core samples. For limestone the crushed rock and
non-flow systems were similar while the flow system was significantly lower. The time to reach
equilibrium required less than one hour (generally minutes) for the crushed rock, hours to days
for the flow-through tests, and weeks to over a month for the non-flow rock systems. The rate of
adsorption dependent on availability (delivery) is generally much slower than the adsorption
kinetics.

Results of eight series of adsorption and seven series of desorption experiments of CO,
foaming surfactant CD1045 onto and from Berea sandstone, are used to develop a kinetic model
for sorption in Chapter 3. Non-linear pseudo- first and second order kinetic models for
adsorption and desorption processes were derived. A simplex optimization method was adapted
for the calculation of kinetic parameters of these models. This method can be used for calculating
not only the kinetic model parameters, but also the absolute errors between the model and the
measurements, and thus the fitness of the model. Using this simplex method and the
experimental results, the adsorption and desorption processes of surfactant onto and from Berea
sandstone were found to follow the pseudo-second order adsorption model and pseudo-first order
desorption model, respectively.

Chapter 4 report foam-coreflood tests under simulated reservoir conditions (1540 psig
and 110°F). The general CO, foam flow behavior was studied using two sandstone cores 2.0 in.
in diameter and 6.0 in. long, with which the optimum gas fractional flow ratio with the highest
foam mobility reduction was determined. The results indicate that, for different cores, the f,*
(critical gas fractional flow) is generally different. Even in the same core, due to the different
flow rate and different foam flow mode, f,* may also be different. The higher the permeability
and flow rate, the higher f,*. Three different foam flow regions were described in this study: the
single phase region, the low gas fractional flow region and the high gas fractional flow region. In
the single phase region, in the case of fixed CO, gas flow rate, gas mobility increases with
increasing f,. But the total mobility is independent of f, in both fixed CO, gas flow rate and
fixed CD aqueous flow rate. The gas mobility and total mobility decrease with increasing f, in
the low gas fractional flow region and increase with increasing f, in the high gas fractional flow

region.
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NOMENCLATURE

BR = Brine

BPR = Back Pressure Regulator

CD = Chaser CD 1045™

CLS = calcium lignosulfonate

CMC = Critical Micelle Concentration
CO, = carbon dioxide

CSG = co-injection of water and gas

Cc = cubic centimeter

CW = distilled water

ID =inside diameter

IFT = interfacial tension [mN/m]

OD = outside diameter

SAG = surfactant solution alternating with gas
WAG = water alternating with gas

A = cross-sectional area of the core [cm?’]
C/C; = normalized concentration, fraction
dp = pressure drop [psi]

dp/ds = pressure gradient [psi/cm]

f, = gas fractional flow, fraction

f,* = critical gas fractional flow, fraction
K = permeability [md]

LS = limestone

MMP = minimum miscibility pressure
N, = nitrogen

P. = capillary pressure

P * = limiting capillary pressure

Pi, = core inlet pressure [psig]

Pou = core outlet pressure [psig]

PV = pore volume, fraction
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qe = gas flow rate [cc/hr]

q: = total flow rate [cc/hr]

qi = liquid flow rate [cc/hr]

SS = sandstone

Sw = liquid saturation

ug = gas darcy velocity [cm/sec]

uy, = aqueous darcy velocity [cm/sec]

p = fluid densities [g/cm’]

Ads = CD adsorption density, mg surfactant/g rock

Ci and C; = initial and residual CD concentration in solution, ppm
Ms = mass of the solution, g

Mc = mass of the core sample, g

Ads; = adsorption density after i-number of measurements, mg/g
Mt = total initial mass of surfactant in the system, mg

Ms = total initial mass of surfactant solution, g

2 {mi}= sum of surfactant mass removed during sampling, mg

Y {my}= sum of surfactant solution mass removed during sampling, g
Cr; = residual concentration after i measurements, ppm

Mc = mass of the core sample, g.

A; = surfactant in the rock and tubing at the i step, mg

Cy = initial surfactant concentration of desorption, mg/1

C; = surfactant concentration at the i step, mg/Il

f = simplex function, mg/g

i = index

j = index

ka1 = pseudo 1* order adsorption kinetic coefficient, h™
ka>=pseudo 2™ order adsorption kinetic coefficient, g/(mg *h)
ka1 = pseudo-first order desorption kinetic coefficient, h!

ka4 = pseudo-second order desorption kinetic coefficient, g/(mg *h)
M = total number of measurements

M;= surfactant left in pore and tubing at the i*" step, mg
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n = number of simplex variables

N = total steps of measurements at present

PV = volume of the pore space and tubing, 1

q = surfactant adsorption density, mg/g

qo= initial adsorption density in desorption process, mg/g
gcj=calculated adsorption density from models, mg/g
g.= adsorption density at equilibrium, mg/g

g; = surfactant adsorption density at the i”" step, mg/g

q,= residual adsorption density in desorption process, mg/g
q;= measured adsorption density in experiments, mg/g
t=time, h

Ve;= effluent volume at the i step, 1

V; = total surfactant solution volume at the i step, 1

W = mass of the rock specimen, g

x, X = simplex variable

A = simplex contracting coefficient, 0.0<1<1.0

1= simplex expanding coefficient, /.2<u<2
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INTRODUCTION

The objectives of this study are to acquire the information required to develop
adsorption/desorption models for reservoir rock at reservoir conditions, to determine economic
sweep efficiency/injectivity criteria for reservoir scale systems, to expand foam gas flooding to
shallow reservoirs, and to develop models and modules for simulating CO, flooding
mechanisms. This work devotes considerable energy to laboratory measurements to determine
practical information for designing gas foam systems for a wide range of reservoir types; thus,
through cost-effective and environmentally attractive means, adding to recoverable oil reserves

in the US.

Expected Improvements over Existing Technologies: Despite favorable features of CO,
flooding for EOR,' CO, flooding frequently suffers from poor sweep efficiency, high CO,
utilization rate, the high cost of handling and recycling produced CO,, low oil productivity due
to lower-than-expected injectivity, and limited application in reservoirs that cannot be operated
at pressures at or above the MMP.*

Poor sweep efficiency and high CO, utilization rate result from a high mobility ratio
caused by the low viscosity of CO, compared to that of water or oil. The effectiveness of WAG
for mobility control during CO, flooding is adversely influenced by gravity segregation between
water and CO,, and amplified by permeability contrasts. Foaming agents injected in the aqueous
phase help control mobility. However, increased costs due to the adsorption of expensive
chemicals onto reservoir rocks has limited the application of this technique. Foam quality,
temperature, pressure, CO; injection rate and total injected volume each affects the ultimate oil
recovery.”” It is, therefore, advantageous to develop systems with lower concentrations of good
foaming agents that will reduce the cost of using these agents. These systems are derived using a
sacrificial agent; that is, a co-surfactant that reduce adsorption loss and/or concentration of the
good foaming agent without reducing the effectiveness of the foam. In core tests the system of
CD1045 with lignosulfonate reduces the pressure drop (increases the injectivity) while
maintaining equally good sweep efficiency.>®’” The combination of these two agents in small
core tests appears to indicate that they could be tailored to vary injectivity, sweep efficiency, and

sensitivity to oil saturation.>®



To aid in predicting utilization of surfactant adsorption on pure minerals (silica, calcite,
dolomite, kaolinite, and bentonite) that are common reservoir rock components, studies were
performed to determine surfactant adsorption and desorption quantities, rates, mechanisms, and
effects of physical parameters such as temperature, pressure, brine and surfactant composition

" Work in this area will continue,

and concentration, and pH on various rock components.
particularly in determining adsorption values versus specific surface areas of the mineral to
determine sweep efficiency in a homogeneous system. These results are required to develop
models to be used in numerical simulation to predict usage in a reservoir.

WAG often reduces injectivity more than expected and the addition of mobility control
agents inherently increases the severity of this problem. Any resistance increases the pressure
drop, and therefore decreases injectivity.”> Improved mobility control will reduce injectivity;
thus, for this purpose, it is critical that the two be optimized. Causes of injectivity reduction that
have been identified in ascending order of severity and amenability to remediation are:

contamination, gas saturation, dissolution, and precipitation.*’

Scientific and Technical Basis and Merit: Previous laboratory and field tests have confirmed
the effectiveness of CO,-foam for mobility control and fluid diversion. Areas of progress in the
past include:

e Identification of foam strength in high pressure CO; systems,7’14

e Identification of properties that affect foaming agent adsorption in a porous medium: rock

type,'® surfactant type,'* surfactant concentration,'* and co-surfactants,”"

e Identification of co-surfactants and sacrificial agents,”"'®

e Effects of heterogeneity with and without capillary contact,'’

e Identification of a number of systems with varying degrees of selective mobility reduction,'’
e Development of models to predict reservoir response to the identified foam systems, and

e Several successful field tests.””'"*

Benefits: Project results will significantly benefit the future of gas injection EOR. Parameters
will be determined that will result in improved sweep efficiency with better understanding of

injectivity changes, assessing low pressure reservoir gas injection EOR potential, and some



applicable simulation modules for incorporation into existing simulators. Anticipated benefits

include:

e Surfactant cost reduction: optimizing sacrificial agent and high quality foaming surfactant
mixtures, and decreasing primary foaming agent adsorption and required concentration,

e Extending the life of the petroleum reservoir, maintaining or increasing employment, and
increasing oil recovery,

e Expanding CO; flooding to low pressure reservoirs,

e Delayed production of CO, and increased retention of CO, in the reservoir (carbon
management),

e Improved injectivity of CO, and water,

e Enhanced CO; flooding predictions, and

e Decrease of CO, mobility during the alternating injection of brine and CO,.

Carbon dioxide flooding potential has been effectively demonstrated in the US,
particularly in the Permian Basin of west Texas and southeast New Mexico. Much of the
research on CO; flooding can be applied to other gas flooding processes. Today almost 350,000
BOPD are being produced by gas injection in the US; ~70% of this oil or nearly 240,000 BOPD
is from CO, injection projects.”® With recent oil prices above $60 per barrel, this oil production
signifies over $7 billion less in imports each year, and provides a significant number of domestic
jobs as well. Out of the 350 billion barrels remaining in US oil reserves, the amount of oil
presently produced by CO; flooding barely scratches the surface of this resource. The potential
recovery is at least an order of magnitude greater.

Moderately successful future research will maintain current production rates, whereas good
to excellent success in research, expanding market availability of CO, and/or sequestration
incentives have the potential of increasing CO, use in EOR by severalfold. The potential is easily

several billion dollars each year in reduced foreign imports and maximization of US resources.



EXECUTIVE SUMMARY

This is the Second Annual Report on the project, “Improved Gas Flooding Efficiency,”
Department of Energy (DOE) Contract No. DE-FC26-04NT15532. This project focuses on
laboratory studies with related analytical and numerical models to enhance our understanding
and capabilities for more efficient enhanced oil recovery (EOR). To date there have been 15
publications in referred journals and/or international meeting proceedings related to this work
during the time of this contract that have been wholly or partially funded by this project.”*

There is increasing pressure to inject gases into geological formation for greenhouse gas
sequestration and to maximize hydrocarbon reserves using advanced techniques such as CO,
injection. Thus a need exists to understand the formation and propagation of injected CO,
plumes. The development of CO, plumes and subsequent dissolution into formation brine are
essential mechanisms in most scenarios and are the subject of Chapter 1.

Relatively short cores (5.71 to 8.17 cm long and about 3.8 cm in diameter) were used in
these tests and therefore care must be taken when extrapolating results to reservoir scale. Two
sandstones were considered, Frio and Queen, and two carbonates, limestone and dolomite
samples. Only in the Queen core was free CO, produced from the core during displacement of
CO; by brine injection with end-point brine saturation. These findings of end-point saturation are
significant parameters in determining flow patterns, retention rates, and injectivity changes and
their longevity that will enable improved predictions of CO, behavior in reservoirs for EOR
and/or sequestration considerations.

It was found that 0.2 to 0.3 PV fraction of free-phase CO, saturation was required to establish
a CO; flow path, after which there was little brine production except through evaporation, which
is a slow process. The CO, saturation can be increased by increasing flow rate, reducing
pressure, and water evaporation. At the end of CO; injection there is relatively low CO;
saturation and high brine saturation in the core; thus no reduction in CO; saturation was required
to return to brine flow. Only in the Queen sand was free CO, produced during brine injection.
Brine is equilibrated with CO, in a short time frame over a relatively short distance. Only when a
channel was formed was brine produced that was not saturated with CO, while a significant
residual CO, remained in the core. The injection of brine into a 100% CO; phase required 0.2 to
0.3 PV fraction saturation to establish a brine flow path. Finally, the sandstone and carbonate

systems initially performed similarly. This was changed when through dissolution of the rock



matrix a solution channel was formed in the limestone, creating a dominant flow path that
significantly altered the flow behavior of the core.

Chapter 2 relates the performance of tests to determine sorption kinetics. Values of CD
adsorption density on crushed and non-flow solid limestone cubes were found to be the same and
best described as a function of surfactant availability (mass of surfactant available per mass of
solid) in the system. The shape of the adsorption isotherms on crushed sandstone, comparing
surfactant availability with adsorption density, suggests that the slopes and possibly the density
plateau depend on surfactant concentration and availability. The adsorption time dynamic
depends on the state of solid and flow conditions. Time to reach equilibrium in non-flow core
volumes was an order of magnitude greater compared to the circulation experiment, and 3 orders
of magnitude greater compared to the crushed rock. Thus the rate of adsorption is dependent on
the availability of surfactant, with the kinetics and equilibrium being comparably very rapid.
When comparing flow versus non-flow systems in cube or core samples, the adsorption density
on limestone underwent a significant decrease due to the flow in porous media while adsorption
density on sandstone remained the same. This might be an indication of different adsorption
mechanisms and/or energy levels that occur on limestone and sandstone surfaces. Tests such as
heats of adsorption that are planned for the future should shed some light on the cause of these
differences. These results should be considered when determining reservoir adsorption
requirements.

Chapter 3 summarizes the modeling work to date on the sorption of surfactants in core.
The pseudo- first and second order kinetic models for adsorption and desorption were derived in
a mathematically complete format. These models are nonlinear. The adsorption models have two
unknown parameters, and the desorption models have three unknown parameters. A simplex
nonlinear optimization method was adapted for the determination of the unknown parameters for
these kinetics models. This algorithm can be applied to determine not only the parameters of
these nonlinear models, but also the absolute error between the model and the measured results.
The adsorption and desorption processes of surfactant onto and from Berea sandstone were
found to obey pseudo-second order adsorption model and the pseudo-first order desorption
models, respectively. More experimental work under different conditions will be carried out to

better understand the influences of different factors on the sorption processes.



In the final chapter (Chapter 4), gas mobility of CO,/brine was determined at reservoir
conditions, using the gas fractional flow (f,) concept. The total mobility of CO,/brine increases
with increasing f, ranging from 0.6 to 0.9; but decreases with increasing f, when f; is less than
0.6. Total mobility (and or gas mobility) as a function of f, is characterized by three intersected
straight lines with two crossed points of f,° and f, . Three foam flow regions are described in this
study: a single phase region, a low gas fractional flow region and a high gas fractional region.
In the single phase region, in the case of a fixed CO, gas flow rate, the gas mobility increases
with increasing f,. But total mobility is independent of f, whether with a fixed CO, gas flow
rate or a fixed surfactant solution aqueous flow rate. In the low gas fractional flow region, the
gas mobility and total mobility decreases with increasing f,. In the high gas fractional flow
region, the gas mobility and total mobility increases with increasing f,. For different cores, the fg*
is generally different. Even in the same core, due to different flow rates and different foam flow
mode, fg* may also vary. The higher the permeability and flow rate, the higher the fg*' The
mobility reduction factor for Berea core reaches maximum at f,=0.6 and f, =0.8, respectively.
Gas mobility and foam mobility increases with increasing of total flow rate if the foam flow is
shear thinning. During CO, foam flooding, with surfactant solution of 0.05 wt% concentration, it
was difficult to establish adsorption equilibrium. Exploration of the reason for this would be an
important task for future work. The adsorption/desorption of the surfactant are characterized as a
rapid short period of adsorption/desorption to/from the rock surface followed by a long period of
slow adsorption/desorption. The adsorption of surfactant onto rock increases with the occurrence
of foam. Surfactant solution with a higher concentration will reach adsorption equilibrium in the
core faster than it will with a lower concentration.

Each of these concepts is used to improve EOR by gas injection into oil reservoirs. Our
understanding of the mobility and injectivity of CO, has room for improvement; these concepts
can and should be used to improve the efficiency and ultimately economical recovery of

hydrocarbons.



EXPERIMENTAL RESULTS AND DISCUSSION
Chapter 1: CO, Retention and Injectivity Changes

Introduction

The apparent consequences of increased greenhouse gas emissions will encourage increased
carbon dioxide (CO,) injection into oil reservoirs for enhanced oil recovery (EOR) and
encourage injection into other geological formations for sequestration.” The development of
CO; plumes and their subsequent dissolution into formation brine are essential mechanisms in
most sequestration scenarios and could aid in understanding long-term injectivity reduction in
EOR WAG (water alternating with gas injection) projects. This paper describes laboratory tests
on sandstone and carbonate core samples. Two types of displacement tests were performed; gas
injection to a residual brine saturation with respect to gas, followed by brine injection to a
residual gas with respect to brine. The level of CO; saturation in the injected brine at reservoir
pressure and temperature was varied from zero to over 90% saturation. Sandstone and carbonate
rock samples were tested. This variation in CO; saturation in the injected brine determined the
effect on the CO; saturation or plume size in the core. This information can be used in CO,-
EOR-WAG projects and for carbon sequestration into geological formations.

Injecting CO, into brine-saturated sandstone and carbonate core resulted in brine
saturation reduction of 62 to 82% in the various tests. In each test, over 90% of the reduction
occurred with less than 0.5 PV of CO; injected, with very little additional brine production after
0.5 PV of CO; injected. During brine injection, CO, production was equivalent to the rate
expected from brine saturated with CO, at reservoir conditions, except for the first ~0.1 PV of
the Queen Sandstone CO; production. This indicates that in each core at high end-point brine
saturation at the tested flow rate (~2 m/day) the CO, plume was reduced through dissolution, not
displacement. With increasing CO, saturation in the injected brine, the brine volume required to
remove (dissolve) the CO, plume increased proportionally. Results from these experiments will
be used to aid in predicting injectivity in CO,-EOR-WAG operations and CO; plume migration
and CO; dissolution in EOR and sequestration.

Residual CO, saturation is suspected to be a significant factor for reducing injectivity

during many water alternating with gas (WAG) processes for CO, EOR projects.” Also, there is



increasing interest in minimizing CO, (greenhouse gas) emissions by sequestrating CO; in
depleted oil and gas reservoirs or in saline aquifers.* The interest in increasing CO, injection
into geological formations has aroused the awareness of the need for a better understanding of
the mechanisms and extent of CO, plume development and its subsequent dissolution into
formation brine. This paper describes laboratory tests on Frio and Queen Sandstones, Indiana
limestone, and Lockport dolomite. Several types of displacement tests were performed; gas
injection into a core until no additional free brine was produced (thus to a pseudo-residual brine
saturation with respect to gas injection), followed by brine injection into a core partially
saturated with gas. The level of CO, saturation in the injected brine at reservoir pressure and
temperature was varied from zero to over 90%. The CO, saturation in the injected brine was
varied to determine the effect on the CO, saturation or plume size in the core.

Determination of CO, saturation in a core was sought after injection of CO; into a core that
was originally saturated with brine. This was then followed by the injection of brine into the core
while differentiating brine displaced by free-phase CO, versus producing CO, dissolved in brine.
Currently in the field, CO, is being injected into reservoirs nearing their waterflood economic
limit and into aquifers; thus CO, is being injected into geological formations containing high
brine saturation. To aid in conformance control and reduce the amount of CO, required for
injection, CO, and water are alternately injected into oil reservoirs. Also, geologic carbon
sequestration is being proposed that calls for the injection of large quantities of CO, into
innumerable aquifers. Thus tests are required for both the understanding of how brine and CO,
streams flow through porous media and how their mutual solubilities change their saturations

with time.

Experimental

Material

Frio cores used in these tests were obtained from depths of 2493, 2496.6, and 2497.8 m in the
Felix Jackson # 62 Well, located south of the S. Liberty DOE CO, pilot site in Chambers
County, Texas. These cores were selected because they were consolidated sandstone (see Frio
core parameters listed in Table 1). The DOE carbon sequestration test site south of Houston is at

a shallower depth and the test horizon is in poorly consolidated rock. These tests were performed



in the consolidated core to simplify the development of test procedures. Table 2 lists the
composition of the synthetic brine used in these tests, which is intended to represent the Frio
reservoir brine. Indiana limestone is from a quarry near Victor, Indiana. The parameters for this
core are also listed in Table 1. More details of the Frio sandstone and Indiana limestone are

found in an earlier publication.*®

The Queen sandstone core used in these tests was obtained
from the West Pearl Queen Field in southeast New Mexico, Stevison Federal well #1 at 1375.0
m. The permeability was measured at 21.61 md by mini-permeameter estimation (+/- 5.86). The
whole core permeability was then determined by brine injection to be 15 md before the first test
and 17 before the second test. Both compare well with mini-permeameter tests performed using
air; one on the whole core and the other at the end of the core and the other on the whole core.
Other parameters are found in Table 1 with the brine used listed in Table 2. The dolomite core is

Lockport dolomite. The core parameters and brine are listed in Table 2.

Core Flooding Apparatus

The core flooding apparatus is located in a temperature-controlled air bath, with a syringe pump
and separator system outside the air bath (see Fig. 1). The dead volume of this system (non-flow
path volume) and non-core volume (determined to be 4.3 cc) was minimized by reducing the
number of pressure control devices, pressure transducers, and valves in the system. All the cores
were prepared by wrapping them longitudinally in a lead (Pb) foil, which functioned as a
diffusion barrier between the core and the overburden sleeve. In this way the diffusion of CO,
from the core into the overburden fluid is minimized and the mass balance is optimized. During
the analysis, care was taken to capture all the water using an ambient condition separator (liquid
trap) to catch the brine/water and a salt breaker (vapor trap) to capture water vapor. For a volume
check the liquid and vapor traps were weighed before and after each test and in a couple of cases
at an intermediate point. The wet-test meter was used to determine gas production at ambient
conditions. Included in the gas calculations were corrections for gas displaced by brine/water in

the separator.
Test Procedures

Frio sandstone tests were performed at the reservoir conditions of about 62.8°C (145°F) and 15.3

MPa (2200 psig), except for two comparison tests at 37.8°C (100°F) that will be described later.
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The overburden pressure was maintained at 27.7 MPa (4000 psig). The brine was prepared with
the composition indicated in Table 2. In some cases the brine had CO; dissolved in it to represent
brine that had been in contact with CO,. The brine was indicated as dead brine (no dissolved
COy), 50% CO,-brine (brine saturated to about 50% CO,), and 90% CO,-brine (brine saturated
to about 90% CO,). Brine saturated to 100% CO, was not used, to ensure no new free CO,
occurred from CO, evolving from the brine. Pressure drop across the core and/or dissolved solid
changes in the brine due to dissolution of core material or water vaporizing into the CO, phase
could perturb brine 100% saturated with CO, and result in small but undesirable amounts of free
CO, forming from the injected fully saturated brine.

In all but one case the coreflood was initiated in core 100% saturated with dead brine.
Dehydrated CO, was then injected into the core until no free brine was produced for several PV.
The CO; was stored outside the air bath at ambient temperature and injected at rates from 10 to
200 cc/hr (20 cc/hr was used unless otherwise indicated) at ambient temperature and about 15.3
MPa. The CO, injection volume at 63°C was about 65% higher than at ambient temperature;
both at 15.3 MPa. The temperature of the air bath, core, and injection pump were recorded. The
head plus end volume of the core system is 4.3 cc; thus in Figs. 2, 3, 5, 6, and 8 the volumes are
shown starting at -4.3 cc.

All Indiana limestone tests were performed at about 37.8°C (100°F) and pore pressure of
about 15.2 MPa (2200 psig). In the first four tests the core was initially saturated with dead brine
and displaced with CO, until no free water was being produced, usually requiring 2-3 PV after
the last production of free water was detected. In all but the third tests, the CO, injection rate was
20 cc/hr at room temperature or about 21.7 cc/hr at core conditions. In series three the injection
rate was initially 21.7 cc/hr and then was increased incrementally to 43.4, 86.8, and 130.2 cc/hr.

All Queen tests were performed at reservoir conditions of about 35°C (95°F) and 14.5 MPa
(2100 psig). The overburden pressure was maintained at 21.5 MPa (3100 psig). The brine was
prepared with 220,000 ppm NaCl with no dissolved CO; before injection into the core. In each
test the core was initially 100% saturated with dead brine. Dehydrated CO, was then injected
into the core until no free brine was produced for several pore volumes (PV). The CO, was
stored outside the air bath at ambient temperature and injected at 20 cc/hr at ambient temperature

and about 14.5 MPa. The CO; unit volume at 35°C was about 8% higher than at ambient
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temperature or a lower density; both at 14.5 MPa. There is a slight reduction in permeability
indicated from 17 to 15 md before and after the first test series.

The Lockport dolomite tests were performed at room temperature, which varied from 18° to
23°C (65° to 73°F) and elevated pressures from 24.2 to 28.7 MPa (3500 to 4142 psia), see Table
2. The overburden pressure was maintained at about 34.6 MPa (5000 psig). The core was
initially 100% saturated with dead water (degassed, distilled water). CO, was injected at 20 cc/hr
into the core until free brine production had essentially stopped. Though water production does

continue as water vapor in the produced CO,, it is at a slow rate.

Discussion of Results

Results — Frio Sandstone

Figure 2 compares two tests of CO, displacing brine in Frio Core A. In both about 7 cc of brine
was produced before CO, breakthrough. After CO, breakthrough there was a small quantity of
brine produced and then brine production stopped except for water dissolved in the CO,. Usually
over 95% of the brine production occurred before 1 PV of CO, had been injected. Any continued
production after less than 1 PV of CO; had been injected was from vaporized water. The salt
vapor trap (Fig. 1) was weighed only at the end of the test and this value was added evenly over
the duration of the test scaled to the injection rate in the brine/water production plots. The time
when the vapor was actually produced is not known. In Fig. 2 the first system had an injection
rate increase from 20 to 100 cc/hr after 200 cc of CO; had been injected. Additional free brine
was produced following the injection rate increase. During the second test, injection was
continued overnight at a reduced injection rate of 10 cc/hr and then increased to 100 cc/hr for a
short time at the end of the test.

In each case the saturations reached what might be considered stable pseudo-end point
saturation. However this stable saturation changed by increasing the flow rate, decreasing
pressure, and by evaporating water. What is the definition of an end point or residual water
saturation? For this report it will be referred to as a pseudo-end point. After completion of CO,
injection, brine was injected into the core to displace the CO,. Figure 3 compares the first two
brine injection tests, which used dead brine in Frio Core A after CO; injection in each test (see

Fig. 2). In each about 4.3 cc of reservoir condition CO, was produced (the same as the end plate
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dead volume); the CO, production rate then decreased significantly. After this change in
production rate, approximately 4 to 5 cc of additional CO, at reservoir condition were produced
at a fairly constant rate. Using values from Wiebe and Gaddy*’ adjusted for dissolved solids,*®
these rates are what would be expected from CO; dissolved in Frio brine fully saturated with
CO, at the test conditions. The CO, produced after the dead volume was produced was not a free
phase. The final value of produced CO, from the system, including blowdown to ambient
pressure, was equal to the brine produced during CO; injection; thus a good material balance was
obtained throughout the experiments.

The second set of experiments was performed on Frio Core B. In this set the tests used the
same procedure as for Frio Core A, except that CO; dissolved in the injected brine varied from 0
to 90% of CO, saturation. In each case the production rate of CO; in cc/cc of brine produced was
around 24. This was what would be expected from saturated brine. Figure 4 compares the
production rate of CO; during the injection of brine into Frio Core B during three different tests.
Excluded in Fig. 4 was the first PV of brine injection where the production of free CO, was
occurring, which exceeded 150 cc/min during free-phase CO, production. Each of the three tests
shown in Fig. 4 followed the injection of CO, into the core saturated with dead brine. The three
tests differ in the concentration of CO; in the injected brine. During the early time period the
production rates are essentially equal for all three scenarios. The brine produced from this 6.1 cm
core was saturated with CO, and did not depend on the CO, concentration of the injected brine.
Thus the brine was saturated with CO, over a relatively short flow path.

The injection test using 90% CO,-brine was not continued until free CO, was depleted in the
core as in the other two cases. Injection and production continued long enough to verify the
production rate of CO, during the first part of the injection. As shown in Fig. 4, CO, depletion in
the core during the dead brine injection shows a rapid decline in the CO, production rate after
most of the CO, had been produced. In the 50% CO;-brine the drop is slower and as might be
expected the system stabilizes at a rate of about 3 cc/min, which is the same as the content of the
brine being injected. When the pressure was released on the 50% CO,-brine system the produced
CO, was equal to about that which would be evolved from 1 PV of brine saturated to 50% CO,,
indicating that all the free-phase CO; had been removed.

The production of CO, during the injection of 50% CO;-brine at 37.8 and 62.8°C were

similar, but the lower temperature appeared to be about 10—-15% higher. This compares well with
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the higher solubility of CO; in brine at lower temperatures. The final set of Frio tests was in core
C. Figure 5 has an expanded production rate scale to demonstrate the rate comparison during
free-phase CO; production and production evolving from CO, dissolved in brine at reservoir
conditions. In these tests the first step was started with a dry core. This was then saturated with
100% dehydrated CO,; then dead brine was injected into the core. In this test about 9 cc of CO,
at reservoir conditions were produced before production stabilized. This rate was equal to that of
CO, evolved from brine saturated with CO, at 37.8°C and 15.2 MPa and 20 cc/hr flow rate. Then
an additional 11 cc (reservoir conditions) of CO, were produced at a rate of about 8 cc/min at
ambient conditions. This totals 20 cc of produced CO,. Subtracting the 4.3 cc dead volume yields
16 cc or almost 90% of the 18.1 cc core PV. Another 2 cc were produced during the remaining
injection period and subsequent blowdown. This test required about 4 cc of brine or 0.22 PV to
establish a brine flow path. Shortly after brine breakthrough, it appears that only CO, dissolved

in the brine was produced.

Results — Limestone
Several tests on Indiana limestone were conducted using the same procedure used for the Frio
sandstone. All tests were performed at about 37.8°C and pore pressure of about 15.2 MPa. In the
first four tests the core was initially saturated with dead brine and displaced with CO; until no
free-phase water was being produced; usually requiring 2—3 PV after the last production of free-
phase water was detected. In all but the third tests, the CO; injection rate was 20 cc/hr at room
temperature and core pressure, or about 21.7 cc/hr at core conditions. In the third series the
injection rate was initially 21.7 cc/hr and then increased incrementally to 43.4, 86.8, and 130.2
cc/hr while the incremental produced water was 7.8, 0.3, 0.1, and 0.1 cc, respectively. Again, the
first 4.3 cc produced was from the line volume resulting in brine production from the core of
about 4.0 cc and vapor production caught in the salt trap of 1.4 for a total of about 5.4 cc of brine
from the core. The brine/water production in the third test is compared to the other three tests in
Fig. 6. There is a contrast of the production at similar injection rates between the first two and
last two tests of almost 1 cc (Fig. 6). This is believed to be due to the formation of a solution
channel in the limestone core.

In Fig. 7, a comparison of flow tests at three different times during these tests indicates a

permeability change (increase). As the number of tests and PV of fluid injected into the core
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increased, the pressure drop versus flow rate increased. This is an indication that the core
permeability was decreasing with time or PV of fluid injected. Tests performed after the last test
indicated almost no pressure drop at all tested flow rates (20-200 cc/hr), indicating a very high
permeability. In earlier tests with limestone, total core permeability increased over time until a
solution channel through the core had been formed, and then the permeability drastically
increased.”*® In each case there had been plugging or deposits advancing ahead of the solution
channel.

Figure 8 compares the reservoir volumes of CO, produced for each test during the injection
of brine. For Tests 1 and 2 dead brine was injected and for both there was a good material
balance. For Tests 3 and 4, a 50% CO, saturated brine was injected. Again in both cases there
was a good material balance, but a decrease in CO, production. This is also shown in Fig. 9
where the production rate in the later tests dropped before the free CO, was dissolved and
produced. Indicating the brine was not being saturated when a channel formed. In Tests 1 and 2
the core had very little CO, remaining at blowdown. For Tests 3 and 4 the production dropped
much more quickly to the baseline for the 50% CO»-brine and at blowdown both had significant
amount of CO; remaining. Test 4 had almost 3 cc compared to about 1 cc remaining in Test 3
(Fig. 8). It is believed that the difference is due to the formation of the solution channel, where

most of the flow bypassed the bulk of the core.

Results - Queen

Figure 10 compares two tests of CO, displacing brine in the West Pearl Queen Core. In both just
over 9 cc of brine was produced before CO, breakthrough (9.02 and 9.15 cc, respectively).
Subtracting the 4.3 cc dead space leaves 4.72 and 4.85 cc or 0.373 and 0.383 PV, respectively
(PV = 12.65 cc). After CO, breakthrough there was a small quantity of brine produced and then
brine production stopped except for water dissolved in the CO,. About 90% of the brine
production occurred before one PV of CO, had been injected. Much of the production after one
PV of CO, was injected was from vaporized water. The salt vapor trap was weighed only at the
end of the test and this value was added evenly over the duration of the test scaled by injection
rate to the brine/water production plots. There were 0.6 and 0.2 grams of water captured in the

vapor trap during the two tests, respectively. The time when the vapor was actually produced is

15



not known. The flow rate was not changed in any of the tests as was done in some of the earlier
tests. Figure 11 compares the pressure drop across the core during the injection of COs,.

After completion of CO; injection, brine was injected into the core to displace the CO,.
Figure 12 compares the two brine injection tests, which both used dead brine after the CO,
injection in each test (see Fig. 10). In each, about 4.3 cc of reservoir condition CO, was produced
(the same as the end plate dead volume), then another 0.94 to 1.14 cc of the free-phase CO, was
produced before the rate decreased; this seemed to indicate a residual CO,. After this break,
additional CO, was produced at a fairly constant rate. Using the values of Wiebe and Gaddy*
adjusted for dissolved solids,* these rates are as expected from CO, dissolved in the brine fully
saturated with CO; at test conditions. The final reservoir volume of produced CO, from the
system, including blowdown to ambient pressure, was within 5% of the brine produced during
CO; injection; thus a fair material balance.

Figure 13 compares the production of CO, during the injection of brine for the two tests. The
production rates are essentially identical until the blowdown in the first test. The rate of about
170 cc/min at ambient is equivalent to the production of CO, at ambient conditions from a core
at 14.5 MPa and 35°C. Then as the free CO, production ends the rate settles at about 8cc/min,
which is about the solubility of CO, in brine.* At 58 minutes into Queen Test #1, blowdown
started. During Queen Test #2 injection was stopped at 62 minutes and restarted at 73 minutes
and continued until stopping injection at 140 minutes. Blowdown started at 153 minutes. For
both tests the total CO, produced was equivalent and about equal to the reservoir volume of brine
displaced. The 0.94 and 1.14 cc of free-phase CO, produced represent 0.074 and 0.090 PV in
Queen Tests #1 and #2, respectively. This is compared to no free-phase CO, from the core seen
in the Frio sandstone and Indiana limestone tests. This leaves a CO, residual saturation of 0.309
and 0.283 PV respectively, where any additional CO; production was from CO; dissolved in the
brine.

The laboratory finding from the corefloods is what was found in the West Pearl Queen
Reservoir Huff-n-Puff pilot. In this scenario, after injection of CO, the subsequent production
would be relatively rapid for the first 20 to 25% of the injected CO, and much slower thereafter.
A prolonged, slow, consistent production is derived from CO, dissolved in the brine and/or oil
with a short production burst early in the Puff cycle after the soak period in the Huff-n-Puff

schedule.*”*" In the reservoir this would be a production rate of about 24 m’> of CO, per m’ of
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produced brine (135 scf of CO, per barrel of produced brine). The potential for produced CO,
that is dissolved in the oil can be at least an order of magnitude greater. This compares to about
500 m® of produced CO; at ambient condition from 1.0 m’ of CO; at reservoir conditions (35°C
and 14.5 MPa). Thus, CO; production from the reservoir comes from free CO,, CO, that was
dissolved in brine, and CO, that was dissolved in produced oil. The production rate for the CO,
will depend on the production rate of each. After CO; in the reservoir is reduced to residual CO,
the later production rates of CO, will be from CO, dissolved in the produced brine and oil. Since
there are a number of zones, and between and within zones a range of permeabilities and

porosities, production from free and dissolved CO, may be occurring simultaneously.

Results - Dolomite

As with the other rock types, the core was first saturated with water and water permeability was
determined. During CO; flooding of carbonate rock, dissolution and subsequent precipitation can
occur. Both fines movement and precipitation results in permeability decreasing while
dissolution increases permeability. From experience we have found that decreased permeability
early in the testing is dominant over dissolution increases in permeability. Whereas later in a
coreflood dissolution dominates resulting in permeability increases.”” In these tests the
permeability decreased during the series of test.

Figure 14 shows a plot of data from Flood 1. In this test the core saturated with water had
CO; injected at 20 cc/hr at the indicated conditions (Table 3). Plotted versus time are the
differential pressures (left y-axis) and produced water, produced CO; at reservoir conditions, and
injected CO, at reservoir conditions (right y-axis). The fluid production volumes were only
recorded until gas breakthrough. At this point the separator top blew off several times and lost
fluid, thus the results were not considered accurate from that point. Figure 14 shows that this is a
pressure increase as CO, displaces water and two-phase flow occurs. After CO, breakthrough the
average pressure drop is similar to the starting differential pressure across the core, except less
stable. The initial condition is single-phase brine flow at 100% brine saturation; post—
breakthrough, it is single-phase gas flow, but with two-phase saturation. Thus, under these
conditions the relative permeability of the core to the less viscous CO, after breakthrough is

similar to the permeability of the more viscous single-phase water before gas injection.
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Dolomite Flood 2 is shown in Fig. 15. The pressure differential, cumulative CO, injection,
cumulative water production, and cumulative CO, production plots all look similar to Flood 1
(Fig. 14), except some post-gas breakthrough data was obtained. No difference can be

distinguished between the two.

Summary and Conclusions

These were relatively short cores (5.71 to 8.17 cm), about 3.8 cm in diameter, and therefore care

must be taken when extrapolating results to reservoir scale. Figure 16 compares the end-point

saturation of each core with the comparison of end-point versus flow rate for Frio, 20 cc/hr (1.6

m/D) with 100 cc/hr “h” (8 m/D) and Frio B2h at 200 cc/hr (16 m/D0. As stated earlier, only in

the Queen core was there free CO, produced from the core during displacement of CO, by brine

injection with end-point brine saturation. These findings of end-point saturation are significant
parameters in determining flow patterns, retention rates, and injectivity changes and their
longevity that will enable improved predictions of CO, behavior in reservoirs for EOR and/or
sequestration considerations.

Conclusions of the work include:

1. From 0.2 to 0.3 PV fraction of free-phase CO, saturation was required to establish a CO,
flow path, after which there was little brine production except through evaporation, which is
a slow process. The CO, saturation can be increased by increasing flow rate, reducing
pressure, and water evaporation.

2. At the end of CO; injection there is a relatively low CO, saturation and high brine saturation
in the core, thus no reduction in CO, saturation was required to return to brine flow. Only in
the Queen sand was free CO; produced during brine injection.

3. Brine is equilibrated with CO; in a short time frame over a relatively short distance. Only
when a channel was formed was brine produced that was not saturated with CO, while a
significant residual CO, remained in the core.

4. The injection of brine into a 100% CO, phase required 0.2 to 0.3 PV fraction saturation to
establish a brine flow path.

5. The sandstone and carbonate systems initially performed similarly. This was changed when
through dissolution of the rock matrix a solution channel was formed in the limestone,

creating a dominant flow path that significantly altered the flow behavior of the core.
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Table 1. Core Parameters

Frio Sandstone Queen Indiana Lockport

Frio A Frio B Frio C Sandstone | Limestone Dolomite
Depth [m] 2493.0 2496.6 | 2497.8 1375.0 Quarried Quarried
Diam [cm] 3.73 3.66 3.73 3.81 3.84 3.78
Length [cm] 6.08 6.10 5.71 7.21 7.95 8.17
Bulk vol [cc] 66.44 64.18 62.39 82.20 92.07 91.68
Pore vol [cc] 18.51 18.01 18.29 12.65 16.28 15.72
Por [%] 27.9 28.1 29.3 15.4 17.7 17.1

Table 2. Synthetic Brine Composition
Component (mg/L) | Frioand | Queen | Dolomite
Limestone

NaCl 82,753 | 220,000 -
CaCly 8,584 - -
MgCl, 2,152 - -
KCl 362 - -
NaHCO;3 186 - -
Total Dissolved 94,037 | 220,000 0
Solids
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Table 3. Flooding Parameters

Frio Queen Indiana Lockport
Sandstone Sandstone Limestone Dolomite
Pressures (MPa) 15.17 14.45 15.17 24.14 - 28.62
Temperatures (°C) 37.8 & 62.8 35.0 37.8 18.3-22.5
Flow Rates (cc/hr) 10 - 200 20 20-120 20
Brine (% CO, saturated) | 0, 50, & 90 0 0 & 50 0
System Dead Vol. (cc) 4.3 4.3 4.3 4.3

F______________ﬁ

CO2/surfactant Air Bath

| wixing cell I
I
P 3 |
= BPR I
A Overburgen -
| cot I
I I
S |

VAPOR TRAP GAS

METER

PUMP

LIQUID TRAP

Fig. 1. Coreflooding apparatus.
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Fig. 2. Comparison of brine production during CO, injection of two tests in Frio Core A.
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Fig. 3. Comparison of CO, production during brine injection for two tests in Frio Core A.
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Fig. 4. Production rate of CO; during the injection of brine into Frio Core B for three different
tests, each at different concentrations of CO; in the injected brine.
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Fig. 5. Comparison of total CO, production rate at reservoir and ambient conditions at 37.8°C
for Frio Core C.
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Fig. 6. Comparison of brine production during CO, injection of four tests in Indiana limestone.
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Fig. 7. Pressure drop versus flow rate for Indiana limestone on three different days. The
indication was an decrease in permeability with time.
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Fig. 8. Comparison of CO, production during brine injection for four tests in Indiana limestone.
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Fig. 9. Production rates for CO, at ambient conditions at a brine injection rate of 20 cc/hr in
Indiana limestone.
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Fig. 10. Comparison of brine production versus time for both CO; injection Queen tests. One PV
of injection is equal to about 38 minutes of injection.
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Fig. 11. Comparison of pressure drop across the core during CO; injection versus time during
brine injection for both Queen tests. One PV of injection is equal to about 38 minutes of
injection.
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Fig. 12. Comparison of CO, cumulative production versus time during brine injection for both
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Fig. 13. Comparison of CO, production rate versus time during brine injection for both Queen
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Fig. 16. CO; saturation in several core types. For all systems, the original injection rate was
about 20 cc/hr; for each Frio system it was then increased to 100 cc/hr (200 cc/hr for Frio B2h)
with the indicated increase in saturation indicated by the “h”. Only for Queen was there mobile
COa.

Chapter 2: Effects of Flow Conditions and Surfactant Availability on Adsorption

Introduction

Anionic surfactants, good foaming agents, can be used in CO; foam flooding to improve high-
pressure, high-density CO, reservoir sweep efficiency. In this study, kinetics and equilibrium
adsorption were investigated by examining adsorption behavior in a system of solid phase
sandstone or limestone and of an aqueous phase of surfactant in 2% brine. Effects on surfactant
adsorption density for different solid to liquid ratios as well as surfactant concentration, rock
type and state, and flow conditions are presented. Three systems were used: batch tests on
crushed rock, circulation tests through core samples, and nonflow, diffusion brine-saturated core
tests. The density of an anionic surfactant adsorption on rock is best described as a function of

surfactant available in the system (concentration plus volume), rather than by surfactant
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concentration used by previous investigators. Experiments with solid rock were carried out to
determine surfactant capacity of the porous media through flow and non-flow rock samples and
crushed rock samples. Adsorption was similar for crushed sandstone and flow tests, while
significantly higher in cubed, non-flow rock systems. For limestone the crushed rock and non-
flow systems were similar while the flow system was significantly lower. The time to reach
equilibrium required less than one hour (generally minutes) for the crushed rock, hours to days
for the flow-through tests, and weeks to over a month for the non-flow rock systems. The rate of
adsorption dependent on availability (delivery) that is generally much slower than the adsorption
kinetics.

Surfactants are widely used in a large number of applications because of their remarkable
ability to influence the properties of surfaces and interfaces. The applications of surfactants in
petroleum industry are diverse and significant. Some of these areas include: in situ, wellbores,
surface facilities, and environmental health and safety applications.’' In each case appropriate
knowledge and practices determine both the economic and technical successes of the industrial
process concerned.

In-situ CO; flooding processes frequently experience poor sweep efficiency despite the
favorable characteristics of CO; in recovery of oil. To mitigate this problem, significant research
has focused on the use of foam in CO, flooding processes. It has been established that foam can
improve sweep efficiency in CO, flooding processes by reducing the mobility of CO, and by
diverting CO, flow to previously bypassed zones.*”*’

Foam application involves injecting a surfactant along with water and gas into the
reservoir. Normally, the surfactant is dissolved in the aqueous phase though surfactant dissolved
in CO, are also being considered.”® To aid in the selection of a suitable surfactant for the
reservoir, laboratory data is collected to characterize the surfactant performance. The economics
of foam flooding depend significantly on the quantity of surfactant required to generate and
propagate foam. Surfactant loss through partitioning into the crude oil phase and through
adsorption onto the rock surfaces often consumes more than 90% of the surfactant in the system.’
Surfactant loss through partitioning into the crude oil can be responsible for surfactant losses of
as much as 30%. However, for the very hydrophilic surfactants chosen for many foam flooding

applications, the partitioning onto crude oil is near zero.”!
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More serious losses are demonstrated from the results of a number of studies of the

5961 These have shown that

adsorption properties of surfactants suitable for foam flooding.
effective foam forming surfactant may exhibit adsorption levels from near zero to up to quite
high levels on the order. For example one test determined adsorption rates of 2.5 mg/g (mg of
adsorbed surfactant for each gram of rock in the system). A mile-square, 10-ft-thick reservoir
saturated with surfactant would require 55,000 tons (50,000 tonnes) of surfactant at 2.5 mg of
surfactant per g of rock. Adsorption does not depend on the nature of the surfactant alone, but
also (though not inclusively) on temperature, brine salinity and hardness, rock type, wettability,
and the presence of the residual oil phase. These factors will lead to vastly different distances of
foam propagation into a reservoir, so selection of foam-forming surfactant formulation with
acceptable adsorption levels at reservoir conditions is critical.

In this study the effect on surfactant adsorption for different solid to liquid ratios,
surfactant concentration, rock type and state, and flow conditions are determined. The goal for

this work is to quantify equilibrium values and kinetics in order to predict adsorption and

desorption under reservoir conditions.

Material, Procedures, and Definitions

Materials
Anionic surfactant Chaser International CD 1045™ (CD), which has been identified as one of

6264 \was used in this study. It was supplied by Chaser International as

the best foaming agents,
46.7 wt% active aqueous solution. The anionic surfactant indicator Dimidium Bromide—
Disulphine Blue was used in this study to determine an unknown concentration of CD solution.
The base stock was supplied by BDH Laboratory Supplies. The working solution was prepared
as outlined in an earlier publication.”” Chloroform with 1% ethanol was used in this study. The
brine used to prepare the surfactant solution was 2 wt% synthetic brine composed of 1.5 wt%
NaCl and 0.5 wt% CaCl,.

Two types of cores were used as porous adsorbents: Berea sandstone and Indiana
limestone. The powdered or crushed rock was prepared in-house by crushing the corresponding

solid core with a maximum size determined by passing the crushed rock through a standard

Number 60 sieve (~0.4 mm diameter).
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Quantitative analysis of CD solution
A colorimetric method was used in this study, as in earlier studies, using procedures previously
outlined'® except for the calibration curve, which in this study was milligrams of CD available in

the testing solution. The absorbance was measured at 295 nm using a spectrophotometer.

Description of test procedures

All the adsorption experiments were performed at 40°C and atmospheric pressure. In the case of
the flow-through test the outlet pressure of core was atmospheric and the inlet pressure
dependent on the flow rate and system permeability. To determine CD adsorption density onto
crushed limestone or sandstone for each concentration, surfactant solution and crushed rock were
added together in a test tube. The test tube was then placed in the shaker and placed in the
thermostatic air bath. Samples of surfactant solution were taken from test tubes after at least 24
hours of exposition to determine residual CD concentrations at equilibrium. Initial surfactant
concentrations tested were 500, 750, 1000, 1250, 2000 ppm. The solid to liquid weight ratios
ranged from 1:1 to 1:5. Usually, 1 gram of solid was used for each combination of surfactant
concentration and solid to liquid ratio.

Dynamic adsorption experiments were performed to determine adsorption densities of
limestone and sandstone brine-saturated cores via circulation of a fixed volume of surfactant
solution through the core. Samples of solution were taken from the flask periodically until no
change in surfactant concentration was observed. Initial surfactant concentrations tested were
1000 and 2000 ppm and the range for solid to liquid ratios was from 1:1 to 1:5. The amount of
surfactant-free brine in each core at the start of the experiment was included in calculations when
equilibrium adsorption was determined in the system. The flow rate of surfactant solution was 15
ml/hr for each circulation experiment. Details of the crushed and flow-through tests have been
presented earlier.*”!!

To measure adsorption by diffusion of surfactant from a CD solution to brine-saturated
sandstone and limestone cubes, the following equipment was used: class jars with a screw cap,
magnetic stirrers, and thermostatic air bath. The CD adsorption density calculated during each
diffusion test into limestone or sandstone brine-saturated cores was determined on cubes that

were covered with epoxy on five sides, leaving one side of the cube exposed. After the epoxy
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hardened, cubes were evacuated and saturated with surfactant-free brine. After determining by
weight change the amount of brine imbibed into the core and the pore volume, each cube was
immersed into surfactant solution in a glass jar that was then closed with a screw cap to prevent
evaporation and put on magnetic stirrer in the air bath. Samples of the surfactant solution were
taken periodically to determine residual CD concentration. Initial surfactant concentrations tested
were 1000 and 2000 ppm and the range for solid to liquid weight ratios varied from 1:1 to 1:5.
The initial brine in each cube was included when calculating the total amount of liquid and

surfactant available in each system.

Formulas used to calculate adsorption density
The amount of surfactant absorbed (adsorption density) was expressed as the unit mass of CD
adsorbed per 1 gram of rock (mg/g). Adsorption density of crushed rock was calculated by the

following formula:

Ads = (Ci — Cr)*Ms/(Mc*1000),  [1]

where: Ads is CD adsorption density (mg surfactant/g rock); Ci and Cr are initial and residual
CD concentration in solution (ppm), respectively; Ms is mass of the solution (g) and Mc is mass
of the core sample (g). During an experiment when it was necessary to take several samples to
measure residual concentration in surfactant solution, material balance and adsorption density

were calculated using the following formula:

Ads; = [(Mt — Z{mg;}) — (Ms — = {m;;})*Cr/1000]/Mc, [2]

where: Ads; is adsorption density after i-number of measurements (mg/g); Mt is total initial mass
of surfactant in the system (mg); Ms is total initial mass of surfactant solution (g); £{ms;}is sum
of surfactant mass removed during sampling (mg); X{myj;}is sum of surfactant solution mass
removed during sampling (g); Cr;j is residual concentration after i measurements (ppm); and Mc

is mass of the core sample (g).
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Surfactant availability in the system

In this study, when adsorption isotherms were constructed as adsorption density versus amount
of surfactant available in the system, availability of surfactant in the system was defined as the
total amount in mg of CD in solution per 1 g of solid. The term “surfactant availability” is used
in this paper in lieu of the approach for presenting adsorption isotherms as a function of
surfactant adsorption density versus equilibrium surfactant concentration. This approach was
selected because it has been shown that by increasing the volume of surfactant solution the
adsorption density generally increases at a fixed equilibrium surfactant concentration; thus the

adsorption density might have different values for a given equilibrium concentration.

Presentation of Data and Results

CD adsorption onto crushed rock

The first set of tests was performed on crushed limestone and sandstone. These are essentially
small chunks of rock at or less than 0.4 mm in diameter (No. 60 sieve). From a previous study
the crushed rock pieces are shown to be in the order of one to three grain diameters in size.*®
These tests were designed to determine adsorption kinetics in porous media with minimal
diffusion.

The results from the experiments with crushed limestone indicate that CD adsorption was
near completion in about 10 minutes for initial CD concentration of 1000 ppm and solid to liquid
ratios from 1:1 to 1:5 and completed in less than one hour for initial concentration of 2000 ppm
(Fig. 17). For sandstone the crushed rock reached 95 % of maximum adsorption within one hour
for an initial CD concentration of 2000 ppm (Fig. 17). The adsorption experiments with a weight
ratio of 1:1 between surfactant solution and crushed limestone showed that with a linear increase
of surfactant concentration the CD adsorption density increases linearly from 0.450 mg/g to
1.796 mg/g over the range of initial CD concentrations from 500 ppm to 2000 ppm (available
surfactant of 0.5 to 2.0 mg/g) (Fig. 18). Crushed sandstone demonstrated a similar trend.
Adsorption density for crushed sandstone in the range of initial concentration 500 to 2000 ppm

(available surfactant of 0.5 to 2.0 mg/g) and solid to liquid ratio of 1:1 increased linearly from

0.107 mg/g to 1.35 mg/g (Fig. 19).
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It was found that CD adsorption density increases when the available volume of
surfactant solution increases while holding the initial CD concentration constant. The results are
plotted in Fig. 18 where the availability of CD per gram of rock varies from 0.5 mg/g (1:1 @ 500
ppm) to 10mg/g (1:5 @ 2000 ppm). The increase in adsorption is independent of concentration
and approximately linear until about 4 mg/g of surfactant is available. After reaching an
adsorption density of 3.0 mg/g at 4 mg/g of surfactant available, adsorption increases only
slightly with increasing availability of surfactant. Over the tested CD concentrations and solid to
solution ratios, CD adsorption density on crushed limestone is a function of CD available in the
system rather than a function of surfactant concentration.

Figure 19 shows a number of adsorption isotherms plotted as a function of availability of
surfactant with an apparent dependence on initial surfactant concentration. Adsorption density
for crushed sandstone in the range of initial concentrations of 500 to 2000 ppm and solid to
liquid ratio from 1:1 to 1:5 increased with availability of surfactant with a significant change of
slope at 4 mg/g of surfactant available. The maximum adsorption was above 3 mg/g. The plotted
curves of CD available versus adsorption density have an increasing slope with increasing CD
concentration (Fig. 19). The slope increases from about 0.3 to 0.7 going from CD concentrations
of 500 ppm to 2000 ppm. For the lower concentrations the availability (liquid to solid ratio) was
not high enough to reach a plateau. Thus, further tests are required to determine if the plateau
would be similar for all concentrations, though it appears that the plateau for 1250 ppm is lower
than for 2000 ppm, etc.

In general, crushed limestone demonstrated higher CD adsorption densities compared to crushed
sandstone for all corresponding initial CD concentrations and solid to liquid ratios, (see Figs. 17

and 18).

CD adsorption by diffusion into brine saturated cores.

In the second series of tests there was no injection into the test cubes, thus fluid within the core
was static and diffusion should play the major role in adsorption rates. The only mechanical
mixing was in the bulk solution to maintain a homogeneous solution, as explained in an earlier
section. Adsorption dynamic and equilibrium tests data for brine saturated cubes of limestone
and sandstone are summarized in Tables 4 and 5, respectively. Time required for CD adsorption

to reach equilibrium by diffusion into brine saturated rock was about three orders of magnitude
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longer than in the crushed rock (400-600 hours for brine saturated cubes versus one or less hours
for the crushed rock, see Fig. 1).

Figure 4 compares the final values of CD adsorption density on crushed and non-flow
solid cubes for limestone. The two systems types had similar adsorptions at the same surfactant
availability. Figure 21 compares the final values on crushed and non-flow solid cubes for
sandstone. There is a higher adsorption for the cubed non-flow systems. The difference might be
due to the fact that the Berea sandstone rock samples used to prepare the crushed and cubes
samples were from different blocks. All tests were performed at CD concentrations of either
1000 or 2000 ppm.

There is a similar point in both the limestone (Fig. 20) and sandstone (Fig. 21) that are
significantly lower than adjacent points. They were both at a solid to liquid ratio of 1:3 and initial
surfactant concentration of about 2000 ppm (6 mg/g surfactant availability). The two tests were
performed concurrently and when compared with tests that preceded and followed them had
significant differences in their adsorption isotherms (Fig. 22). Their final adsorption densities
were lower than systems with both less and more available surfactant. Also, the initial 100 hours
had an unusual “S” shaped curve in the isotherm. It is suggested that these two points be

weighted less when determining adsorption density trends and at a future date be retested.

Effect of flow conditions on CD adsorption
The third set of tests comprised flow tests similar to tests that have traditionally been performed
to determine adsorption onto rock. During the flow test surfactant solution is circulated through
the core until equilibrium or steady state is achieved. One difference from traditional tests was
that not only were surfactant concentrations varied, but the amount of solution or as explained
earlier the solid (rock) to liquid mass ratios were varied. Tables 6 and 7 summarized the CD
adsorption values and conditions measured in the circulation experiments with limestone and
sandstone cores.

Time for CD adsorption to achieve equilibrium by circulation through brine-saturated
cores was at least one order of magnitude greater compared to the crushed rock (20—50 hours for
brine-saturated cores versus one hour or less for the crushed rock) and an order of magnitude less

compared to nonflow brine-saturated core tests (Fig. 17).
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Values of CD adsorption density on limestone were significantly lower in the circulation
experiments compared to those measured in crushed rock and nonflow saturated core tests (Fig.
23). Since these were prepared from samples of the same rock, the differences might be
explained from the energy required for mono- versus multi-layer adsorption. The electrostatic
interaction between surfactant molecules and solid surface as well as the lateral chain-chain
interactions between the adsorbed surfactant molecules contribute to the driving force of
adsorption.®” Energy due to hydrophobic attraction of the surfactants to form surface aggregates
is of the same order of magnitude as the energy of micellization of surfactants (~1 kcal/mol)
while energy of electrostatic interaction between surfactant molecules and solid surface is around
20-30 kcal/mol, which is an order of magnitude greater than the energy of hydrophobic
interaction. Therefore the difference in CD adsorption densities due to the flow conditions,
shown in Fig. 23, might be interpreted as the inability of surfactant aggregates formed outside
the near-surface adsorption on the solid to resist surface washing by the flow of liquid in porous
space. This result will be significant when determining adsorption in nonflow regions of the rock
compared to flow paths. This may imply varying adsorption capacity versus flow rate. Thus an
understanding of flow and diffusion rates are required for accurate adsorption density
calculations onto limestone.

The results for the sandstone systems had similar equilibrium time compared to the
limestone, but found little difference in the total adsorption in flow versus nonflow systems (Fig.
24). Unlike the solid cube sandstone samples, the flow tests were prepared from the same lot as
the crushed samples. In earlier studies it was found that the adsorption onto pure silica was less
than onto sandstone.” The increase was dependent on the amount of clays in the system, which
generally have a much higher adsorption capability than sandstone due to increased surface area
and composition.” This and the discussion from the last paragraph indicates that different CD
adsorption mechanisms and adsorption energy levels that occur on sandstone and limestone
surfaces should affect adsorption density and result in adsorption density as a function

parameters such as flow conditions, rock type, and rock impurities (clays etc).
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Conclusions and Implications
1. Values of CD adsorption density on crushed and non-flow solid limestone cubes were
found to be the same and are best described as a function of surfactant availability (mass of
surfactant available per mass of solid) in the system.
2. The shape of the adsorption isotherms on crushed sandstone, comparing surfactant
availability with adsorption density, suggests the slopes and possibly the density plateau
depend on surfactant concentration and availability.
3. Adsorption time dynamic depends on the state of solid and flow conditions. Time to
reach equilibrium in nonflow core volumes was an order of magnitude greater compared to
circulation experiment, and 3 orders of magnitude greater compared to the crushed rock.
Thus the rate of adsorption is dependent on the availability of surfactant with the kinetics and
equilibrium being comparably very rapid.
4. When comparing flow versus nonflow systems in cube or core samples, the adsorption
density on limestone underwent a significant decrease due to the flow in porous media while
adsorption density on sandstone remained the same. This might be an indication of different
adsorption mechanisms and/or energy levels that occur on limestone and sandstone surfaces.
Tests such as heats of adsorption that are planned for the future should shed some light on the
cause of these differences.

5. The results should be considered when determining reservoir adsorption requirements.
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Table 4. CD Adsorption by Diffusion into Brine Saturated Limestone Cubes

Mass of Initial Duration of | Residual
CD Pore Surfactant CD the CD CD Ads.
Test | Ratio | available Core Volume | Solution Conc. experiment | Conc.* density*
# S:L [mg/g] | mass [g] [ce] [a] [ppm] [hrs] [ppm] [mg/g]
1 1:1 1 146.3 6.2 140.4 1021 167 94 0.850
2 1:2 2 141.6 8.9 274.2 1012 167 74 1.796
3 1:3 3 147.5 8.2 434.2 999 600 202 2.330
4 1:4 4 142.5 8.5 561.4 1016 743 158 3.356
5 1:5 5 121.9 7.5 601.9 1013 644 356 3.163
6 1:1 2 162.6 9.5 153.0 2126 166 441 1.585
7 1:2 4 142.5 8.5 276.4 2062 576 604 2.821
8 1:3 6 157.7 9.1 463.9 2040 360 1338 2.094
9 1:4 8 138.0 8.4 543.5 2031 431 1112 3.643
10 1:5 10 129.1 7.8 637.6 2025 547 1273 3.738
(* at the end of experiment)
Table 5. CD Adsorption by Diffusion into Brine Saturated Sandstone Cubes
Mass of Initial Duration of | Residual
CD Pore Surfactant | CD the CD CD Ads.
Test | Ratio | available | Core Volume | Solution Conc. experiment | Conc.* Density*

# | S:L | [mg/g] mass [g] | [cc] [d] [Ppm] [hrs] [ppm] [ma/g]

1 1:1 1 105.8 9.6 96.2 1023 167 25 0.886

2 1:2 2 108.1 10.7 205.4 1032 167 67 1.809

3 1:3 3 109.2 11.2 316.3 1015 600 264 2.158

4 1:4 4 105.5 115 4104 1028 743 148 3.392

5 1:5 5 103.5 111 506.3 1022 644 284 3.584

6 1:1 2 107.0 11.3 95.6 2239 166 501 1.537

7 1:2 4 107.2 11.6 202.7 2115 576 429 3.158

8 1:3 6 105.8 11.6 305.7 2077 360 1177 2.590

9 1:4 8 102.9 115 400.0 2058 431 708 5.241

10 1:5 10 105.9 11.3 518.1 2044 547 1262 3.823

(* at the end of experiment)
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Table 6. CD Adsorption by Circulation of Surfactant Solution through Limestone Cores

Mass of Initial | Duration of | Residual

CD Pore Surfactant CD the CD CD Ads.

Test | Ratio | available Core Volume | Solution Conc. experiment | Conc.* density*
# | SIL | [mg/g] | mass[g] [cc] [d] [ppm] [hrs] [ppm] [ma/g]
1 1:1 1 141.6 8.9 132.6 1046 22 524 0.488
2 1:2 2 141.6 8.9 274.2 1012 70 544 0.898
3 1:3 3 144.4 9.9 443.0 980 103 665 0.952
4 1:4 4 115.8 7.7 4554 997 71 692 1.193
5 1:5 5 110.0 7.9 542.0 1015 30 781 1.148
6 1:1 2 125.5 8.0 1174 2096 24 1251 0.792
7 1:2 4 120.6 8.7 2324 2118 35 1351 1.484
8 1:3 6 1144 8.5 334.6 2052 21 1575 1.396
9 1:4 8 115.8 8.3 454.8 2037 44 1531 1.988
10 1:5 10 112.6 8.7 540.0 2086 18 1672 1.982

(* at the end of experiment)

Table 7. CD Adsorption by Circulation of Surfactant Solution through Sandstone Cores

Mass of Initial Duration of | Residual

CD Pore Surfactant CD the CD CD Ads.

Test | Ratio | available Core Volume Solution Conc. experiment | Conc.* density*
# | S:iL | [mg/g] | mass[g] [cc] [a] [Ppm] [hrs] [ppm] [mg/g]
1 1:1 1 137.2 9.8 127.4 1055 50 492 0.515
2 1:2 2 138.2 10.0 266.1 1017 46 533 0.923
3 1:3 3 115.0 10.2 345.0 980 103 532 1.335
4 1:4 4 108.3 9.1 424.0 1001 71 587 1.611
5 1:5 5 103.0 9.2 505.7 1018 50 700 1.558
6 1:1 2 112.1 8.3 103.7 2120 24 729 1.277
7 1:2 4 115.6 9.3 221.8 2128 35 1076 2.013
8 1:3 6 107.2 8.5 313.0 2055 21 1380 1.966
9 1:4 8 110.3 9.9 431.2 2046 22 1436 2.385
10 1:5 10 104.8 9.9 514.0 2039 18 1553 2.382

(* at the end of experiment)
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Fig. 17. Comparison of equilibrium time versus adsorption density for crushed rock, non-flow
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Chapter 3: Development of Kinetic Models of a CO,-foaming Surfactant onto Berea Sandstone
from Sorption Experiments

Introduction
This chapter presents the results of eight series of adsorption and seven series of desorption
experiments of CO, foaming surfactant CD1045 onto and from Berea sandstone, each with a
different initial concentration. Nonlinear pseudo- first and second order kinetic models for
adsorption and desorption processes were derived. A simplex optimization method was adapted
for the calculation of kinetic parameters of these models. This method can be used for calculating
not only the kinetic model parameters, but also the absolute errors between the model and the
measurements, and thus the fitness of the model. Using this simplex method and the
experimental results, the adsorption and desorption processes of CD1045 onto and from Berea
sandstone were found to follow the pseudo- second order adsorption model and the pseudo-first
order desorption model, respectively.

The history of US oil production shows that one-third to half of the original oil in place

68,69 .
7 Enhanced oil

(OOIP) is recovered using primary and secondary production technologies.
recovery (EOR) thus targets the remaining half to two-thirds of reserves that are usually isolated
and trapped. There are many different EOR technologies, among which CO, flooding has the
advantage of high effectiveness in recovering trapped oil, but its drawback of low sweep
efficiency due to high mobility and gravity override restricts its applications.”™"!

One effective method to increase sweep efficiency is to increase the viscosity of the CO,
by generating CO, foam through adding surface-active agents, surfactants, during the injection.’
A routinely used technique in CO, flooding is water-alternating-gas (CO,), or WAG, injection in
which water and CO, are alternatively injected into the formation. In the CO; injection cycle,
surfactant solution and liquid CO, are injected alternatively. The process is sometimes called
surfactant-alternating-gas (SAG). During the CO, injection cycle, foam will be formed when the
CO; phase mixes with the surfactant solution.”

A proper surfactant concentration is the key to CO, foam efficiency and durability.
Laboratory and field experiences have shown that foaming capability depends on such factors as
surfactant type and concentration, oil composition, rock wettability, flow rate, pressure and

4 . . . . .
temperature.”* For each specific reservoir, a specific surfactant type and concentration is chosen

based on laboratory screening experiments and field pilot tests. While the formation and oil
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conditions stay relatively stable, surfactant concentration may change during injection and
flooding due to adsorption onto and desorption from the formation rocks. In order to take proper
counter measures to keep the surfactant concentration at the right level, it is essential to
understand the surfactant sorption kinetics.

The study of surfactant sorption kinetics has a long history in many different
disciplines.””® In petroleum engineering, surfactant sorption studies have been related to
chemical flooding and foam flooding.”” Recently, pseudo-first and second order models have

d.**”® However, equations cited in the literature included several variables on both

been propose
sides of the equations. In addition, linear equations have been obtained through simplification of
the original pseudo-first and second order sorption equations based on some unrealistic
assumptions. These assumptions have, in fact, jeopardized the physics foundation of the kinetics
model itself, and thus the kinetic parameters determined cannot fully describe the real sorption
processes.

Our studies intend to improve upon our previous work through the following: (1) to
derive the pseudo-first and second order sorption kinetics models in a mathematically complete
format, (2) to develop a simplex nonlinear optimization method applicable for calculating kinetic
parameters in both linear and nonlinear equations, and (3) to determine the kinetic parameters of

CD1045 onto and from Berea sandstone using this simplex method and previous experimental

results.

Experimental Study
Experimental Design
The experiment design was reported in a previous paper.® Two methods, circulation and flow-
through, were used to study adsorption and desorption, respectively. The circulation experiment
was used to simulate adsorption during the injection of surfactant solution. The flow-through

experiment was intended to study desorption during water injection.

Circulation Experiment
The circulation experimental apparatus comprised a solution flask, a magnetic stirrer, a pump
and the core (Fig. 25). The core was first flushed by a certain volume of brine at a constant flow

rate. After circulating a designed period of time, the brine was replaced with the same volume of
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surfactant solution with known concentration. At predetermined intervals, surfactant solution

was sampled from the flask for analysis.*

Flow-through Experiment
The flow-through experiment setup is shown in Fig. 26. It was composed of a solution beaker, a
pump, the core, and an effluent collector. The effluent sample was sampled at designed intervals

for surfactant analysis using spectro-photometer.

The Materials

The surfactant was CD1045 provided by Chaser International as 46.7 wt% active aqueous
solution. Surfactant solution was prepared by adding 2 wt% synthetic brine to the original CD
1045. The synthetic brine was composed of 1.5 wt% NaCl and 0.5 wt% CaCl,. This synthetic
brine was also used as the flush fluid in the desorption experiment.

The core specimen was Berea sandstone of 3.81 cm in diameter and 6.2 cm in length with
porosity of 21.05%, and permeability of 224 mD. In this study, eight series of circulation
experiments for adsorption and seven series of flow-through experiments for desorption were
conducted. Tables 8 and 2 show the adsorption and desorption experimental conditions. In Table
8 the surfactant concentration refers to the initial value in the circulation solution; in Table 9 this

value is used to relate desorption and adsorption experiments.

Adsorption Density in Adsorption Process
The measured adsorption density during the adsorption and desorption processes was calculated
from the results of these experiments. The measured adsorption density in the circulation

experiment is calculated according to the following equation:

g == 3]

where ¢; is the surfactant adsorption density at the i step, mg/g; W is the mass of the rock

specimen, g; C; is the surfactant concentration at the i step, mg/l; V; is the total surfactant

solution volume at the i step, I; and NV is the total steps at present.
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The surfactant solution was sampled and tested more often at the beginning. Table 10 shows the

results of Ads. Test 1, for which initial surfactant concentration was 196 mg/g.

Adsorption Density in Desorption Process
For the desorption process, the adsorption density at each step was calculated using the following

equation group:

A =q, W+C,-PV
A =4 ,-C_ Ve, (i=2,.,N)

M,=C,, -PV [4]
B, =4 -M,

q; =W

where 4; is the surfactant in the rock and tubing at the i” step, mg; gy is the initial surfactant
adsorption density in the desorption process, mg/g; W is the mass of the rock specimen, g; Cp is
the initial surfactant solution concentration in the desorption process, mg/l; PV is the volume of
the pore space and the tubing, 1; Ve; is the effluent volume at the i step, 1; M; is the surfactant
left in the pore space and the tubing at the i” step, mg; and N is the total steps at present.
Similarly, the effluent was analyzed more frequently at the beginning. Table 11 shows the results
of Des Test 1, corresponding to Ads Test 1.

In total, eight series of circulation experiments for adsorption were conducted, and seven
series of flow-through experiments for desorption were performed. From the measured
adsorption density at different steps during the adsorption and desorption processes, the

adsorption and desorption kinetics of the surfactant can be determined.

Derivation of Kinetic Equations
Assuming rate dependence of surfactant sorption, the pseudo-first and second order kinetic

models for adsorption and desorption are derived as follows.
Pseudo First Order Adsorption Model

If the adsorption process obeys pseudo-first order adsorption model, it can be written in the

following differential equation:”®
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dq _ _
o =k,(q.-q) [5]

where ¢ is the surfactant adsorption density, mg/g; ¢ is the time, h; k,; is the pseudo-first order

kinetic coefficient of adsorption, h™'; and ¢, is the surfactant adsorption density at equilibrium,

mg/g.
The initial condition is ¢ = 0 at ¢ = 0. Using this condition, the solution for Eq. 3 is obtained as
follows:

q = qe (1 - e_kult) [6]

Pseudo Second Order Adsorption Model

The differential equation for the pseudo-second order adsorption model can be written as:’®

% =k,(g.~a) [7]
where k,; is the pseudo-second order kinetic coefficient of adsorption, g/(mg *h); and ¢, ¢, and ¢.
are the same as in Eq. 5.

Integrating Eq. 7 at the initial condition of ¢ = 0 at ¢t = 0, the following solution is
obtained:

T 8

9.-49 4.
Rearranging Eq. 8 leads to:

B fa/;q-j;ez ol
Pseudo-First Order Desorption Model

The differential equation of the pseudo-first order kinetic model for desorption process can be

defined as:*

d
7‘?=kd1(q—q,) [10]

where kq; is the pseudo-first order kinetic coefficient of desorption, h'l; and g, is the residual
surfactant adsorption density at the end of the desorption process.
The initial condition is ¢ = gy at t = 0, where gy is the adsorption density at the start of the

desorption process. Solving Eq. 10 based on this initial condition gives:
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kgt

q4=(9-9,)¢"" +4q, [11]
Pseudo-Second Order Desorption Model
The differential equation of the pseudo-second order kinetic model for the desorption process

can be defined as:

d
7f=kd2(q—qr)2 [12]

where k;» 1s the pseudo-second order kinetic coefficient of desorption, g/(mg *h). With the initial
condition g = gy at t = 0, Eq. 12 is solved as follows:
1 1

= — ket [13]
q_qr qO _Qr

It can be further simplified as:

qO _qr
q= +q, [14]
1=k, -(qo—9q,.) 1t

Using the experimental data obtained in last section, Egs. 6, 9, 11 and 14 can be used to test if
the adsorption and desorption processes can be described by these models; and if a specific
model is applicable, what the kinetics parameters’ values are. In return, when the kinetic model
and their parameters are known the change of the surfactant concentrations in the solution can be

predicted, and thus the foaming processes.

Simplex Nonlinear Optimization
It can be seen that in Egs. 6, 9, 11 and 14, adsorption density and time are related nonlinearly.
Previous efforts to test nonlinear models through simplification and linearization have
limitations. For instance, only two unknown parameters can be determined. For nonlinear
equations with three and more unknown parameters, the linear correlation method does not
apply. The correlation coefficient, R, is a relatively relax condition. No absolute errors are given
in this type of correlation. In order to overcome these limitations, simplex method for nonlinear
optimization is adapted here for testing the models and determining their parameters.

The simplex method refers to two different mathematical optimization approaches:

simplex linear programming” and simplex nonlinear optimization.*” While sharing the same
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name, these two approaches are completely different.*' This paper focuses on the method of

simplex nonlinear optimization.

Function Definition
A properly defined function is the basis of simplex nonlinear optimization. An objective function
is assumed to be defined by » variables as:

/=r(x)

= f(x;,%,5,e0,X,) [15]

Now the task is to find a set of variables, X’(x; 9 x,9..., x,9 minimizing the simplex function f.

Mathematical Procedures
The general idea of the simplex method is to minimize the simplex function of the » variables by
comparing function values at (n+1/) points, which forms a polyhedron, or simplex, in the n-
dimensional space. In each step of iteration the point that makes the function maximum and
minimum are termed as the worst point, ¥, and the best point, B. The worst point is replaced by
a new point calculated through the simplex operation. The procedures are as follow:

Step 1. Initialize (n+1) feasible solutions to define the initial simplex.

Step 2. Calculate the function value at each point. Find the best and the worst point which

makes the function value minimum and maximum, respectively.

Step 3. Calculate the possible new point to substitute for the worst point.

Step 4. Substitute the worst point by a new point according to the simplex operation rules.

Step 5. Repeat Step 2 through Step 4 until a previously defined criterion is satisfied.

These procedures are achieved by four basic operations: reflection (R), expansion (E),
contraction (C) and shrinking (S), as demonstrated in Fig. 27 by a two-variable simplex. In Fig.
27, BMW 1is the initial simplex, in which B represents the best point, /¥ the worst, and M the
intermediate. The dashed lines represent the simplex operations, R refers to the reflected point of
W, E the expanded point of R, C the contracted point of /¥, and S; and S, the shrunk points of
both M and W. Whether the initial simplex BMW becomes BMR, BME, BMC or BS;S; is decided

by the following simplex operations.
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Simplex Operations

Initialize the Simplex. Assuming the initial simplex is composed of the following (n+1) points:
X, =(x,,%0000%,)  ((=12..n+1) [16]

Each of the X; must be both mathematically and physically valid to Eq. 15. The simplex function

value at each point is:

fi=f(x,) (=12,..,n+1) [17]

Rank the Function Values. The function value of each point is calculated. Then the best point,
B(X3), and the worst point, W(Xyy), are determined by the following formula:
S = F(X;)=min(f)
(i=12,.,n+1) [18]
Sy = (X )=max(f)
Calculate the Reflection Point. The reflection point, R(Xz), of the worst point, W(Xy), is

calculated as follows:

Xp=2X,.-X,
n+l
x,=-S$x, [19]
nig

Substitute the Worst Point. The substitution of the worst point is conducted according to the
following simplex rules:
a. If fr <f3, then R(Xy) is expanded to E(X%), by the following formula:
Xp =+ @)Xy —pX, [20]
where u is the expanding coefficient, 1.2<u<2. Now if fz < f3, then W(Xy)is substituted by E(Xg);
otherwise, W(Xy) is substituted by R(Xz).
b. Else, if fz < fz < fw, then W(Xy) is substituted by R(Xz).
c. Otherwise, if fz >= fi, then R(Xy) is contracted to C(X(), by the following formula:
X=X, +(1-DX, [21]
where A is the contracting coefficient, 0.0<A<1.0.
Now if fo < fw, then W(Xyy) is substituted by C(X¢); otherwise, the whole simplex is shrunk by
half toward the best point, B(X3), to form a new simplex by the following formula:
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X = %(X,- +X,)  (=12,.,n+]) [22]

where S;(X; ) is the new points of the simplex.
After the above substitution steps, a new simplex is formed. The function value of each
point of this new simplex is again calculated by Eq. 15, and the simplex operations from ranking

to substitution are repeated until a predefined criterion is satisfied.

Simplex Algorithm for Sorption Kinetics

In the previous section, equations of the pseudo-first and second order adsorption and desorption
models were derived. From Eqs 6, 9, 11 and 14, it is seen that adsorption models have two
unknown parameters, and desorption models have three unknown parameters. Using the above
simplex method and the experimental data of Ads. Test 1 and Des. Test 1 shown in Tables 10
and 11, this section will demonstrate the testing of the models and determination of the kinetic

parameters.

Test of Pseudo-Second Order Adsorption Model

Defining the Function. The pseudo-second order adsorption model, Eq. 9, has two unknown
parameters, k,, and ¢.. Thus the simplex will have three points, (k.2:, ;) (i = 1, 2, 3). In Table 3,
there are 12 measurements, (#, q,) where (j = 1, 2, ..., 12). On the other hand, for each
measurement time, #, a theoretical adsorption density, g.;, can be calculated using Eq. 7 with
each assumed value of (k.2 , g.). Now the goal is to find the best point (k.2 , ge») that can
minimize the cumulative difference between the measured and the calculated adsorption
densities. With these considerations, the function is defined as:

fi=2

j=1

2
kaZi ’ qa ) tj

23
l_kazi'qei'tj 23]

q; —

where j is the index of measurements; i is index of simplex points; and M is the total number of

measurements, /=12 in Ads Test 1.
Initiated Simplex. Theoretically, the simplex algorithm is independent of the initial values of

(ka2i » qei) Where (i = 1, 2, 3). However, a reasonable set of initial values would speed up the

search for the solution. In order to give reasonable initial values for (k,2;, g.;) where (i = 1, 2, 3),
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a rough estimate of the ranges of these parameters is helpful. If the adsorption process is rate-
independent, k,, would be zero; otherwise, k,, could be any positive value. If there is no
adsorption, g, would be zero. From Table 10, g. could be very well constrained within 0 and /.
Based on this rough estimation, three pairs of initial values are given in Table 12. Initial values

in a larger range have been tested and same results have been repeated.

Solution Criterion. Two criteria were applied: the absolute error and the maximum iteration of
simplex operations. The first is the function value defined by Eq. 23 divided by the number of
measurements. It is the error between the measured and calculated values. This criterion was set
at 0.005 mg/g for Ads Test 1. The second criterion was set to avoid dead loop in case of incorrect

model or unrealistic error level. A maximum iteration of 1000 was set in this case.

Results of Ads. Test 1. Using the above defined function, initial simplex and criteria, a
computer program was developed for the simplex operation. Table 13 shows part of the results.
The same results were repeated by changing the initial simplex values and the criteria. This
proves that the algorithm is robust, and the results are reliable. It can be seen that the solution
was obtained by the 200" iteration. After that, the solution and the error did not change. It is also
seen that error criterion of 0.005 mg/g has not been met. Instead, the program stopped when the
maximum iteration is reached and was not changed after 100 iterations.

Applying the k,; and ¢, of Table 13 and the time of Table 10 into Eq. 9, the calculated
adsorption density at each time can be obtained. Figure 28 compares the measured and modeling
results for this case. The model matches the test results well except the third test point that was
taken at 6 hours. The experimental results are more erratic in the time period of rapid transition.
This is where the experimental and modeled results deviate. This occurred and was probably due

to the experimental accuracy where adsorption rate changes rapidly.

Results of Ads. Tests 2-8. Following the same procedure, Ads. Tests 2—8 were analyzed. Table
14 summarizes the final results of all the tests. Fitness of the measured and modeled results is
shown in Fig. 29. The low absolute error, the close match between the measurements and the
modeled results indicate that pseudo-second order model can describe the adsorption kinetics of

the CD1045 onto the Berea sandstone under the specific conditions.
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Test of Pseudo-First Order Desorption Model

Desorption experiments shown in Table 9 were found to be best fitted by the pseudo-first order
desorption model. The simplex procedure is similar to that for the test of the pseudo-second
order adsorption model. Applying Eq. 11 to replace the counterpart in Eq. 23, the simplex

function for the desorption model is defined as:

)

In Eq. 24, there are three unknowns, k,;, o, and g,. Therefore, the simplex is a three-dimensional

gy ~ a0 —gue™ )+ g, [24]

tetrahedron. The initial simplex has four points, each with three values for each of the three
unknowns. Table 15 shows the initial values for Des. Test 1.

With the above modifications of the simplex computer program, the parameters of the
pseudo-first order model for Des. Test 1 are obtained as shown in Table 16. The fitness of the
measured data and the modeling results are shown in Fig. 6. Des. Tests 2—7 in Table 9 were also
processed in the same way. Table 17 summarizes the final results of all the desorption tests. The
fitness of the model to the measured results for Des. Tests 2—7 is shown in Fig. 31. It can be seen
that all desorption tests can be well-fitted by the pseudo-first order model except for Des. Test 6.
This is because Des. Test 6 had three different flow rates, as shown in Table 9.

Test of Pseudo-First Order Adsorption and Pseudo Second Order Desorption Models

The adsorption and desorption experimental results were also tested with the pseudo-first order
adsorption model, Eq. 6, and pseudo-second order desorption model, Eq. 14. The models did not
converge, and there was no indication that they would do so, even though the iteration limit of

10,000 was used. Therefore, these experimental data cannot be described by these models.

Conclusions

Through the work described in this chapter, the following conclusions were arrived:

1. The pseudo-first and second order kinetic models for adsorption and desorption were derived
in a mathematically complete format. These models are nonlinear. The adsorption models
have two unknown parameters, and the desorption models have three unknown parameters.

2. A simplex nonlinear optimization method was adapted for the determination of the unknown

parameters for these kinetics models. This algorithm can be applied to determine not only the

-54 -



parameters of these nonlinear models, but also the absolute error between the model and the

measured results.

3. The adsorption and desorption processes of surfactant CD1045 onto and from Berea

sandstone were found to obey the pseudo-second order adsorption model and the pseudo-first

order desorption models, respectively. More experimental work under different conditions

will be carried out to better understand the influences of different factors on the sorption

Processes.

Table 8. Adsorption Experiment Conditions

Ads. Test Surf. conc. (mg/g) | Flowrate (cm’/h) | Temp. (°C) | Pressure (kPa)
1 196 15 40 101.3

2 493 15 40 101.3

3 727 15 40 101.3

4 1034 15 40 101.3

5 1627 15 40 101.3

6 2114 15 40 101.3

7 3123 15 40 101.3

8 485 15 23 101.3

Table 9. Desorption Experiment Conditions

Des. Test Surf. conc. (mg/g) | Flow rate (cm’/h) | Temp. (°C) | Pressure (kPa)
1 196 15 40 101.3

2 727 15 40 101.3

3 1627 15 23 101.3

4 3123 15 40 101.3

5 493 30 40 101.3

6 1034 30 40 101.3

7 2114 60—4—60 40 101.3
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Table 10. Measurements of Ads. Test 1

Step | Time (h) | Adsorption density (mg/g)
1 1 0.009
2 3 0.046
3 6 0.109
4 24 0.106
5 30 0.115
6 36 0.122
7 48 0.121
8 72 0.138
9 96 0.138
10 | 120 0.139
11 144 0.139
12 | 168 0.137

Table 11. Measur

ements of Des. Test 1

Step | Time (h) | Adsorption density (mg/g)
1 0.5089 0.1089
2 0.9749 0.0918
3 1.4368 0.0907
4 1.8972 0.0906
5 2.5097 0.0903
6 3.3083 0.0903
7 4.3241 0.0895
8 5.3496 0.089
9 5.6694 0.0888
10 [9.9094 0.0868
11 18.2027 0.0842

Table 12. Initials for Ads. Test 1

I ka2 (g/(mgh)) ge (mg/g)

1 0 0

2 0 1

3 5 0

Table 13. Simplex Operation Results of Ads Test 1
Iteration | k. (g/(mgh)) | g. (mg/g) | Error (mg/g)
100 0.9782 0.1458 0.007

200 0.9781 0.1458 0.007

400 0.9781 0.1458 0.007

600 0.9781 0.1458 0.007

800 0.9781 0.1458 0.007

1000 0.9781 0.1458 0.007
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Table 14. Simplex Results of Ads. Tests1-8

Ads. Test | Surf. conc. (mg/g) | Iteration | k,>(g/(mgh)) | g.(mg/g) | Error (mg/g)
1 196 200 0.9781 0.1458 0.007

2 493 100 0.6145 0.2691 0.014

3 727 200 0.7866 0.4254 0.006

4 1034 100 0.7940 0.5581 0.009

5 1627 100 0.2462 0.7578 0.012

6 2114 200 0.1386 0.9847 0.026

7 3123 200 0.3061 1.376 0.040

8 485 200 1.3826 0.3174 0.011

Table 15. Initials for Des. Test 1

L | ko (0) | go(mg/g) | g, (mg/e)

1 0.1 0.15 0.5

2 |5 0.3 0.1

3 11 0.5 0.1

4 |5 0.5 0.5

Table 16. Simplex Operation Results of Des. Test 1

Iteration | ks (h™) | g9 (mg/g) | ¢.(mg/g) | Error (mg/g)

100 -4.5458 | .2856 0.0895 0.001

200 -4.5759 | .2886 0.0895 0.001

400 -4.5759 | .2886 0.0895 0.001

600 -4.5759 | .2886 0.0895 0.001

800 -4.5759 | .2886 0.0895 0.001

1000 -4.5759 | .2886 0.0895 0.001

Table 17. Simplex Results of Des Tests 1-7

Des. Test | Surf. conc. (mg/g) | Iteration | ks (h") | go(mg/g) | g.(mg/g) | Error (mg/g)
1 196 200 -4.5759 ] 0.2886 0.0895 0.001
2 493 1000 -2.9550 |0.2821 0.0903 0.002
3 727 500 -0.0881 | 0.3476 0.3017 0.001
4 1034 200 -0.0476 | 0.5738 0.3042 0.002
5 1627 1300 -0.0805 | 0.8204 0.3035 0.005
6 2114 300 -0.5127 ] 0.9306 0.4858 0.028
7 3123 3100 -0.0664 | 1.0595 0.7215 0.013
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Fig. 25. Circulation experiment setup.
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Solution

Fig. 26. Flow-through experimental set up.
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Fig. 27. Simplex operations in a 2-variable case.
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Fig. 28. Comparison of Ads. Test 1 and pseudo-second order modeled adsorption.
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Fig. 29. Experimental results, g;, compared to pseudo second order model calculated adsorption
density, g., in Ads Test 2-8: (a) Ads Test-2, -4, -5, and -6; (b) Ads Test-3, -7, and -8.
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Fig. 31 Experimental results, g;, compared to pseudo first order model calculated adsorption
density, g.: (a) Des Test-2, 3 and 4; (b) Des Test-5, 6 and 7.
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Chapter 4: Gas Mobility of CO,/brine at Reservoir Conditions

Introduction
This chapters describes how gas fractional flow, f,, is used to determine how foam flow behavior
is affected by different parameters. Khatib et al.** showed that at a given gas flow rate, qg, foam
mobility decreases slightly with increasing f, ranging from 50% to 98%. But for f, > 98%, foam
mobility increases with increasing f,. Similarly, De Vries and Wit* reported that, at a constant
total flow rate, q;, foam mobility decreases as f, increases until the break point (where the
pressure gradient reaches the maximum), and increases beyond that poin. Also, Patton et al.,84
Hirasaki and Lawson,® Marsden and Khan,*® and Chang and Grigg®’ found that foam mobility
decreases with increasing f,. On the other hand, Lee and Heller®™ reported that foam mobility
increases with increasing f,. Yaghoobi and Heller* found that foam mobility increases slightly
as f, increases up to about 85%; thereafter, foam mobility increases rapidly.

Flow rate is another parameter that affects foam flow behavior. Persoff et al.”® found that,
at a fixed gas flow rate (qg), foam mobility decreases with increasing liquid flow rate (q;) and at a

1.°! showed that foam mobility

fixed q;, foam mobility is independent of gas flow rate. Hu et a
increases with increasing q at a given q,. The results by Lee et al.”” demonstrated that, at a fixed
gas fractional flow (f,), foam mobility increases with increasing q; (total flow rate). Khatib et
al.,» de Vries and Wit,* and Yaghoobi and Heller® reported foam mobility increases with
increasing q; at a fixed f,. Chang and Grigg” also showed that foam mobility increases with
increasing, and at the constant g, the total mobility decreases with increasing q,.

The destabilizing effect of crude oil on foam was first examined by Bernard and Holm.**
They reported that foam’s effectiveness in reducing gas mobility greatly diminished when crude
oil was present. More recently, Jensen and Friedmann® studied the propagation rates of nitrogen
and steam foams at 149°C in partially oil-saturated Berea sandstone cores. They found that the
oil must be displaced below 15% residual oil saturation before oil-sensitive foam could
propagate. They also concluded that the type of oil had little effect on the overall propagation
rate of the different foams, but that the type of surfactant had dramatic effects. The “oil-
insensitive” surfactant produced foam that propagated through the medium more rapidly than the

“oil sensitive” surfactants. The pressure drop associated with the foam created with the oil-

insensitive surfactant responded more rapidly. Raterman’® investigated the oil destabilization of
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nitrogen in porous media and concluded that the destabilization of foams by oil in a porous
media correlates strongly to the inherent probability of pseudo-emulsion film drainage and oil
penetration of the gas/liquid interface. When Yang and Reed’’ examined mobility control using
CO, foams and decane in Berea sandstone, they found there was no partitioning of surfactants
into the oil phase, but one viscous and long-lived oil emulsion with decane formed for the
surfactant (DPEDS and NES-25) solution. Manlowe and Radke’ visually studied foam in an
etched-glass, porous-medium micromodel containing residual oil and demonstrated that foam
decays as a result of breakage of pseudoemulsion films between foam bubbles and oil. Foam
films collapse whenever nearby thin aqueous films separating gas bubbles and oil rupture.

Due to the different results for the foam flooding discussed above, it is necessary to
clarify the nature of the problem. Meanwhile, most of the investigations for the interaction
between oil and foam mainly focused on nitrogen foam. To advance the field application of CO,
foam, it is essential to perform a systematic laboratory study such as that described in this
chapter.

For this study, the experiments were divided into two groups. In the first group, a total of
six displacement experiments were performed with CO, and CD surfactant (@0.05wt % and 0.25
wt %) at three different flooding modes (changing f, with gas flow rate, CD aqueous flow rate
and total flow rate fixed, respectively) in two fired Berea sandstone cores. There were two
objectives for this part of study. The first was to examine the non-oil CO; foam flow behavior in
the fired Berea sandstone and further verify the effect of gas fractional flow (f;) and flow rate on
foam mobility. The second was to determine an optimum f, value with the highest CO, foam
mobility reduction. In the second group, six oil recovery experiments were conducted based on
the optimum f, obtained in the first group of experiments. The purposes was to investigate the

CO, foam behavior when oil is present.

Literature on CO,-foam flooding experimental study

The flow behavior and the displacement mechanism of CO,-foam were investigated by several
researchers.””'” In 1980, Bernard et al. performed CO, flooding with three types of surfactants
(anionic, cationic and nonionic).” The oil recovery efficiency increased when the surfactant was
injected with CO,. Wang investigated the flow behavior of CO,-foam and the displacement

mechanism in glass bead pack porous media using SACROC and Rock Creek crude oils.'”
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With varying CO; slug injection sequences and surfactant concentration, he showed that CO,-
foam flooding slightly improved oil recovery and delayed gas breakthrough.

Several researchers have reported that some surfactants generate foams, which selectively
reduced mobility of CO, by a greater fraction in higher than in lower permeability

. 97,101,102
regions.

The main objective of injecting CO,-foam is to divert the injection fluid into the
lower permeability region. Yaghoobi et al. conducted CO,-foam core flooding in core plug
without 0il.* The experiment was performed in composite core samples with two different
permeability regions in capillary contact. Sweep efficiency was found to be improved. The
experiment was later continued on one composite core of a known heterogeneity with oil
present.'”” The composite core system consisted of two coaxial permeability layers in capillary
contact. They observed that foam was diverted to lower permeability regions and delayed CO,
breakthrough, thus improving oil recovery efficiency for both regions. Additional experiments
were performed with oil saturation'® and compared well with earlier work.'"

The idea of using foam for mobility control was proposed and patented by Bond and
Holbrook in 1958."" Fried conducted foam drive experiments and reported a sharp pressure drop
across the foam bank and reduced gas mobility through porous media.'® Since then, there have

h.23106-110 The results of these studies indicate that CO,

been several reviews on foam researc
foam will increase the apparent viscosity of displacing fluid and improve the oil recovery by
decreasing mobility. Compared to CO, gas and water, CO, foam has the potential of reducing
viscous fingering, improving sweep efficiency and oil recovery.

Many published studies have indicated that the presence of foam did not affect the

wetting phase relative permeability.****!!114

Darcy’s law can be applied to calculate the water
relative permeability. Steady-state water saturations are different between foam and surfactant-
free two-phase flow under identical flow rate conditions, while the relationship between the
aqueous phase relative permeability, k., and the aqueous saturation remains the same. However,
the relative permeability of the nonwetting gas phase is drastically reduced when foam is present
in the porous media. Therefore, gas mobility can be used as a measure for foam flow resistance
in porous media. Also, steady-state pressure gradients are the same in both the wetting and the
nonwetting phases. The gas mobility, 4, in md/cp, can be calculated using Eq. 25 and is defined

as the ratio of the gas Darcy (or superficial) velocity, u,, or volume per time period per cross-

sectional area of the core, go,/4, divided by the average pressure gradient, dp/d;, across the core
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after a steady state is achieved. With the regular engineering unit, we can get the equation for gas
mobility as shown in Eq. 25.:
A, =1.60717-(q, / A)/(dp/ ds) [25]

where 4, is gas mobility (md/cp), q, is gas injection rate in the core (cc/hr), A is average cross
section area of the core (in”), dp is pressure drop across the entire core (psi), and ds is length of

the entire core (in.).

The limiting capillary pressure and two foam regimes

Capillary pressure is the pressure differential across the interface between a gas phase and a
liquid phase. The capillary pressure imposed on a lamella yields an attraction between two
charged interfaces. Based on DLVO theory,'"” the double layer repulsion must balance the van
der Waals attraction plus the capillary pressure. The work required to break the film decreases as
the capillary pressure increases.''® Thus, capillary pressure affects foam stability outside porous

8T8 erify capillary pressure effect on foam stability and

media. Many published studies
illustrate that the lifetimes of lamellae decreased with capillary increase.

Similarly, foam stability in porous media depends on capillary pressure. Capillary
pressure will increase with gas fractional flow at a constant gas flow rate. However, the capillary
pressure, P, will increase up to a limiting value as f, increases. This limiting value is defined as
the limiting capillary pressure, P.* (Fig. 32). The foam texture becomes coarser because the

Z.,gz’119 Persoff et

capillary pressure cannot exceed its P.* with further increase of f,. Khatib et a
al.,”® Ettinger and Radke,'*® and de Vries and Wit* reported a sharp transition from stable foam
to a weak foam or even no foam at P.* in different porous media. When P, reaches P.*, foam
bubbles change size as needed to maintain foam at P.*. As a result, liquid saturation, Sy, is
constant and equal to S, * at P.* (Fig. 32). If P.* and S,* are independent of flow rates, then ki
(Sw) is constant during foam flow. This leads to the pressure gradient being proportional to the
liquid flow rate, or liquid superficial velocity, uy, and independent of the gas flow rate.

Figure 33 is a plot for two foam-flow regimes.'** The vertical dp/ds contours define the
high gas fractional flow regime, which is also known as the coarse foam regime. The horizontal
contours define the low gas fractional flow regime or stable foam regime. In the high foam gas

fractional flow regime, the pressure drop is independent of gas flow rate at constant liquid flow

rate, which is controlled by P.* when P, reaches P.*. In the low gas fractional flow regime, the

66



pressure gradient remains constant with changing liquid flow rate at constant gas flow rate. The
transition zone between the two regimes is characterized by a specific value f,*, which

corresponds to the critical gas fractional flow.

Effect of gas fractional flow and flow rate on foam mobility

In this study, foam mobility refers to the total mobility of gas (CO, or Ny)/surfactant solution.
The total mobility is calculated as a single fluid and is defined as the ratio of the total injection
rate per unit superficial area to the pressure gradient required for simultaneous flow of gas (CO,
or N,) and brine/surfactant through the core.”? That 18,

A, =1.60717-[(q, +q,)/ A]/(dp/ ds) [26]

where 4, is total mobility (md/cp) and q; is liquid (surfactant solution or brine) injection rate in
the core (cc/hr). Gas fractional flow (fy), a term conventionally called foam quality or gas
quality, refers to the fraction ratio of gas injection rate in the core to the total gas-liquid injection

rate, which can be expressed in Eq. 27:
fg:qg/(Qg+QI) [27]

where f, is gas fraction flow. Gas fractional flow affects foam flow behavior. Khatib et al.*
showed that, at a given gas flow rate, q,, foam mobility decreases slightly with increasing f,
ranging from 50% to 98%. But for the case f, >98%, foam mobility increases with increasing f,.
Similarly, De Vries and Wit* reported that, at a constant total flow rate, q, foam mobility
decreases as f, increases until the break point; beyond that point it increases. Also, Patton et

% and Chang and Grigg® found that foam

al.,* Hirasaki and Lawson,85 Marsden and Khan,8
mobility decreases with increasing f,. On the other hand, Lee and Heller® reported that foam
mobility increases with increasing f,. Yaghoobi and Heller® found that foam mobility increases
slightly as f, increases up to about 85%; thereafter, foam mobility increases rapidly.

Flow rate is another parameter that affects foam flow behavior. Persoff et al.”’ found
that, at a fixed q,, foam mobility decreases with increasing q; (liquid flow rate); at a fixed q,

foam mobility is independent of gas flow rate. Hu et al.”’

showed that, foam mobility increases
with increasing q; at a given q,. The results by Lee et al.”> demonstrated that, at a fixed f;, foam
mobility increases with increasing q; (total flow rate). Khatib et al.,** de Vries and Wit* and

Yaghoobi and Heller® reported foam mobility increases with increasing q; at a fixed f,. Chang
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and Grigg®’ also showed that foam mobility increases with increasing q;, and at a constant g, the

total mobility decreases with increasing q.

EXPERIMENTAL APPROACHES

Materials

Chaser CD1045™ (CD) was the primary surfactant selected for this study. CD1045™ was
identified as one of the best foaming agents in several other studies.*”**'* It was supplied by
Chaser International as 46.8 wt% active aqueous solution. The critical micelle concentration
(CMC) of the CD is approximately 0.06 wt%. Unless otherwise stated, the CD concentration
used in this paper is 0.25 wt%. Calcium lignosulfonate (CLS) was obtained from Tricon
Commodities International Inc. This product was produced by sulfonation of softwood lignin and
provided in a yellow powder with a melting point of 266°F .

Unless otherwise stated, all aqueous solutions were 2 wt% brines with NaCl:CaCl, weight
ratio of 3:1. The crude oil used in this study is dead crude with API gravity of 33.3, average
molecular weight of 237 g/mol, and viscosity of 15.80 cp @ 68°F. The CO, is 99.9% purity.
Dimidium Bromide-Disulphine Blue Indicator was supplied by BDH Laboratory Supplies and
chloroform, HPLC grade, containing approximately 1.0% ethanol as a preservative, were used to
determine unknown CD concentrations. Tetrahydrofuran (THF), 99+%, with density of 0.88
g/em’, freeze point of -6°F and boiling point of 151°F, supplied by Acros Organics Company,
was used as a strong solvent to remove the residual oil and clean the core between oil recovery
experiments.

Berea sandstone from the Michigan Basin was used. Both core plugs used in this study
are fired Berea sandstones (fired at ~1000°F for 5 hours), which are relatively uniform and
homogeneous cores quarried in Amherst, Ohio by the Cleveland Quarries Company. Each core is
6 in. long and 2 in. in diameter. A detailed description of the two fired Berea sandstones are

listed in Table 18.

Core flooding apparatus setup
The CO,-foam core flooding experiments were performed by using a high pressure coreflood
apparatus, which is shown in Fig. 34. Six series of CO, foam flooding experiments were

conducted in this part. Two fired Berea sandstone core plugs, designated SS-1 and SS-2, were
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utilized, the former plug being used in first three series and the latter plug used in last three. The
fired Berea sandstone core was surrounded by an outlayer with both ends open and installed into
a molded viton rubber sleeve without any pressure taps outside. The outlayer for Core SS-1 is a
heat shrink plastic, but for Core SS-2, it was changed to epoxied lead foil, which can provide a
more reliable seal to prevent CO, communication between the core and annulus under high
overburden pressure.

The core sample body composed of core and rubber sleeve was horizontally positioned
inside a Hassler-type 304-grade stainless steel core holder, which can accommodate a core up to
2 in. in diameter and 24 in. long with a maximum working pressure of 10,000 psi. The annulus
between the rubber sleeve and the core holder was refilled with distilled water and kept at 3100
psi overburden pressure.

Three filters were placed in front of the core to act as a foam generator and filter; the
final and smallest aperture was 0.5 um. One pressure transducer was incorporated in the design
to measure differential pressures, dp;, across the total core. A heater with an electric fan installed
inside the air bath provided the heat and maintained the constant temperature desired for the
experiment. The final equilibrium temperature of the air bath could be manually preset on a
thermal adjustment box.

Two syringe pumps, Pump A and Pump B, provided the power for the coreflooding. To
avoid corrosion damage, the fluid used in these two precision pumps was distilled water only.
As shown in Fig. 34, pump A was used to drive flow for either of the aqueous floating piston
accumulators and pump B was used to drive flow for the gas floating piston accumulator. Two
backpressure regulators (BPR) with 5000 psi working pressure, were installed downstream of the
accumulators to control the flow rate of CO; and aqueous solution. The two BPR valves were
filled with N, gas, maintaining a dome pressure of 3100 psi at 105°F. The core was maintained
at a 1540 psi pressure with one outlet BPR.

The system tubing was designed to minimize volume and eliminate possible storage of
solution, which could strongly effect the effluent measurements. According to the tubing design,
the fluid could flood through/bypass the core and flow out of the system with/without passing
core outlet BPR. The effluent was recovered in the first trap flask, and then the CO, gas would

pass through the second flask trap and enter a wet test meter through which the amount of
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produced CO; can be recorded. The CO, gas passing from the wet test meter finally was
released to air through a flask of fresh water for the purpose of gas visualization.

The pressures and temperatures were recorded by a computerized data acquisition
system. This system consisted of a personal computer and a demodulator, receiving voltage
signals from the three pressure transducers and three other temperature transducers positioned on
a core holder surface, inside and outside the air bath. The voltage signals, produced by each
transducer, were transformed through a designated channel into the demodulator and then to the
computer for data acquisition. The time delay between two recorded data in this study was set to

1.0 min. The data were collected and finally averaged.

Core flooding experimental procedures

The core was prepared in the following sequence: cut and cored cylindrical, measured and
recorded dimensions, dried in an oven at 248°F temperature for 24 hrs, and evacuated and
measured pore volume at 2000 psi pressure with a 3000 psi overburden pressure. Finally, the
core was redried and installed horizontally into the coreholder as the procedures for apparatus
setup in Fig. 34.

All the brines used in these experiments were filtered and degassed before refilling the
aqueous accumulator. Assuming the compressibility due to the change of pressure and
temperature was negligible; the injection rate for Pump A was equal to the flooding rate in the
core. The pressure drop obtained by changing the injection rate from 10 cm’/hr to 200 cm’/hr in
10 cm’/hr intervals was used to determine the mobility of the core. The permeability to brine can
be computed from viscosity times the mobility. This permeability would be used as the baseline
value to evaluate changes in the core plug by comparing it with the subsequent baseline value
determined between experiments.

Brine and CO; coinjection (CWG) was used as the baseline to acquire the foam mobility
reduction factor (MRF) in the subsequent CD—CO, foam flooding experiments. The CWG
baseline experimental methods utilized in this study are listed in Table 19.

During the brine-CO; coinjection, assuming the solubility of the CO, into the brine and
brine into the CO, is negligible, efficiency of the ISCO syringe pump B is 100%, the injection

flow rate is:
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P

c

qy +q4,%q,+4q,., [28]

where p, is CO; density in the accumulator (g/em’), P, 1s CO;, density in the core plug (g/em’),
g, 1s injection flow rate of pump A (cm’/hr), g, 1s injection flow rate of ISCO pump B (cm’/hr),

dc1 1s flow rate of CO; in the core (cm3/hr), and g, is flow rate of brine aqueous solution in the
core (cms/hr). For the experiments in this study, the average temperature was 105°F, and the
pump and gas accumulator pressures were 3170 psig and the core pore pressure P.~1540 psig.

The densities, p, and p,, were obtained using an equation of state software.'** During the CO,-

brine coinjection flooding, the total flow rate was fixed and the flow fraction ratios between
brine and CO, were varied. For each ratio, the flooding was continued until the pressure drop

steady state was established.

CO,-CD coinjection foam flooding

The CD aqueous solution was filtered and degassed. To start the experiment, the desired gas and
aqueous solution flow rates were set, and the computerized data acquisition system was started to
collect pressure drop data (dp;), pressure of inlet and outlet of core (Pi, and P,y), core holder
temperature, room temperature and air bath (inside) temperature. The experiments performed are
listed in Table 20. Normally, each test interval was stopped after the pressure drop across the
core reached steady state. In the CD-CO; foam flooding, three general types of injection models
were performed. One was to change the fraction flow ratio between the CD solution and CO,
with fixed total flow rate. Second was to change the CD solution flow rate with fixed CO, flow
rate. And third was to change the CO, flow rate with fixed CD solution flow rate. At the end of
each test, the core was flushed with CD-free brine until the pressure drop through the core was
close to the value obtained at the core initial conditions at the same flow rate. The effluent out of
the core was collected to analyze the concentration of CD to determine the adsorption and
desorption at HPHT in the CO, foam system. Finally, the brine baseline would be tested and the

core damage status evaluated.
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Results and Discussion

Brine base permeability tests

The brine base permeability results for Cores SS-1 and SS-2 are shown in Figs. 35 and 36,
respectively. Figures 35 and 36 show that, even though Cores SS-1 and SS-2 are both fired Berea
sandstone, their permeabilities are quite different. Brine base permeability for Core SS-1 is 26

md, while for Core SS-2 it is 450 md.

COs-brine coinjection base mobility tests

A series of baseline experiments were carried out by coinjecting CO; and brine into a brine-
saturated core until a steady-state pressure drop across the core was achieved. The total mobility
of CO,/brine and the gas mobility were determined by regression based on the constant total
flow rate. These values are listed in Table 21. The results of the total mobility of CO,/brine and
gas mobility as a function of f,/(1-f;) are shown in Figs. 37 and 38. Apparently, for both Berea
sandstones, gas mobility of CO,/brine increased with increasing f,. The total mobility increased
with increasing f, ranging from 0.6 to 0.9, but decreased with increasing f, when f, was less than
0.6. This observation was consistent with the results of Chang and Grigg,*” which indicated that
the total mobility of CO,/brine increased with increasing f, ranging from 0.333 to 0.8, but
decreased with increasing f, when f, is less than 0.333. The difference of value may be due to

the core difference.

Three foam flow zones and determination of f,°
Strategies to determine fg*. The effect of capillary pressure is important for any type of
multiphase flow in porous media, especially when flow rates are low and the heterogeneity in the
core is high. Gas fractional flow, f,, will alter the water or gas saturation in the reservoir.
Capillary pressure varies with water saturation and thus the capillary pressure will be a function
of f, with the limiting capillary pressure dividing the foam into a stable regime from unstable
foam in porous media. The limiting capillary pressure determines fg*. A foaming agent should
have a higher fg*, which is an essential consideration when screening surfactants for foam
applications.

In order to determine fg*, a series of coreflooding experiments were conducted for both

core plugs. For Core SS-1, the 0.05 wt% CD aqueous phase flow rate was varied from 0.20 to
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1250 cc/hr at a constant CO, gas flow rate of 20 cc/hr. For Core SS-2, keeping a constant gas
flow rate of 40cc/hr, two sets of experiments were performed, respectively, with CD
concentration of 0.05 wt% and 0.25 wt% CD and flow rates ranging from 1.12 cc/hr to 1250
cc/hr. The experimental values are listed in Table 21. The relationships for Core SS-1 and Core
SS-2 between gas mobility, 4,, and f,/(1-f;) at the constant gas flow rate are shown in Fig. 39.
Some previous studies showed the relationship between the gas mobility and fg*, at a
constant gas flow rate. Khatib ez al** reported fg* of 0.98 for 1 wt% sodium dodecyl benzene
sulfonate surfactant (Siponate DS-10) in a sand pack. Liu, et al'*® reported fg* of 0.85£0.05 for
foam 0.25 wt% CD surfactant with a constant N, flow rate of 22 cc/hr in an Indiana limestone
core. They also showed that the plot for the relationship between the gas mobility and f; is

characterized by two straight lines intersecting at fg*.125

At lower values of f,, gas mobility
slightly decreases or remains constant with increasing f,, while at higher f, the foam mobility
increases with increasing f, (see Fig. 40). The solid lines in Fig. 40 represent the trend obtained
from their experimental data, while the dashed lines represent the estimated trends from limited
experimental data at lower constant gas flow rates. Their results obtained with different gas flow
rate indicated similar f, .

1.'* With the same core,

The effect of permeability on fg* was also discussed by Liu et a
they determined different permeability and f,* for different sections of core. As shown in Fig.
41, the fg* values corresponding to 21 md (B-the middle segment), 29 md (the entire core) and 53
md (C-the ending segment) are 0.84, 0.85 and 0.85 respectively. In Segment A (inlet section),
gas mobility values are scattered because Segment A permeability increased over time
presumably due to erosion and/or dissolution. The increased scatter in gas mobility for Segment
C at high f,/(1-f;) is probably due to capillary end effects at low aqueous flow rates. The

difference of permeability did not have a drastic effect on the fg* values.

Three recognized foam flow zones. The results obtained from the experiments for f,*
determination are shown in Fig. 39. The plot for the relationship between the gas mobility and f,
can be characterized by three straight lines intersecting at f,* and f,° (f;° was denoted as the
inflexion between single phase zone to the lower gas fractional flow zone). When f,<f,’, the gas
mobility increases with increasing f,. When f,> f,°, the foam flow demonstrated behavior similar

to the results obtained by Liu, et al.,'** specifically, when fy" <f,<f,*, gas mobility decreases
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with increasing f, When f,> f, , the gas mobility increases with increasing f,. Thus, the foam
flow regime can be divided into three zones: single-phase zone (f,<fy"), low gas fractional flow
zone (fy" < fy< f,*) and high gas fractional flow zone (fy> f,*).

The reasons for the existence of fg* in foam flow due to the limiting capillary pressure

have been elucidated in detail in the previous literature.*""'%*

However, the region of the single-
phase zone (f,< f;°) for the foam flow has not been mentioned previously in the literature. When
the aqueous phase (CD surfactant) flow rate becomes very high, the CO, gas flow portion is
nearly negligible (even though the gas is still flowing at a constant flow rate). In this case, the
flow can be considered to be a single-phase flow. According to Darcy’s law, the pressure drop
across the core should be proportional to the aqueous flow rate. With a constant gas flow rate qg,
when increasing f, in this zone, the aqueous flow rate will decrease, leading to a lower pressure

drop gradient across the core (dp/ds). The gas mobility, which can be expressed as

A, =1.60717-(q, / A)/(dp/ds), will increase linearly.

Factors that affect the critical gas fractional flow value (fg*). Table 23 lists the results
obtained from this study and an earlier study to determine fg*.125 Surprisingly, with different
core, gas (CO; and N), core permeability, and gas flow rate, we obtained the same fg* as that of
Liu et al. It appeared that the same type of surfactant (CD 1045) with same formulation (0.25
wt%) is the reason for the same fg* attained for two different experiments. With only limited
results, even though we cannot conclude that fg* is independent of core type, core permeability,
foam type and gas flow rate, at least we can predict that the surfactant is a dominant factor in
determining fg*. This was further supported with the results for Core SS-2, shown in Table 23.
Having the same conditions except that the CD concentration are 0.05 wt% and 0.25 wt%, the
higher CD concentration leads to a higher fg* and f,’.

With comparison of fg* value, permeability and gas flow rate obtained with the same 0.05
wt% CD solution and CO, gas, for both core plugs, it was found that the higher the permeability
and flow rate, the higher the fg* value. Without adequate experimental data, it cannot be verified
which of the two parameters (permeability and flow rate) plays an important role in determining
the gas fractional flow value. However, one conclusion that can be drawn is that the

121
1.

permeability and flow rate do affect fg*. Alvarez et a studied the relationships between the
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effect of permeability and flow rate on the fg*. They demonstrated that whether increasing flow

rate or permeability, fg* will increase The results of this work are consistent with theirs.

Effect of fy on foam mobility

Effect of f; on foam mobility with constant total flow rate. Experiments for Core SS-1 and
SS-2 were performed with CD concentration of 0.05 wt% at a constant flow rate of 20 cc/hr and
100cc/hr, respectively, with varying f,. The experimental results are listed in Table 24. Even
though there were several variables such as permeability (26.22 md and 450md) and total flow
rate (20cc/hr and 100 cc/hr), the same relationships for both core plugs between the total motility
and f, were obtained. As shown in Fig. 42, fg* for the two core plugs are different, for Core SS-
1 f,* is 0.6 and for Core SS-2 f, is 0.7. Both are in a flat total mobility values region; therefore,
the difference may be insignificant. When f, < fg*, the total mobility decreases with increasing f,,
when fg>fg*, the total mobility increases with increasing f,.

The mobility reduction factor (MRF)'*’

is an expression used to assess the magnitude of the
mobility reduction in laboratory foam tests. The MRF is defined as the total mobility of
COy/brine divided by the foam mobility (total mobility of CO,/surfactant solution), where both
mobility measurements are conducted at the same CO»-liquid volumetric injection ratio. Figure
43 show the changing tendency of MRF for Core SS-1 and SS-2 with variable f; at different total
flow rates. With the same CD surfactant solution (0.05 wt% concentration) but different
permeabilities, the maximum MRF for Core SS-1 is 50.92 at f,=0.6 but for Core SS-2 it is
103.61 at f,=0.8. This embodies the characteristics of foam to reduce the foam mobility
selectively, that is, the higher the permeability of the core, the more the foam mobility will be
reduced.

The results above are similar to those from Chang and Grigg,®” who also studied the
relationship between CO, foam mobility and f, in fired Berea sandstone using solutions with
0.25 wt% CD concentration. They determined that total mobility of CO,/surfactant solution
decreases with increasing f,. Meanwhile, they also showed that the MRF increases with
increasing f, ranging from 33.3% to 80%; there appeared to be a minimum MRF between f,
value of 20% and 33.3%. The value difference may result from the varying properties of the
cores used. Nevertheless, this study shares one thing with theirs, that no matter the surfactant

concentration, either 0.05 wt% or 0.25 wt%, the maximum MRF was realized at about f,=0.8.
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This was considered the optimum f, and was used to perform the subsequent oil recovery

experiments.

Effect of f; on foam mobility with a constant CO, gas flow rate. A schematic plot of
relationship between total mobility and ratio of gas to liquid fractional flow is shown in Fig. 44,
which uses the data in Table 25. For Core SS-1, one series of experiment was conducted with
CD concentration of 0.05 wt% at a constant CO; flow rate of 20cc/hr, while for Core SS-2, two
series of experiments were performed with CD concentration of 0.05 wt% and 0.25 wt% at a
constant CO, flow rate of 40 cc/hr. The plot for the relationship between the total mobility and
f,/(1-f,) was also characterized as three intersected straight lines with two cross points of f,” and
fg*. It shows that, at a constant CO, gas flow rate, the total mobility was independent of f, when
f,< f,°, decreased with increasing f, when f,°< f,< f, and increased with increasing f, when
f>f, . The results for f, > f,° are consistent with those of Khatib et al.** and Liu."'*®

The total mobility and f, can be expressed as 2, =1.60717-[(q, +¢q,)/ A]/(dp/ds) and
fo =4, /(q, +q,). When f,<f,°, the aqueous flow rate is so high that the gas flow rate qg in this

region can be negligible, so the flow is an aqueous single phase. According to Darcy’s law, the
pressure gradient is proportional to the liquid flow rate. As a result, the total mobility is
independent of gas flow rate. When fg>fg*, foam bubbles change size as needed to maintain
foam at the limiting capillary pressure. Consequently, liquid saturation, S, is constant and
equal to S, at limiting capillary pressure P.". If P, and S, are independent of gas flow rates,
then K,y (Sw) is constant during foam flow; as a result, the pressure gradient is proportional to
the liquid flow rate and independent of gas flow rate. With a constant q,, when the f, increases,

q will decrease. At the same time, (g, / A)/(dp/ds)is constant, therefore, with increasing f,, the

total mobility will increase linearly. When f,° < f,< f,, more bubbles are produced with
increasing f,. Schramm,'?’ pointed out that snapoff is the dominant foam generation mechanism
under coinjection of surfactant solution and gas. The produced foam is either transported in the
porous media or trapped in the pore throat, either of which leads to an increase in pressure drop
across the core. Based on the total mobility equation above, when f, increases with a constant qg,
qi decreases and the dp/ds increases, the total mobility will gradually decrease as a result. In

addition, another observation was found for the three series of experiments above. Foam
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mobility for Core SS-1 was much less than that of Core SS-2, possibly due to the lower pressure

gradient owing to the larger pores and pore throats in Core SS-2.

Effect of fyon foam mobility with constant CD flow rate. The effect of gas fractional flow on
foam mobility with a constant CD aqueous solution flow rate was also studied with Core SS-1
only. The results are presented in Table 25, with the relationship between the total mobility and
fo/(1-fy) plotted in Fig. 45. The foam flow region under this condition can also be divided into
three zones. The characteristics of the plot for the relationship between total mobility and f,/(1-
f;) is similar to that when CO, gas flow rate was constant. It was noticed that fg* is lower
compared to the values in the previous experiments. This may be due to the lower total flow

rate.

Effect of surfactant concentration on f, and foam mobility

Two experiments were conducted using Core SS-2 at a constant CO, flow rate of 40 cc/hr with
CD concentration of 0.25 wt% and 0.05 wt%, respectively. Figure 46 shows that the reduction
of surfactant concentration below the CMC (CD CMC is 0.06 wt%) caused a shift of the
transition zone to lower values of f, , from 0.754 for 0.25 wt% CD to 0.689 for 0.05 wt% CD.
The reduction in surfactant concentration reduced the foam strength. The weaker foam would
result in the reduction of the f,.'*' Similarly, increasing surfactant concentration will result in a
higher f, *, and the foam will withstand a higher capillary pressure. In practice, a higher fg*
means a higher ratio of gas and less surfactant, which will be a savings in the amount of
surfactant required.

Figure 46 shows that in the high gas fractional flow region, the total mobility for the
foam produced by 0.25 wt% is much lower than that produced by 0.05 wt%. A higher surfactant
concentration brings about a higher limiting capillary pressure. In turn, a higher capillary
pressure will allow more bubbles to exist, though some bubbles coalescence at the limiting
capillary pressure. As a result, more pore throats were blocked by the trapped gas bubbles,
leading to a higher pressure drop and a lower total mobility. When f,<f, " according to the model

of Rossen and Wang,'**

the bubble size was fixed and the pressure gradient was independent of
surfactant concentration dependent only on the porous medium and surface tension. Therefore,

when f,<0.689, the higher total mobility for the foam produced by 0.25 wt% CD can not be
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attributed to the high surfactant concentration. The lower pressure gradient may cause this result
because some of the minerals were dissolved by the acidic, carbonated water and the pore and

pore throats may become larger as foam flooding proceeds.

Effect of total flow rate on mobility

The effect of total flow rate, q;, on mobility in the application of CO, foam for oil recovery is
also of great interest. A number of previous researchers®’ 12112 haye conducted studies on
this aspect and unanimously agreed that foam mobility increased with increasing q;. Yang and
Reed’” investigated mobility control using CO, foam and found that when the flow velocity is
higher than 1.0 ft/day, the foam was shear thinning and the foam mobility increased with
increasing ¢;. A transition zone was found at velocities between 0.5 and 1.0 ft/day, in which the
mobility is constant. When flow velocity was less than 0.5 ft/day, the foam was shear thickening
and foam mobility decreased with increasing q;.

According to Yang and Reed,”’ both “shear thickening” and “shear thinning” can be
interpreted in terms of relative effects of flow rate on bubble snap-off and coalescence. The
driving force for bubble coalescence increases as the flow rate increases. The bubble coalescence
time decreases with increasing driving force. Therefore, thin films are shorter-lived, resulting in
less resistance to CO, flow. The snap-off time is negligible compared with the coalescence time
for effective foam. The fact that snap-off time is probably more efficient at high rates cannot
offset the effect of rate on bubble coalescence. This is consistent with a “shear thinning” trend.
When the rate decreases, in the transition zone, snap-off becomes less effective. At the same
time, bubble coalescence is slower. The effect of low rate on snap-off offsets that of coalescence.
Thus, foam mobility seems constant. As the rate further decreases, the effect of flow rate on
snap-off is greater than that on coalescence. Probably snap-off completely stops, and bubble
generation may rely on some secondary mechanisms. CO, foam flow demonstrates shear
thickening behavior.

In this study, one experiment was performed to investigate the effect of q; on the
mobility. CO; and CD(@ 0.25 wt%) were coinjected into Core SS-2 at constant flow rate of 20,
40, and 80 cc/hr with a fixed f,=0.8. Figure 49 shows that the total mobility and gas mobility
increase with increasing q; when the f; is fixed in the Berea sandstone. When the f; is variable,

the data for the mobility vs q; in this study was not available. The results are compared to the
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earlier work of Liu,lzs’126

where tests were performed in limestone with N,/CD co-injection at
constant flow rates of 6, 10, 16 cc/hr and the results are shown in Fig. 50. Figures 47 and 48
show that the base line results obtained in this study and in hers are similar. Liu'*® showed that
the gas mobility and total mobility increase with increasing total flow rate in Indiana limestone
(see Figs. 50 and 51), and the N, foam demonstrates a shear-thinning behavior, which agrees
with the results in a Berea sandstone core.*® Due to the similar base line results, CO, gas

mobility and total mobility will increase with increasing total flow rate in this study.

Surfactant adsorption and desorption at reservoir conditions
During the process of foam flooding in this study, the adsorption and desorption behavior of the
foam were also investigated. The experimental strategies are outlined in Table 26.

In this study, Cores SS-1 and SS-2 were utilized. The adsorption process was studied
with 0.05 wt% CD solution and CO,. Unfortunately, the desorption data was lost when the core
was damaged in the experiment. For Core SS-2, both the adsorption and desorption test results
were obtained. The adsorption stage for this core can be divided into two phases. First was the
adsorption phase with 0.05 wt% CD solution and CO,. Second, with the previous CD pre-slug
remaining in the core, the 0.25 wt% CD solution was directly injected into the core with CO,
until the end of foam flooding, then a one-time desorption process followed.

The effluent was collected during all adsorption and desorption tests. Desorption was
determined by injecting surfactant-free solution after coinjection flooding of surfactant and gas
(CSG). The relationship between effluent CD concentrations normalized to the initial injected
CD solution concentration versus pore volumes (PV) of injected CD solution are shown in Figs.
52 and 53.

Each adsorption process was characterized by a rapid short period of adsorption followed
by a longer period of slower adsorption. This is consistent with the results of Bai et al.'* In the
case of coinjection without a CD pad, when CD solution with 0.05 wt% concentration was
adopted, no CD adsorption equilibrium was achieved throughout the experimental process even
though the foams were observed after 116 PV of CD injection for Core SS-1 and 67 PV CD
injection for Core SS-2. The final maximum CD effluent concentration detected was 60% of the
initial injected solution concentration (0.05 wt%) for Core SS-1 and 70% of the initial injected

solution concentration (0.05 wt%) for Core SS-2.
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Liu et al'® studied adsorption with N, and CD of 0.05 wt% concentration in an Indiana
limestone core where the CD adsorption equilibrium was detected only after 6~7 PV of CD
injection. To understand this problem, two samples were taken from Core SS-1 effluent during
the coinjection foam flooding with CO, and 0.05 wt% CD. One sample (#1) was foaming as
expected but the other sample (#2) had little foam after shaking. The IFT tests were carried out
for these two samples; the results are shown in Fig. 54. The IFT value for the foaming effluent
sample (#1) was only a little lower than the nonfoaming effluent sample (#2), but the foaming
results were different (as indicated in the two photos in Fig. 54). The foaming delay in this study
might have resulted from the inadequate CD surfactant supply. There are two possibilities that
might cause this. One is that perhaps as a consequence of the size of the pore walls of the Berea
sandstone core, adsorption equilibrium is not immediate but requires more time. Schramm'?’
had pointed out that even though surfactant molecules could be expected to adsorb onto the
internal walls of the porous rock according to an equilibrium isotherm, in many laboratory
experiments and at the displacement front in the field such equilibrium may not be attained. The
other possibility is the loss of surfactant due to some other mechanisms. Novosad'’ studied
surfactant retention in Berea sandstone and put forward the idea that when the overall retention is
much higher than expected, the surfactant losses caused by unfavorable phase behavior or some
other mechanisms should be suspected. Here, the unfavorable phase behavior refers to the
surfactant entrapment in an immobile hydrocarbon phase that remains within the core following
a surfactant flood. Other mechanisms may include surfactant precipitation by divalent ions,
surfactant precipitation caused by a separation of the cosurfactant from the surfactant and
surfactant precipitation resulting from chromatographic separation of different surfactant species.
During this study, some minerals in the effluent were indeed observed, which were oxidized after
being exposed to the atmosphere for a couple hours and the solution color had changed from
colorless to red. One speculation was that the CO, light acid solution eroded the internal walls of
the Berea sandstone and scraped the surface layers. The new exposed surface would restart the
adsorption process, leading to more adsorption of the surfactant.

The third observation was that the high initial concentration CD (@0.25 wt%) propagated
through the core faster than the low initial concentration CD (0.05 wt%), which can be seen in
Fig. 53. It was found that the foam started after only 7 PV of CD injection at a 0.25 wt%

concentration, while this process for CD of 0.05 wt% required more than 67 PV injection in the
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same core (SS-2). Additionally, the adsorption equilibrium was established for CO, foam
produced by a 0.25 wt % CD concentration after 65 PV of CD solution was injected. This
observation was further verified by the surfactant retention process, shown in Fig. 55. With the
injection of CD solution, the surfactant retention density (for this stage alone, ignoring any
previous CD pad effect) increased until steady state was accomplished after 65 PV CD solution
injection.

Another interesting observation for three adsorption tests (see Figs. 52 and 53) was that,
once the foam started to be produced, there was one flooding interval in which the detected CD
concentration in the effluent was lower than that obtained prior to foaming, which indicates the
surfactant adsorption onto the core would further increase. This might be due to the larger
surface area of the foam contacting the rock surface and the higher surfactant concentration in
the lamella.

The behavior of CD desorption compared to adsorption for the (0.05 wt% + 0.25 wt%)
CD system is shown in Figs. 56 and 57. The effluent CD concentration drops rapidly after
switching to the injection of CD-free solution. This rapid drop in produced CD followed by a
long tail of low concentration corresponds to earlier studies in which desorption was not 100%

129 The final recovered CD mass

reversible, at least in a comparable time frame to the adsorption.
divided by the initial mass of rock produced a equivalent core retention density of 1.82 mg/g,
which can be observed in Fig. 58 below. 1.12 mg/g density was obtained in the process of 0.05
wt% CD injection, which leaves the incremental retention density during 0.25 wt% CD injection
of 0.70 mg/g. Based on the test data, the equivalent retention density loss during the injection of
160 PV 0.05 wt% CD solution was approximately 3.45 mg/g. Considering the 1.12 mg/g
retention density recovered in the effluent, the remaining 2.34 mg/g was retained in the core.

Exploration of the real mechanism for surfactant retention in the core should be one important

task for the future work

Summary/Conclusions
1. Gas mobility of CO,/brine increases with increasing of f,. The total mobility of CO,/brine
increases with increasing f, ranging from 0.6 to 0.9; but decreases with increasing f, when f,

1s less than 0.6.
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Total mobility (and or gas mobility) as a function of f; is characterized by three intersecting
straight lines with two crossed points f,° and f, . Three foam flow regions are described in
this study: a single-phase region, a low gas fractional flow region and a high gas fractional
region. In the single-phase region, with fixed CO, gas flow rate, the gas mobility increases
with increasing f,. But the total mobility is independent of f, no matter what the fixed CO,
gas flow rate or the fixed CD aqueous flow rate. In the low gas fractional flow region, the
gas mobility and total mobility decreases with increasing f,. In the high gas fractional flow
region, the gas mobility and total mobility increases with increasing f;.

In different cores, the fg* is generally different. Even in the same core, due to different flow
rates and different foam flow modes, fg* may also vary. The higher the permeability and flow
rate, the higher the f, .

The mobility reduction factor for Cores SS-1 and SS-2 reaches maximum at f,=0.6 and f,
=0.8, respectively.

Gas mobility and foam mobility increases with increase in total flow rate if the foam flow is
shear-thinning.

During CO, foam flooding, with CD solution of 0.05 wt% concentration, it was difficult to
establish adsorption equilibrium. Exploration of the reason for this would be an important
task for future work.

The adsorption/desorption of the surfactant are characterized as a rapid short period of
adsorption/desorption to/from the rock surface followed by a long period of slow
adsorption/desorption. The adsorption of surfactant onto rock increases with the occurrence
of foam.

A CD surfactant solution with a higher concentration will reach adsorption equilibrium in the

core faster than a CD surfactant solution with a lower concentration.
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Table 18. The Properties of Berea Sandstone

Core oD, Length, Initial Pore Initial Porosity, Initial water

ID in in Volume, cm® % permeability, md
SS-1 2.003 5.998 49.75 16.06 26.22
SS-2 2.028 5.785 68.25 22.29 450

Table 19. Experimental Methods Used in the CO,/Brine Coinjection Flooding Baseline
Test

Core Flow Rate Foam Flooding Mode Brine Description
SS-1 q=20cm’/hr

q=100 cm’/hr fixed total flow rate g, 2.0 wt% total, 1.5 wt % of NaCl and
SS-2 change q,/q; to realize variable f, 0.5 wt% of CaCl,

q=40 cm’/hr

Table 20. Experimental Methods used in CO, Foam Flooding

Concentration of .
Core ID CD surfactant used Foam Flooding Mode Flow Rate
fixed CD q, change g, to realize variable f, q=10cm’/hr
SS-1 0.05 wt% fixed qq, change q;torealize variable f, qs=20 cm’/hr
fixed q;, change q4/q; to realize variable f, q=20 cm’/hr
fixed qq, change q; torealize variable f, qz~40 cm’/hr
0.05 wt% . . 3
SS-2 fixed q,, change q,/q to realize variable f, =100 cm’/hr
0.25 wt% fixed qg, change q; torealize variable f, q:=40 cm’/hr
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Table 21. Summary of CO,/Brine Coinjection Baseline Experiments

. Gas to liquid Pressure | Total Gas ..
Core CO, Fraction fractional%ow, Drop Mobility Mobility Gas I.n terstitial
Flow, f, £/(1-F) psig (md/cp) (md/cp) Velocity (ft/day)
0.00 0.00 1.8900 43.85" 0.00" 0.00
0.10 0.11 1.4940 40.41 4.04 0.48
0.20 0.25 1.6367 36.89 8.30 0.96
0.30 0.43 1.6203 30.25 9.07 1.45
0.40 0.67 2.0940 24.81 9.92 1.93
SS-1* 0.50 1.00 2.6035 23.19 11.59 2.41
0.60 1.50 2.5419 23.75 14.25 2.89
0.70 2.33 2.4459 24.68 17.28 3.38
0.80 4.00 2.1686 27.84 22.27 3.86
0.90 9.00 1.9738 30.59 27.53 434
1.00 n/a 1.5751 38.33# 38.33# 4.82
0.00 0.00 0.3604 315.20™ 0.00" 0.00
0.10 0.11 0.5033 225.69 22.57 0.68
0.20 0.25 0.6102 186.16 37.23 1.36
0.30 0.43 0.6485 175.18 52.55 2.03
gg g 0.40 0.67 0.6682 170.01 68.00 2.71
0.50 1.00 0.6923 164.09 82.04 3.39
0.60 1.50 0.6988 162.57 97.54 4.07
0.70 2.33 0.6955 163.34 114.34 475
0.80 4.00 0.6735 168.67 134.93 5.42
0.90 9.00 0.6269 181.20 163.08 6.10
Note:

* Flow rate 20 cc/hr which is an interstitial flow rate of 4.82 ft/day
** Flow rate of 40 cc/hr which is an interstitial flow rate of 6.78 ft/day
# data obtained with CO, injection at brine saturation;

## data obtained with brine injection without CO, in the core.
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Table 22. Experimental Strategy for fg* Determination

. CO, Flow CD . Total Gas
Core with Se(I;uueI:lce [Apin)] Rate | Flow rate G"‘;OF‘;E‘[C;‘]OH £/(1-£,) | Mobility | Mobility
) [cc/hr] (cc/hr) & [md/cp] | [md/cp]

1 51.54 20 0.20 0.990 99.000 1.18 1.17

2 97.17 20 1.12 0.947 17.868 0.66 0.62

3 102.40 20 2.50 0.889 8.009 0.66 0.59

4 114.66 20 4.78 0.807 4.184 0.65 0.53

5 123.67 20 6.52 0.754 3.067 0.65 0.49

6 144.20 20 9.99 0.667 2.003 0.63 0.42

7 152.71 20 13.33 0.600 1.500 0.66 0.40

SS-10.05 8 156.66 20 16.36 0.550 1.222 0.70 0.39
wt% CD 9 168.03 20 20.00 0.500 1.000 0.72 0.36
10 156.07 20 30.00 0.400 0.667 0.97 0.39

11 133.40 20 40.06 0.333 0.499 1.36 0.45

12 92.72 20 80.00 0.200 0.250 3.26 0.65

13 74.00 20 150.00 0.118 0.133 6.93 0.82

14 60.39 20 300.00 0.063 0.067 15.99 1.00

15 127.66 20 889.09 0.022 0.022 21.49 0.47

16 162.60 20 1250 0.016 0.016 23.58 0.37

1 41.02 40 1.12 0.973 35.714 3.03 2.94

2 43.21 40 2.24 0.947 17.868 2.95 2.79

3 52.59 40 4.99 0.889 8.009 2.58 2.30

4 74.61 40 13.04 0.754 3.067 2.15 1.62

5 73.14 40 19.97 0.667 2.003 247 1.65

Core SS-2 6 71.14 40 26.66 0.600 1.500 2.83 1.70
CD 0.05 7 68.48 40 32.72 0.550 1.222 3.21 1.76
wt% 8 56.12 40 60.00 0.400 0.667 5.38 2.15

9 46.07 40 80.12 0.333 0.499 7.87 2.62

10 35.88 40 160.00 0.200 0.250 16.83 3.37

11 21.99 40 300.00 0.118 0.133 46.67 5.49
12 11.14 40 889.09 0.043 0.045 251.78 10.84

13 14.98 40 1250 0.031 0.032 259.90 8.06

1 120.34 40 1.12 0.973 35.714 1.03 1.00

2 133.41 40 2.24 0.947 17.868 0.96 0.91

3 152.33 40 4.99 0.889 8.009 0.89 0.79

4 141.97 40 9.56 0.807 4.184 1.05 0.85

5 127.29 40 13.04 0.754 3.067 1.13 0.95

6 116.23 40 19.97 0.667 2.003 1.56 1.04

Core SS.2 7 96.99 40 26.66 0.600 1.500 2.07 1.24
CD 025 8 84.19 40 32.72 0.550 1.222 2.61 1.43
W% 9 67.80 40 40.00 0.500 1.000 3.56 1.78
10 45.27 40 60.00 0.400 0.667 6.67 2.67

11 43.08 40 80.12 0.333 0.499 8.42 2.80

12 23.36 40 160.00 0.200 0.250 25.85 5.17

13 18.22 40 300.00 0.118 0.133 56.32 6.63

14 12.55 40 600.00 0.063 0.067 153.87 9.62

15 12.10 40 889.09 0.043 0.045 231.85 9.98

16 16.17 40 1250 0.031 0.032 240.83 7.47
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Table 23. Comparison of Test Results with Earlier Results'**%°

Inflexion between Critical
Gas Gas Flow Core CD Single Phase
Core - . Gas Gas ﬂﬁ\é{n
D Type Rate, Permeability | Surfactant | region and low gas Fractionag arks
used cc/hr K, md Conc. fractional flow afe
. N Flow, f,
region, f,
ss-1 CO, 20 26.22 0.05wt% 0.063 0.50+0.05 Two
0.754+0.0 | sandstones
ss-2 CO, 40 450 0.05wt% 0.043 5 used in this
ss2 | CO, 40 450 0.25wt% 0.054 0.85+0.05 study
Limestone
Ls2 | N 22 2561 | 0.25wt% none 0.85+0,05 | coreusedin
Liu et al's
research

Table 24. Coreflood Results used in Determining Optimum f; at Constant Total Flow Rate

Total CO,/CD Total CO,/Brine
. Pressure | CO, Gas ..
Core | Running Flow Drop Fraction Tot'a'l Interstl.tlal base ’tc‘ytal MRF
ID # rate 7 Mobility | Velocity, mobility,
(cc/hr) psig flow, fy (md/cp) (ft/day) md/cp
9 20 1.46 0.00 41.39* 4.82 43.85@ n/a
10 20 24.44 0.10 2.47 4.82 40.41 16.36
1 20 4493 0.20 1.34 4.82 36.89 27.45
2 20 70.56 0.30 0.86 4.82 30.25 35.36
3 20 99.52 0.40 0.61 4.82 24.81 40.89
SS-1 4 20 119.80 0.50 0.50 4.82 23.19 46.02
5 20 129.44 0.60 0.47 4.82 23.75 50.92
6 20 117.55 0.70 0.51 4.82 24.68 48.06
7 20 91.09 0.80 0.66 4.82 27.84 42.00
8 20 52.64 0.90 1.15 4.82 30.59 26.67
11 20 21.23 1.00 2.84" 4.82 3833 | n/a
1 100 0.45 0.00 673.76* 16.95 0.47¢ n/a
2 100 7.36 0.10 41.01 16.95 444.10 10.83
3 100 29.34 0.20 10.29 16.95 336.68 32.73
4 100 47.45 0.30 6.36 16.95 312.03 49.05
5 100 64.62 0.40 4.67 16.95 309.39 66.23
SS-2 6 100 78.29 0.50 3.86 16.95 308.94 80.13
7 100 87.97 0.60 343 16.95 294.11 85.72
8 100 95.45 0.70 3.16 16.95 301.74 95.41
9 100 95.35 0.80 3.17 16.95 328.01 103.61
10 100 80.16 0.90 3.77 16.95 338.00 89.76
11 100 9.89 1.00 30.51" 16.95 9.89% n/a

Note: * CD injection with CO, saturation; *Co, injection with CD saturation;® Brine injection with CO,
saturation; & CO, injection with brine saturation;
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Table 25. Experimental Results to Determine the Relationship between Total Motility
and fy/(1-fy) with CD Concentration of 0.05 wt% for Core SS-1

Running CD Flow | Pressure Tot‘a‘l El(iz:arlstitial
rate Drop, f, fo/(1-1,) Mobility .
Sequence (ce/hr) psig (md/cp) Velocity,
(ft/day)
1 10 1.43 0.02 0.02 21.50 241
2 10 1.36 0.06 0.07 23.59 241
3 10 243 0.12 0.13 14.10 241
4 10 141.27 0.40 0.67 0.36 241
5 10 150.85 0.50 1.00 0.40 241
6 10 151.37 0.60 1.50 0.50 241
7 10 161.58 0.75 3.07 0.76 241
8 10 159.43 0.89 8.01 1.71 241
9 10 59.07 0.20 0.25 0.64 241
10 10 99.06 0.33 0.50 0.46 241
11 10 190.05 0.95 17.87 3.00 241
12 10 163.70 0.972 35.20 6.67 241

Table 26. The Experimental Sequence for Adsorption and Desorption

Core ID Displacing fluid sequence Determination Injection strategy
SS-1 (1)0.05 Wt% CD and CO, | CD adsorption with CO, present CSG without CD
pre-slug
(1)0.05 wt% CD and CO, CD adsorption and CO, present CSG without CD
pre-slug
SS-2 o Partially saturated CD
(2) 0.25 wt% CD and CO, adsorption prior to 0.25 wt% CD CSG with CD
and CO, co-injection pre-slug
(3) CD free brine Desorption

87




o
—

Unstable

Capillary Pressure, P

0 ;‘ 1

Liquid Saturation, S

Bubble Size
and Arg

Liquid Saturation, S,

Fig. 32. Sketches of capillary pressure and fractional-flow curves operating during a two-phase

displacement.®
¢p/ds contours
e 4

o \

\
AN Fixed u
\/ t

\\ Varying f;

N dp/ds contours

Fig. 33. Two foam-flow regime.'?"'?*.

88



1 N, AIR BATH

Aquecus soin
acoumulaor

acou mul s or? ﬂﬂﬂ%ﬂ CORE

Aqueous 50]n
Filter

ISCO pump A

-—— e
=
-

|| === J-?—' EFR |—

Gas Accurmul stor

™ £
ISCO purmp B @1} @
Fig. 34. Schematic diagram of oil free core flooding setup.
30 i
o 95 - m [ [ n [ [ [ [ [
1S
220 -
=
3 15
S
[}
a 10 -
(]
(2]}
©
o 5
0 T T T T T T T T T
0 10 20 30 40 50 60 70 80 90 100
injection flowrate (cc/hr)

Fig. 35. Core SS-1 initial permeability with brine.

&9




Ratio of gas to liquid fractional flow, fy/(1-fg)

* ss-2 qt=40cc/hr e ss-1 qt=20cc/hr

600
© 500 *
S . ¢ * . .
= R LR R . ¢
2 400
=
5
g 300
)
& 200
o
(2]
o
m 100
O T T T T T T T T T T T T T
0 20 30 40 50 60 70 80 90 100 110 120 130 140 150
Brine Injection Rate, cc/hr
Fig. 36. Core SS-2 initial brine permeability.
1000
*
g 100 . . *
e * *
S . o
2 * o ° i
= 10 ° ® A e
QO
o °
S
0
©
3 1
0 \
0.1 1.0 10.0
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CONCLUSIONS
Chapter 1. Cores used for this work were relatively short cores (5.71 to 8.17 cm), about 3.8 cm

in diameter, and therefore care must be taken when extrapolating following conclusions to

reservoir scale:

1.

Of the four core types tested, only in the Queen core was there free CO, produced from
the core during displacement of CO, by brine injection with end-point brine saturation.
These findings of end-point saturation are significant parameters in determining flow
patterns, retention rates, and injectivity changes and their longevity that will enable
improved predictions of CO, behavior in reservoirs for EOR and/or sequestration
considerations.

From 0.2 to 0.3 PV fraction of free-phase CO, saturation was required to establish a CO,
flow path, after which there was little brine production except through evaporation, which
is a slow process. The CO; saturation can be increased by increasing flow rate, reducing
pressure, and water evaporation.

At the end of CO, injection there is a relatively low CO, saturation and high brine
saturation in the core, thus no reduction in CO, saturation was required to return to brine
flow. Only in the Queen sand was free CO, produced during brine injection.

Brine is equilibrated with CO; in a short time frame over a relatively short distance. Only
when a channel was formed was brine produced that was not saturated with CO, while a
significant residual CO, remained in the core.

The injection of brine into a 100% CO, phase required 0.2 to 0.3 PV fraction saturation to
establish a brine flow path.

The sandstone and carbonate systems initially performed similarly. This was changed
when through dissolution of the rock matrix a solution channel was formed in the
limestone, creating a dominant flow path that significantly altered the flow behavior of

the core.

Chapter 2. Conclusions of the effects of three types of flow behavior schemes on adsorption

(surfactant solution flow through core samples, diffusion into core samples, and missed with

crushed core mixed with surfactant solution) are:
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Values of CD adsorption density on crushed and non-flow solid limestone cubes were
found to be the same and are best described as a function of surfactant availability (mass
of surfactant available per mass of solid) in the system.

The shape of the adsorption isotherms on crushed sandstone, comparing surfactant
availability with adsorption density, suggests the slopes and possibly the density plateau
depend on surfactant concentration and availability.

Adsorption time dynamic depends on the state of solid and flow conditions. Time to
reach equilibrium in nonflow core volumes was an order of magnitude greater compared
to the circulation experiment, and 3 orders of magnitude greater compared to the crushed
rock. Thus the rate of adsorption is dependent on the availability of surfactant with the
kinetics and equilibrium being comparably very rapid.

When comparing flow versus nonflow systems in cube or core samples, the adsorption
density on limestone underwent a significant decrease due to the flow in porous media
while adsorption density on sandstone remained the same. This might be an indication of
different adsorption mechanisms and/or energy levels that occur on limestone and
sandstone surfaces. Tests such as heats of adsorption that are planned for the future
should shed some light on the cause of these differences.

The results should be considered when determining reservoir adsorption requirements.

Chapter 3. Conclusions from the development of kinetic models of a CO,-foaming surfactant

onto Berea Sandstone from adsorption and desorption experimental results are:

1.

The pseudo-first and second order kinetic models for adsorption and desorption were
derived in a mathematically complete format. These models are nonlinear. The
adsorption models have two unknown parameters, and the desorption models have three
unknown parameters.

A simplex nonlinear optimization method was adapted for the determination of the
unknown parameters for these kinetics models. This algorithm can be applied to
determine not only the parameters of these nonlinear models, but also the absolute error
between the model and the measured results.

The adsorption and desorption processes of surfactant CD1045 onto and from Berea

sandstone were found to obey the pseudo-second order adsorption model and the pseudo-
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first order desorption models, respectively. More experimental work under different
conditions will be carried out to better understand the influences of different factors on

the sorption processes.

Chapter 4. Conclusions from corefloods on two Berea sandstone samples to determine gas

mobility of CO2/brine systems at reservoir conditions are:

1.

Gas mobility of COo/brine increases with increasing of f,. The total mobility of
COy/brine increases with increasing f, ranging from 0.6 to 0.9; but decreases with
increasing f, when f; is less than 0.6.

Total mobility (and or gas mobility) as a function of f, is characterized by three
intersecting straight lines with two crossed points f,° and fg*. Three foam flow regions are
described in this study: a single-phase region, a low gas fractional flow region and a high
gas fractional region. In the single-phase region, with fixed CO, gas flow rate, the gas
mobility increases with increasing f,. But the total mobility is independent of f, no
matter what the fixed CO, gas flow rate or the fixed CD aqueous flow rate. In the low
gas fractional flow region, the gas mobility and total mobility decreases with increasing
f,. In the high gas fractional flow region, the gas mobility and total mobility increases
with increasing f,.

In different cores, the f, is generally different. Even in the same core, due to different
flow rates and different foam flow modes, fg* may also vary. The higher the permeability
and flow rate, the higher the f, .

The mobility reduction factor for Cores SS-1 and SS-2 reaches maximum at f,=0.6 and f,
=0.8, respectively.

Gas mobility and foam mobility increases with increase in total flow rate if the foam
flow is shear-thinning.

During CO; foam flooding, with CD solution of 0.05 wt% concentration, it was difficult
to establish adsorption equilibrium. Exploration of the reason for this would be an
important task for future work.

The adsorption/desorption of the surfactant are characterized as a rapid short period of

adsorption/desorption to/from the rock surface followed by a long period of slow
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adsorption/desorption. The adsorption of surfactant onto rock increases with the
occurrence of foam.
A CD surfactant solution with a higher concentration will reach adsorption equilibrium in

the core faster than a CD surfactant solution with a lower concentration.
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