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Abstract

This document is the Final Report for the U.S. Department of Energy under contract No. DE-

FG26-97BC15047, a three-year grant entitled: “Improved Efficiency of Miscible CO, Floods and
Enhanced Prospects for CO, Flooding Heterogeneous Reservoirs.” The research improves our
knowledge and understanding of CO; flooding and includes work in the areas of fluid and matrix
interactions, conformance control/sweep efficiency, and reservoir simulation for improved oil
recovery predictions. The specific areas covered in this report are:

Phase behavior: This included the effects of multiphase flow as a natural CO, mobility
control system and the effect of multiphase flow on injectivity. Slim-tube, fat-tube, swelling,
compositional analysis, and flow tests were used to examine phase behavior with the effects
of flow behavior in core with and without fractures. Experiments were conducted to illustrate
the actual process of waterflooding and CO, gravity drainage in a naturally fractured
reservoir and the effects of permeability, of initial water saturation, and of injection schemes.
Results validate the premises that CO, will recover oil from a matrix such as that found in
reservoirs in the Spraberry Trend Area of west Texas.

Foam for mobility control: Foaming agents were identified that possess selective mobility
reduction (SMR), decreasing relative mobility more in the high permeability regions than in
the low permeability regions. The effects of oil, heterogeneity, capillary contact, rock type,
sacrificial agents, and mixed surfactant systems on CO,—foam systems were investigated.
Mixed surfactant and sacrificial agent systems reduced the required good foaming agent,
improved economics, improved mobility control, lowered surfactant concentrations,
decreased adsorption requirements, improved SMR, increased injectivity, and increased oil
recovery.

Brief field test review.

History match: A field CO, foam pilot test was successfully modeled using PRRC’s
modification of the DOE’s pseudo-miscible model MASTER. A novel approach for
performing history matching using small clusters of PCs and paralleling the history matching
process is presented.

Field studies: The Wellman study reviewed the history of the field CO; flood and methods to
improve CO; efficiency. The Teague-Blinebry study presents the possibility of a CO, flood
in this low permeability (<1 md) reservoir.

Injectivity: A review that summarizes the literature that covers hypothesis and theories as to
the causes and expectations of injectivity behavior in various CO, flooded reservoirs. A
WAG injectivity forum was held that reviewed a number of field cases of reduced water and
CO, injectivity. Results of laboratory tests to date that attempt to identify and understand the
causes of greater than expected reduced injectivity are presented.
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Executive Summary

The U.S. Department of Energy has continued its support of improved oil recovery (IOR) re-
search by carbon dioxide (CO,) flooding at New Mexico Petroleum Recovery Research Center
under the three-year grant: “Improved Efficiency of Miscible CO; Floods and Enhanced Pros-
pects for CO, Flooding Heterogeneous Reservoirs.” This is the final report under contract No.
DE-FG26-97BC15047. The research proceeded in the areas of fluid and matrix interactions (un-
derstanding the problems), conformance control/sweep efficiency (solving the problems), and
reservoir simulation for improved oil recovery (predicting results). All areas originate from re-
search on oil recovery by high-pressure CO,.

Phase behavior is an integral part of understanding and predicting behavior of CO, in a
reservoir. The effect of multiphase flow creates a natural CO, mobility control agent that can
significantly affect injectivity. Slim-tube, fat-tube, swelling, compositional analysis, and flow
tests were used to examine phase behavior with the effects of flow behavior using consolidated
core with and without fractures. Traditionally, CO; injection has been considered an inefficient
method for TOR from natural-fractured reservoirs. Experiments in this work illustrate the actual
process of waterflooding and CO, gravity drainage in a naturally fractured reservoir. The results
demonstrate that CO, gravity drainage could significantly increase oil recovery after a
waterflood. The effects of permeability, of initial water saturation, and of injection schemes were
examined. Produced oil samples indicated that lighter components were extracted and produced
from tight matrix blocks early in the test. Results validate the premises that CO, will recover oil
from a tight, unconfined matrix such as that found in reservoirs in the Spraberry Trend Area of
west Texas.

To aid in CO, mobility control in water alternating with gas (WAG) injection systems, surfac-
tant was added to the aqueous phase, creating foam that increased the apparent viscosity of the
system. Foaming agents were identified that possessed selective mobility reduction (SMR), de-
creasing relative mobility more in the high permeability regions than in the low permeability re-
gions. The effects of oil, heterogeneity, capillary contact, rock type, sacrificial agents, and mixed
surfactant systems on CO,—foam systems were considered. CO,-foam improved flood economics
by significantly delaying breakthrough and improving oil recovery in relatively homogeneous
single cores and heterogeneous parallel-connected composite core having two very different
permeability regions, both with and without capillary contact. Mixed surfactant and sacrificial
agent systems proved to reduce the required “good” (and more expensive) foaming agent. Mixed
surfactant test results demonstrated synergistic effects that included improved mobility control,
lower required good surfactant concentrations, lower adsorption requirements, better SMR,
higher injectivity, and increased oil recovery. Surprisingly the low-cost, poorly- foaming ligno-
sulfonates have shown great potential to reduce chemical cost by 75%, to increase recovery effi-
ciency, and to increase injectivity in a mixed surfactant system.

A review of several field tests of CO, foam showed that foam diverted the gas stream, in-
creased oil production, and decreased CO, production at offending wells. The pilot test in the
East Vacuum Grayburg-San Andres Unit (EVGSAU) has been used to test foam models devel-
oped from our laboratory tests. DOE’s pseudo-miscible model MASTER was modified to simu-
late foam flooding. The simulated results of the foam test simulation are consistent with the field
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pilot results and are adequate for field scale CO,-foam simulation. This report also summarizes a
novel approach for performing history matching, referred to as MASTER Web, that provides an
easy, effective way for paralleling the history matching process, at a fraction of the cost of using
high-performance machines. Experiments on a small cluster of PCs, have demonstrated that a
significant practical speedup (i.e., in terms of wall clock time) is achieved through using MAS-
TER Web to perform the history match, thanks to adaptable parallel computing. The results are
encouraging and indicate the tremendous potential of our proposed novel approach for oil com-
panies.

Two field studies were performed. The Wellman study reviewed the history of the field CO,
flood, the possibility of reducing CO; injection pressure to reduce required purchased CO,, and
the efficiency of CO, mobilizing reserves in the zone below the oil-water contact. The Teague-
Blinebry study reviewed previous work, included water and CO, flood laboratory tests, defined
reservoir pay for the field, and reviewed the possibility of a CO; flood in this low permeability
(<1 md) reservoir.

Based on the fluid-flow properties of CO,, one would expect that gas injectivity would be
greater than the waterflood brine injectivity. However, in practice this behavior is often not the
case. In addition, water injectivity is often lower than the waterflood brine injectivity. What is
perplexing is that some reservoirs lose and others increase injectivity after the first slug of CO, is
injected. These phenomena may occur on a local or field scale. A number of researchers have
studied and proposed reasons for these phenomena over the past 20 years. This review summa-
rizes the literature that covers hypothesis and theories as to the causes and expectations of injec-
tivity behavior in various CO; and gas flooded reservoirs. A dozen field cases were presented in
a 1999 WAG injectivity forum. All documented injectivity reduction for water cycle and many
for CO;. The attempted solutions were shown to be uneconomical, inconsistent, or negative. As a
result of these discussions laboratory tests are in progress to attempt to identify and understand at
least some of the phenomena.

As a result of the injectivity forum and the WAG injectivity literature review, a laboratory
study was initiated. Two reservoir rock types, dolomite and limestone, were examined. Both sys-
tems exhibit dissolution. In the dolomite core, dissolution of anhydrites occurred during the brine
flood while dolomite dissolution occurred during the WAG cycles. In the limestone core, calcite
dissolved during the WAG process. Recrystallization was detected in the longer limestone core,
resulting in decreased downstream permeability. In neither test system was there evidence that
oil contamination caused permanent permeability reduction. In each case the system returned to
pre-oil conditions after CO, was injected into the system.
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1. Introduction

Because of the importance of CO; flooding to future oil recovery in New Mexico, west
Texas, and the United States, the Petroleum Recovery Research Center (PRRC) pursues a vigor-
ous research program to improve the effectiveness of CO, flooding in heterogeneous reservoirs.
The results of our research continue to expand the list of viable candidates for CO, flooding.

Our primary interests are to include more low-pressure reservoirs and many more heterogeneous
or fractured reservoirs in our research.

Support for oil recovery research by CO, flooding has continued under the three-year U.S.

Department of Energy (DOE) grant: “Improved Efficiency of Miscible CO; Floods and En-
“hanced Prospects for CO, Flooding Heterogeneous Reservoirs.” The PRRC is well known as a
premier institution for improved oil recovery (IOR) research and, in particular, for its research on
the use of high-pressure CO, injection. The project continues the progress on understanding CO-
flooding in heterogeneous reservoirs, further the development of methods to enable CO; flooding
in more heterogeneous reservoirs, and continue the dissemination of this information to promote
successful implementation of these methods. The research covers three related areas:

¢ Fluid and matrix interactions (understanding the problems).

¢ Conformance control/sweep efficiency (solving the problems).

e Reservoir simulation for improved oil recovery (predicting results).

All areas originate from research on the mechanics of oil recovery by high-pressure CO,. Ex-
perience gained during the current project is relevant to our continued efforts.

Phase behavior is an integral part of understanding and predicting behavior of CO; in a
reservoir. The effect of multiphase flow is a natural CO, mobility control agent. Where a free
water phase is present, there are often three or four flowing phases that in turn reduce the relative
permeability of each phase. In the case of solid precipitation, a fifth immobile phase can exist
that also reduces the permeability of the system. All of these control mobility, but also reduce
injectivity. These effects, including an overview of miscibility, are discussed in this report. The
oil used was 38°API gravity oil from the southeast New Mexico reservoir, Sulimar Queen. This
oil was tested at three reservoir temperatures.

Traditionally, CO, injection has been considered an inefficient method for enhancing oil
recovery from naturally fractured reservoirs. Obviously, it would be useful to experimentally
investigate the efficiency of waterflooding naturally fractured reservoirs, followed by CO»
injection, before this procedure is applied to a reservoir. This issue was investigated by
performing water imbibition followed by CO, gravity drainage experiments on artificially
fractured cores at reservoir conditions. The experiments were designed to illustrate the actual
process of waterflooding and CO, gravity drainage in a naturally fractured reservoir.

The results demonstrate that CO, gravity drainage could significantly increase oil recovery
after a waterflood. The effects of different parameters such as permeability, initial water
saturation, and injection schemes were examined. The efficiencies of CO, gravity drainage
decreased as the rock permeability decreased and the initial water saturation increased. Cyclic
CO; injection helped improve oil recovery during the CO, gravity drainage process after water
imbibition. Oil samples produced in the experiment were analyzed using gas chromatography to



determine the mechanism of CO,-improved oil production from tight matrix blocks. The results
show that lighter components are extracted and produced early in the test. The results of these
experiments validate the premises that CO, will recover oil from a tight, unconfined matrix such
as found in reservoirs in the Spraberry Trend Area of west Texas.

To aid in CO, mobility control in WAG systems, surfactant is added to the aqueous phase,
creating foam that increases the apparent viscosity of the system. A number of foaming agents
have been identified that decrease relative mobility more in the high permeability regions than in
the low permeability regions. This effect has been referred to at the PRRC as selective mobility
control (SMR). In this work we have looked at the effect of oil, heterogeneity, capillary contact,
rock type, sacrificial agents, and mixed surfactant systems on the efficiency of COz—aqueous sys-
tem foaming systems.

CO,-foam from CD1045 at concentrations of 500 ppm and 2500 ppm demonstrated improved
CO, economics by significantly delaying breakthrough in relatively homogeneous single cores
and heterogeneous parallel-connected composite core having two very different permeability re-
gions. Those with and without capillary contact were tested and showed improvement. The CO,-
foam systems significantly improve CO, sweep efficiency in the low permeability region, com-
pared with similar runs when CO; alone was used. We found that heterogeneity has a major im-
pact on foam behavior; thus, foam should be tested in heterogeneous systems so that we can ex-
amine its behavior in systems more representative of reservoir conditions. Also, foam floods are
more effective in assisting oil recovery in capillary-isolated composite core than in capillary-
contact composite core.

The better foaming agents that have been tested at concentrations required with the adsorp-
tion loses to the reservoir are generally thought to be cost-prohibitive. In this study we have been
examining mixed surfactant and sacrificial agent systems that would reduce the required good
{and more expensive) foaming agent. Foam durability test results show that some mixed surfac-
tants exhibit either comparable or better foam stability than the foam generated using the indi-
vidual surfactants. During the foam flowing tests, substantial mobility reduction of CO, with
mixed surfactants at very low concentration was observed. Some mixed nonionic and anionic
surfactants demonstrate a better mobility reduction than that produced by an anionic surfactant
alone. Additionally, improved mobility dependence on rock permeability resulting in SMR was
observed for most of the mixed surfactants.

A byproduct of the paper industry, lignosulfonate, was tested initially as a low-cost sacrificial
agent. Lignosulfonates were evaluated with a number of CO, foaming surfactants for mobility
control in CO; flooding. Systems were initially screened using our foam durability apparatus in
which the interfacial tension (IFT) and stability of foam were determined. The mobility reduction
of foam and the oil recovery efficiency were evaluated by conducting coreflooding experiments
in a heterogeneous composite core using foaming systems selected from the screening process.
Results showed that lignosulfonate was compatible with most of the tested surfactants in gener-
ating high pressure CO,-foam. Lignosulfonate alone is a weak foamer; however, it was found to
be a good foaming agent when mixed with a good foaming surfactant. Using such a surfactant
mixture in coreflooding experiments resulted in a significant improvement in oil recovery, with a



smaller amount of the more expensive foaming agents needed and lower foam volumes. The sav-
ings in chemical cost appear to be over 75%.

As stated above, lignosulfonates were originally tested as sacrificial agents, but have proven
to have synergistic effects that make them excellent cosurfactants. The potential for using ligno-
sulfonate as a sacrificial agent to reduce adsorption of the primary foaming agent in CO, flood-
ing was also evaluated in laboratory experiments. Results show that lignosulfonates could reduce
the adsorption of a primary foaming agent by 24-60% in Berea sandstone and 15-29% in Indiana
limestone core samples. These are in addition to adsorption reduction by up to 50% that resulted
from using lower concentrations of surfactants. Considering the cost savings as well as the ef-
fectiveness of foams in improving oil recovery, an effective surfactant injection design with lig-
nosulfonate shows significant potential for economically improving the CO,-foam flooding proc-
ess.

A review of field tests of CO, foam shows that the foam diverted the gas stream, increased
oil production in some cases, and decreased CO, production at offending wells. At least three
different surfactants were used: Alipal CD128, Chaser CD1045, and Chaser CD1040. Gas injec-
tivity reduction was reported in most of the field trials. Some studies reported significant injec-
tivity reduction. Coinjection methods reduced gas injectivity more significantly than surfactant
alternating with gas.

One of the pilot tests was in the East Vacuum Grayburg-San Andres Unit (EVGSAU). This
field has been used extensively by PRRC to test foam models and simulators. Resent results
show that an acceptable history match model was obtained for the foam pilot area at EVGSAU
using DOE’s pseudo-miscible model MASTER, which had been modified by PRRC to simulate
foam flooding. The simulated results of the foam test simulation are consistent with the field pi-
lot results. The foam model is found to be adequate for field scale CO,-foam simulation. The re-
sults confirm that the communication path between the foam injection well and the offending
well had a strong impact on the production performance.

In developing foam or any other field models, it is necessary to develop an adequate under-
standing of the field parameters. These are calibrated for any particular field, matching past flood
performance, and history. In this report a novel approach for performing history matching is pro-
posed and investigated. MASTER Web provides an easy, effective way for paralleling the his-
tory matching process, at a fraction of the cost of using high-performance machines. Our ex-
periments, carried out with a small cluster of PCs, have demonstrated that a significant practical
speedup (i.e., in terms of wall clock time) is achieved through using MASTER Web to perform
the history match, thanks to adaptable paralle]l computing. The results are very encouraging and
clearly indicate the tremendous potential of our proposed novel approach. Since, for oil compa-
nies, cost has been and will be the overriding consideration in adopting new technologies, our
approach will make reservoir modeling and simulation technology more cost-effective, and con-
sequently more utilized.

We are always looking for field opportunities to implement activities in the laboratories. Two
field studies were undertaken to test some of our expertise. The first, on the Wellman Field, ex-
amined the possibility of decreasing reservoir pressure while maintaining excellent recovery. The



second, on the Teague Blinebry, looked at using CO, flooding in a reservoir whose permeability
was too low to expect waterflooding to be successful.

In the Wellman study, the history of the CO; flood is reviewed and two possibilities to opti-
mize reservoir performance are examined. The first is to reduce CO; injection pressure thereby
reducing the volume of purchased CO, while at the same time maintaining miscibility (optimum
displacement efficiency). The second is to explore the possibility of mobilizing reserves in the
water-oil transition zone below the original oil-water contact. The Teague study reviews previ-
ous work, with additional laboratory tests and identification of pay from well logs in the Teague-
Blinebry field.

Injectivity is a major problem in many WAG systems in the Permian Basin. During a forum
in 1999 the following problems were mentioned (more were specific to water):
e Water injection pressure was 500 psi higher than water injection during the waterflood,
Water injection rates were lower after switchover than during the waterflood,
Water injection rates fell after the first CO; half-cycle,
Water injectivity was lower for low and medium permeability reservoirs,

Water injectivity stabilized after four to six WAG cycles but then started to decrease again
after several years, and

e Most injectors took days to months to reach maximum water injection rates.

The effects were more prominent in the water cycle, but reduced injectivity in the CO; cycle in-
cluded:

e CO, injection pressure increased 400 psi in one field,

e CO, rates reduced at the beginning of the cycle,

e ~50% of wells had decreased CO, injectivity, and

¢ Drastic reduction in total injectivity occurred once WAG began (for low perm)

Some possible causes speculated upon, but not supported by any specific data are:
o Damage affecting permeability to water,

e Changes in fluid saturations and relative permeability near wellbore,

e CO, bottom hole initial pressure greater than that of water, and

* Water impurities

Attempted solutions included:

e Dump acid treatments, stimulation using acid packages designed for producers, soap scrub-
ber treatments, and other chemical treatments,

Increased water injection system pressure,

Larger cycle volume and thus longer cycle time,

Lower gas water ratio, and

« Continuous CO; injection.

The attempted solutions were found to be uneconomical, inconsistent, or negative. As a result of
these discussions laboratory tests are in progress in an attempt to resolve at least some of these
puzzles of near-wellbore phenomena.



As a result of our injectivity forum and a review of WAG injectivity literature (mentioned
below) a laboratory study was initiated. Two reservoir rock types, dolomite and limestone, were
examined and found to exhibit dissolution. In the dolomite core, anhydrites dissolved during
brine flooding, with dolomite dissolution occurring during the WAG cycles (addition of CO, to
the system and lower pH of the brine). In the limestone core the calcite dissolved during the
WAG process. In the shorter dolomite core no recrystallization was detected, while in the longer
limestone core recrystallization occurred in the downstream area. In either core no significant
compositional differences were detected when upstream and downstream formations were
compared.

In the limestone core both permeability increases and decreases occurred. The increases were
caused by dissolution of calcite and appeared to be caused by precipitation of calcite in the
downstream area. Grains migrating when cementation is weakened or removed could also cause
this decrease. There was no physical evidence that this occurred, but this could well have been
removed during core preparations for the BSE examination. In the test performed for both the
rock types, there was no evidence that oil contamination would cause permanent permeability
reduction. In each case the system returned to pre-oil conditions after CO, was injected into the
system.

A major review of WAG injectivity abnormalities was completed by the PRRC. As a result
of research in the 1950s and 1960s, carbon dioxide (CO,) flooding has been implemented at the
pilot and project stage in the petroleum industry since the early 1970s. A plethora of articles have
been produced on the problems and successes of using CO; as an enhanced oil recovery process.
A number of the operational problems regarding full-scale implementation have been settled to
some degree. The WAG (water alternating with gas) technique to improve mobility efficiency of
the higher-mobility CO, gas over the lower-mobility reservoir fluids was an evolutionary step in
the technical and economic implementation of CO, as a tertiary recovery process. This combina-
tion of two improved oil recovery processes (waterflooding and gas injection) resulted in a prob-
lem that has perplexed the industry since pilot studies were implemented in the early 1970s. A
recent survey conducted by the PRRC on CO; flooding indicated that injectivity abnormalities
during WAG cycles has been a crucial limiting factor in many projects. Additionally the WAG
process has been expanded to include most gas injection processes of enhancing hydrocarbon
recovery—immiscible and miscible processes.

Based on the fluid flow properties of CO, and other IOR gases, one would intuitively expect
that gas injectivity would be greater than the waterflood brine injectivity. However, in practice
this behavior is not always observed. In addition, water injectivity may be higher or lower than
the waterflood brine injectivity. What is more perplexing is that some reservoirs may lose injec-
tivity and others may increase injectivity after the first slug of gas (CO) is injected. In addition,
this phenomenon may occur on a local scale. Injection wells in the same field and reservoir may
have significantly different behavior. A number of researchers have studied and proposed rea-
sons for this phenomenon over the past 20 years. This review summarizes the hypothesis and
theories as to the causes and expectations of injectivity behavior in various CO; and gas flooded
TesServoirs.






2. Phase Behavior

2.1. Understanding and Exploiting Four-Phase Flow in Low-Temperature CO, Floods
2.1.1. Conditions

2.1.1.1. Miscibility. Carbon dioxide (CQ,) is not first-contact miscible with most reservoir
oils,"* but may develop miscibility or near-miscible conditions upon multiple contacts under
conditions found in a large number of reservoirs. With sufficient pressure, this occurs with most
crude oil systems having API gravity near or above 25°.>® The criteria necessary for the devel-
opment of miscibility has been reviewed previously by a number of authors.>”"'> There is no
doubt that miscibility can develop under many reservoir conditions during the injection of CO,.
When miscibility is referred to, it is not the traditional first-contact miscibility, but a dynamic
process where CO, extracts oil components as it contacts oil and can ultimately extract sufficient
hydrocarbons to develop miscibility. In the same fashion, after miscibility develops the miscible
stream continues to contact fluid with the odds being that the new fluid will have a different
composition. Thus component exchange will continue with a significant probability that it will
become immiscible at some point. In this dynamic system, any one point in space or any one
volume of moving fluid is in constant change, going into and out of miscibility innumerable
times.

In this work, multi-contact miscibility will be referred to as miscibility, with the realiza-
tion that this is a dynamic condition. A number of correlations have been proposed to aid in the
prediction of miscibility.”'>® After a pressure is determined at which excellent displacement
efficiency has been achieved, increasing the system pressure will have little effect on increasing
displacement efficiency. This pressure has heretofore been referred to as the minimum miscibil-
ity pressure (MMP). It is often a misnomer, because in most cases this pressure has been deter-
mined using indirect means such as a slim tube test or bubble chambers. In reality, efficient dis-
placement, not miscibility, is determined from slim tube tests. This can occur before true
miscibility has been reached. If the interfacial tension is low enough to overcome capillary pres-
sure, displacement efficiency appears to be miscible in nature." Instead of referring it as the
MMP, a better description would be something like optimum displacement pressure. In this
work, the traditional term of MMP will be used, keeping in mind that this 1s often a misnomer
and the term simply refers to the pressure were the optimum displacement pressure has been
reached for the system and configuration in question. It was shown in an earlier work that slim
tube and core tests usually did not give the same MMP results. The core tests usually gave a
more conservative number (higher-pressure) than did slim tube tests for the MMP for a given
displacing fluid and oil composition. Also, unlike the slim tube test the core tests included at wa-
ter saturation,

2.1.1.2. Multiphase region. In regions of a reservoir where the MMP miscibility has not devel-
oped, at least two non-aqueous phases can exist; the major component in each phase being the
reservoir oil and the injection gas, respectively. A third non-aqueous phase has been documented
in a number of cases,”'**** in reservoirs where the pressure and temperature are the near the
critical point of CO,.



The third phase is a second liquid phase high in CO; concentration, usually over 90%
CO,.>'* The region where the third phase occurs is near the critical point of CO,, 87.9°F and
1070 psia. The third phase is limited by the concentration of CO,, oil composition, temperature,
and pressure. This third phase occurs in a fairly narrow pressure range, usually 200 psi or less.
Reservoirs in which a three-phase can occur are at relatively low temperatures (near the critical
point of CO,), fairly high CO; concentration (usually above 60 mole % COy), and a narrow pres-
sure range. This phenomenon has not been reported above 120°F.* Most of the reported systems
operate above the critical temperature of pure CO, (~88°F). However, in this study and another

in the literature,® systems have been tested at temperatures below the critical temperature of
CO,.

2.1.1.3. Pressure vs. miscibility. One of the criteria for the development of efficient displace-
ment at any temperature is sufficient system pressure.7’1° For the temperature region in which
most reservoirs are found, as the temperature increases for a CO;-crude oil system, the MMP in-
creases with the temperature of the 0il.}%1214 Thijs can been seen in the simple generic pressure-
temperature diagram shown in Fig. 1. Most systems operate at temperatures well below the cri-
condenbar. With light oil and at a high temperature, a system can be envisioned where the MMP
decreases with an increasing temperature (at higher temperatures than the cricondenbar). This
phenomenon can be related to the solubility parameter of CO,.** The solubility parameter of CO;
is dependent on CO; density. As CO; density increases, so does the solubility parameter. The
system temperature and pressure determine the density. The amount and number of components
soluble in CO; increases with density. Therefore, the amount of soluble components available in
particular oils determines the density of CO; required to develop miscibility at each tempera-
ture.>2%232528 Dyring a gas injection project the reservoir temperature is considered constant;
thus, pressure is the only variable. The system fracture pressure limits the maximum reservoir
flooding pressure. Of these two parameters, only pressure is practical to adjust in a reservoir.

2.1.1.4. Asphaltenes. Beyond the third non-aqueous phases, a fourth can occur (solid phase or
insoluble phase). Many oils have small amounts of asphaltic material that are destabilized when
a light component such as CO, is dissolved into the oil solution, resulting in pre:cipitation.25 Of-
ten the solid phase will deposit on the rock surface of the reservoir, causing possible wettability
changes.

2.1.1.5. Models. In an attempt to predict fluid behavior in the miscible injection of CO,, the
number of phases that might occur must be considered. The number of phases can range from
two (aqueous and liquid hydrocarbons) to five (aqueous, liquid hydrocarbon, liquid CO;, gaseous
CO», and precipitate). Each phase does not flow independently of the others, as the flow proper-
ties and saturation of each phase affects each of the other phases. Thus, a variable number of
phases and types of phases are available to affect each other.

2.1.1.6. Sweep efficiency. In many CO, projects, a major concern is not whether CO; will
effectively displace oil, but the uniform distribution of CO,. Thus, considerable time and energy
is devoted to developing methods to increase the sweep efficiency of CO; floods.” Because of
the high mobility of CO, due to the low viscosity of even high density CO,, 0.05 to 0.1 ¢cp
range,” compared to 0.5+ cp for water and oil. The industry recognizes the possible advantages
of this phenomenon through maximizing the multi-phase effect of relative permeability by



injecting brine alternating with CO,. This is referred to as the WAG (water alternating with gas)
proc:e:ss.31'34

2.1.1.7. Water saturation. Most CO; injection projects follow successful water injection pro-
jects. Many have progressed to their economic limits, with significant water saturation (often
well over 50%). Even for the cases in which CO; injection does not follow a waterflood, there is
always initial reservoir water saturation. When either mobile or immobile water is present, CO;
is expected to mobilize some water; thus, multiphase flow occurs that includes CO,, water, and
oil phases. This process is expected to produce in-situ CO, mobility control. In this way the in-
jection of more water, prolonging the arrival of the oil bank at the producing well, may not be
necessary.

2.1.1.8. WAG vs. continnous CO; injection. Engineers and scientist have been divided as to
whether WAG is necessary to control naturally unfavorable CO, mobility.35'37 The use of WAG
should extend the time required to inject CO,, increase CO, breakthrough time, reduce CO,/gas
peak production rates, delay incremental oil production, and increase ultimate oil production.®
Both WAG and continuous CO; injection floods have been installed.*”” Barly thinking was that
the WAG process would increase overall oil recovery more than a straight CO; slug. This out-
come has neither been proven nor disproved. The greatest benefit, though, has been the control
of gas production.zo Economic issues, not ultimate oil production, determine the final field injec-
tion scheme.’ Thus today, the most frequently used scheme is a combination of both meth-
ods,>*>* starting with continuous injection of CO; until significant CO, production seems immi-
nent, then switching to a WAG process.35 ¥ This process works well because most CO; floods
are preceded by waterfloods. ’

2.1.2. Definition of the Problem

It can be seen that continued efforts are being expended in field projects to improve the effec-
tiveness of CO, flooding. The increased control afforded by the presence of an aqueous phase
has indeed been beneficial. This is fortunate, since water saturation is present to some degree in
all reservoirs. The three-phase permeability of the oil, aqueous, and gas (CO;) phases control
CO; mobility.

In this report, we focus on the narrow three-phase pressure region (see Fig. 2). This occurs at
high concentrations of CO, at pressures where the gas phase splits into two phases: a dense or
liquid phase with dissolved hydrocarbons and a low-density gas phase. This occurs at tempera-

“tures both above and below the critical temperature of CO; and has been observed in crude oil
systems at temperatures between 70 and 110°F.

The three-phase area is an interesting phenomenon. It occurs in a region where CO, is in-
jected at pressures where CO- density is relatively low, generally about 0.2 g/em®. Upon contact
with the oil, the gas dissolves some hydrocarbons, resulting in a phase behavior change. The gas
then condenses, forming a second liquid phase. The density of the high-CO,-concentration sec-
ond liquid phase is greater than 0.6 g/cm3. This extraction of components from the oil phase and
condensing of the gaseous CO, occurs during a displacement test and has been observed in mi-
cromodels.*



The effect the three-phase phenomenon has on displacement was first noted a number of years
ago when slim tube test results for a low-temperature reservoir were examined. One test was run
until over two pore volumes (PV) of CO, had been injected. Using the traditional MMP indicator
of 1.2 PV,'®!? the total oil production was less than 50%, but at 2 PV over 95% recovery had oc-
curred. This was even higher than at several higher pressures where the final recovery was over
90% with a near-pistonlike recovery. This curious behavior was first dismissed as an error, until
it was noted that this particular run’s pressure corresponded to the three-phase region identified
during CO,-oil swelling tests. In reexamining this slim tube run, the results were found to be
what would be expected if CO, was injected at relatively low density, 0.18 g/cm3, and then con-
densed when contacting and extracting components from the reservoir fluid. At high CO; con-
centrations a second dense phase occurred with densities above 0.7 g/em’. This liquid phase has
the density and solvent properties necessary to the development of miscibility. Thus, initial dis-
placement can appear to be inefficient while the gas is condensing, but miscibility ultimately de-
velops. This process can have as high or in some cases, a higher final displacement than that
which occurs at higher pressures.

Gas condensing into a liquid phase that then develops miscibility was later observed in a mi-
cromodel stucly.40 The final recovery versus grams of CO; injected was extremely efficient.*’
This effect on slim tube results was noted in the literature by Creek and Sheffield.'” They found
displacement efficiencies at or above 90%, with the ultimate displacement occurring well past
1.2 PV injected. A recovery curve break in their Oil M, corresponding to the CO; breakthrough,
was at about 1.8 PV. Creck and Sheffield indicated that the tradition criteria for determining slim
tube MMP, i.e. 90+% oil recovery at 1.2 PV injection, could be erroneous.

2.1.3 Experimentation

2.1.3.1. Swelling tests. Description of tests. Swelling tests were performed using a standard
through-window pressure-volume-temperature (PVT) cell. Two series of tests were performed.
In each sample, crude oil was added to the PVT cell followed by incremental additions of CO; to
the oil. After each incremental addition, pressure-versus-volume tests were performed and the
phase volumes and saturation points noted.

The three-phase region was identified in the system that we were examining, the Sulimar
Queen reservoir in southeast New Mexico. This reservoir is at a depth of about 2000 ft and has
not been considered as a prime candidate for CO, flooding because the maximum reservoir pres-
sure would be about 1000 psig. Because of the shallow depth of the reservoir and low thermal
gradient, the reservoir temperature is about 65°F. Thus, tests near room temperature would ap-
proximate the reservoir temperature. The available experimental equipment did not have cooling
capability, so tests simulating reservoir conditions were performed near room temperature.

Test results. CO, swelling and slim tube tests were performed on Sulimar Queen separator oil
samples in conjunction with this study. The Sulimar Queen crude sample was a low GOR separa-

tor sample. The crude sample is a 38°> API gravity oil. The detailed compositional analysis is
found in Table 1.

Figure 2 shows the results of the swelling test for CO, added at 70°F to Sulimar Queen oil.
The results indicate one-, two-, and three-phase regions. The lower pressure two-phase region
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had a hydrocarbon liquid phase and a vapor phase that was principally CO,. The higher-pressure
two-phase region was two liquid pbases: hydrocarbon-liquid and CO,-liquid phases. Past experi-
ence, simulation tests, and literature examples,”'**! show that hydrocarbon phase in the higher
two-phase region is expected to be about 60 mole % CO, and the second liquid phase should
have 90 mole % or more CO,. In the two-liquid phase region, as the pressure increases, the upper
phase boundary becomes a dew point curve. The hydrocarbon phase decreases in volume as the
hydrocarbon content of the CO, liquid phase increases.

The three-phase region in low temperature systems is a transition region. The lower pressure
saturation curve of the three-phase envelope is a dewpoint curve, where the first detection of a
second liquid phase is found. The higher-pressure saturation curve is a bubblepoint curve. This
region is generally a fairly narrow pressure range. In this system the three-phase region is less
than 100 psi wide (see Fig. 2).

2.1.3.2. Slim tube tests. Description of tests. A schematic of the slim tube experimental appara-
tus is shown in Fig. 3. The experimental apparatus has two backpressure regulators (BPR). The
first BPR is placed at the outlet of the CO, accumulator to maintain a constant CO;, supply pres-
sure for ease in determining CO, delivery and to eliminate large gas volume effects that result
during pressure changes in the slim tube. The second BPR is placed at the slim tube outlet. This
BPR can be used to maintain a constant outlet pressure, or it can be varied to maintain a constant
pressure at the input to the slim tube. The slim tube was 40 ft long and was operated at a flow
rate of about 30 cm’/hr for each test. At this CO, injection rate the pressure drop across the slim
tube filled with oil was between 50 and 150 psi. After CO, breakthrough, the differential pres-
sure across the slim tube was always less than 10 psi; usually <3 psi. Because of the low viscos-
ity of CO,, the system pressure at the leading edge of the CO; injection stream was assumed to
be within a few psi of the slim tube inlet pressure. For this reason, a constant input pressure was
maintained by varying the output BPR.

The maintenance of a constant slim tube input pressure is particularly critical near the MMP
for low-temperature systems. At low temperatures the system can go from an immiscible system
to above the MMP in a relatively narrow pressure range, i.e., 50 to 150 psi. If a constant output
pressure is maintained during slim tube tests, the CO, front pressure can start just above the
MMP and drop 50 to 150 psi, ending as an imumiscible flood. The effect of a constant outlet or
downstream pressure is shown in the work of Creek and Sheffield.'> The system goes from a pis-
tonlike drive in the reservoir oil G at 1000 and 1050 psia to what appears to be the injection of
CO, as a low-density gas, in one case ending with an immiscible type recovery. Thus, maintain-

ing a constant slim tube input pressure is recommended when determining CO, frontal advance
pressure and MMP.

Three series of slim tube tests have been performed, each at a different temperature: 78°F,
95°F, and 138°F. The lower temperature was as close to the reservoir temperature as the slim
tube apparatus could properly operate. Thus the tests were performed at a pressure a little higher
than the solubility tests. Three temperatures were used to determuine the effect of temperature for
hydrocarbon extraction. The details of that work is presented in a latter section,* and are used in
this work to examine the effect of temperature of MMP and the development of the three-phase
region.
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Listed in Fig. 4 are CO, densities’™* versus pressure for four temperatures: three tempera-

tures that were used for slim tube tests, and the fourth the temperature used for the phase dia-
gram. The density of CO; at the determined MMP for each temperature (see the later discussed)
is indicated on Fig. 4. Contrary to what earlier work indicated, CO, density at an MMP for a
given oil composition is not temperature-independent.“ Figures 5-7 list oil recovery versus pres-
sure, PV of CO; injected, and grams of CO; injected, respectively, at 78°F. Figures 8—10 list the
same oil recovery plots for the 95°F tests, and Figs. 11-13 list the same oil recovery plots for the
138°F tests.

Figures 5, 8, and 11 compare oil recovery for three different points at each pressure for each
temperature: at CO, breakthrough, at 1.2 PV CO; injected, and after ultimate recovery. Ultimate
recovery is the point after which no further recovery was detected. In each run at least 1.76 PV of
CO;, was injected and if required, injection continued well after 2 PV of CO; was injected. In
every case, injection continued after CO; breakthrough, until oil production stopped.

Test results at 78 F. At the lowest temperature (78°F) the recovery was 90% OOIP at pres-
sures below the saturation pressure of CO, (948 psia at 78°F). The only pressure tested (1000
psia) above the saturation pressure had piston like displacement, showing a traditional, miscible-
type recovery curve (see Fig. 6). Below the saturation pressure however, there were significant
changes in the mass of CO, injected versus recovery. In fact, the oil recovery at 875 and 1000
psia were over 90%, but at 875 psia only one-half the mass of CO; (see Fig. 7) was required to
achieve the same recovery. In the 78°F system, the recovery at 1.2 PV of injected CO;, as a crite-
ria for recovery results used to determine the MMP, would have missed this excellent recovery.
In systems where the injection gas condenses, 1.2 PV injected occurs before CO, breakthrough.
CO; breakthrough is often after 1.0 PV of injection and in a number of cases well after 1.2 PV
has been injected.

Test Results at 95 °F. At 95°F, the low-density CO, contacts oil and condenses into a liquid.
This process is not to be confused with a condensing gas drive. In this case, the gas vaporizes a
low concentration of hydrocarbons, normally <5 mole % in the gas phase. This event changes the
phase behavior, shifting the critical point to a lower pressure and a higher temperature. This can
be seen in the results shown in Fig. 9, for the pressure increases at both the final recovery and
slope of the recovery versus PV CO; injected curves. Both Figs. 8 and 9 indicate a MMP of
about 1080. As seen in Fig. 4, the MMP is achieved at a pressure before the rapid increase in
CO; density occurs at 95°F. Pure CO, density at 95°F and 1080 psia is about 0.26 g/em’®. Critical
density of CO, is achieved at 1175 psia at this temperature. Figure 10 shows the recovery versus
grams of CO, injected at 95°F. There is a significant increase in oil produced per grams of CO,
injected as the pressure is reduced. At 1100 psia or near the MMP, the optimum recovery is
found and has a final high recovery and a good CO, efficiency. As an example less than two
thirds as much mass of CO, is required at 1100 psia compared to that required at 1325 psia. This
indicates that the injection gas is condensing to a liquid. This is unlike the results at 138°F where
the displacement is pistonlike before CO; breakthrough at each pressure, even when immiscible
(1425, 1500 and 1550 psia).

Test Results at 138 F. Oil recovery versus pressure curves that are shown for the highest tem-
perature system (138°F) are classical recovery curves. The ultimate and 1.2 PV recoveries are
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essentially identical. The 1.2 PV/90% recovery criteria for determining the MMP work well. CO,
breakthrough versus recovery can also be used to determine the MMP at the break in the slope of
the recovery versus pressure curve. Figure 12 shows the recovery of oil versus PV of CO, in-
jected for five pressures from 1425 to 1700 psia at 138°F. There was a normal increase in recov-
ery as the pressure increased. The rate of recovery increase decreased between 1550 and 1600
psia and an insignificant increase was seen between 1600 and 1700 psia. From Fig. 11 the esti-
mated MMP is 1575 psia. Oil recovery versus grams of CO; injected (Fig. 13) show little differ-
ence among the five tested pressures. The CO, density at 1575 is 0.35 g/cm®, well under the
critical density of 0.468 g/cm’ that has been proposed as a first estimation of MMP.*® At 138°F,
the density of CO; reaches 0.468 g/cm’ at 1785 psia.

2.1.3.3. Comparison with visual studies and corefloods. Earlier micromodel studies have
shown that as CO;, contacts oil under the right pressure, temperature, and CO, concentration,
miscibility and gas condensation occur.*** Once miscibility or multiple phases occurs these dy-
namic systems do not remain fixed, but continuously change as fluids contact and mix. The sys-
tem can slip into and out of miscibility and can go from one to two to three phases and back.
These changes should be considered when modeling a system on a microscopic level.*** At the
macroscopic level, relative permeabilities, various phase mobility, sweep efficiencies, and when
and if mobility controls are required, must each be considered for modeling.

A number of laboratory tests reported earlier indicated coreflood MMPs were as much as 200
psi higher than those determined from slim tube test results.>**' Thus, due to heterogeneities in
the core, the low mobility of the gas (even if gas is condensing to a liquid) might not be enough
to compensate for the low mobility of the injected gas. Thus, the near-miscible test that might
look good in a slim tube test may not perform as well in core:ﬂ\oods.13’19’47’48

2.1.4. Conclusions

A. Up to five phases can co-exist in a CO; flood: four are fluid phases that will flow with suf-
ficient saturation (aqueous, liquid hydrocarbon, liquid CO,, gaseous CO,, and a solid pre-
cipitant).

B. The number of phases in a CO-0il system depends on pressure, temperature, and compo-
sition.

C. Gas condensing into a second liquid phase is a real factor at temperatures just above the
critical temperature of CO; and near the CO, saturation pressure at temperatures below the
critical temperature.

D. The density of the injected CO, that miscibility develops with a given reservoir fluid is
temperature dependent.

E. The MMP of the 38°API gravity oil occurred at CO, pressures well under the CO; critical
point density.

F. It is recommended that the number of phases and their effects on each of the other phases
must be considered when predicting the behavior of each reservoir during CO, flooding.
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2.2. Investigation of CO, Gravity Drainage in a Fractured System

The goal of this work is to define parameters that affect gravity drainage processes in naturally
fractured reservoirs such as the Spraberry Trend Area. To understand the mechanism of water
imbibition followed by CO; gravity drainage in the area, a series of experimental investigations
were performed. Various experiments were conducted on whole diameter Berea and Spraberry
cores at reservoir conditions. The experiments were designed to simulate the process of CO;
gravity drainage after water imbibition. One of the main goals was to estimate the efficiency of
CO, gravity drainage after water injection.

Effects of other critical parameters (temperature, pressure, injection rate, injection pattern,
rock permeability and initial water saturation) on CO, gravity drainage were considered. Oil
samples produced in the experiments were analyzed using gas chromatography to aid in under-
standing the mechanism of CO-improved oil production from tight matrix blocks. This work
concentrates on the experimental investigation of CO, gravity drainage on artificially fractured
Berea cores and is compared with results from non-fractured Berea and Spraberry cores that
were presented in detail in previous studies.*

2.2.1 Earlier Results

Prior to this experimental investigation of CO, gravity drainage on artificially fractured cores,
five experiments had been performed on Berea and Spraberry reservoir cores. The properties of
the cores and partial results are given in Table 2. Previous experiments were conducted to inves-
tigate the efficiency of CO, gravity drainage as well as the effects of initial water saturation (Sw)
and rock permeability under various conditions. In addition, the effects of other parameters on
the efficiency of CO, gravity drainage were investigated during the earlier expeniments. For ex-
ample, one experiment conducted on a stack of two 2.5-in diameter Spraberry cores was also
used to investigate the effects on recovery efficiency of core discontinuity and impermeable lay-
ers at the top and bottom of pay zones. Figure 14 illustrates the results obtained from the previ-
ous experiments.

The experiments performed on an artificially fractured Berea core and an artificially frac-
tured Spraberry core are described below. The Spraberry cores used in the experiments were
taken from O’Daniel Well 37 and Shackelford Well 1-38A in Spraberry Trend Area, west Texas.

2.2.2. Experimental Description

A series of experimental investigations was designed to model the actual field experience of
waterflooding followed by CO; injection in the naturally fractured Spraberry Trend Area. Two
experiments were conducted on Berea cores to investigate the effect of water imbibition fol-
lowed by CO, gravity drainage on oil recovery under reservoir conditions

2.2.2.1. Brine. Synthetic brine used in the tests was prepared using a measured S?raberry brine

composition. The density and the viscosity of the prepared brine were 1.08 g/cm” and 1.21 cp,
respectively, at ambient temperature (26 C) and pressure (12.6 psia).
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2.2.2.2. Oil. Dead Spraberry oil was used in the experiments with an average molecular weight
of 230, density of 0.85 g/cm and viscosity of 2.96 cp, at ambient conditions. The composition
of the dead oil was measured by gas chromatography and was used as a base for comparing pro-
duced oil samples in the experiments.

2.2.2.3. Core samples. Two Berea cores were used in the fracture experiments. Core #7 physxcal
properties were 24.45 cm long, 10.16 cm diameter, 1971 cm’ bulk volume, and 348 cm® PV
(17.7% porosity). Rock permeability to brine was measured seven times at ambient temperature,
using three different constant pressure drops and four different flow rates. The permeabilities
ranged from 196 to 215 md with an average of 210 md. Core #8 physmal properties were 48.74
cm long, 10.16 cm diameter, 3949 cm® bulk volume, and 781 cm® PV (9.8% porosity). The rock
permeability to brine was also measured at various constant pressure drops and flow rates at am-
bient temperature. The permeabilities ranged between 394 and 413 md with an average of 404
md. The physical properties of those cores are presented in Table 3.

2.2.3. Procedure

Figure 15 shows the schematics of the setup used in the experiments: drainage cylinder or
core holder, high-pressure effluent visual cell, backpressure regulator (BPR), injection pump,
CO; and brine accumulators, and produced fluid separation system. The whole system was
placed in an oven at the reservoir temperature of 58. 9°C.

2.2.3.1. Core preparation. Core #7 was glaced into a core holder and cleaned by following the
procedure described in previous reports.” After cleaning the core was dried at 58.9°C, then
placed a into core holder oriented vertically and evacuated to about 0.6 psia. The core was then
saturated with brine. Permeability was then measured at various constant pressure drops and flow
rates at ambient temperature. Oil was then injected into Core #7 from the top of the core at 50
cm’/hr. Oil broke through after 215 cm’® of brine had been produced. The total dead oil injected
into the core was 1003 cm’ (2.88 PV) and the total volume of brine produced from the core was
264 cm’. Thus, S,i and the initial oil saturation (S,;) were 24.1% and 75.9%, respectively, (see
Table 3).

After the core was aged five days at reservoir temperature, it was artificially fractured into
two pieces (see Fig. 16). The fracture went through the middle on one side, and deviated from
the center by about one-fourth of a radius to the other side. The two ends of the core were then
sealed with PT-7 epoxy, to leave only the fracture open for fluid flow.

Core #8 was prepared in a similar way. After the core was cleaned and dried, it was put into
a core holder in an oven at 58.9°C. Oil was injected into the top of the core at 50 cm®/hr and then
flow was reversed by injecting oil into the bottom of the core holder at 20 ¢m’/hr. The total vol-
ume of brine produced from the core was 518 cm’, Swi and S,; were 33.7% and 66.3%, respec-
tively. See Table 3 for details. After the core was aged for 55 days at the reservoir temperature, it
was artificially fractured into six pieces with two horizontal and three vertical fractures, shown in
Fig. 17.

2.2.3.2. Water imbibition. Water injection was performed for Core #7 at reservoir temperature
for 28 days. The core holder was placed vertically in the oven. Brine was injected into the bot-

15



tom of the core at 10 cm’/hr for 15 days and then at 50 cm 3/hr for the last 13 days. The system
backpressure was set above 1750 psig. A total of 43.7 cm® or 16.6% initial oil in the core (I0IC)
was produced. For water imbibition IOIC equals the original oil in place (OOIP). The oil satura-
tion decreases from 75.9% to 63.3% and the water saturation increases to 36.7%.

Water imbibition was similarly conducted for Core #8 at reservoir temperature for 31 days
Brine was injected into the bottom of the core at 1.0 cm’/hr for three days and then at 0.5 cm’/hr
for 28 days. The system backpressure was again set above 1750 psig and 242 cm® or 46.9% IQIC
was produced. The oil saturation decreased from 66 3% to 35.3% and the water saturation in-
creased to 64.8%. During water imbibition, 427 cm® (0.55 PV) of water was injected, with 199
cm’ of water produced. Results obtained from water imbibition are presented in Table 4.

2.2.3.3. CO, gravity drainage. For Core #7, CO, gravity drainage was conducted at reservoir
temperature for 38 days. The core holder was placed vertically in the oven. The system back-
pressure was initially set at 1750 psig and later increased to 1950 psig. CO, was injected verti-
cally into the core with flow from top to bottom. The initial flow rate was 10 cm’/hr for six
hours, which was decreased to 5 cm’/hr and continued for 800 hours. At the end the backpressure
in the system was decreased gradually from 1950 psig to 0 psig, see Fig. 18. The total volume of
oil produced from the core was 90.5 cm’ (including captured liquids and estlmated volume pro-
duced with the COa-rich gas). The volume of water produced was 98.6 cm’. Oil recovery with
CO; gravity drainage was 41.1% IOIC. For CO, gravity drainage, IOIC is the amount of oil
within the core before CO, gravity drainage began, or oil left in the core after water imbibition
ends (see Fig. 19). The residual oil saturation was 34.0%. The total oil recovery was 50.8% dur-
ing water imbibition and CO, gravity drainage.

For Core #8, CO, gravity drainage was conducted at reservoir temperature for 18 days. The
core holder was also placed vertically in the oven at a backpressure of 1700 psig. CO; was in-
jected into the core from the top at flow rates between 0.5 cm’/hr and 1.0 cm’/hr. The total vol-
ume of oil produced from the core was 65.6 cm® and the total volume of water produced was 137
cm’, see Fig. 20. Oil recovery by CO, gravity drainage was 23.8% IOIC, see Fig. 35. The resid-
ual oil saturation was 22.8%. The total oil recovery was 59.5% during water imbibition and CO,
gravity drainage. The results obtained from CO, gravity drainage are summarized in Table 4.

The properties of Cores 6, 7, and 8 are given in Table 3. For comparison, Core #6 has no
fractures, but was placed in the gravity drainage cell during water imbibition and CO, drainage
where all the surfaces were exposed to either water or CO,. The results obtained in the experi-
ments are presented in Table 4, and are plotted in Figs. 22 and 23. The following analyses are
based on these results.

2.2.4. Efficiency of CO, Gravity Drainage

The experimental results indicate that the efficiency of CO, gravity drainage after water in-
jection is significant, which is consistent with previous results.® The water saturations of the
cores are high after water injection with IOIC reduced well below OOIP. Oil recovery, however,
is improved through CO, gravity drainage by more than 20% OOIP. This is explained by the low
interfacial tension between oil and CO; in the core.
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Much of the higher oil recovery for Core #7 was from production during system pressure
blowdown just before the experiment was terminated (see Figs. 19 and 22). This action produced
12% IOIC. In addition, brine was displaced during CO; drainage. This indicates that water could
be produced from CO, gravity drainage in field projects following a water flood.

Six oil samples were taken during the CO, gravity drainage tests and analyzed using gas
chromatography (GC). The results are shown in Fig. 24. The original oil was dead Spraberry oil.
Figure 24 shows that most of the oil produced during CO, gravity drainage consists of the com-
ponent group Ciy - Cy (~80 weight %). This figure shows that there were essentially no Ciq-
components in the produced oil samples, as found in the dead oil injected into the core. As ex-
plained in a earlier paper, the Cyo- components are vaporized and produced with the produced
CO,, and thus not collected with the oil samp]es.2 For this reason the reservoir (core) condition
produced oil volume was corrected for the C;o- produced with the CO; gas. The residual oil satu-~

ration and the oil recovery during CO, gravity drainage process were adjusted using a shrinkage
factor of 1.25.5

The GC results are re-plotted as the weight percent of component groups with time in Fig.
25. The figure shows that the Cy1.20 components were disproportional extracted during the tests,
showing up in the effluent early in the tests. The Cy;.20 component group was roughly 80 wt. %
of the C;y+ oil production until near the end of the test. The last two samples were taken during
blowdown and had compositions closer to that of the original oil, but with higher heavier ends.
These last two samples were probably a combination of oil that had the lighter components
stripped by CO, and oil that had not been significantly stripped by CO,. Figure 26 shows the
changes in the average molecular weight of the oil samples versus time.

2.2.5. Effect of Fractures

Figure 22 shows that the oil recoveries of the three cores are similar. IOIC was used to cal-
culate the oil recovery curves in each. The results were unexpected as we anticipated higher oil
recovery from the fractured cores. Since different conditions were used in each experiment, the
unexpected results can be explained.

Core #6 was placed in a gravity drainage cell with the entire outside surface area exposed to
CO,, thus exposing greater surface area. Because of the fractures in Cores #7 and #8, they were
not placed in the gravity drainage cell, but in a core sleeve in a core holder. The two ends on
Core #7 were sealed so that only the fracture surfaces were exposed to CO,. As Core #8 did not
have the two ends sealed, it had a greater area exposed to CO, However, the experiment on Core
#8 was terminated earlier than the other two tests. Oil was only produced for 18 days, which was
about half the time allowed in the other two experiments and did not include blowdown fluid.

2.2.6. Effect of Initial Water Saturation

Comparing the initial water saturations before CO, injection and the oil recoveries for the
three cores, it appears that lower water saturation at the start of CO; injection results in higher oil
recovery. This result is consistent with our previous conclusion.’ It should be noted that Core #7
had lower water saturation when water injection was terminated. The probable reason is that wa-
ter flow occurred only in the fracture.

17



2.2.7. Effect of Permeability

There appears to be a simple relationship between oil recovery and rock permeability (see

Tables 3 and 4). Fractures in a core introduce more complexity into the analysis; however, it
seems that initial water saturation when CO, drainage starts affects oil recovery more than does
permeability.

2.2.8. Conclusions

A

From the series of experiments performed, we believe that CO, gravity drainage could sig-
nificantly enhance oil recovery after waterflooding in the naturally fractured reservoirs such
as the Spraberry Trend Area. The results from these experimental investigations support our
previous conclusions.>

This study supports previous indications that the efficiency of CO, gravity drainage is sig-
nificantly affected by the water saturation at the start of CO, drainage. Fractures in a core
could improve the efficiency of CO, flooding, but more investigations using reservoir rocks
need to be performed to clarify our concepts of the effects of fractures on the efficiency of
CO; gravity drainage.

Oil produced during much of the CO, gravity drainage process yields an increased concentra-
tion of components C;;—Cy. This indicates significant extraction by CO, during the CO,
gravity drainage process.

During CO, gravity drainage after waterflooding, water in rock is moveable because of high
water saturation indicating that water would be produced during CO, gravity drainage in a
naturally fractured reservoir following waterflooding.

18



3. Foam
3.1. Introduction

Viscous fingering, gravity override, and reservoir heterogeneity have long been known to be the
major problems in gas injection p1“0c<assezs.54'5 " In a CO; flood, the large viscosity contrast
between the reservoir and injected fluids (dense CO, with viscosity in a range of 0.03 to 0.08 cp)
induces an unfavorable mobility ratio that results in early breakthrough and consequently
decreases reservoir sweep efficiency. Several processes such as the injection of water alternating
with gas (WAG),® direct CO, thickeners,”” and surfactant solution alternating with gas
(SAG)®®! have been known to mitigate the sweep deficiency of CO; floods. Surfactant solution
used at low concentration (in a range of 0.05%—1%) in conjunction with CO, forms a foamy
solution in porous media by which the mobility of a gaseous phase is reduced significantly. This
mobility reduction in heterogeneous rock can improve sweep efficiency.5*%*

A number of methods used to identify optimum foaming systems include:

Initial screening by determining foaming ability, durability, and interfacial tension (IFT).
Coreflood tests to determine sweep efficiency, effects of oil, and uniformity of reduction of
mobility that in some cases will have the favorable effect of reducing mobility a greater
percentage in higher permeability regions than in low permeability regions; a process that we
refer to as selective mobility reduction (SMR).

C. Coreflood tests to determine adsorption requirements.

=

3.2. Effect of Oil, Heterogeneity, Capillary Contact, and Foam on CO; Displacement

Surfactant-based mobility control in CO, flooding is an effective way to mitigate problems nor-
mally associated with the miscible gas recovery process. Earlier laboratory results®®" indicate
that the change of flow and displacement behavior of CO,-foam reduces the mobility of CO; and
increases the displacement efficiency. Further measurements of the mobility of CO,-foam indi-
cates that some surfactants generate “smart” foams that selectively reduce mobility or selective
mobility reduction (SMR)®*®*7! of CO, by a greater fraction in higher than in lower permeability
cores. Most occurrence of SMR was observed on relatively homogeneous core samples.

Experiments using cores with relatively homogeneous permeabilities have shown improved
mobility control with and without oil prf:sent.‘ss’72 The presence of oil in porous media can be det-
rimental to foam formation and durability.5*" Surfactant properties play an important role in
foam durability especially when oil is present. Several surfactants have been identified as rela-
tively good mobility control agents in heterogeneous rocks,® %™ but have not been tested in the
presence of oil. In this work, foam is examined for mobility reduction and oil recovery in rela-
tively homogeneous single core and a composite core with two different permeability regions.
The composite core system, in which the high and low permeability regions are in capillary con-
tact, simulates reservoir heterogeneity. Therefore, the results such as cross-flow,-'s’76 fluid diver-
sion, and SMR in such systems are less biased than a core with a single permeability region. In
this study the effect of foam on CO, breakthrough and oil recovery are determined. The third
system did not have capillary contact, simulating a layered-reservoir formation without cross-
flow.
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3.2.2. Experimental Description

The schematic of a high-pressure coreflood apparatus designed to conduct CO,-foam
experiments is shown in Fig. 27. The major components of the apparatus are metering pumps,
three flouting piston accumulators, a wet-test meter, and a data acquisition system. The detailed
description of the apparatus can be found in previous publications.”” The two different porous
systems are described in Table 5. The fired Berea cores were epoxied and cast in stainless steel
sleeves. For the preparation of the coaxial composite core, a 5/8-in. (1.6 ¢cm) central hole was
drilled from end to end in a fired Berea core and filled with relatively uniform silica sand
particles. In the single core system a downstream outlet conducts the fluids though a
backpressure regulator (BPR). For the dual system a dual outlet end cap with a barrier was
designed to allow the effluent fluids of the center and annulus sections to be collected separately.
The effluent fluids in the composite core experiments flow through two BPRs with
communicating domes. A nitrogen tank charges the domes via a common conduit to maintain a
constant pressure across the two BPRs.

Tests are normally performed with a constant injection rate for either CO, alone, CO/brine
(4:1 ratio) or COsfsurfactant (4:1 ratio) at a typical Permian basin reservoir pressure and
temperature (101°F, and 2100 psig). The core samples were saturated with brine, surfactant
solution, or filtered Sulimar Queen crude oil with irreducible brine saturation prior to each
experimental runs. The properties of the aqueous fluids are shown in Table 6. The 2 wt % brine
was used alone or with 500 ppm or 2500 ppm Chase = CD1045. Foam was pregenerated through
a foam generator (a Berea sandstone core of 1.5-in. diameter and 1 in. length).

The core brine permeability was measured prior to each run and followed by constant fluid
injection of either CO,, CO,/brine or CO»/surfactant solution to displace either brine, surfactant
solution, or oil. CO, breakthrough time and incremental recovery were recorded for each run.

3.2.2. Results and Discussion

The objective of this work was to show the effect of foam on delaying CO; breakthrough time
and impact on the oil recovery. Previous work’’ has demonstrated that CO»-foam improves CO,
breakthrough in composite cores with two permeability zones in capillary contact when oil is
present. The decrease or elimination of foam formation in the presence of oil has been reported
by several authors.*>™7>"7® Nevertheless, a true analysis of such adverse effect has never been
clearly reported. Here, examples are shown of the extent that foam can improve CO,
breakthrough time in CO, corefloods with oil saturation, and whether there is any improvement
in oil recovery.

3.2.2.1. Single Core Test Results. A series of coreflood experiments were conducted in a
single, relatively homogeneous core. The description of this core is given in Table 5. These
experiments are summarized in Table 7 with CO, breakthrough time (PV injected) and oil
recovery (fraction of initial oil in place). Breakthrough times are based on PV injected when CO,
is detected in the effluent. Figure 28 compares CO, breakthrough times for some of the runs with
and without crude oil present.
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For the first test, the core was saturated with brine solution and displaced with CO,.
Breakthrough occurred after about 0.35 PV of injection. Next, the core was resaturated with the
brine solution and displaced with COy/brine (4:1 ratio). Breakthrough was delayed .08 PV.
Finally, the core was saturated with a 500 ppm CD1045 brine solution. The pressure drop
increased as foam formed in the core and breakthrough was increased to 0.79 PV. A similar
result was observed in our earlier work.®* In the fourth run, the core was again saturated with
surfactant solution, but was displaced with a co-injected CO,/surfactant solution. Breakthrough
was delayed to well over 1.0 PV. This experiment indicated that the injection of surfactant
solution and CO, into the surfactant saturated core maintained the foam. While in Run 3 CO,
alone was injected, foam quality increased to the level that the foam bubbles collapsed and could
not be reformed. The pressure drop profile in the third run indicated that the foam was destroyed
after several PV of CO, were injected.

Table 7 and Fig. 28 also contain the second series of experiments conducted in the single
core, Runs 5 through 8. In this series, prior to each run, the core was resaturated with the crude
oil with irreducible water saturation. In Run 5, the oil was displaced CO; and breakthrough
occurred at about 0.29 PV injection. Breakthrough was increased to 0.39 PV in Run 6 when CO;
and brine were coinjected. When surfactant solution was coinjected with CO,, breakthrough was
delayed further. The lower surfactant concentration (500-ppm) performed best. Figure 28
compares breakthrough for the two series of experiments, with and without oil present. The
comparison clearly indicates the adverse effect of oil in CO; breakthrough time, but indicates
that foam can improve oil sweep efficiency.

Figures 29 and 30 plot PV injected versus incremental recovery for the two series of runs
with and without the presence of oil, respectively. The recovery curves for the surfactant
solutions (500-ppm) show a significant improvement in brine displacement. Figure 30 indicates
that the system with the later breakthrough swept the core more efficiently. CO, recovered about
76% of the oil while at the same PV injected, CO/brine and CO,/surfactant at 500 ppm and 2500
ppm recovered 82%, 86%, and 85% of the oil, respectively. Most of the oil was recovered before
2.5 PV injection. The final recovery for CO,/surfactant at 500 ppm and 2500 ppm concentrations
were 95 and 90%, respectively (Fig. 30).

3.2.2.2. Capillary contact composite core. Table 5 lists properties of several composite cores.
A series of CO,, COy/brine, and CO,-foam experiments were conducted in composite Core A.
These runs are summarized in Table 8. The first two tests were performed with no oil present
while Tests 3-5 were with oil. The composite system examined the effect of heterogeneity on
foam performance. Experiments with composite core samples provide mformatmn that cannot be
acquired from individual single cores of relatively uniform permeability.”’

Figure 31 compares CO, breakthrough both for high (annulus) and low (center) permeability
regions using several injection schemes. The surfactant solution used in these tests had a concen-
tration of 2500 ppm. In Run 1, CO; breakthrough occurred in the annulus after 0.42 PV of
CO,/brine was injected and in the center after 0.62 PV. In Run 2, CO,-foam delayed break-
through significantly in the annulus. Breakthrough occurred in the annulus and center at 0.66 and
0.61 PV of COy/surfactant injected, respectively. The mobility of the displacing fluid in the cen-
ter was reduced from 123 to 12.7 md/cp and from 287 to 1.7 md/cp in annulus. This result shows
that significant SMR occurred, effectively improving CO; mobility.
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For the last three runs the composite core was saturated with the Sulimar Queen crude oil. In
Run 3, CO; displaced the oil from both regions with breakthrough occurring 0.06 PV earlier in
the high permeability zone. Breakthrough time increased in Run 4 when CO,/brine was injected.
In Run 5, breakthrough time improved significantly in the annulus while decreasing in the center
when CO,-foam was injected. This behavior is an indication of a favorable mobility reduction in
which the mobility of CO, was reduced more in the high than in the low permeability zone.

Incremental oil recovery for the three composite core runs (# 3, 4, and 5) are plotted, in Figs.
32 and 33, as a function of total PV injected in both high (annulus) and low (center) permeability
regions. Oil recovery in the plots is in terms of the amount of oil produced in each region as
fraction of the total original oil in the system. Figure 32 compares the oil recovery for the CO,,
COy/brine, and CO,-foam runs in the annulus. The CO; and CO,/brine curves show a better
recovery efficiency than the recovery curve for the COy-foam. The CO,-foam in this plot shows
a recovery of about 22% from the high permeability region at almost 4 PV (e.g., total PV for the
composite core) of the CO,-foam injected. The oil recovery for the CO; and COx/brine at the
same injected PV were about 38% and 68%, respectively. Oil recovery from the center shows a
significant improvement when foam was present (Fig. 33). Comparing the recovery at 2 PV of
injecting only CO, with foam, oil recovery improved with foam. The oil recovery from the
center for the CO,-foam was more than the original oil in the center, indicating cross-flow, so
foam diverted oil into the center.

Total oil recovery from the high and low permeability regions are plotted in Fig 34. These
curves compare the total oil recovery between Runs 3 through 5. Breakthrough values are found
in Table 8. In the plots found in Fig. 34, CO,/brine and CO, /foam curves show a better recovery
efficiency than CQO; alone. The significant increase in oil recovery from the low permeability
zone shows that foam is capable of diverting displacing fluid from a high to a low permeability
region to recover oil.

3.2.2.3. Capillary isolated composite core. To simulate a noncommunicating-layered formation
system, the annulus portion of the core was fabricated following the same preparation procedure
as the first composite core. A .0875-in. central hole was then drilled end-to-end. In this core an
annular brass pipe (0.875-in. OD, 0.563-in. ID) was cased inside the annulus core as a barrier.
Finally another fired Berea sandstone core was coated with epoxy and cast in the center of this
annular brass pipe. This core is listed as Core B in Table 5.

Experiments were divided into two phases. In the first set of experiments, the system was
saturated with either brine or surfactant solution prior to the injection of CO,. In the second set
of experiments, the system was saturated with the crude oil at the residual water saturation prior
to injection of CO,. The crude oil was filtered Sulimar Queen oil with a density of 0.83 g/cm3
and viscosity of 2.88 cp at the test condition of 101°F and 2100 psi. The brine was synthetic
brine with composition of 1.5 wt% NaCl and 0.5 wt% CaCl,. The foaming agent was 2500 ppm
Surfactant Chaser™ CD1045, as it was identified as one of the best foaming agents in several
other studies.®®%*8! All the tests were conducted at a constant injection rate for either CO, alone,
COy/brine with volumetric ratio of 4:1, or CO./surfactant with volumetric ratio of 4:1.
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3.2.3. Results and Discussion

CO,, COx/brine or COy/surfactant was injected into Core B, the breakthrough time of CO; in
both regions were recorded and were summarized in Table 9. When no oil was present in Runs
1-3, the unfavorable mobility ratio between CO, and the displaced fluid accompanied by hetero-
geneity caused CO; to channel through the higher permeability region (annulus). The break-
through of CO, occurs earlier at 0.63 PV in the annulus and at a later time (1.13 PV) in the center
when CO; alone is used as a displacing agent. Coinjection of CO, and brine, simulating a quick
and short cycle of WAG in the field, slightly improves the delay of CO; production at 0.64 PV in
the annulus and 1.17 PV in the center. When surfactant was added into the brine, foam displace-
ment results in a significant delay of production of CO; in both regions. Breakthrough of CO,
occurs at 1.12 PV in the annulus and 1.86 PV in the center. The success of using surfactant in
delaying the production of CO; in this capillary isolated composite core support what has been
reported previously; that foam is effective in delaying production of CO; in a capillary-contact
composite core.®® The remaining question is to what extent the foam can assist CO; floods in the
oil recovery process. In a layered model study,”® we have demonstrated theoretically that the
breakthrough time of the high permeability layer is delayed and the sweep efficiency of the
model is improved if the mobility of the injected fluid is reduced.

To experimentally demonstrate the benefits of using foam in an oil recovery process, experi-
ments were performed in core presaturated with crude oil prior to injection of CO,, CO,/brine or
COy/surfactant. The breakthrough times of CO; from both regions of the composite core in each
case are also shown in Table 9. The results agree with previously observed results when the core
was not saturated with oil. When core was presaturated with oil and displaced by the CO; alone,
a very early breakthrough of CO, occurred in the annulus at 0.24 PV. As using CO2/brine re-
duces the mobility of injected fluid, the production of CO, in the annulus was not observed until
0.74 PV of injectant. In addition, no breakthrough of CO; was observed in the center in the two
cases after 15 PV of total fluid injection. A much earlier breakthrough of COs; in the annulus, as
compared with the case where the brine is the displaced fluid instead of oil, indicates that the
more unfavorable mobility ratio between CO, and oil causes more severe fingering or channeling
of CO; in the high permeability region. When surfactant was added into the brine and coinjected
with CO; into the core, production of CO; from the annulus was observed at 0.88 PV while sub-
stantial CO, was produced from the center, starting at 2.56 PV. The further delay of break-
through of CO; in the annulus and production of CO, in the center indicated that foam diverted
part of the injected CO; from the high to the low permeability region. Further evidence to sup-
port this assertion is presented in Fig. 35 where the cumulative gas oil ratio is plotted as a func-
tion of total fluid injection PV. In this plot, the highest cumulative GOR occurs in the annulus
when CO, is the only displacing agent. The cumulative GOR in the annulus is reduced as the
brine was coinjected with the CO,. When surfactant was coinjected with CO; and foam was dis-
placed through the core, substantial reduction of GOR in the annulus along with a noticeable in-
crease of GOR in the center was observed. This illustrates how foam reduces the channeling in
heterogeneous core and corrects the problem of nonuniform displacement associated with het-
erogeneity.

The oil production history from both regions of the composite core also supports the observa-
tion that foam improves the displacement efficiency in each region and, as a consequence, foam
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displacement improves the total sweep efficiency. In Fig. 36, the oil recovery represents the
amount of oil produced in the annulus as a fraction of the initial oil in place in that region. It is
evident that the displacement efficiency in the annulus is improved from 62% for CO, injection,
to 80% for COy/brine injection, and 95% for CO,-foam injection at the end of experiment. Simi-
lar results are also presented in Fig. 37 where the displacement efficiency in the low permeability
region (center) is improved from 40% to 80% and 95% for CO,, CO,/brine and CO,-foam injec-
tion. The total oil recovery history summarized in Fig. 38 shows that the sweep efficiency of this
composite core has been improved from 60% for CO, injection to 80% for COy/brine injection
and 95% for CO,-foam injection.

3.2.4. Conclusions

A. COy-foam (CD1045 at 500 ppm and 2500 ppm concentration) improves CO, by delaying
breakthrough significantly in both relatively homogeneous single core and heterogeneous
parallel-connected composite core having two very different permeability regions in capillary
contact or isolated.

B. The delayed CO, breakthrough improves oil recovery in all core types.

C. The CO,-foam systems significantly improve the CO, sweep efficiency in the low
permeability region, compared with similar rans when CO; alone was used.

D. Heterogeneity has a major impact on foam behavior; thus, foam should be tested in
heterogeneous systems so that we can examine its behavior in systems more representative of
reservoir conditions.

E. Foamflood is more effective in assisting oil recovery in a capillary-isolated composite core
than in a capillary-contact composite core.

3.3 Use of Mixed Surfactants to Improve Mobility Control in CO; Flooding
3.3.1. Introduction

The use of a single surfactant system to reduce CO, mobility has been reported in a number
of publications.®$%°37489% Reported surfactants include ethoxylated alcohols, sulfate and sul-
fonate esters of ethoxylated linear alcohols, alkyphenol ethoxylates, and low molecular weight
ethylene oxide-propylene oxide copolymers. At concentrations of less than 0.1 wt%, most
surfactants lower the mobility of miscible gas, though high surfactant concentrations are usually
preferred in foam applications to assure the stability of the foam during displacement. To stabi-
lize the foam bubbles, some researchers have proposed using a mixed surfactant system to en-
hance foaming properties. Mixed surfactants have been shown to affect the surface properties of
the surfactant; when two components of the surfactant system have the same chain length, the
performance of foam in displacement is optimized.”” Foams generated by a mixed surfactant
formulation have been re:portf:d88 that exhibit comparable or better stability than foams generated
using an individual surfactant. Although synergetic mechanisms of using mixed surfactant to en-
hance foam properties are not well understood, previous studies suggest a possibility of using
mixed surfactants at lower concentrations to stabilize the foam. Lower surfactant concentrations
has at least two benefits in foam application: it can reduce the cost of surfactant and minimize
possible injectivity problems associated with the foam injection. To explore the possibility of
using low concentration of surfactants in foam application, we extend a previous study® to as-
sess mixed surfactant systems for mobility control. The evaluation procedures include tests on
foaming ability and stability in foam durability tests, and mobility measurements of CO, with
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mixed surfactants in foam flowing tests. A composite core system is used in these foam flowing
tests. The results are examined to investigate the dependence of SMR on rock permeability.

3.3.2. Foam Durability Test

A schematic of foam durability test apparatus is shown in Fig. 39. This high-pressure foam
durability test apparatus was used to determine the properties of individual surfactant, mixed
surfactants (such as the interfacial tension between surfactant and dense CO,) and properties of
foam generated by these surfactants (such as the foaming ability and stability). The apparatus
consists of a CO; source tank, a visual cell made from a transparent sapphire tube, a buffer
solution cylinder, and a positive displacement pump. The major part of this system, the CO, tank
and the sapphire tube high-pressure cell, is contained in a temperature-controlled water bath. The
buffer solution cylinder and the positive displacement pump are installed outside the water bath,
and their temperatures are maintained at the test temperature through another temperature control
system.

During operation, the sapphire visual cell is first filled with the solution to be tested. Once
the system is brought to the desired pressure by means of the Ruska pump, the dense CO, is in-
troduced through a needle at the lower end of the cell. The CO, is drawn upward inside the cell
when the Ruska pump is in a withdrawing process. Because of the density difference between
dense CO; and tested solution, CO; bubbles are formed and collected at the upper end of the cell.
Depending on the effectiveness of the surfactant, these bubbles will then either form a layer of
foamlike dispersion at the top of the sapghire tube or coalesce into a clear layer of dense CO,.
After a standard volume of CO; (1.75 cm”) has been introduced into the sapphire tube, the pump
is stopped and the duration of formed foam is measured.

Surfactants tested with this apparatus are described in Table 10. Different batches of individ-
ual surfactant solution (each at 0.05 wt% active component) were prepared by dissolving the sur-
factant as received from the suppliers into a brine system consisting of 5.6 wt% NaCl and 1.4
wt% CaCl,. The mixed surfactant solutions were prepared by mixing two of the surfactants listed
in Table 10, each in equal amounts, to make a final total concentration of 0.05 wt%. The screen-
ing tests on four individuals and six mixed surfactant systems were then conducted at 77°F and
2000 psig.

Table 11 summarizes the results of interfacial tension (IFT) between CO; and different sur-
factant systems. In the single surfactant systems, the IFT's decrease with the surfactant concentra-
tion. In the mixed surfactant systems, the IFTs show no significant reduction as a result of mix-
ing between two individual surfactants. However, some of the mixed surfactants perform better
in foaming and stabilizing the bubbles than its individual foaming agents.

Figure 40 presents the results of static decay of the CO,-foam using either single surfactant
or mixed surfactant systems. The percentage of foam in the graph indicates the persistence of
foam remaining inside the sapphire cell after a standard volume of CO; has been introduced. Of
single surfactant systems tested, the bubbles formed by surfactants Dowfax 8390 and CD1040
coalesced in less than a minute, whereas bubbles formed by surfactant CD128 and CD1050
lasted about 30 and 90 minutes, respectively. Of mixed surfactant systems tested, bubbles formed
by CS4090 (CD1040+Dowfax 8390) also coalesced in less than a minute while bubbles formed
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by other mixed systems lasted more than five minutes. The effectiveness of surfactant in stabiliz-
ing the foam bubbles as determined by this method shows that, at 0.05 wt%, Chaser™ CD1050
generates the most stable foams, followed by mixed surfactants CS4050 (CD1040+CD1050),
CS2850 (CD128 + CD1050), CS2840 (CD128 + CD1040), Alipa® CD128, CS5090 (CD1050 +
Dowfax 8390), CS2890 (CD128 + Dowfax 8390), CS4090 (CD1040 + Dowfax 8390), Chaser™
CD1040, and Dowfax ™ 8390. For these results, mixtures of nonionic and anionic surfactant per-
formed better than each individual anionic surfactant, but slightly worse than the nonionic sur-
factant alone. When two anionic surfactants were mixed, however, only a mixture of alpha olefin
sulfonate (CD1040) and ethoxylated alcohol sulfate (CD128) performed better than either surfac-
tant alone.

3.3.3. Foam Mobility Test

In order to assess flowing foam properties in a heterogeneous porous media, core systems
containing well defined high and low permeability regions were constructed and arranged in the
flow system as different portions of a heterogeneous reservoir. The composite core system in this
study consists of two cores of 0.5-in. diameter, each about 3 in. long. The two abutting-end faces
of the cores are carefully cut perpendicular to their axes and are ground flat prior to mounting
them end-to-end. In such an assembly, the unavoidable space between the two core faces is filled
with fine sand. Three pairs of pressure taps are mounted along the coreholder, defining three
segments of the composite rock. The experiment yields records of three pressure differences, be-
tween each pair of successive pressure taps. A sketch of such a composite core is presented in
the bottom of Fig. 41.

A schematic of the high-pressure mobility measurement system is also presented in Fig. 41.
In this flow system, the fluids flowing into the foam generator and the composite core are in-
Jected using two positive displacement pumps for CO, and a piston pump for brine. Constant
system pressure is maintained almost constant by leading the output fluids into a backwards-
running piston pump, which takes in the output at the total rates of the other two pumps. When
the experimental conditions reach steady state, pressure drops in each segment of core are re-
corded as a function of time. The mobility of injected fluid, defined as the ratio of Darcy or su-
perficial velocity of the fluid to the average pressure gradient along each segment of core, is cal-
culated and compared for different injection schemes.

As a standard procedure, the foam generator and core sample were first preflushed with syn-
thetic brine for at least 50 PV before starting the brine permeability measurements. The hetero-
geneity of the series composite core was determined by measuring the brine permeabilities for
three different sections along the core. Following the permeability measurements, dense CO, and
brine were simultaneously injected into the core sample. The mobility of this two-phase mixture
was measured for each core section and used as a reference for later comparison. After the base-
line was established, to satisfy the adsorption requirement, a sequence of foam experiments was
started by displacing 50 PV of surfactant solution. Then CO, and surfactant solution were coin-
jected into the core until steady state was reached and foam mobility was measured. Finally the
core was postflushed with another 50 PV of brine. During the coinjection of CO, and brine or
CO; and surfactant solution, the ratio of the volumetric flow rate of CO, to aglueous phase was
maintained at 4:1. The total injection rate, however, was varied from 5.0 cm’/br to 15 em’/hr,
which corresponds to Darcy velocities of 3.1 ft/day to 9.4 ft/day. All the mobility measurements
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were conducted at 77°F and 2000 psig. The composite core used in the experiments had perme-
abilities ranging from 550 md to 270 md.

A typical pressure drop profile during foam flowing tests is presented in Fig. 42. In this
graph, the pressure drop increases as the foam front passes through each segment of core. The
pressure drop normally becomes stable by 2 PV of foam injection when the single surfactant sys-
tem is used. With mixed surfactant systems, the pressure drop usually stabilized by 3 PV of fluid
injection, as shown in Fig. 43. When using a mixed surfactant system, multiple foam fronts were
sometime observed during foam displacement (see Fig. 43). It is not clear whether this behavior
is related to surfactant propagation or is simply a synergetic mechanism for this mixed surfactant
system.

Normally, after about 5 PV of total fluid injection, the steady state was well established; 100
pressure drop data points in each segment of core were recorded and the average value was used
to estimate the mobility of injected fluid. The mobility data of the single surfactant systems are
tabulated in Table 12, while Table 13 tabulated the mobility data of the mixed surfactant sys-
tems. Also included in these tables are slope values that indicate how favorable the SMR is in
each case. The interpretation of these slope values will be discussed later. Comparing the
mobility data in the tables indicates that the mobility of CO,-brine is effectively reduced by
adding surfactant. The extent of this mobility reduction varies with surfactant system and flow
condition. When the performance of mixed surfactant systems is examined, as with the single
surfactant system, the mobility reduction is related to the foam stability of mixed surfactants. In
other words, the flowing properties of foam correlate well with the properties of static foam in
the foam durability tests. The mobility reduction is enhanced as foam stability increases.

When the mobility dependence on rock permeability is examined, SMR is found to exist in
mixed surfactant systems. The results of mobility dependence on rock permeability in a series
composite core are presented in Fig. 44. On this log-log scale plot, the mobility of CO,-brine or
CO,-foam 1s plotted against the sectional permeability. Included in this plot are values deter-
mined by regression based on each set of data points. The numerical value, representing the
slope of each line of each set of data, is used to indicate how favorable the mobility dependence
of fluid is to the permeability of porous media. A slope of one indicates that the mobility of the
fluid is proportional to the rock permeability, as described in Darcy=s law. A value of less than
one shows a favorable SMR, which will lead to a more uniform displacement front when the
fluid is flowing through heterogeneous porous media. It is observed that the slope of CO,-brine
data is greater than one, indicating that unfavorable mobility dependence occurs when CO, and
brine are flowing in a heterogeneous porous media. Nevertheless, the results in the same graph
also show that using foam can correct such a problem by not only reducing the mobility of CO,
but also changing the mobility dependence in a favorable direction (i.e., when surfactant is added
to brine and generates foam, the slope of foam mobility versus rock permeability data becomes
less than that of CO,-brine, and preferably less than one).

Of the six mixed surfactants tested, the slope values vary considerably: 1.16 for CS4090,
1.12 for CS 2890, 0.98 for CS5090, 0.86 for CS2840, 0.64 for CS4050 and 0.58 for CS28350.
Although some of the slope values are greater than one, the values are less than that of CO,-brine
in this system (1.24), indicating foam has corrected the dependence of CO, on rock permeability
in a favorable direction. This favorable trend is also tied with how effectively the mixed surfac-
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tant stabilized the foam. When we compared the effectiveness of using mixed surfactant system
with that of using a single surfactant alone in foam displacement, we found mixed nonionic and
anionic surfactant perform better than an anionic surfactant alone. Figure 45 presents some of the
mobility data by using nonionic surfactant CD1050, anionic surfactant CD128 and the mixture,
CS2850. As shown on this graph, the mobility of using CS2850 at 0.05 wt% is comparable to
that of using CD1050 alone and much lower than that of using CD128 alone at the same concen-
tration. Furthermore, more favorable SMR, 0.58 is also observed with CS2850 compared to 0.80
for CD128 and 0.59 for CD1050, respectively.

The favorable results in flowing tests lead us to believe that low concentrations of mixed sur-
factant systems can be used to improve the CO, mobility. Also, foam is capable of correcting the
nonuniform flow of CO; and brine in a porous system consisting of differing permeabilities. The
noticeable effect of using mixed nonionic and anionic surfactant in mobility improvement pro-
vides an alternative means to select surfactants for foam application in different types of reser-
voirs. Since an anionic surfactant normally has less adsorption in a sandstone reservoir than that
in a carbonate reservoir, careful selection of a mixed surfactant system for a suitable reservoir
can minimize the surfactant loss and preserve the effectiveness of foam for mobility control.

3.3.4. Conclusions

A. Substantial mobility reduction and favorable selective mobility reduction are observed when
mixed surfactants are coinjected with CO,.

B. The stability of mixed surfactant systems correlates well with its performance in mobility
reduction and mobility dependence on rock permeability.

C. A mixture of an anionic alpha olefin sulfonate and an anionic ethoxylated alcohol sulfate
generates more stable foam than its individual components. A mixture of nonionic and ani-
onic surfactant in this study, however, shows a better foaming stability, mobility reduction
and SMR than that generated by an anionic surfactant alone.

3.4. Use of Sacrificial Agents in CO, Foam Flooding Application
3.4.1. Introduction

Surfactant-based mobility control in CO; flooding is an effective way to mitigate problems nor-
mally associated with the miscible gas recovery processes. Laboratory and field tests demon-
strate the Eotcntial of CO,foam for mobility control or fluid diversion in CO,
floods.5466:69-80818992 gor CO,-foam to propagate through a reservoir at a satisfactory rate, miti-
gation of the loss of foaming agent by adsorption is a critical factor. As a common practice,
most foam applications involve preinjecting a sufficient amount of foaming agent into the reser-
voir to precondition the reservoir, which usually increases the surfactant expense substantially.
Therefore, use of a lower-cost sacrificial agent is economically necessary to minimize the loss of
costly foaming agent and ensure a satisfactory foam displacement.

Lignosulfonate, an inexpensive byproduct of the paper industry, has been used as a sacrificial
agent in surfactant flooding processes. Because of its preferential adsorption onto reservoir rock,
a significant reduction in surfactant loss was reported in several surfactant flooding
applications”>® where the lignosulfonate minimized the loss of primary surfactants due to
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adsorption. The use of lignosulfonate as a sacrificial agent in CO,-foam application was first
reported in a patcnt ® The preliminary data showed that the loss of foaming agent to adsorption
onto a limestone rock sample could be reduced by 16 to 35% when lignosulfonate was used as a
sacrificial agent. The overwhelming appeal of lignosulfonate is the relatively low cost for
calcium lignosulfonate compared to other foaming agents and is readily available as a byproduct
from the pulp and paper industry. To examine the performance of foam using lignosulfonate and
surfactant mixtures, foam durability was first determined for a number of systems. 676884 The
purposes of the first set of studies were threefold. The first was to determine the foaming ability
and foam stability of different surfactants. The second objective was to identify the optimum
concentration of a lignosulfonate/surfactant mixture. The final objective was to provide
information about interfacial tension between CO; and lignosulfonate/surfactant mixtures.

The second set of experiments was conducted using the CO,-foam coreflooding appara-
tus.%"7 In this study, we examined the effectiveness of CO,-foam flooding with lignosulfonate at
a 5000 ppm concentration mixed with two different concentrations of the best foam mixture, sur-
factant CD1045 (250 ppm and 500 ppm). CD1045 had previously been identified as one of the
best foammg agents in several other studies. 688081 The lignosulfonate used in this study is Lig-
nosite® 100 calcium lignosulfonate. This product is produced by sulfonation of softwood lignin;
the company provides it in a powder form. All surfactant solutions were prepared with synthetic
brine consisting of 1.5 wt% NaCl and 0.5 wt% CaCl,. The solution was injected simultaneously
with CO; into heterogeneous porous media to displace oil. A lignosulfonate mixed with two dif-
ferent concentrations of surfactant CD1045 was used because both formed strong foam in foam
durability tests. The coreflood experiments were performed on a noncommunicating-layered
composite core sample having two different parallel permeability regions. The purposes of the
second study were twofold. The first was to determine the delay of CO; breakthrough time. The
second objective was to examine the effectiveness of lignosulfonate/surfactant mixture on divert-
ing injected fluid to the lower permeability region to improve oil recovery.

3.4.2. Foam Durability Test

3.4.2.1. Procedures. Stock solutions of the lignosulfonate at a concentration of 10 wt% were
prepared by dissolving product powder into distilled water and three types of brines. The
properties of three brine solutions and three surfactants are described in Table 15. Lower
concentrations of lignosulfonate solution, ranging from 0.5 to 7.5 wt%, were prepared by
diluting the 10 wt% batch solution with a solution containing the same brine concentration. The
values of pH and density were measured for 0.5 wt% to 10 wt% concentrations of llgnosulfonate
(see Table 18). The high-pressure test apparatus discussed in a previous section’' was used to
determine the properties of lignosulfonate, mixed surfactants (lignosulfonate with Chaser™
CD1045), and properties of generated foam generated. All the screening tests were performed at
77°F and 2000 psig.

3.4.2.2. Results and discussion. Figure 46 shows the results of interfacial tension (IFT) between
CO, and lignosulfonate solutions with different base solutions (distilled water, Brine 1, Brine 2,
Brine 3; see Table 15). The results show that the IFTs increase with decreasing concentration of
lignosulfonates. Adding monovalent or divalent cations (Na*, Ca® ) into distilled water lowered
the interfacial tension slightly. There were no significant IFT differences for the three brine
solutions.
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When lignosulfonate was added to 0.025 wt% solutions of three surfactants (CD1040,
CD1045, and CD1050), the results showed that IFTs increase with lignosulfonate concentration
(as shown in Fig. 47), which is different from results shown in Fig. 46. The IFT measurements
were terminated at a concentration of 10 wt% because the solution of lignosulfonate becomes too
dark to see formed bubbles. The results show that the IFT of lignosulfonate solutions mixed with
CD1045 was slightly lower than with CD1050 and significantly lower than that mixed with
CD1040. Lower IFT's seem to favor foam generation and bubbles stabilization.

Figure 48 presents the result of static decay of CO,-foam using lignosulfonate solution as a
foam former with Brine 3 as the base solution. The percentage of foam in this graph indicates the
persistence of foam remaining inside the sapphire cell after a standard volume of CO, has been
injected. The percentages of foam generated from these solutions are very small, less than 20%.
This effect indicates that these solutions are weak foaming agents. The bubbles formed at 0.5
wt% concentration of lignosulfonate coalesced in less than a minute. At higher concentrations,
the percentage of foam increased and the bubbles lasted more than five minutes, but less than
ten.

A very different trend was found when 0.025 wt% surfactant CD1045 was mixed with ligno-
sulfonate solutions at different concentrations, as shown in Fig. 49. Very strong bubbles were
formed (100% foam) at Jow lignosulfonate concentrations (0.25 and 0.5 wt%) and did not coa-
lesce for at least 90 minutes. At a concentration of 1.25 wt% of lignosulfonate, a lower percent-
age of foam was formed (72%) but the bubbles also lasted for at least 90 minutes. At concentra-
tions at and above 2.5 wt% of lignosulfonate, the percentages of foam were significantly reduced
and the bubbles coalesced in less than 20 minutes.

Lower concentrations of lignosulfonate show higher percentages of foam formed and longer
decay times. The foaming ability of a surfactant increases as the interfacial tension between CO,
and surfactant solution decreases. At a concentration of lignosulfonate of 0.25 and 0.5 wt% with
0.025 wt% CD1045, the system was as stable and foamed as well as the good foaming agent
CD1045 did alone at higher concentrations.

The higher percentage of foam resulting from a lower percentage of lignosulfonate concen-
tration was also observed when 0.025 wt% CD1050 was mixed with lignosulfonate at different
concentrations. However, the percentages of foam formed at 0.25 and 0.5 wt % lignosulfonate
were lower than those formed using CD1045; the foam decreased with time but still remained to
some degree after 90 minutes, as shown in Fig. 50. Similar trends are also shown in Fig. 51
where 0.025 wt% surfactant CD1040 was mixed with lignosulfonate at different concentrations.
However, at lignosulfonate concentrations of 0.25 and 0.5 wt%, the percentage of foam formed
was lower than for either CD1045 or CD1050 and the bubbles coalesced in less than 20 minutes.
It should be noted that CD1040 with no lignosulfonate decays much faster than CD1045 or
CD1050. Mixtures of CD1040 with concentrations of lignosulfonate from 0.25 to 2.5 wt% each
were more durable than the single surfactant solutions of CD1040 or lignosulfonate,

These results show that lignosulfonate solutions mixed with 0.025 wt% CD1045 at
concentrations of 0.25 and 0.5 wt% are the most stable, compared to other solutions of CD1045
as well as solutions of CD1050 and CD1040. These results support the earlier finding that
CD1045 is an excellent foaming agent.®"**® Figure 52 compares IFT results for the two

30



surfactants with dense CO- as a function of surfactant concentration. On this graph, the IFT of
surfactant CD1045 decreases monotonously with the surfactant concentration and levels off at a
region where the IFT no longer decreases as the surfactant concentration increases. The
concentration, at which the interfacial properties between surfactant and CO, show no significant
change, corresponds to the critical micelle concentration (CMC). Based on the data on this
graph, the CMC of surfactant CD1045 was determined to be in the neighborhood of 0.07 wt%.
The CMC of lignosulfonate was undetermined, as the IFTs above 10 wt% concentration were not
measured. The dark color of the lignosulfonate solution at concentrations above 10% prohibits
the observation of the CO, bubbling in the visual cell; as a result, the IFTs could not be
determined.

3.4.3. CO,-Foam Coreflooding Test

3.4.3.1. Procedures. The CO,-foam coreflooding experiments were performed using a high-
pressure coreflood apparatus. A detail description of this apparatus has been provided in a previ-
ous publica’tion.68 The tests were conducted with a core unit assembly comprising a noncommu-
nicating-layered composite core sample with a permeability contrast of 1 to 10. A brass sleeve
was used between the two regions of the cores to prevent communication between them. The an-
nulus was a fired Berea core with length 6.7 cm, diameter 3.56 cm and 500-md permeability. The
core was epoxied to the brass sleeve. A central hole with a diameter of 1.6 cm was drilled and
filled with 90-120 micron glass beads having 5000 md permeability. The properties of the iso-
lated coaxial composite Core C are listed in Table 5.

The experiments were conducted on a core saturated with crude oil with a residual water
saturation of about 20%. The crude oil was degassed separator oil from the Sulimar Queen field,
Lea County, New Mexico. We used CO,, CO,/brine, CO,/CD1045 at concentrations of 500 ppm
or 2500 ppm, CO./(lignosulfonate at 5000 ppm mixed with CD1045 at 500 ppm) or
CO,/(lignosulfonate at 5000 ppm mixed with CD1045 at 250 ppm) as the displacing agents. All
tests were conducted at a constant injection rate of 4:1 CO; to aqueous phase 1 through the core
saturated with oil. Tests were performed at a typical Permian Basin reservoir temperature and
pressure of 101°F (38.3°C) and 2100 psig (14.57 MPa). The breakthrough time and incremental
oil recovery were recorded for each run.

3.4.3.2. Results and discussion. Table 14 summarizes observed CO, breakthrough time in both
permeability regions for each test. Three baseline tests were used. These are the three tests with-
out surfactant, Runs #1 through #3, summarized in Table 14. When CO, alone was used as a dis-
placing agent in the noncommunicating-layered composite core (Run #1), breakthrough occurred
in the high permeability region (center) after 0.26 PV of fluid was injected, but no breakthrough
had been observed in the low permeability zone (annulus) at test termination, after 2.78 PV of
fluid had been injected. Coinjection of CO, with brine and CD1045 at 500 ppm (Runs #2 and #3)
simulated short cycles of WAG and SAG, respectively. Delayed CO, breakthrough in the center
was observed at 0.42 PV for both runs and had not occurred in the annulus at test termination,
with 5.31 PV and 6.46 PV fluid injected, respectively. The CO; channeled through the center and
continued to flow preferentially due to the permeability contrast between the two layers.

When CD1045 at 2500 ppm or lignosulfonate mixed with CD1045 (Runs #4 through #6)
were coinjected with CO,, foam appeared to divert fluid to the annulus. In CO; coinjected with
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CD1045 at 2500 ppm, CO, breakthrough occurred after 0.48 PV of fluid was injected in the high
permeability region and 3.32 PV fluid was injected in the annulus. In Runs #5 and #6 when lig-
nosulfonate at 5000 ppm in 250 ppm and 500 ppm solutions of CD1045 was coinjected with
CO,, CO, breakthrough in the center occurred at 0.35 PV of fluid injected and in the annulus at
0.75 PV and 0.86 PV, respectively. The production of CO; in the annulus indicated that foam
diverted part of the injected CO, from the high to the low permeability region. When lignosul-
fonate was used with surfactant CD1045, foam displacement became more uniform in the two
permeability regions.

Figures 53 and 54 show the results of plotting the cumulative gas oil ratio (GOR) as a func-
tion of total pore volume injected. The highest cumulative GOR occurred in the high permeabil-
ity region when CO;, alone was used as the displacing agent. Coinjected CO, with brine or foam
reduced the cumulative GOR. When surfactant at 2500 ppm or lignosulfonate mixed with CD
1045 were coinjected with CO,, foam was displaced through the core, substantially reducing the
GOR in the center while detectable CO, was produced from the annulus (Fig. 54). This result
illustrates that surfactant at 2500 ppm or lignosulfonate mixed with surfactant reduces the prob-
lem of nonuniformity in a displacement associated with the rock heterogeneity and reduces the
channeling of CO, in a heterogeneous core.

Figures 55 and 56 present the results of the produced oil (fraction of original oil in the core
recovered) from the high and low permeability regions as a function of total pore volumes of
displacing fluid injected. The annulus yielded a higher portion of recoverable oil compared to
that from the center; therefore, it is hoped that fluid injection will displace the oil from both the
high and low permeability regions. During each test, from 2 to 4 PV of fluid was injected and
over 80% of the oil in the high permeability region was produced (see Fig. 55).

However, there was no oil production from the annulus (low permeability) region during
Runs #1 through #3, when CO,, CO,-brine and CO;-surfactant at 500 ppm were injected, as
shown in Fig. 56. The injection systems of surfactant at 2500 ppm and lignosulfonate mixed with
surfactant successfully produced oil from the annulus. After 8 PV of injected fluids, the dis-
placement efficiency in the annulus was highest for surfactant at 500 ppm with lignosulfonate at
5000 ppm at 64%, followed by surfactant at 2500 ppm at 61%, and surfactant at 250 ppm with
lignosulfonate at 5000 ppm at 44%. When results of tests performed during injection of the first
few PV were compared, oil production was higher for the system of CD1045 at 250 ppm with
lignosulfonate at 5000 ppm than it was with CD 1045 alone at 2300 ppm. Oil production in the
latter case did not surpass that in the former until more than 3 PV of fluid had been injected.

Figure 57 presents the total (both permeability regions) fraction of oil recovery plotted versus
PV injected. The sweep efficiency at about 8.0 total PV injected of lignosulfonate and 250 ppm
CD1045 was not as effective for both regions, because the foam was not as strong and the diver-
sion of displacing fluid to the annulus was slower. Therefore, to make the mixed surfactant more
effective and recover more oil from both regions, the concentration of the CD 1045 mixed with
lignosulfonate was increased to 500 ppm. This mixture performed better than 2500 ppm CD1045
alone.

Figure 58 shows the pressure drop profiles and oil recovery for the low permeability region
with the two concentrations of CD1045. The pressure drop using CD1045 at 500 ppm is very
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low, indicating that there is no foam formation in the system and thus no fluid was diverted to
the annulus region to produce oil. In order to increase sweep efficiency from this region, the con-
centration of surfactant was increased to 2500 ppm. Foam started to form (indicated by an in-
crease in pressure drop across the core) in the center section after two hours, diverting displacing
fluid into the annulus section and producing oil. Pressure drop profiles and oil recovery for the
annulus with different concentrations of CD1045 mixed with 5000-ppm lignosulfonate can be
seen in Fig. 59. The pressure drop of CD1045 at 500 ppm and lignosulfonate at 5000 ppm is
higher than that of CD1045 at 250 ppm and lignosulfonate at 5000 ppm; hence fluid diversion
into the annulus increases and subsequently more oil is produced.

Using lignosulfonate with surfactant CD1045 in foam displacement reduces CO, channeling
and corrects the problem of nonuniformity associated with rock heterogeneity. As a result, the
total oil production from the composite core is improved. As shown in Fig. 60, 98% of the total
oil was recovered after 4 PV of CO, foam was injected with 0.05 wt% surfactant CD1045 and
0.5 wt% lignosulfonate. Without co-injecting the lignosulfonate, a much higher surfactant
concentration (0.25 wt%) and more pore volume (8 PV) of foam injection are required to achieve
a comparable result. The cost saving in reducing the amount of surfactant (as much as 80%) and
pore volume injection (50%), as demonstrated by these results suggests the desirability of using
lignosulfonate with CD1045 as a cost-effective design in foam flooding process.

3.4.4. Economic Evaluation of Surfactant Adsorption in CO, Foam Application

To overcome problems of surfactant loss, a sufficient amount of surfactant is usually preinjected
into the reservoir to satisfy the surfactant adsorption prior to injection of gas or pregenerated
foam.”®***7 Such an approach is usually not very economically sound when an expensive foam-
ing agent is used. Therefore, use of a cheaper sacrificial agent may become economically neces-
sary to minimize the loss of costly foaming agent and ensure a satisfactory foam displacement.

Lignosulfonate, an inexpensive byproduct of the paper industry, has been used as a sacrificial
agent in surfactant flooding processes.”””> Because lignosulfonate carries anionic charges in so-
lution, it can reduce surfactant adsorption sites of reservoir rock and acts to protect the primary
surfactants from adsorption in surfactant flooding process. The use of lignosulfonate as a sacrifi-
cial agent in CO,-foam application was first reported in a patent.”® Researchers found lignosul-
fonate reduced a foaming agent’s adsorption on limestone crushed-rock samples by 16 to 35%.
While a better sacrificial effect was reportedly achieved by using synthetic lignosulfonate-acrylic
acid graft copolymer, the effect of using lignosulfonate or the new copolymer as sacrificial agent
on oil recovery was not completely evaluated.

To seek commercially available sacrificial agents in CO,-foam flooding application, the fea-
sibility of using lignosulfonate with several foaming agents has been discussed. The preliminary
results suggest that using lignosulfonate with other costly foaming agent may provide an effi-
cient and cost effective way to improve oil recovery in CO; flooding. Some of the results show
that lignosulfonate can be mixed with other foaming agents to generate CO,-foam at high tem-
perature and pressure. The resulting foam mixture significantly improved oil recovery from a
composite core by using less foaming agent and smaller injected foam volume, In addition, ad-
sorption experiment results indicated that lignosulfonate reduced surfactant adsorption and the
reduction of surfactant loss depends on the type of rock and surfactant concentration, as well as

33



the injection scheme. In this report, we will present surfactant adsorption measurement results
and discuss how to access the surfactant loss for economic evaluation, and design a surfactant
injection scheme to minimize the loss of costly foaming agent.

3.4.4.1. Experimental description. Lignosite® 100 calcium lignosulfonate was used with
Chaser™ CD1045 mixed in synthetic brine of 1.5 wt% NaCl and 0.5 wt% CaCl,. Surfactant
Chaser CD1045 is a multi-component formulation that requires a special analytical procedure to
measure concentration. The analytical methods suggested by the manufacturer include a two-
phase Hyamine titration method, a refractometric method, and a colorimetric method. All three
methods can accurately determine surfactant concentration as long as the surfactant system
contains only one component, CD1045. However, interference may occur during the analysis
when lignosulfonate is considered as part of the surfactant systern. To minimize the possible
interference due to the existence of lignosulfonate, the colorimetric method was selected with a
slight modification to analyze CD1045 concentration in the mixture. When there is no
interference of lignosulfonate in the surfactant system, refractometric method was also used
When colorimetric method was used, 1 cm® of surfactant sample was first mixed with 7 cm® of
cationic dye (dimidium bromide) and 7 cm® of organic solvent (chloroform) in a screw-capped
vial. After ion pairs (formed by the anionic surfactant component of CD1045 and cationic dye)
were extracted into the chloroform phase, the sample vial was centrifuged at 1500 rpm for 10
minutes. Finally, the sample in the chloroform phase was transferred for analysis by a
spectrophotometer. The absorbance spectrum of CD1045 is presented in Fig. 61. Also presented
in the same figure is the absorbance of lignosulfonate obtained by the same procedure. The
wavelength of 520 nm was selected for measurements of CD1045 to minimize the possible
interference of lignosulfonate in surfactant system.

A simple spectrophotometric method was used to determine the lignosulfonate concentration.
Figure 62 indicates that the lignosulfonate has a characteristic absorbance maximum at about 232
nm and 283 nm. The same figure also shows the maximum absorbance at about 230 nm for sur-
factant CD1045. To minimize the possible interference of CD1045 to analysis of lignosulfonate
in the surfactant mixture system, the wavelength of 283 nm was used in all measurements to ana-
lyze the lignosulfonate concentration.

Surfactant adsorption was measured by two methods. A circulation method was used to de-
termine the amount of surfactant adsorption under equilibrium condition and establish an adsorp-
tion isotherm. This method is also applied to assess sacrificial effect of using lignosulfonate to
minimize adsorption of CD1045 at different injection condition. A second method, the flow-
through method, was used to assess the surfactant adsorption and any likely chromatographic
separation of surfactant mixture under dynamic displacement condition.

As shown in Fig. 63, the circulation experimental apparatus consists of a closed system of: 1)
a given solution having a known weight in a flask, 2) a core of known volume, and 3) a metering
pump. To establish an adsorption isotherm, brine was first circulated through the core at a con-
stant rate of 15 cm’/hr. After 24 hours of circulation, brine was replaced with the same volume of
a known concentration of surfactant solution. After another 24 hours of circulation, sample solu-
tion in the flask was removed for analysis and more surfactant was added. The cycle of sampling
and replacement was repeated until no significant additional surfactant was adsorbed and the sur-
factant adsorption isotherm was established. To assess the effect of injection scheme on surfac-
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tant adsorption, the circulation procedure was modified slightly. The surfactant circulation se-
quence was varied so that the surfactant adsorption could be compared at different conditions. A
detailed description of the circulation sequence will be given in the discussion section.

In the flow-through experiment, an in-line refractometer was added downstream of the core
sample to establish an effluent profile of a tracer, lignosulfonate, or surfactant solution. The ex-
perimental flow rate was controlled at 30 cm*/hr. The core sample was first saturated with the
brine before injection of a tracer consisting of 1.75 wt% NaCl and 0.5 wt% CaCl,. The tracer
profile was used as a baseline to be compared with other adsorption effluent profiles of the sur-
factant system. Followed by the tracer injection, brine solution was injected to establish a second
effluent profile to be compared with other desorption effluent profile of the surfactant system. In
all the tests, the effluent samples were collected in vials and analyzed by the spectrophotometric
method to verify the results determined by the refractometer.

All adsorption tests were conducted at 77°F and ambient condition. Berea and Indiana core
samples were used as adsorbent. Their properties were summarized in Table 17. The same core
was repeatedly used for all the experiments. Between experiments with different surfactant injec-
tion, a sufficient amount of brine (at least 1000 cm®) was injected to the core until a negligible
surfactant remaining in the effluent.

3.4.4.2. Results and discussion. The adsorption isotherms of lignosulfonate and surfactant
CD1045 on two types of rocks are presented in Figs. 64 and 65 respectively. The data presented
on these graphs are determined at equilibrium concentration. Overall, the maximum amount of -
lignosulfonate adsorbed in limestone is greater than that in sandstone. The opposite trend was
found for surfactant CD1045. In general, the surface charge of limestone rock is more positive
or less negative than that in sandstone. When calcium lignosulfonate dissolves in brine solution,
it becomes negatively charged due to the dissociation of calcium cations from the sulfonated
lignin. These negatively charged molecules are readily adsorbed on positively charged rock
surface. As a result, a higher adsorption of anionic lignosulfonate in limestone is attributed to an
electrostatic mechanism of adsc)rptiorl.94’98 Although CD10435 also has anionic component in its
surfactant molecules, the opposite trend observed in the adsorption results suggest that
electrostatic mechanism might not be a dominate adsorption mechanism for surfactant CD1045.

In a second series of experiments, the selective adsorption of surfactant in mixture was inves-
tigated by circulation method. The sequences of circulation for each test are summarized in Ta-
ble 18. The objective of these tests was to assess the sacrificial effect of using lignosulfonate to
minimize the loss of costly surfactant and design an optimum surfactant injection scheme for
CO; flooding application. Since 0.5 wt% lignosulfonate mixed with surfactant CD1045 had the
best foaming properties for oil recovery, the surfactant system in interest for the following tests
are limited to 0.5 wt% lignosulfonate with different concentration of CD1045.

Figure 66 presents the adsorption data in Berea sandstone as a result of different injection
schemes. The horizontal axis represents the initial surfactant concentration injected in each se-
quence while the vertical bar represent different injection schemes. In the case where CD1045
was circulated alone, the surfactant loss due to adsorption was used as a basis for comparison.
The plot clearly shows the effect of the injection sequence on the adsorption of CD1045. When
CD1045 was circulated alone, the resulting surfactant loss was the highest among the four
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schemes. The amount of adsorption is reduced slightly when 0.5 wt% lignosulfonate is coin-
jected with CD1045. The surfactant loss is reduced further if the core is preflushed with 0.5 wt%
lignosulfonate. When the core is preflushed with lignosulfonate and then followed by injection of
both surfactant and lignosulfonate, the adsorption was the lowest among the four schemes. The
overall reduction of surfactant loss varies from 24 to 60% when lignosulfonate is present inside
the core, which suggests that the presence of lignosunlfonate reduces the adsorption sites of the
rock surface available for CD1045 adsorption, thus reducing adsorption of CD1045. Similar be-
havior is also observed in the limestone core sample (see Fig. 67) where the overall reduction of
surfactant loss varies from 15 to 29% as a result of using lignosulfonate. In general, a less sacri-
ficial effect 1s found when the core sample is not pretreated with lignosulfonate. This suggests
that surfactant is preferentially adsorbed onto rock surfaces by a competitive mechanism with
lignosulfonate. When rock surfaces become less affinitive to the surfactant (as in the case of
limestone), the sacrificial effect of lignosulfonate also becomes less significant.

Figures 68-71 presents a series of lignosulfonate adsorption and desorption profiles along
with the tracer profile in Berea sandstone and Indiana limestone from the flow-through experi-
ments. A first inspection on the tracer profiles on these two rocks shows the existence of a longer
tailing in the limestone due to a small degree of adsorption, indicating possible differences in
pore geometry and surface charges in these two rock types. Secondly, by examining the adsorp-
tion curve of surfactant CD1045 in two different rocks (Figs. 69 and 71), we found higher ad-
sorption occurred in the sandstone, which support the finding from the circulation method that
surfactant CID1045 adsorbed more onto the sandstone than the limestone. Finally, by examining
the amount of surfactant adsorbed and desorbed as characterized by the area embedded between
the tracer profile and surfactant profile, we found a similar area affected by the adsorption and
desorption process. This suggests that adsorption on both rocks for both surfactants is likely a
reversible process.

The principal effect of reversible adsorption on the transport of solute flow in porous media is
to decrease the solute material’s velocity relative to the fluid that carries it. The amount of the
decrease in velocity depends on the slope of the adsorption isotherm. In the case of surfactant
CD1045, the slope value of high concentration in adsorption isotherm is lower; therefore, the
surfactant front of high concentration travels faster than the low concentration. This behavior is
demonstrated in Fig. 72 where the lowest surfactant concentration, 0.05 wt%, propagates much
slower than concentrations of 0.1 wt% and 0.25 wt%. This effect also occurred when lignosul-
fonate was co-injected with surfactant CD1045. As demonstrated in Fig. 73, the lignosulfonate
front moves at a similar pace to the tracer front while the surfactant front lags behind. The ten-
dency of lignosulfonate molecules to move ahead of surfactant CD1045 during co-injection sup-
ports the previous assertion that surfactant CD1045 is preferentially adsorbed onto the rock sur-
face by a competitive mechanism with lignosulfonate.

Laboratory results demonstrate that preflushing a core with lignosulfonate in a surfactant
system containing CD1045 reduces surfactant loss. This is in agreement with the findings
reported by other researchers using other surfactants,”**® concerning the effect of the injection
method. In field applications, however, preflushing the reservoir with a large volume of
lignosulfonate may not be as effective as expected. A field experiment concluded that the low-
cost lignosulfonate preflushing was beneficial to surfactant flooding but the effect of preflushing
lignosulfonate was masked due to reservoir heterogeneity in the pattern area. Because of
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conformity problems and large reservoir volume, it becomes uncertain that the flow paths of
surfactant solution and sacrificial agent will coincide with each other.

On the other hand, this problem can be minimized when lignosulfonate and surfactant are
coinjected together. Although there is a tendency of the lignosulfonate front to move ahead of the
surfactant front during the propagation, the process actually provides the benefit of protecting the
surfactant from adsorbing on the rock surface as well as delaying the surfactant’s direct contact
with hydrocarbon. Both factors are considered to alter the effectiveness of foam during the foam
displacement process. In addition, our coreflooding experiment results indicated that coinjection
of lignosulfonate and surfactant enhances the foam properties, assists in correcting nonuniform
displacements resulting from the rock heterogeneity, and improves oil recovery with less
foaming agent and smaller foam volume. Therefore, considering the simplicity of operation and
economics of reducing the cost of expensive surfactant to improve oil recovery in laboratory
tests, coinjection of lignosulfonate with primary foaming agent might be a practical approach to
be considered in field application.

3.4.4.3. Summary and economic implications. The results presented in this report, which are
part of a study on using lignosulfonate/surfactant mixture from durability test and flooding ex-
periments, are favorable. These two sets of experiments in a foam application enhance the char-
acterization of foam properties and promote the uniformity of displacement when foam contacts
oil as a result of the rock heterogeneity.

A detailed economic analysis is not included in this report, but a back-of-an-envelope calcu-
lation would indicate the potential reduction in chemical expenditures. Runs #4-#6 each diverted
fluid to (and hence produced oil from) the low permeability or annulus region. The single surfac-
tant solution in Run #4 (CD1045 at 2500 ppm) diverted foam to the lower permeability region
and recovered most of the oil. We do not consider the composition of Run #4 to be as cost-
effective however, as that of Run #5, which had similar—or even better—diversion properties.
Even though Run #4 had a lower total solution concentration (2500 ppm CD1045), than Run #5
(5500 ppm: 5000 lignosulfonate and 500 ppm CD1045), the price of lignosulfonate is expected
to be lower than the price of CD1045 (due to demand and other factors; of course, this could
change). Besides the potential cost advantage, there appeared to be at least two synergistic ef-
fects: fluid diversion into the low permeability region started almost immediately versus at about
3 PV fluid injected (see Figs. 56, 58, and 59). Pressure drop across the core was lower during
diversion (Figs. 58 and 59).

3.4.5. Conclusions

Based on the results of foam durability experiments, the following conclusions can be drawn:

A. Lignosulfonate in a brine solution (1.5 wt% NaCl + 0.5 wt% CaCl,) is a weak foaming agent
for generating CO,-foam bubbles.

B. The IFTs of lignosulfonate solutions decrease with the increase of the concentration of ligno-
sulfonate.

C. The IFTs of the mixtures of surfactant and lignosulfonate increase with the concentration of
lignosulfonate.

D. Lower interfacial tension is favorable to generating more stable foam for lignosulfonate and
lignosulfonate/surfactant mixtures.
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E. When a low concentration (0.25 and 0.5 wt%) of lignosulfonate was mixed with 0.025 wt%

of other surfactants, CD1045 generated the strongest foam followed by CD1050 and
CD1040.

Based on CO;-foam coreflooding experiments, the following conclusions can be drawn:

A. Lignosulfonate mixed with CD1045 could reduce the problem of nonuniformity in displace-
ment associated with rock heterogeneity and reduce the channeling of CO; in a heterogene-
ous core.

B. Coinjection of CO, and lignosulfonate at 5000 ppm as a sacrificial agent mixed with various
concentration of surfactant CD1045 (250 ppm or 500 ppm) was effective for delaying CO,
breakthrough time in the high permeability region and diverting displacing fluid into the low
permeability region. Thus, oil in the low permeability region was displaced and oil produc-
tion was significantly increased.

C. The displacement efficiency of CD1045 at 500 ppm and lignosulfonate at 5000 ppm at about
8.0 total PV injected had the highest oil recovery (64%) in the low permeability region, fol-
lowed by CD1045 at 2500 ppm (61%), and CD1045 at 250 ppm and lignosulfonate at 5000
ppm (44%).

D. The pressure drop of CD1045 at 500 ppm and lignosulfonate at 5000 ppm is higher than that
of CD1045 at 250 ppm and lignosulfonate at 5000 ppm; thus producing a higher oil recovery.

E. The synergistic qualities of a good foaming agent such as CD 1045 mixed with a less expen-
sive, poor foaming agent such as a lignosulfonate could enhance both the oil recovery and
economics of a CO; injection project.

Based on economic considerations the following are indicated:

A. Lignosulfonate can be used as a sacrificial agent to reduce the adsorption of surfactant
CD1045 by 24 to 60% in Berea sandstone and 15 to 29% in Indiana limestone.

B. Preflushing the core sample with lignosulfonate is more effective in reducing the loss of
surfactant than co-injecting both lignosulfonate and surfactant together.

C. The adsorption of lignosulfonate and surfactant CD1045 on the rock surface is a reversible
process.

D. Both the cost and oil recovery from the mixed surfactant system could have a synergistic
effect on the economics of using a mixed surfactant foam system to improve oil recovery.

3.5. Foam Field Tests

Extensive laboratory evaluations on the effectiveness of CO, foam have been reported, but
only a limited number of field tests have been demonstrated with mixed results. This section is a
brief review of the field foam projects identified in the literature.

Hoefner et al.” reported on four pattern-scale CO,-foam field trials in San Andres (west
Texas) and platform carbonate (southern Utah) reservoirs. Two trials were carried out at Slaugh-
ter Field, and the other two at Greater Areth Field. Two different surfactants, Rhodapex (for-
merly Alipal) CD-128 and Chaser™ CD1045, and two injection methods, surfactant solution al-
ternating with gas (SAG) and coinjection of CO; and surfactant solution, were tested. All
together, 160,000 1b. of active surfactant was injected, with one well undergoing 18 months of
foam treatment. The treatments gave rise to a significant reduction in gas production and showed
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indications of increased oil production. Researches also found that foam significantly reduced
CO; injectivity in all cases, and coinjection reduced injectivity significantly more than SAG, al-
though coinjection was operationally more difficult.

The East Vacuum Grayburg/San Andres Unit (EVGSAU), operated by Phillips Petroleum
Company, was selected as a site for a comprehensive evaluation of the use of foam for improv-
ing the effectiveness of a CO, flood. The project lasted four years. The EVGSAU is located
about 15 miles northwest of Hobbs in Lea County, New Mexico. The 5000-acre CO, project was
divided into three WAG areas where CO, injection was started in September 1985. A 2:1 WAG
ratio was used. While the flooding was very favorable, some wells showed excessive CO, break-
through, thus increasing CO; recycling and compression costs. Laboratory results showed that
CD1045 was an effective foaming agent at reservoir conditions for EVGSAU cores.”” The field
trial at EVGSAU'1% confirmed this. The surfactant showed great effectiveness as a CO, mo-
bility reduction agent at concentrations as low as 1000 ppm, and showed a significant effect even
at 500 ppm. The level of mobility reduction obtained decreased with surfactant concentration,
but plateaued above 1000 ppm. In the field trial, it was found that foam could be an economical
method for sweep improvmnent.102

A CO; foam field trial®® was conducted in the Rangely Weber Sand Unit, in northwestern
Colorado. Chevron started the CO, flood at a 1:1 WAG ratio in October 1986. The major con-
cern was CO, production caused by thief zones between injectors and producers. The foam pro-
ject began in April 1989. The treatment included a 12,000 barrels surfactant slug followed by
55,000 BBL of 79% quality foam. Chaser™ CD1040 was used, and average surfactant concen-
tration was about 0.46%. The coinjection method was implemented. Foam was placed in the res-
ervoir in spite of a large hydraulic fracture in the injector. Foam injection improved the perform-
ance from at least one offset producer. Foam lowered CO, injectivity for two months during the
CO; chase period.

Chou ez al.*® report on a CO; foam field trial in the North Ward-Estes field in Texas to evalu-

ate the effectiveness of foam in improving CO, sweep efficiency. The field is located in Ward
and Winkler Counties, TX. It is about 60 miles southwest of Midland, TX. The original CO,
flood was initiated in 1989 with a project area of 3,840 acres and WAG ratio of 1:1. During
about two years, foam was injected into an injector using a four-cycle SAG process, followed by
continuous CO; injection after each. CHASER™ CD1040 was used as the surfactant. During the
SAG cycles, CO; injectivity was reduced by 40 to 85%. Foam apparently diverted CO, from the
thief zone regions, as indicated by the sharp decline in the production from the problem produc-
ers. Foam improved CO; utilization.

Heller et al.”” reported the findings of the CO, foam trial at the Rock Creek oil field in

Roane County, West Virginia. The area for the test was two ten-acre five-spots. During CO,
flood, an average WAG ratio of 1:1 was used. Alipal CD128 was chosen as a surfactant. Surfac-
tant solution and CO, were coinjected, proceeded by a surfactant “pad” to saturate the adsorption
capability of the rock. The foam reduced the injectivity.

Holm and Garrison'® reported on the CO, foam trial in the Wilmington field in California.
Alipal CD-128 was used as a surfactant. The purpose of the foam emplacement field test was to
divert the CO,-N; gas, injected in the immiscible flooding project, from the highly water-

39



saturated S zone to lower oil-containing zones. A total of about 21,000 barrels of a 1% Alipal
CD-128 solution was used with a volume of gas to form a foam of about 90% gas-10% liquid.
About 70 vertical feet of formation in the test well was accepting fluid. A radial penetration of
the foaming solution of about 40 ft was calculated, with a potential foam bank extended out to
110 ft around the wellbore. The project was successful in reducing in depth permeability of the S
zone sand and diverting part of the injected gas to the lower T zone. Skin damage in the well was
greatly decreased, and gas injectivity was also notably reduced.

Before a CO; foam field trial was carried out at the Bati Raman heavy oilfield in southeast
Turkey, laboratory tests!® were implemented. Gafoam Ad was chosen as the suitable surfactant
for the field trial. Tt was found that the mobility reduction effect of foam was more obvious in
pregenerated foam and especially in in-situ foam generation by coinjection of CO, and surfactant
solution than in a SAG process. The oil recovery in foam corefloods was 53-60% of OIP, while
plain CO; injection could recover only 30% of OIP. Foams delayed the CO, breakthrough and
decreased gas/oil ratio. The results of the field trial were not available upon writing this report.

From the above review of CQ, foam field trials, some conclusions can be reached.

A. Three kinds of surfactants, Alipal CD128, CHASER CD1045, and CHASER CD1040, were
almost equally popular with the field trials. One or more kinds of surfactants were used in a
field trial.

B. Gas injectivity reduction was reported most of the field trial. Some reported significant injec-
tivity reduction.

C. Coinjection method reduces gas injectivity more significantly than SAG.

D. Foam diverted the gas stream. Increased oil production in some cases and decreased CO,
production at offending wells in several cases show this.
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4. History Matching and Field Studies

4.1. History Matching and Modeling the CO;-Foam Pilot Test at EVGSAU
4.1.1. Introduction

The East Vacuum Grayburg/San Andres Unit (EVGSAU), operated by Phillips Petroleum
Company, is the site of the first full-scale miscible carbon dioxide (CO,) injection progect in the
state of New Mexico. From early on the overall CO, project performance was good,’ > but cer-
tain wells/patterns had high CO; production. The mobility of CO; is high relative to other reser-
voir fluids, and the resulting unfavorable mobility ratio enhances channeling that initially results
from reservoir heterogeneity or gravity override. The mobility of CO, is lowered when CO, is
dispersed within a surfactant solution forming a foam.'® Extensive laboratory evaluations of the
use of CO,-foam in mobility control of CO, exist in the literature.5+667%107-110

To advance the CO;-foam development from laboratory to field, a pilot area (Fig. 74) in the
EVGSAU was selected in 1990 as a site for a foam field trial to evaluate the use of foam for im-
proving the effectiveness of CO, injection projects. The prime directives of the foam field trial
were to determine if foam could be generated in the field and to suppress rapid CO; break-
through by reducing the mobility of CO, in the reservoir. Operation of the foam field trial began
in 1991 and ended in 1993. The response from the foam field trial was positive and it success-
fully demonstrated'®” that strong foam could be formed in situ at reservoir conditions and that the
diversion of CO, to previously bypassed zones/areas due to foam resulted in increased oil pro-
duction and dramatically decreased CO; production.

Besides the EVGSAU foam field trial,'” other foam field trials®*>'%'% indicate that field
application of CO,-foam is a technically viable process for improved oil recovery (IOR). A foam
predictive model is required for efficient application and evaluation of candidate reservoirs for
CO,-foam injection processes. The foam resistance factor®'!! is an expression used to assess the
magnitude of mobility reduction in laboratory foam tests. It is the ratio of total mobility of the
COx/brine (surfactant-free) to the total mobility of COy/surfactant solution, where both mobility
measurements are conducted at the same gas-liquid volumetric ratio. If foam is not generated, the
resistance factor is unity, If foam is generated, the resistance factor value quantifies the effect of
the presence of foam.

Based on the foam resistance factor, a foam model was deve:loped112 and incorporated into the
pseudo-miscible reservoir simulator, MASTER-Miscible Applied Simulation Techniques for En-
ergy Recovery' supplied by the U.S. Department of Energy. This is an extension of the so-
called black-oil model and uses the mixing-rule approach to calculate the effective fluid density
and viscosity. To incorporate the foam features into MASTER, major modifications that were
made to MASTER include: (1) the addition of a surfactant conservation equation including the
adsorption isotherm, (2) the addition of lookup tables for the foam resistance data, and (3) the
addition of an algorithm to calculate the gas mobility in the presence of foam. Validation simula-
tions have been performed to assess the adequacy of the included foam features in MASTER.''?
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Presented in this report are the history match results of the CO,-foam pilot area at EVGSAU
based on the pseudo-miscible foam simulator.'' The objective was to match the producer fluid
rates and establish a foam predictive model for CO,-foam field applications.

4.1.2. EVGSAU Development History

The Vacuum field, about 15 miles northwest of Hobbs in Lea County, New Mexico, is on the
Artesia-Lovington uplift along the northern limit of the Delaware basin. The EVGSAU covers
7025 acres on the eastern side of the Vacuum field. The unitized interval includes the Grayburg
and San Andres formations. The field was unitized in December 1978. At that time, the unit
comprised 169 producing wells drilled on 40-acre spacing. Beginning in 1979, the unit was infill
drilled to 20-acre spacing and was converted to an 80-acre inverted nine-spot pattern waterflood
development by 1982. Operation of the CO, project began in September 1985 with a 2:1 WAG
ratio.'® The CO, project area which covers 5000 acres of the EVGSAU was divided into three
WAG injection areas with each area receiving four months of CO; injection followed by eight
months of water injection.

4.1.3. History Match Model

The foam pilot area is an inverted nine-spot pattern with eight producers (indicated by the
solid circles) and one injection well in the center (indicated by the solid triangle), as shown in
Fig. 74. Well 3332-001, located at the center of the pattern, was the foam injection well. Well
3332-32 was the so-called "offending" production well, which consistently flowed very strongly
after each period of CO, injection and produced more than 80% of the CO; injected into the pat-
tern. The foam pilot area of nine wells and the surrounding 16 wells (eight injectors and eight
producers outside the pilot area) were included in the history match model. The layout of the
wells is shown in Fig. 75 with solid circles as producers and solid triangles as injectors.

The history match model consisted of a 16 x 16 grid (as shown in Fig. 75) in seven separate
layers for a total of 1792 grid blocks. These seven layers were chosen based on the type-log
zonation (C-3, C-2, C-1, D, E, G, and H) described earlier.'” Injection rates and bottomhole
pressures were specified as well constraints in the history model. The surrounding producers out-
side the pilot area were opened to flow at a bottomhole pressure of 150 psi from 1959 to 1979
and 1500 psi from 1980 to 1992. However, rate control was used for the eight producers in the
pilot area based on the oil production data. Case runs were conducted to examine the effects of
several model parameters (e.g. absolute permeabilities, end points and curvature of relative per-
meability curves). These parameters were gradually modified until the total cumulative produc-
tion for gas and water for the pilot area (sum of the eight producers) were satisfactorily matched.

4.1.4. Results and Discussion

The history match simulations involved three phases of simulations: (1) primary depletion
from 1959 to 1979, (2) waterflood from 1980 to 1985, and (3) CO; flood (WAG injection) from
1985 to 1992.

Figure 76 compares simulated (S) and historical (H) cumulative production for oil, gas, and

water (Oil(S)/Gas(S)/Water(S) vs. Oil(H)/Gas(H)/Water(H)) from 1959 to 1985 for the pilot
area. The match was good until about 1984 when the simulation results deviated significantly.

42



The instantaneous gas-oil ratio (GOR) behavior was achieved for the pilot area, as shown in Fig.
71. For the eight producers in the pilot area, most matches were of good quality with a few of the
producers showing only a fair match of historical production. Fig. 78 compares simulated and
historical cumulative production data for oil, gas, and water from 1959 to 1985 for the offending
well (3332-32 at the pilot area). As shown in the figure, the match of the cumulative gas produc-
tion was very good and the cumulative water production was less than the field data although the
breakthrough of water was virtually identical.

The nitial simulation of the CO,-flood (WAG injection)} from 1985 to 1992 was a poor match
of field performance with some wells producing little or no CO; and others producing much
more than the historical data. In order to match this period’s field performance, additional modi-
fications were made to interwell permeabilities, especially those interwell permeabilities between
the foam injection well and the offending well. The simulation results shown in Fig, 79 included
these modifications in the comparison of cumulative production data for oil, gas, and water from
1985 to 1992 for the pilot area. The match for cumulative gas production was good with some
initial deviation. The match for cumulative water production was satisfactory with some lag for
the simulated cumulative water production. For the offending well, the match for cumulative gas
production was satisfactory with higher initial gas production, as shown in Fig. 80. The match
for camulative water production was also satisfactory.

From the history match simulations, an acceptable history match model was obtained. A foam
test simulation was performed based on the history match model. The foam test simulation was
performed using exactly the same EVGSAU injection schedule from January 1985 to November
1991 for all the injection wells shown in Fig. 75 except the foam injection well 3332-032. The
injection schedule for the foam injection well during the foam test was modified as following:

A. Surfactant was introduced into the pilot through in the water solution injection from August
to October 1988 without changing the injection schedule. The surfactant concentration was
2500 ppm active.

B. Five rapid cycles of SAG were administered for a total of 75 days. Each SAG cycle consisted
of three days of surfactant solution injection and 12 days of CO, injection. The surfactant so-
lution injection rate was 1703.53 STB/D and the CO, injection rate was 3862.05 MSCF/D.
These rates were obtained by averaging the rates of the 75-day period so that the whole mate-
rial balance in the pilot area was maintained.

In order to evaluate the foam test, a base case is needed. The injection schedule of the base case
was identical with that of the foam test except no surfactant was injected with the brine.

Figure 81 shows the oil rate history of the offending production well from the initiation of the
surfactant solution injection (3.6 years of simulation, August 1988) for the foam test and the base
case. The oil rate for the foam test in the offending well was reduced during 3.9 to 4.3 years of
simulation but was increased later during 4.8 to 5.3 years of simulation as compared to the base
case. The reduction of the gas rate of the offending production well for the foam test is clearly
shown in Fig. 82 at 3.9 years of simulation and lasted almost one year as compared to the base
case. The reduction of both the oil and gas rates at 3.9 years of simulation indicated that foam
was generated at the “path” from the foam injection well to the offending well, and the gas rate
was reduced until 4.8 years of simulation indicated CO, was diverted away from the “path” and
resulted in the higher oil rate from 4.8 to 5.3 years of the simulation. The increased oil recovery

43



from the offending well was about 1.7 MSTB at 5.3 years of simulation. Note that the total in-
creased oil recovery of the foam pilot area was about 9 MSTB as shown in Fig. 83. This result
indicated that the CO,-foam process increased the oil production for some if not all of the pro-
duction wells in the pilot area, not just the offending production well. Therefore, the presence of
foam improved the CO; sweep in the pilot area and thus resulted in higher oil production. The
corresponding reduction in instantaneous gas-oil ratio and cumulative gas production can be
clearly observed in Figs. 84 and 85.

4.1.5. Conclusions

An acceptable history match model was obtained for the foam pilot area at EVGSAU.

The simulated results of the foam test simulation are consistent with the field pilot results.
The foam model is found to be adequate for field scale CO,-foam simulation.

The results confirm that the communication path between the foam injection well and the of-
fending well had a strong impact on the production performance.

oaw»

4.2. Use of MASTER Web to Improve History Matching
4.2.1. Introduction

Due to the great advancement of computers in the last decade, reservoir simulation has be-
come a common tool for reservoir management. Reservoir simulation is used in matching pro-
duction history, which is an essential step in reservoir characterization and production forecast.
Reliable forecasts can only be obtained if dynamic field data such as pressure and production
data are honored. Since the available information in a reservoir study is rarely sufficient to con-
struct a simulation model that accurately represents field reality, it is necessary to adjust some
reservoir properties in the model to reproduce past field production history. This process is called
history matching. It 1s an inverse modeling process, where the results (field data) are known and
the input parameters (reservoir properties) are unknown.

The challenging nature of history matching can be attributed to two compounding factors:

A. Inadequate computing power. In view of the size of common simulation models for history
matching, even supercomputers may be hard-pressed for the task. Smaller oil companies who
can use the considerable benefit of history matching usually cannot afford supercomputers; it
would be, therefore, highly desirable to develop methodologies for history matching that can
be executed on clusters of ordinary PCs.

B. Intensive human intervention. History matching is usually a trail process. In this process, a
simulation expert would perform the following steps: check the output of each run, adjust the
input parameters, execute the next run, and repeat the steps until a satisfactory match is ob-
tained. The whole process is very slow due to the high number of variables and degree of un-
certainty.

The complexity of the history matching process has led many people to believe that automatic
history matching is neither viable nor feasible. However, hardware and software advancements,
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combined with recent developments of soft computing techniques, can be utilized to accelerate
the history matching process, making it considerably faster and reliable. Although completely
automated history matching has yet to be implemented, semi-automation is readily achievable.

A number of semi-automatic history-matching techniques have been developed in recent
years. These techniques generally fall into two categories: deterministic and stochastic methods.
The most efficient deterministic methods are the gradient methods,“‘“15 so called because they
require the calculation of simulated production gradients with respect to matching parameters in
order to minimize the objective function. These methods have a very fast convergence rate to an
optimal set of parameters. In some cases, however, these methods may converge to a local mini-
mum or may not converge at all. For stochastic methods, the ones based on simulated annealing
and genetic algorithmsms'119 are most common. These methods are based on gradient-free algo-
rithms; their convergence rate is usually slower than that of gradient methods, although their im-
plementation may be much easier. Simulated annealing and genetic algorithms are, theoretically
speaking, global optimization methods since they always reach the global optimal of the objec-
tive function. In practice, however, the number of iterations is always limited and so the global
minimum may not be reached.

Soft computing is an emerging, interdisciplinary field that has evolved into existence from
Artificial Intelligence (AI). In contrast to traditional Al methods that center on symbolic compu-
tation and logic, soft computing methods specialize in neural networks, fuzzy logic, and evolu-
tionary computing. These new computing techniques hold tremendous promise for tackling prob-
lems in various areas that have defied efficient solutions using conventional methods. Soft
computing methods are particularly suitable for dealing with problems where information lacks
certainty, preciseness, or completeness, or where a direct solution is impossible to find—all char-
acteristic of history matching. In particular, the obstacle of human intervention, one of the com-
pounding factors of the history matching process, can be overcome by implementing soft com-
puting techniques for parameter adjustment.

Recently, neural networks have found widespread applications in diverse areas as a practical
tool for modeling, simulation, control, and pre:dic'cion.lzo'122 The backpropagation network
(BPN), which is typically trained with data or patterns collected during field operations or ex-
periments is especially useful in many science and engineering applications. After a BPN is ade-
quately trained, it can be used for the purposes of modeling, control, and prediction of the opera-
tional parameters. Neural networks have been employed to perform history matching by first
obtaining a large set of curves that bracket or surround the history curve. Then the curves are
sampled appropriately to obtain a training set for a neural network and the network is trained to
recognize the inputs-production relationship. After the network has been trained, the history is
provided to the trained network to predict the set of values that, when input to the simulator,
would produce a good match.

Many different techniques'®'** using software like Paralle] Virtual Machine (PVM)'® in
constructing high-performance parallel computing systems from ordinary PCs or workstations
have been developed. However, these techniques have not had significant usage by oil compa-
nies—especially the smaller ones—for performing reservoir simulations. This is mainly due to the
lack of knowledge on utilizing a cluster of PCs as a virtual parallel machine with great capabil-
ity—an easily realizable resource considering that most PCs are idle most of the time, especially
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during the nights and weekends. A typical small oil company’s computing system would mostly
comprise different-generation PCs on the Wintel (Intel chips running Windows) platform. There-
fore, the obstacle of inadequate computing power, another compounding factor of the history
matching process, can be overcome by parallel computing on PC clusters communicating
through the network (the Web).

The objective of this work was to develop a practical, easy-to-use, Web-based technique to
connect any number of available PCs to conduct the reservoir simulation and history matching.
MASTER Web, a loosely coupled parallel system (with no shared memory) configured in a mas-
ter-slaves fashion, is sufficient for history matching since there is no need for inter-slave-
processor communication. We use the Web for connection and customize the browsers to build
software support. Once available PCs are located, the user will have the authority to decide
whether each available PC is to be connected to the cluster. MASTER Web can be implemented
on any cluster of ordinary PCs with network connection. Depending on the number and speed of
the PCs, it can substantially reduce the execution time of the matching process, which makes
MASTER Web very attractive for practical applications. The i1dea of using MASTER Web to im-
prove the efficiency of history matching can be applied in other applications that usually involve
a huge number of runs. It should be clearly pointed out that unlike other research work aiming to
replace trial-and-error procedures by a completely automatic routine, this work proposes only an
intermediary alternative. The automation should only be considered as an additional tool to be
used during some specific steps of a history matching process.

4.2.2. MASTER Web Development

The architecture of MASTER Web is shown in Fig. 86. To the user MASTER Web appears as
nothing more than a set of HyperText Markup Language (HTML) forms that return textual and
graphical information, though its actual operation is more complicated. The user goes to the
webpage on a server, fills in the necessary settings and information, and submits his data pa-
rameters. The user interface then runs a Java program that acts as the controller. Its primary pur-
pose is to run the task scheduler, and its secondary purpose is to use a combination of sockets
and HTTP protocols to run the simulator on remote machines. This allows for the remote ma-
chines to be of any architecture and any operating system, as long as the FORTRAN based simu-
lator and the Java virtual machine can be run on the remote machine. As such, it is very low-cost
and easily implemented on nearly all systems with available freeware, resulting in a highly
adaptable system. The functionalities of the task scheduler include initiation of requests, schedul-
ing of simulation processes to slaves, checking results, interacting with the controller, and termi-
nation of simulations. Our goals are to use multiple networked machines to run multiple simula-
tions concurrently, to collect results on a single site, and to employ soft computing techniques to
guide the simulator to the best set of parameters, i.e., the set of parameters that matches the his-

tory.

A single machine is assigned as the master, while all other available machines will be called
slaves. (The master machine can also have the functionality of a slave.) A slave is waiting for a
simulation request from the master. Then the slave runs the simulation, and sends the results
back to the master. Upon receipt of results from a slave, the master determines the next set of
parameters and makes another simulation request to a free slave. MASTER Web has been imple-
mented in Java, which makes it directly applicable for any Java-enabled web browser. The MAS-
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TER Web package consists of two parts: the slave side and the master side. Using the client-
server terminology we can say that each slave is a simulation server (i.e., performs services for
the client), while the master is a simulation client (i.e., requests services from slaves and receives
results). The slave is a small, simple server thread waiting for connections on port P1. When a
connection is requested, a new thread is created to handle the connection. If the server is free
(1.e., if a simulation is not running) the request is accepted, the simulation is run, and as soon as it
finishes, the results are sent back. The master has two concurrent threads: a user interface that
triggers the entire task and a thread waiting for results on port P2. The latter thread, in case of a
connection request, creates a new thread that will handle that connection, i.e., read and save the
results, and assign a new set of parameters to a free slave.

The FORTRAN-based simulator MASTER (Miscible Applied Simulation Techniques for En-
ergy Recovery), originally developed for DOE, is preloaded onto each slave to perform the simu-
lation as shown in Fig. 86. MASTER is a multi-component pseudo-miscible simulator that si-
multaneously tracks stock tank oil, natural gas, water, up to four solvent species, and a
surfactant. The surfactant exists in the aqueous phase only. More details about the simulator are
available in the literature.* It is important to point out that MASTER Web is not limited to the
any particular simulator.

The performance of MASTER Web can be measured in the following ways: (1) parallel time
as a percentage of serial time, (2) time saved as a percentage of serial time, and (3) speedup
which is defined as the ratio of serial time to paralle] time. In this paper, the parallel time is de-
fined as the total run time for a fixed number of runs using MASTER Web and the serial time is
defined as the same runs running sequentially in the fastest machine available to MASTER Web.
The difference between the serial time and the parallel time is the time saved by using MASTER
Web. Note that the time is measured by the actual clock time, not the CPU time.

The performance of MASTER Web varies with the number of available personal computers
(PCs). Figure 87 shows the timesavings of MASTER Web running on a cluster of six PCs. Also
shown in Fig. 87 is the ideal case where all the available PCs having the same speed and load,
assuming the time spent in the master-slave communication is negligible compared to the simu-
lation time. It is clear that time savings for the actual six-PC cluster can go up to 78%, which is
very close to 83% of the ideal case. Note that the relative speed of each PC of the 6-PC cluster is
given in Fig. 88. The speedup is 4.5 for the actual six-PC cluster as compared to the theoretic
limit of 6 in the ideal case as shown in Fig. 89.

4.2.3. Application Example

An example of history matching using MASTER Web is presented here. This example is based on
a synthetic field similar to the actual field pilot shown in Fig. 75 that consists of a 16 x 16 grid in
seven separate layers for a total of 1792 gridblocks. The project pilot area is an “inverted nine-
spot” pattern with eight production wells (wells 7, 8, 9, 12, 14, 17, 18, 19) and one injection well
in the center (well 13). The pilot area of nine wells and the 16 surrounding wells, eight injection
and eight production wells (wells 1, 2, 3, 4, 5, 6, 10, 11, 15, 16, 20, 21, 22, 23, 24, 25 outside the
pilot area) were included in the history match model. The layout of the wells is depicted in Fig.
90.

47



The major input adjustable parameters in this example related to gridblock permeability and
relative permeability curves. There are 16x16x7 input adjustable parameters related to grid-
block permeability. In order to reduce its size, the following simplifications are made:

1) The permeability ratios of each layer to the top layer are assumed to be constants.

2) The interwell permeabilities can be estimated by an interpolation algorithm, which is based
on the inverse distance weighted average and the permeabilities of the 25 wells.

The input adjustable parameters related to gridblock permeability are reduced from 16x16x7 to
16x16 under the first simplification and further reduced from 16x16 to 25 under the second sim-
plification. The standard power law expressions are used to describe the four relative permeabil-
ity curves. For each curve, there are two adjustable parameters: endpoint and the exponent. As-
suming the endpoints of the oil relative permeability curves are the same, there are seven
adjustable parameters related to relative permeability curves. Altogether, there are 32 adjustable
input parameters in this example. Assigning values to these 32 input parameters generated the
synthetic field production history.

The matching approach is described as follows. First, MASTER Web was used to generate a
series of production curves whose range covers the history curve. Then the curves are properly
sampled to obtain a training set for a multi-layer backpropagation neural network. After the net-
work is adequately trained, it is used to predict the set of values that would produce a good
match when input to the simulator.

About 200 simulation cases were performed using MASTER Web with a cluster of six PCs.
Figure 91 shows a sample set of simulated production curves for well 8. The synthetic produc-
tion history indicated by the heavy dotted line, lies in the range of the simulated production
curves. A three-layer, backpropagation neural network is trained with the simulated production
data as input and the gridblock permeability values and relative permeability values as output.
The scaled conjugate gradient descent learning algorithm was used in training. After the network
has been trained, the synthetic production history is provided to the neural network as input, and
the output gives the answer to the history-matching problem. The matches between the desired
values of the parameters and the predicted values from the trained network are very good as
shown in Fig. 92. Note that the values are normalized values. Due to the enormous solution
space of the history matching model and the large number of nodes and connection weights in
the neural network, the training set must be constructed judiciously to lead the training to con-
vergence; and only then can the network provide meaningful results. We are currently investigat-
ing the effectiveness of this approach.

4.2.4. Conclusions

In this report we have proposed and investigated a novel approach for performing history match-
ing. MASTER Web provides an easy, effective way for paralleling the history matching process,
at a fraction of the cost of using high-performance machines. Our experiments, carried out with a
small cluster of PCs, have demonstrated that a significant practical speedup (i.€., in terms of wall
clock time) is achieved through MASTER Web in performing history match, thanks to the adapt-
able parallel computing. The results are very encouraging and clearly indicate the tremendous
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potential of our proposed novel approach. Since for oil companies cost has been and will be the
overriding consideration in adopting new technologies, our approach will make the reservoir
modeling and simulation technology more cost-effective, and consequently more utilized.

4.3. Field Wellman Unit CO, Flood: Reservoir Pressure Reduction and Flooding the
Water/Qil Transition Zone

4.3.1. Introduction

An extensive history of CO,-flooding the Wellman Unit can be found in the literature. Previous
publications address assessment of reservoir performance,'”® simulation of reservoir perform-
ance,'>” and re-completion strategies.128 Currently, the reservoir net pay has been reduced to 20-
40 ft. A CO, gas cap overlies the reservoir zone and the original water- oil contact and transition
zone below the reservoir. This is a gravity-stable process as the gas cap expands and displaces oil
towards perforations in the oil-saturated interval and a water drive pushes the water oil contact

higher in the reservoir. Table 19 provides the reservoir parameters.

The goal was to optimize a mature CO; flood. Two important questions arise as the thickness
of the oil column diminishes and the CO; flood front reaches the current water-oil contact. Can
the watered-out intervals and underlying transition zone contain waterflood residual oil that can
be mobilized by CO,? Also, can the pressure in the reservoir can be reduced while still maintain-
ing displacement efficiency, thereby reducing CO- purchases? This study addresses the labora-
tory measures used to assess these questions.

4.3.2. Current Field Performance

The Wellman Unit CO; flood produced 7,200,000 barrels (bbl) of oil by CO; flooding between
1983 and 1998. Approximately 42 BCF of CO; has been injected during this time. This CO;
flood ranks as one of the most efficient floods on record. The utilization through 1993 was 7.85
million cubic feet (MCF) of CO,/bbl IOR. Reduction in CO; purchases since 1993 has resulted in
a net utilization of 2.25 MCF/bbl. Clearly, one of the primary reasons for the success of this
flood is the excellent sweep efficiency apparent in the Wellman Unit. The reservoir is a thick,
steeply dipping limestone reef with an extensive system of vugular porosity and vertical frac-
tures. The Wellman Unit is characterized by good vertical permeability. Pervasive communica-
tion across the reservoir as a result of the fracture and vugular network is observed in the reser-
voir. Secondary porosity results in very little deviation of BHP (bottomhole pressure) in the
Wellman Unit wells across the structure. Good lateral and vertical communication insures that
injected CO, moves to the top of the reservoir and displaces fluid downward. In this case of ex-
cellent lateral and vertical communication, the gas liquid interface is relatively flat. Since the
reservoir is operated at pressures higher than mnulti-contact miscibility can develop between the
reservoir oil and COs, low interfacial tension (IFT) between the gas and oil phases will result.
The combination of gravity stability at near miscible conditions, where the IFT is low, has been
demonstrated to be a very efficient process.52’129’13° Every aspect of response to CO; injection in
the Wellman Unit confirms this observation.
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4.3.3. CO;, Recovery Mechanism—Gravity Drainage

Gravity drainage is known to be a dominant mechanism in the Wellman Unit CO; flood. The
project was initially designed at pressures well above the MMP of the oil. This work sought to
optimize the pressure by performing experiments that take advantage of the gravity component
above, near, and below the MMP. Optimization of the flood requires knowledge of reservoir
pressure and recovery in the gravity drainage mode at pressures as near to the MMP as possible.
Furthermore, continuation of injection as the gas-oil contact reaches the water-oil contact re-
mains an imminent decision. Experiments were devised and performed to interpret performance

and answer the questions concerning reduction in reservoir pressure and flooding the transition
zone.

Experiments were performed with CO; to compare recovery results between slim tube, grav-
ity-stable and -unstable fat tube and gravity-stable injection into reservoir whole core at reservoir
conditions. The purpose of this set of experiments was several-fold.

e To examine the performance of recovery at or near the MMP with CO; in standard slim tube
tests, vertically oriented bead-packed fat tubes, and vertically oriented reservoir cores at res-
ervoir conditions.

e To examine the possibility that residual oil exists below the original water-oil contact that
could be mobilized by continuation of CO, injection.

e To determine accurate S, values after CO, improves uncertainty in ultimate recovéry.

4.3.3.1. Wellman Unit oil characterization. Wellman Unit separator oil was used in the ex-
periments. The composition of the separator oil obtained from separation and GC analysis had an
average molecular weight of 147 g/mole. The separator oil had a solution gas GOR of 150 stan-
dard cubic feet (scf)/bbl. The sample was taken at separator conditions of 61 'F and 126 psig.
Tests done on the oil at 100°F and 1000 psig indicated a density of 0.83 g/cm and a viscosity of
3.0 cp. In tests where higher GOR oil was used Wellman separator gas was added to the separa-
tor oil. The separator gas had an average molecular weight of 24.2 g/mole.

4.3.3.2. Slim tube results. The MMP of the oil was measured with a standard slim-tube configu-
ration and found to be ~1600 psig at the reservoir temperature of 150°F. The IFT, at the MMP is
about 1.5 mN/m as measured by the pendant drop method at reservoir conditions. The MMP is
relatively low for a reservoir temperature of 151°F. Two factors that contribute to the relative
low Wellman Crude-CO, MMP are the high oil gravity (42 "APT) and the high intermediate hy-
drocarbon content in the Cs to C;3 range present in Wellman crude.

Three series of slim tube tests assessed the effect of solution GOR on the MMP of Wellman
Unit oil. Tests were performed on crudes with GORs of 150, 400 and 600 scf/bbl and observed
MMPs of 1595, 1605 and 1625 psig, respectively. Depending on interpretation of break-over
points on recovery vs. pore volume injected curves, a maximum variation of less than 100 psig in
the MMP of Wellman oil is observed for this range of GORs. Thus, we expect that GOR will
have a minor effect on maintaining miscibility in the reservoir as long as the pressure is main-
tained above 1600 psig. The slim tube results are found in Fig. 93.
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4.3.3.3. Fat tube results: A 27-inch long, 4.75-in. diameter cylinder was packed with 80-120
mesh glass beads. The porosity was approximately 35% and the permeability was greater than
one Darcy. Distilled water was injected into the bead pack and displaced with synthetic reservoir
brine. Brine was displaced with crude oil leaving behind about 25% initial water saturation. The
experiment was performed gravity-stable, by injecting CO; into the top of the bead pack. Three
tests, Runs A, B, and C, were performed at a GOR of 400 scf/bbl and pressures of 1700, 1550
and 1400 psig, respectively. Gravity stable injection of CO; into the bead pack under the afore-
mentioned conditions resulted in excellent recovery, both well above and well below the MMP
as Fig. 94 demonstrates.

For completeness, three additional floods were performed to verify the effect of flooding ori-
entation. In these last three tests, separator oil was used. Run D was identical to Run C, expect
using the separator oil. The results plotted in Fig. 94 as Run D are similar to Runs A through C.
The fifth run, Run E, was performed by injecting into the bottom of the vertical core, thus flow-
ing from the bottom to the top. The sixth run, Run F, was performed with the core positioned
horizontally. The last two runs are also plotted in Fig. 94. As expected core orientation and flow
direction had significant effects due to gravity override and viscous fingering. Increased sweep
efficiency as a result of gravity stable injection of CO, is apparent in fat tube experiments. Also,
reduction in pressure of 200 psig less than the MMP did not have a significant effect on recovery
for gravity-stable floods.

4.3.3.4. Core tests. Core from Wellman Unit well 5-10 was obtained in the water-oil transition
zone, above the original water-oil contact. A total of 30 feet of whole core was retrieved from
6400 to 6430 ft. From this interval, 26 samples were subjected to standard core analysis while
one 3-ft section of core was preserved for gravity stable CO, tests. Vugularity and vertical frac-
turing was observed in almost all of the samples. Helium porosities were measured from 2.4% up
to 12.5% with an average porosity of 5.8% for the 26 samples. The average water saturation in
this interval was 42%. Every core sampled was oil-saturated.

4.3.3.5. Gravity-stable coreflooding results. A 4-in. diameter whole core from a depth of
6403.6 ft - 6406.5 ft in Wellman Unit 5-10 was cut to 28 in. in length to fit into a Hassler sleeve
core holder. The core was taken from below the original water-oil contact. The intervals above
and below this core were oil-saturated according to standard core analysis results. A pore volume
was determined to be 390 cm’ by brine injection. Porosity was measured at 6.76%. Vertical per-
meability to brine was measured to be 15.4 md. The core was mounted in the core holder and the
entire cell was oriented vertically. The configuration is shown in Fig. 95(a).

The procedure for establishing conditions similar to the current reservoir transition zone in the
Wellman 5-10 whole core is shown in Fig. 95(b), steps 1-4. After circulating brine for more than
10 PV at 151°F and 1900 psig, dead oil was introduced into the core. The core was aged for ten
days using dead oil, and then separator oil was circulated through the core. After this water satu-
ration was reduced to 23%. Recombined reservoir oil was then injected into the core. After aging
for another three days, brine was slowly injected into the core from bottom to simulate bottom-
water drive in the reservoir. A water saturation of 53% was achieved with varying water injec-
tion rates. A water saturation of 53% agrees reasonably well with the average water saturation of
42% from the 26 samples as determined by standard core analysis. The discrepancy in saturation
would thus render our experiment pessimistic. It should be noted that the oil (47% PV) remain-
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ing in the core is a 400 GOR recombined reservoir oil with a formation factor of 1.33. This
means that the initial saturation of the dead oil in the core is about 35% PV. After 5 PV of brine
injection, virtually no oil was produced.

CO, injection into the core at the top of the cell was initiated at a rate of 20 em®/hr. During
CO; injection, temperature was maintained at 151°F and pressure at 1650 psig. Water and oil
production from the core during CO; 1njection for the run at 1650 psig is shown in Fig. 96 This
figure shows that oil and water were not produced proportionally. For the initial 150 cm’® of CO,
injection, the produced liquid was essentially water. After 200 cm’® of CO, injection, water pro-
duction gradually ceased and oil production increased rapidly. This indicates the formation of an
oil bank at the CO, front during a gravity-stable CO, displacement. Figure 97 demonstrates back-
calculated changes in water and oil saturation in the core during CO; injection. It shows that after
0.5 PV of CO; injection, essentially all the mobile water was removed from the core. It also
demonstrates that about 10% PV of residual, live oil was left in the core after 1.3 PV CO,; injec-
tion. This 10% PV live oil saturation is equivalent to 7.5% PV dead oil saturation. Figure 98 pre-
sents the oil recovery curve obtained from the experiment. It is seen from the figure that the final
oil recovery is 79% OOIP and was established after 1.3 PV of injected COs.

After 2.1 PV of CO; injection, flow through the core was ceased. The backpressure was in-
creased to 1740 psig. After three days of CO; soak at an elevated pressure of 1740 psig and tem-
perature of 151°F, 0.3 PV of CO; was injected into the core at a rate of 50 cm */hr with a back-
pressure of 1650 psig. About 2% OOIP of additional oil was recovered resulting in a residual
live oil saturation of 9% PV, or a dead oil saturation of 7% PV.

The core remained in the core holder at a pressure of 1650 psig and temperature of 151°F for
nine days. 4.3 PV of CO, was injected into the core at a rate of 5 liters per hour with a backpres-
sure of 1650 psig. About 1.4% OOIP of additional oil was recovered resulting in a residual live
oil saturation of 7.5% PV, or a dead oil saturation of 5.7% PV.

To check the material balance, the core was cleaned by injection of methanol, chloroform, Wa-
ter and CO,. After 2 PV of methanol injection at a rate of 1 I/hr from the bottom, only 1 cm’® of
oil was extracted from the core. The backpressure was then reduced to atmospheric (by-passing
the BPR) and 3 PV of chloroform was injected into the core from bottom at a rate of 1 /hr fol-
lowed by 4 PV of water injection at the same rate. A one-liter cylinder of CO; at a pressure of
950 psig and room temperature was heated to 150°F and ﬂushed through the core from top to
bottom to ensure the core was clean and dry. About 11 cm’ of additional oil was extracted from
the beginning of chloroform injection to the end of the CO; flush. This brought the final oil re-
covery to 93% OOIP. The final residual oil saturation is 3.3% PV of live oil, or 2.5% PV of dead
oil.

It should be noted that this result was obtained from a high-water saturation core simulating
the water-oi] transition zone. The test core was obtained from above the transition zone and the
experiments were performed at reservoir conditions.

As a note, the advance rate of the CO; flood front is far greater in the experiments than the
actual field rate of CO; injection advance. This discrepancy in injection rate also would result in
a pessimistic interpretation.
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4.3.4. Conclusions

A. The COx-Wellman reservoir oil MMP is 1600+/- 50 psig for GORs from 150 to 600 scf/bbl.

B. S after CO;injection was less than 10% for slim tube, fat tube and gravity-stable corefloods,
demonstrating excellent displacement efficiency.

C. Gravity-stable floods were efficient above the MMP and two several hundred psi below the
MMP, suggesting that current reservoir pressures be reduced from 2000 psig to 1600 psig
with no reduction in displacement efficiency. The reduction in CO, purchases would be a
positive benefit from this strategy.

D. Gravity stable coreflooding results indicate that oil could be mobilized in the transition zone
from CO; injection.

4.4. Reservoir Characterization and Laboratory Studies Assessing Improved Oil Recovery
Methods for the Teague-Blinebry Field

4.4.1. Introduction

The Blinebry formation in the Teague Field is located in southeastern New Mexico in Lea
County. The first Teague wells were put on primary production in 1938. Blinebry production be-
gan in 1968. The field is in the final stage of a 20-acre infill-drilling program. Ultimate primary
recovery is expected to be less than 10% of the original oil in place. The purpose of this study
was to examine the possibility of profitably increasing the oil production by the injection of wa-
ter and/or CO,. An earlier study had indicated that, because of low permeability and mixed or
strongly oil-wet conditions, a waterflood was not expected to produce significant oil and that
CO, was a possible flooding agent, but was expected to be marginally profitable. This study re-
examines the Blinebry reservoir to obtain better reservoir characterization, to determine the
original oil in place, and to perform coreflood tests to determine the feasibility of water and CO»
injection on a core level. Future studies could mode] the primary production and then predict if
an injection process would have positive economics.

4.4.2. Laboratory Tests

4.4.2.1. Core description. Core taken from the Teague-Blinebry Lamunyon 50 well in 1989 was
examined at the PRRC. Core was recovered from 5280.0 ft to 5399.0 ft and from 5455.0 ft to
5587.0 ft. Every segment of the core was examined and segments with clear fracture traces on
the top or bottom were measured to obtain strike angles.

Examination of the core reveals a dolomite composition, with zones of fractures that are par-
tially to completely filled by anhydrite. There are also conspicuous nodules of anhydrite, stylo-
lites, a few fossils, and some zones of visible small-scale vugs. There are subtle changes in tex-
ture along the core but the composition is primarily dolomite. There are a few zones that show a
shaly material, but they do not correlate to the gamma ray measurements made earlier on the
core.”*! These are thought to be dark organic-rich deposits attributed to storm surge events.

Fractures over the entire core interval were found to be approximately twice as abundant on
the NW-SE trend as on the NE-SW trend. This corresponds to the axis of the articlinal structure
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of the Blinebry formation. Zonation by narrow depth intervals failed to reveal any clear trend. It
is not known how the fracture distribution affects fluid flow in the Blinebry formation. Further
examination of fracture filling minerals by thin section, study of fracture history, and additional
laboratory fracture testing is required to make this determination.

Thin sections taken from 12 depths show the matrix is composed of dolomite, which ranges
in texture from microcrystalline to pelloidal. Quartz is present as silt in some samples. Porosity .
varies but tends to be less than 10 %. Anhydrite is the most common pore and fracture filling
material.

4.4.2.2. Core air permeability. Intervals along the core were selected for minipermeameter' >
analysis based on the following criteria: presence of oil and permeability according to the special
core analysis,131 visual indications of high permeability zones and fractures, and proximity to
wellbore perforations. Seventy-nine intervals were investigated between 5278.3 ft and 5580.3 ft.
Core plugs to be used in core flooding were selected from 12 depths.

Scanning minipermeameter measurements were performed on the slabbed core by centering
the instrument’s scan pattern on the depth. The typical scan pattern used was a 3.0 in. by 1.0 in.
rectangle with increments of 0.25 in. and 0.5 in. respectively. The 3.0 in. side was aligned with
the axis of the core. This scan pattern yields a data set of 39 measurement points. The miniper-
meameter probe tip has an interior diameter of 0.25 in and an outside diameter of 0.375 in.

Two trends are evident in the permeameter data. The first are data sets with a normal distri-
bution. These results were associated with intervals having a standard deviation that was less
than the average permeability. These do not show significant fractures or large vugs. The second
trend is with a standard deviation that exceeds the average value of permeability for the interval.
These intervals have fractures and/or small-scale vuggy porosity. Near-probe effects due to high
conductivity features (fractures or vugs) that cross the seal at the probe tip dominate the instru-
ment response in these intervals. These permeability values are considered to be artificially high.
These will be discussed further in a later section on fracture conductivity. Figure 99 illustrates
the trends in the minipermeameter data. All of the measurements reflecting the characteristics of
the matrix dolomite are characterized by permeabilities rarely exceeding 1 md, and 1t should be
understood that the radius and depth of investigation at the probe tip is severely constrained un-
der these circumstances. Permeability values less than 0.05 md are at the instruments lower limit
of detection.

4.4.2.3. Core plug brine permeability. Brine permeability tests were conducted on eight of the
core samples from Lamunyon 50. The core plugs were 1.5 in. diameter and approximately 2.25
in. long. The tests were conducted in a Hassler-type core holder with 1500 psi confining pres-
sure. A high-pressure syringe pump was used to flow brine through the sample at a known rate.
The brine composition was based on well water analysis reports for Lamunyon 50, with a total
dissolved solids (TDS) of 86,820 ppm. Blinebry formation brine is discussed further in the sec-
tion on log interpretation parameters. Before the permeability measurements were taken, the
samples were dried in a vacuum oven and dry weight was recorded. Wet weight was recorded
immediately after the sample was removed from the core holder. Calculated permeability and
porosity are found in Table 20. Permeability measurements on the order of 0.001 md are esti-

54



mates due to the extremely long time (days) necessary to reach saturation and steady state differ-
ential pressure (dP) measurements.

4.4.2.4. Coreflooding. Brine permeability measurements suggested that core plug samples 5304
(upper Blinebry) and 5555 (lower Blinebry) could be successfully flooded. Samples were in-
stalled into a core holder with 3000 psi confining pressure. The core holder and high-pressure
syringe pump were located in an air bath controlling at 100°F. The system plumbing was de-
signed to minimize volume and eliminate possible storage of oil, which could strongly affect the
effluent measurements. The sample outlet side was maintained at 1500 psi with a backpressure
regulator. An upstream backpressure regulator was installed downstream from the injection
pump so that the CO, mass flow rate could be easily controlled.

Brine composition was the same as that used for the brine permeability measurements. The
samples were prepared by flowing Blinebry separator oil through the system at control pressure
and temperature. Between 100 and 150 cm’® of oil was injected through the sample over a 24~
hour period to ensure that oil saturation had been reached. Further aging was accomplished with
the core shut in overnight while the system plumbing was cleaned to remove extraneous oil.

The sample was waterflooded until oil production ceased. Then the sample was CO,-flooded
until oil production ceased. To prepare for the repeat run, the sample was slowly blown down to
ambient pressure, then oil-saturated as described above. The coreflooding repeat runs for core
5304 are presented in Figs. 100 and 101.

4.4.2.5. Fracture conductivity. The PRRC scanning air minipermeameter is designed to make
permeability measurements on a flat sample on a programmable grid. The instrument may also
be used to make single-point measurements. This feature is utilized in a new measurement tech-
nique pioneered at PRRC. Several core segments exhibiting fracture traces on a slabbed or sliced
surface were selected for study. Polycarbonate strips were made with 0.125 in. diameter ports
spaced 0.375 in. on centers (see Fig. 102). The ports follow the trace of the fracture. The strip is
sealed to the surface of the core with silicone RTV and allowed to cure. Measurements are made
at each port by manually positioning the sample on the minipermeameter table. Ports not at the
measurement point are sealed during the measurement.

Figure 103 contains an example, with each point an average of three measurements. The
measurements showed near-zero variance, which is an indication of an excellent probe-to-surface
seal. After all ports had been measured, a 10-point average of the core matrix permeability was
made adjacent to the polycarbonate strip. Small fractures or vugs were carefully avoided in these
matrix measurements. The average matrix permeability and standard deviation are listed at the
bottom of the fracture measurements.

In a homogeneous isotropic medium, the flowlines from the probe tip would extend symmet-
rically radially and into the material. The Lamunyon 50 cores deviate significantly from this
model. Due to the very low permeability of these dolomites, a more correct description of the
flowlines would be primarily radial, entering only shallowly into the rock, and reemerging adja-
cent to the external edge of the probe tip. This is the case for the matrix measurements. The very
large contrast between the fracture and matrix permeability effectively prevents flow into the
matrix so that the flow is constrained to the fracture system. The polycarbonate strip eliminates
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any possibility that the flowline can emerge a short distance from the probe tip. Fracture struc-
ture and degree of mineralization determine the actual flow path. The practical upper limit of the
instrument response is 500 md; thus, a measurement of 500 md is actually 500 md or greater.

To further characterize the fractures in the middle Blinebry the sample from 5566 ft was se-
lected for further study. This fractured sample was previously studied using the minipermeame-
ter. Two core plugs were taken from this sample; one approximately centered on the fracture and
the other representative of the unfractured matrix, see Fig. 102.

The fractured core plug fell into two pieces when removed from the core drill. It was re-
aligned and secured with vinyl tape around the circumference. The core plug was installed in a
Hassler-type core holder and injected with distilled water until saturated. Steady state differential
pressure was used to calculate permeability. Even though the fractured core permeability was
less than 1 md (0.53 md), it is nearly 200 times more permeable (0.530 md vs 0.003 md) than the
matrix core.

4.4.2.6. Wettability. A wettability test was performed on one core plug from depth 5308 ft.
Brine based on the Lamunyon 50 water analysis and reservoir crude oil from the field were used
in the test. The core was saturated with brine, then brought to irreducible water saturation by in-
jecting oil. After aging in oil the core was placed in a brine-filled imbibition cell at 100°F, and
the produced oil measured (A). Brine was then injected to achieve irreducible oil saturation, and
the recovered oil measured (B). The core was then placed in an oil-filled imbibition cell at 100°F
and the recovered brine measured (C). Oil was then injected and the recovered brine measured
(D).

The wettability index to water is Iw = A/(A+B), [0.15/3.50]. The wettability index to oil is Io
= C/(C+D), [1.40/2.15]. The relative wettability index is WI = Iw — Io, -0.608. This relative
wettability index demonstrates that the core sample is strongly oil-wet. This result compares well
to an earlier study™! where the relative wettability index was found to be —0.653.

4.4.2.7. MMP determination. Four slim tube experiments were run with the Blinebry separator
oil. The slim tube used had an inside diameter of 0.25 in., length of 40 ft., and was packed with
170 to 200 mesh glass beads. Using both CO; breakthrough and final oil recovery (at least 1.2
PV of CO; injected) suggests the minimum miscibility pressure (MMP) of the separator oil is
1010 psig. The live oil is expected to have a similar MMP unless the bubblepoint of the oil is
above 1010 psig. If the bubblepoint of the live oil is above 1000 psig, then the bubblepoint pres-
sure is considered to be the MMP for CO; injection. Because neither a stable GOR nor a down-
hole fluid sample has been obtained, an accurate reservoir bubblepoint pressure is not known. An
estimated reservoir bubblepoint pressure of 1500 psig has been used.

4.4.3. Field Analysis

4.4.3.1. Well log analysis. A variety of Teague field well logs were available in the Log ASCII
Standard (LLAS) format. A review of the available curve sets suggested that the data should be
divided into two groups: density/neutron (D/N) wells and sonic wells. A few wells had both D/N
and sonic logs. Multiple companies recorded the D/N logs over several years. Therefore it was
necessary to develop an interpretation procedure that was customized to each well. In a few cases
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it was not possible to derive a satisfactory porosity from the D/N logs, probably due to improper
instrument calibration at the time of logging. In these cases a company-generated porosity curve
was digitized at PRRC and substituted in the analysis. The D/N logs were used to generate
crossplot porosity, water saturation, pay thickness, and OOIP.

Several well logging companies obtained the sonic logs over a 30-year interval. In order to
compensate for instrumental inconsistencies a sonic log calibration procedure was developed and
applied during the porosity calculation. Field average water saturation was applied to the pay in-
tervals to calculate original oil in place from the sonic porosity. The Blinebry formation interval
was located in each logged well and then applied to the log analysis. The average value of the
top of the pay interval is about 5270 ft. The average value of the bottom of the pay interval is
about 5970 ft.

4.4.3.2. Interpretation parameters. Log interpretations were performed using PRIZM log in-
terpretation software (PRIZM v2.0, product of GeoGraphix Inc., subsidiary of Landmark Graph-
ics Corp., Houston, TX.). This software requires several parameters to perform environmental
corrections and calculate derivative curves. Previous work on the Lamun yon 50 core was re-
viewed to determine parameters for the Archie water saturation equation'> and acoustic transit
time (DT). An April 1990 report™' averages four points along the core to obtam cementatlon and
saturation exponents of m=1.73 and n=1.57, respectively. A July 1990 report * gives values of
m=2.09 and n=1.87 at a single point.

The values m=1.73 and n=1.57 were applied to the log analysis. This produced water satura-
tion values that are considered to be artificially low (Sw=10%). Consultation with the client field
geologist suggested that the defanlt values m=2 and n=2 should be applied to the Teague-
Blinebry field, since this approach had been successful in the Permian Basin in previous log
analysis. This assumption provides more realistic water saturation values.

In order to derive porosity from the sonic logs a matnx transit time is needed. Acoustic ve-
locity measurements made on the Lamunyon 50 core'>® were the basis for determining the matrix
transit time (Dtma). The core porosity values are total porosity indications as determined by the
Boyle’s Law helium method. The matrix transit time was obtained from the empirical transit
time to porosity transform PHI=0.67(DT-DTma)/DT), hence DTma=DT-DT(PHI/0.67). The
measured data'® and calculated DTma values are presented in Table 21. The average DTma
value for these samples is 45.17 usec/ft. DTma=45.0 usec/ft was used in the sonic log analysis
because this value is a better mean between the upper and lower Blinebry characteristics.

Water analysis reports were available for a number of Blinebry wells. The water analysis re-
ports were obtained by several different companies and span the years from 1978 to 1997. In ad-
dition, new brine samples were caught from several wells in 1998. These samples were measured
using a TDS meter calibrated specifically for Blinebry type brines. TDS determination varied
from 36 kppm to 136 kppm.

It is thought that the water samples poorly represent the Blinebry formation water. The well

water composition can be strongly influenced by well treatment chemicals and contributions
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from adjacent formations. The best estimate for Blinebry formation water TDS is 46 kppm. This

salinity corresponds to 2 Rw value of 0.1 Ohm-m at 110F.

4.4.3.3. Density/neutron interpretation. In order to use the crossplot functions'*® for compen-
sated neutron logs (CNL) that are built into the software; several environmental corrections need
to be backed out of the neutron log. This is accomplished by applying functions for borehole
size, salinity, mud weight, temperature, mud cake, and pressure. This yields a neutron porosity
curve in limestone porosity units that can be entered into the crossplot function.

In most cases the well log contained a density porosity curve. The crossplot function sup-
ported by PRIZM requires bulk density curves that were calculated from the density porosity
curves. If a bulk density curve was recorded in the log, this curve was used directly.

Although all the neutron logs were of the CNL type, these logs were either part of a forma-
tion density (FDC) or litho-density (LDT) tool package. The logs were recorded over a several
year time span during which the technology applied in the field was changing from FDC to LDT.
Different companies also recorded the logs. Therefore it was necessary to examine each log in
detail to determine which tool (FDC or LDT) had actually been used. Because of these idiosyn-
crasies the density/neutron interpretation was customized to each well.

4.4.3.4. Crossplot porosity. The software that was used supports both FDC and LDT crossplot
porosity (PHIA) functions. The density and neutron measurements respond to both primary and
secondary porosity. PHIA crossplot porosity is the best estimator of true porosity available in
this study.

4.4.3.5. Water saturation and bulk volume water. Water saturation (SwA) is derived from
PHIA and the true resistivity of the formation (Rt). The Blinebry reservoir is characterized by
intervals of very high resistivity where the dual laterolog traces may exceed the maximum scale
value and only the deep laterolog trace is recorded on the backup curve. This causes gaps in the
Rt data because Rt is a function of shallow and deep laterolog and the micro-SFL log. To over-
come this problem a test was performed to determine if the Rt value was significantly different
from the deep laterolog (LLD} value. LLD was found to be a very good estimate of the Rt. This
is consistent with very shallow invasion by the drilling fluid and the extreme low permeability
found from core analysis.

SwA=(a*RW/(LLD*PHIA"‘))”", the Archie empirical relationship, is used to obtain water
saturation. The parameters a, m, and n used were previously discussed. SwA values can range
from zero to 1, but normally are found between 0.15 and 1. Bulk volume water (BVW) is simply
SwA multiplied by PHIA.

4.4.3.6. Sonic log calibration. The sonic logs proved less difficult to interpret because the data is
less complex and there had been no significant technological changes over the time span repre-
sented in the field well logs. The sonic logging tool should be calibrated at the time of well log-
ging; however, this is not always properly done. In this case a small error (deltacal) will be added
to the interval transit time recorded on the sonic log. This timing error can be either positive or
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negative.

Fifty-seven wells were logged with the sonic tool and 33 required calibration. Again the core
well, Lamunyon 50, was used to develop the procedure for this calibration. Utilizing core data
and calculated PHIA, it was determined that the sonic calibration would be executed by deter-
mining a deltacal value from two depths. The interval 5520 to 5530 ft is thought to have a true
porosity of 1.0%. The interval 5880 to 5890 ft is thought to have a true porosity near 0%. If it
was possible to correlate both regions to the other wells, an average calibration factor was deter-
mined. The sonic calibration was utilized in a modified Wyllie time average calculation, where
the sonic porosity PHIS=((DT-deltacal)-DTma)/(DTfluid )-DTma).

4.4.3.7. Cutoff criteria and pay. In order to determine pay intervals a series of cutoff criteria
was developed. The first criterion (D/N PAY) simultaneously requires PHIA to be greater than
5% and bulk volume water (BVW) to be less than 5%. The second criterion (PHIA PAY) simply
requires that PHIA be greater than 5%. This pay interval was calculated as a quality control
check to see how much pay was excluded in D/N PAY by the BYW requirement. The third crite-
rion requires PHIS calculated with the calibrated sonic log to be greater than 5%.

4.4.3.8. Pay and OOIP. For each well a text file of pay as a function of depth was generated
from each pay report. Pay versus depth is necessary to identify correlatable pay zones within the
Blinebry formation and will serve as the basis for CO, flood design in this field. A set of gener-
ated correlation logs was also developed.

For the wells with D/N logs, OOIP was generated using the function
BBL=(7758/Bo)*acres*PAY*PHIA*(1-SwA), where the formation volume factor Bo=1.2,
acres=20, and PAY is pay interval thickness in feet. Two wells were excluded from the calcula-
tion of the field average parameters because they have anomalous values.

Although only porosities could be generated for the sonic log wells, it is highly desirable to
use the sonic wells to characterize the field due to their extensive distribution throughout the
field compared to the D/N wells. Therefore it was decided to use the pay thickness from the
sonic logs in combination with the average barrels per acre-foot from the D/N wells to calculate
OOIP. As a quality check, OOIP was also calculated using sonic pay thickness, well average
sonic porosity, and the D/N field average SwA. These two methods compare to within 3% for the
set of sonic wells. The average pay thickness per well is very similar to the D/N result (149 ft vs
147 ft).

For wells in the D/N set, OOIP varies from 456,174 bbl to 1,959,368 bbl and averages
925,030 bbl. For wells in the sonic set, OQOIP varies from 437,924 bbl to 1,759,514 bbl and aver-
ages 941,693 bbl. The interpretation for the 63 wells on 20-acre spacing indicates a total OQOIP of
58,511,269 bbl.

The OOIP is presented graphically in Figs. 104-107. Figure 104 is an example of a single
well, Lamunyon 50, that illustrates the depth trend of OOIP in the majority of Teague-Blinebry
wells. Figures 105-107 each include multiple wells and the depth in each plot is normalized to
the top of the Blinebry formation. The interval OOIP curves refer to the oil occurring in each 6-
in. depth interval. The cumulative oil curves are the running total of QOIP as a function of depth.
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Comparison of Fig. 105 D/N well OOIP with Fig. 106 sonic well OOIP reflects the different na-
ture of the D/N and sonic logging response. The positive peaks occurring in the lower Blinebry
in the D/N interval oil curve are regions of secondary porosity that are not detected by the sonic
logging tool. D/N interval oil minima (or gaps) are due to water saturation constraints that were
derived from the companion deep laterologs. The region from 30 to 60 ft down from the top of
the formation shows a peak in OOIP for the sonic wells but only a moderate plateau in the D/N
wells. SWA was checked in this interval in order to determine if pay had been excluded by the
water saturation criteria in the D/N interpretation. This was not found to be true. Therefore we
conclude that the sonic response is due to localized high porosity zones near the top of the Bline-
bry formation that were not as represented in the smaller number of D/N wells.

4.4.3.9. Target zone for future studies. When the total for the field is considered, (Fig. 106) it
appears that about 75% of the OOIP is located in the top 200 ft of the Blinebry formation. This
could be adjusted down to 70% if an allowance is made for underestimation of secondary poros-
ity in the lower Blinebry by the interpretation method.

It was noted from the logs that features in the upper Blinebry tend to be continuous across the
field, while the features in the remainder of the formation do not correlate well. These continu-
ous zones represent a potential flow path for displacing fluids from well to well. These factors
combined make the upper Blinebry the focus of any future study.

4.4.3.10. Effective permeability. Results from a step rate test on Lamunyon 62 and net pay re-
sults determine the effective permeability to be (163.91 md-ft)/(143 ft) = 1.15 md. A 1989 test on
Lamunyon 50 and a given viscosity of 1.49 cp provide two estimates for total fluid mobility that
can be used to solve for effective permeability. By the Homer radial flow analysis, effective
permeability is (1.27 md/cp)*(1.49 cp) = 1.89 md. By the derivative type curve analysis, effec-
tive permeability is (1.40 md/cp)*(1.49 cp) = 2.09 md. These values that range from 1.15 to 2.09
md are well above the average matrix permeabilities, indicating an effective permeability contri-
bution from a fracture system.

4.4.3.11. Production effects from infill drilling. Oil production data was examined for four ar-
eas of the field. In each case at least one new infill well was included and several nearby wells
that had pre-1995 production data. Only oil production from 1995 through 1997 was included.
No significant oil production changes were seen that could clearly be attributed to production
from the infill wells even though a few wells show a production change that might be related to
the infill well. These may indicate interwell communication through a fracture system. But these
changes can be the result of other factors. Also, well stimulation effects due to well treatment
may be present in the older wells that complicate interpretation. Another factor that must be con-
sidered is the long time-scale masking effect of the low permeability reservoir.

4.4.4. Resulting Work

Previous to this study the normal procedure was not to perforate the upper Blinebry, but to
perforate and fracture the lower formation. As a result of this study several previously drilled
wells and one new infill have been perforated into the upper Blinebry. The perforation depths
and fluid production results are summarized in Table 22. As can be seen, the results of the five
wells have been mixed. Of the four older wells with new perforations: two wells had very little
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new production, which indicates that the newly perforated zones had already produced through
the induced lower Blinebry fractures; one well had good response; and one well had moderate
response with an initial high water cut. The fifth well was a new infill with fair oil response.
Again the results are mixed.

4.4.5. Summary

About an equal PV of Blinebry oil was recovered during the CO, flood as during the preced-
ing waterflood. A future challenge is to calculate reservoir injectivity from laboratory studies.
Any further studies would include field tests to determine if the upper Blinebry has (as indicated)
zones that are continuous and thus subject to fluid injection for displacement. Another tests to
include would be injectivity studies. These would determine the rate that fluid could be injected
and if the flow would be sufficient and rapid enough for economical recovery.

4.4.6. Conclusions

A. Air permeabilities indicate two types of permeability regions, matrix permeability of less
than 1 md with a standard deviation that is less than the average permeability, and fractures
and/or vugs of generally more than 1 md having a standard deviation larger than the average
permeability.

B. Even in the well-mineralized fractures, permeability was generally much greater than the sur-
rounding matrix.

C. Water and CO, displacement coreflood tests show that oil can be displaced in a core from
both water and CO, injection. The pressure drop across the core was always less with CO,
and in each tested case CO, followed water injection to residual oil and produced a signifi-
cant amount of oil after waterflood.

D. A core was determined to be strongly oil-wet and compared well to an earlier test, with wet-
tability indices of —0.608 and —0.653, respectively.

E. Tests determined the MMP to be the higher of 1010 psig or the system bubblepoint pressure.

F. Crossplots have been developed using density/neutron logs and sonic logs in order to aid in
the determination of pay. These were used to compare the validity of using sonic logs on as
many wells as possible in order to obtain oil in place over the entire field.

G. Qil in place for wells that had only sonic logs were determined using porosity, net pay, and
average water saturation. The average water saturation was determined from the den-
sity/neutron logs and compare well for the systems that also had sonic logs.

H. The upper Blinebry (top 200 ft.) has significantly more continuous features and nearly 75%
of the calculated QOIP when compared to the lower Blinebry. The upper Blinebry is a prime
target for future IOR studies.

I. From net pay and results of a step rate test, the effective permeability of Lamunyon 62 was
determined to be 1.15 md, which is much greater than the matrix permeability.

J. Most wells show no change in production that is clearly due to the infill well, indicating that
new oil that would not otherwise be produced has been tapped.

K. New perforations in old wells in the upper Blinebry have had mixed results.
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5. Injectivity
5.1. Injectivity Forum

Injectivity abnormalities in WAG IOR processes have mystified and continue to mystify the
petroleum industry. A survey conducted by the PRRC on CO; flooding 1nd1cated that loss of in-
jectivity on WAG cycles has been a crucial limiting factor in many projects.®” There is no clear
explanation of the factors influencing loss of injectivity or whether there are any methods avail-
able to mitigate this problem. An extensive literature review completed last quarter shows differ-
ing, complex and contradictory theories and concepts as to the cause of this phenomenon.

A forum “WACO?2 Injectivity Forum (San Andres Reservoirs)” sponsored jointly by Texaco
and PRRC was held in June of 1999. The motivation for this forum was to bring together experts
from a number of industry operators to discuss what has been done successfully and unsuccess-
fully to alleviate the problem of injectivity anomalies in IOR CO; projects. The deliverables
from this forum were to help operators develop management, operational and design strategies
for current and future projects and provide and formulate the direction of focused research on
this problem. This was to be done by gathering people working directly with injectivity in the
field.

Discussion was to focus primarily on the San Andres formation while input from experi-
ences in other areas was welcomed. The presentation concentrated on three questions:

A. What injectivity problems have been seen?
B. What specific remedies have been attempted to solve the problems?
C. How well has the attempts to solve the problem worked?

The forum was held June 2, 1999 in Midland, TX. Twenty-seven individuals attended the fo-
rum; they represented ten oil companies operating in the Permian Basin and the PRRC. The or-
ganizations represented with the number of engineers from each organization indicated in paren-
theses were: Amerada Hess Corporation (three), Altura Energy, LTD. (two), ARCO Permian
(one), Burlington Resources (one), Chevron USA Inc. (one), Fina O & C (one), Exxon (one),
Mobil Oil (four), Phillips Petroleum Company (two), Texaco E & P Inc. (seven), and New Mex-
ico Petroleum Recovery Research Center (four). The engineers represented about sixteen San
Andres reservoirs in the Permian Basin: Seminole, Adair, Slaughter (East Mallet, Mallet, Sun-
down, and F.L. Woodley), Wasson (Denver, Willard, and H.O. Mahoney), Goldsmith, East Pen-
well, Means, GMK South, East Vacuum, Mabee, and Central Vacuum. Listed below are some of
the results of the forum. Included are example problems, possible causes, attempted solutions,
and results.

5.1.1. Example Problems

e Water injection pressure up 500 psi water injection pressure

e Water injection rates low after switchover

e Water injectivity below prior water rate

» Water injection rates fall after 1st WAG

» Injectivity reduced during water cycle (for medium perm)

» Water injectivity stabilizes after 4-6 WAG cycles

e Most injectors take days to months to reach maximum water injection rates
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Some wells no longer recover rate within 6 months water cycle
Problems began after first WAG cycle

Drastic reduction in total injectivity once WAG begins (for low perm)
CO; Injection Pressure up 400 psi

CO; rates reduced at beginning of cycle

~50% of wells had decreased CO; injectivity

e After several years injectivity begins to reduce again

5.1.2. Some Possible Causes

» Damage affecting permeability to water
Changes in fluid saturations near wellbore
Changes to relative perm near wellbore
CO, BHIP greater than H,O BHIP

Water impurities

5.1.3. Attempted Solutions

e Dump acid treatments

» Stimulation using acid packages designed for producers
* Soap scrubber treatments
L]
®
®
®
L]

Other chemical treatments

Increased water injection system pressure
Larger cycle volume, longer cycle time
Lower gas water ratio

Continuous CO,

5.1.4. Results

e Not economic

¢ No consistent results
e No positive results

From these discussions some laboratory test are in progress to attempt to answer at least
some of the near wellbore phenomena.

5.2. Laboratory Work
5.2.1. Introduction

Injectivity loss is a well-documented phenomenon in WAG flooding. Core was obtained
from a well in the Seminole field operated by Amarada Hess in Gaines County, Texas. The
flooded interval in the Seminole field is the San Andres formation. Injectivity losses have been
noted in this dolomite reservoir. A series of WAG experiments were conducted on this core to
model WAG pressure transients and near well bore oil contamination scenarios. Backscatter
electron (BSE) imaging was performed on pre- and post-flood samples to detect changes in the
dolomite core. Further study of CO; reaction with carbonate rock was performed on an Indiana
limestone core. WAG experiments and BSE imaging of pre- and post-flood samples were
conducted.
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Results are presented for the Seminole cores S139 and S141 and also for the Indiana lime-
stone core. Mineral dissolution was observed in both rock types. Anhydrite and dolomite were
found to be dissolved in the Seminole core by either brine or CO; saturated brine during flood-
ing. The calcite structure of the Indiana limestone was also susceptible to alteration by the CO,
saturated brine. Although both rock types were altered by dissolution, persistent features (min-
eral phases) were identified in both rocks that were stable under flooding conditions.

5.2.2. Seminole San Andres Cores

San Andres dolomite core was obtained from the Seminole field operated by Amarada Hess.
There are no major changes in mineral composition between fresh and flooded samples exam-
ined with BSE imaging and quantitative analysis. Figures 108 and 109 represent the texture of
the fresh Seminole San Andres dolomite. Figures 110-112 represent the texture of the WAG
flooded core. Dolomite is shaded dark grey and anhydrite is very light gray in these BSE images.
Dolomite matrix and hollow core dolomite grains are evident in both pre- and post-flood sam-
ples. Anhydrite occurs as large crystals and also as pore filling material in the dolomite. In well-
filled areas the anhydrite fills both the pores between the hollow dolomite grains and the hollow
spaces within the grains. Quantitative measurements of P, F, SOs, Si, Mg, Ca, Mn, Fe, Sr, and Ba
revealed no significant difference between the mineral phases present in the pre and post-flood
samples. Neither are there any carbonate crystal features in Figs. 110-112 that suggest that any
recrystallization has occurred in the Seminole S139 core.

Dissolution features are most evident in photos of the flooded cores. Figures 113 and 114
represent the texture of the S141 brine-flooded core at several slices along its length. Figure 115
represents the texture of the WAG-flooded core S139, which was sliced at several points along
its length. Anhydrite was observed to have dissolved from within the cores. Large anhydrite
nodules were dissolving along the boundary with the dolomite. Small grains of anhydrite (2mm
diameter) were observed to have completely been removed and formed vugs (Fig. 113). It is
speculated that some anhydrite filled areas in the granular dolomite texture were washed out by
brine solution from the intergrain pores and possibly from inside the grains as well. Examination
of pre-flood rock and the flooded cores is not conclusive as to the dominant mechanism for core
erosion. Anhydrite is clearly dissolving, but dolomite may be dissolving to a significant degree
during the WAG flood (Fig. 115). Microscope examination of the S139 WAG flooded core
shows a residual crusting of dolomite grains in the new vugs. The cementing dolomite phase ap-
pears to be less stable in the flooding fluids than the dolomite grains. This residue of grains is far
more prevalent in the S139 core plug that was exposed to WAG. The S141 core plug was ex-
posed to 9.5 liters of brine only. The S139 core plug was exposed to 87 liters of brine and 57 li-
ters of liquid CO; during brine tests, WAG, and crude oil displacement. Because of the disparity
in the volumes it is not possible to state whether the greatly increased cement dissolution is due
to the WAG process or the greater amount of brine injected. However, the S141 behavior may be
explained by dissolution of anhydrite alone. Examination of the differential pressure behavior for
this core reveals that permeability equilibrium was nearly established, however no significant
dolomite cement dissolution is observed in the BSE images. Dissolution channels visible in Fig.
114 appear to correlate with anhydrite rich stylolite features that are ortented roughly parallel to
the axis of the core. The S139 core (Fig. 115) shows significant dolomite cement dissolution,
new macroscopic porosity, and residual grain texture. Initial dissolution probably is by removal
of anhydrite by the same mechanism as in S141. Then the channels serve as conduits for the
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WAG fluids that enlarge the channels further by dissolving dolomite. These trends suggést that
the WAG process is causing dissolution of dolomite in this Seminole core.

5.2.3. WAG Data Trends in Seminole San Andres Dolomite Cores

The permeability to brine for core S139 is shown in Fig. 116. The Seminole core S139 shows
a strong increase in permeability that we attribute to dissolution of anhydrite minerals in the core.
The permeability data also suggests that a second dissolution process is at work causing a more
gradual increase in core permeability. Indicated on Fig. 116 is the point that CO; injection began.
Examination of the core indicates that once high conductivity channels were established by dis-
solving anhydrite in nodules and anhydrite filled porous dolomite, slow dolomite dissolution was
then accomplished by the CO,-rich flooding fluids. This continuing dissolution process at work
on the dolomite caused the strong increase in measured permeability.

Crude oil displacement by WAG tests was conducted to detect any long-term effects that the
presence of oil in the core might produce. Only temporary permeability reductions due to three-
phase relative permeability effects were observed. The temporary permeability reduction nor-
mally lasted one WAG cycle. When oil was followed by CO, the permeability reduction was
very short-lived and was usually undetectable in the following brine half-cycle (Fig. 117). When
oil was followed by brine then the permeability reduction was long lived and was also observ-
able in the beginning of the CO, half-cycle (Fig. 118).

5.2.4. Indiana Limestone Core

The samples were obtained from the Victor Oolitic quarry in Victor Indiana. The limestone is
a bioclastic grainstone and rather uniform and homogeneous, hence its widespread use as a
building material. A 2.0-in. diameter by 20.3-in. long core was cut from the limestone. The
trimmed end was used to represent the rock property before flooding and was examined by BSE
imaging in Figs. 119-122. Grains are composed mainly of calcite with occasional sparse quartz
replacement in the grain core. Most grains are ooids and shell fragments of one mm or less in
diameter having a significant amount of porosity in their structure (Figs. 119 and 120). Thin
hanging overgrowths of very fine (<10um) calcite crystals are found on most of the grains. In
some instances the overgrowths form the boundary with the intergrain pore space. Intergranular
porosity is controlled by the degree of calcite cementation. Approximately hexagonal polygons
of calcite occur as small crystals in the hanging overgrowths (Fig. 121) and as larger crystals,
some approaching 100um, in the cement (Fig. 122).

Post-flooding examination of the core revealed dramatic dissolution features. Upon section-
ing the core into slabs 1 in. thick, a channel varying from 0.1 to 0.25 in. diameter and extending
11 in. deep into the core was detected. The slabbed core and channel are shown n Figs. 123 and
124. BSE imaging was used to look at samples from several locations along the length of the
core. Dissolution of varying degrees was observed at all locations. The ooid grains and shell
fragments appear to dissolve more or less uniformly from the outside in. Grains are observed in
all stages of dissolution from none to complete. Figure 125 illustrates an ooid that is almost
completely dissolved and a shell fragment that has been completely dissolved. Also noted are
some small hexagonal calcite crystals forming inside the remnant cavity left by the shell frag-
ment and an adjacent area of possible calcite cement recrystallization. There is no evidence to
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suggest that the WAG fluids are causing the intragrain porosity to increase. The original hanging
overgrowths appear to be a very stable feature within this rock during the WAG process. In Fig.
126 overgrowths are observed largely intact while the ooid inside is partially dissolved or even
completely missing. Intergrain porosity increases by dissolution of calcite cement.

We suspect that in this rather long core the WAG fluid reacts with the limestone and eventu-
ally reaches a saturated state with respect to calcium carbonate. This is support by large calcite
crystals found in pores and attached to the cement in core taken downstream. This is shown is
Fig. 127, an image of core downstream. Calcite crystals of larger size than the original texture
appear to be growing on the overgrowths. These persistent overgrowths function as nucleation
sites for the accumulation of calcite from the saturated solution. Most frequently these new crys-
tals accumulate on the exterior of the overgrowth and coarsen and grow outward into the inter-
granular pore space, as in Fig. 128. In a few instances this trend was reversed and the calcite ac-
cumulation was occurring on the inside of the overgrowth and filling the space formerly
occupied by an ooid grain or shell fragment (Fig. 128). The hexagonal calcite texture is more
common and the crystals reach larger sizes in the flooded core. Although BSE quantitative
analysis was performed for Si, Mg, Ca, Mn, Fe, Zn, Sr, and Ba, no significant compositional
variation was detected between the fresh and flooded samples. It is possible that the crystalline
structures downstream just happened to be larger due to natural variations in the system. Future
tests will use markers to clarify this aspect.

5.2.5. WAG Data Trends in Indiana Limestone Core

Permeability was monitored in the core during the three stages of flooding: brine, WAG, and
0il/WAG. These data are shown in Fig. 129. Initial permeability was found to be stable in the
range of 36 to 38 md. Exposure to CO, during WAG caused a significant decrease of permeabil-
ity to 19 to 22 md. Further flooding with WAG and oil resulted in an apparent increase in perme-
ability to 44 md. However the discovery of the dissolution channel allowed a permeability recal-
culation based on the length of the unchannelled section of core at the outlet side (approximately
11 inches long), resulting in a value of 19.5 md.

It is desirable to know if the recalculated permeability of the remaining core section is truly
different from the initial value, or if this is merely a pre-existing heterogeneity occurring in this
piece of limestone. A highly detailed set of differential pressure calibration data from a multi-tap
pressure sleeve was obtained for this core prior to experimental data acquisition. Permeability
was calculated for the last 10.2 in. of core. Values of 34 to 37 md were obtained. This is entirely
consistent with the initial brine perms determined on the whole core and indicates that the final
permeability (19.5mD) in this same region is the result of physical alterations due to the WAG
fluids.

Initial tests with this limestone demonstrated the need for filtration of the brine used in per-
meability tests. Insoluble impurities in the brine salts were caught on the injection face of the
core and caused marked apparent decreases in permeability due to the increased differential pres-
sure across the core. Addition of 1-um filters before the core eliminated this problem. It was
speculated that dissolution of carbonate cement might allow migration of fine particles within the
core to cause plugging in the pore throats and thereby cause a decrease in permeability. However
our experience with introducing fine particles into a test core showed that the decrease in perme-
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ability would not stabilize, and in a matter of tens of hours would cause an over-pressure condi-
tion due to plugging. The process at work in the flooded core is far more subtle and is more or
less stable over the course of many weeks of flooding. It was noted that the injection of CO; into
the core during WAG caused the formation of calcium carbonate deposits in the system tubing
once the pressure was dropped from 2000 psig to ambient. We believe that the WAG {fluid
moves through the limestone core and dissolves calcite until saturated. Then the calcium and
carbonate saturated CO-rich brine is free to interact with the limestone and deposit new crystals
and alter cementation in the remainder of the core. Due to the duration of our tests and the large
volume of fluids flooded through this core, it appears that the rates of dissolution, crystallization,
and alteration are nearly balanced.

5.2.6. Conclusions

A. In both the dolomite and limestone cores dissolution occurred.

1) In the dolomite core, anydrites dissolved during brine flooding, with dolomite dissolu-
tion occurring during the WAG cycles (addition of CO, to the system and lower pH of
the brine).

2) In the limestone the calcite dissolved during the WAG process.

B. In the shorter core no recrystallization was detected, while in the longer limestone core re-
crystallization occured. In either core no significant compositional differences were detected
upon comparing upstream and downstream formations.

C. Inthe limestone core both permeability increases and decreases occurred.

1) The increases were caused by dissolution of calcite.

2) The decreases appear to be caused by precipitation of calcite in the downstream area.
3) Grains migrating when cementation is weakened or removed could also cause this de-
crease. There was no physical evidence that this occurred, but this could well have been
removed during core preparations for the BSE examination.

D. In the test performed for both the rock types, there was no evidence that oil contamination
would cause permanent permeability reduction. In each case the system returned to pre-oil
conditions after CO, was injected into the system.

5.3. Literature Review
5.3.1. Background

Moritis identified 94 gas IOR projects in the U.S."*® The projects are different applications to
similar technologies. Listed below are the gas types and the number of active/completed-
terminated-postponed-deleted projects:

A. CO; miscible or miscible (1) projects 64/8
B. Hydrocarbon miscible or immiscible (2) projects 6/7
C. Nitrogen miscible or immiscible (3) projects 4/5

Of the 94 projects 74 are still active, of which 64 are CO, projects.
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CO, projects continue to grow in numbers. Operating immiscible CO; projects have dropped
to zero while five new US miscible CO, projects were being planned as of January 2000. Brock
and Bryan"’ presented a summary of CO, IOR projects and reviewed the performance of 30
full-scale field projects and field pilots up to 1987. In 1992 there were 45 active CO, projects in
the U.S.'*° Because of the low oil prices following the 1985-86 price collapse the initially the
industry outlook was pessimistic; however, by 1992 most projects had been shown to be techni-
cally and economically successful. In a number of projects, the production performance has been
better than was anticipated.140

At the beginning of 2000 and based on 1999 production figures, the U.S. production from gas
injected IOR was estimated at 328,759 b/d or approximately 5% of the total oil production in the
US. 0il production from CO; activity alone contributed 189,493 b/d, which is an increase of
5.8% over 1998 production attributable to CO, production and represents 3% of the 1999 US oil
production.’® This increase was despite the 1998-99 price collapse that was deeper than that of
the mid-80s. The Permian Basin of west Texas and southeastern New Mexico remains a very ac-
tive area for CO, projects. However, CO; IOR field or pilot projects are in seven other states:
California, Colorado, Kansas, Michigan, Mississippi, Oklahoma, and Utah.

Analysis of individual project and reported problems are not presented here. A review of 23
projects in regards to injectivity is included in an internal report available from PRRC/NMT!
and incorporated into a Department of Energy annual report.'* A number of reviews have ap-
peared in the literature, > %013 Usually during the spring of even years, The Oil and Gas Jour-
nal has a biennial survey of active JOR projects.

5.3.1.1. Industry’s initial concerns. There are two basic IOR techniques in gas flooding a reser-
voir— continuous gas injection and the water alternating with gas injection (WAG) scheme. In-
dustry initially had a number of concerns about CO; injection, especially during the WAG proc-
ess, to control the higher mobility gas: water blocking, corrosion, production concerns, oil
recovery, and loss of injectivity. Careful planning and design along with good management prac-
tices have allayed most concerns except for loss of injectivity.

5.3.1.2. Injectivity losses. There are two separate but related questions regarding this perplexing
issue.

A. What causes the unexpectedly low injectivity during gas injection?
B. What is the reason for the apparent reduction in water injectivity during brine injection after
gas injection?

Injectivity is a key variable for determining the viability of a CO; project. Potential loss of
injectivity and corresponding loss of reservoir pressure and possibly loss of miscibility resulting
in lower oil recovery has potentially major impact on the economics of a gas injection process.
Many of the projects evaluated by Hadlow'*® showed higher CO; (gas) injectivity than that ob-
tained in pre-waterflood water injection. However, substantial loss in water injectivity after CO,
or gas injection has been seen also. On the average, about 20% loss of water injectivity can be
expected in the WAG process'* and attempts to mitigate this are: decrease the WAG ratio to de-
crease the mobility control, increase the injection pressure, and add additional injection wells.
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Optimization of operations can significantly improve the economics of existing CO»'** and
other IOR projects. Three major management parameters that effect the economics of a CO; or
gas flood are:'**

1. CO; and water half-cycle slug sizes,

2. The gas/water ratio profile, and

3. The ultimate injected CO; slug size.
5.3.2. Overview of WAG Injection Process

5.3.2.1. WAG process description. The WAG scheme is a combination of two traditional tech-
niques of improved hydrocarbon recovery——waterflooding and gas injection.”s The first field
* application of WAG is attributed to the North Pembina field in Alberta, Canada by Mobil in
1957,'* where no injectivity abnormalities were reported. Conventional gas or waterfloods usu-
ally leave at least 50% of the oil as residual.'*® Laboratory models conducted early in the history
of flooding showed that simultaneous water/gas injection had sweep efficiency as high as 90%
compared to 60%'% for gas alone. However, completion costs, complexity in operations, and
gravity segregation from simultaneous water/gas injection indicated it an impractical method to
minimize mobility. Therefore a CO;, slug followed by WAG has been adopted.

The planned WAG ratios of 0.5 to 4 in frequencies of 0.1 to 2% PV slugs of each fluid**’ will
cause water saturation increases during the water cycles and decreasing water saturations during
the gas half of the WAG cycle. The displacement mechanism caused by the WAG process occurs
ina three-phase regime and the cyclic nature of the process creates a combination of imbibition
and drainage.'*> Optimum conditions of oil displacement by WAG processes are achieved if the
gas and water have equal velocity in the reservoir. The optimum WAG design is different for
each reservoir and needs to be determined for a specific reservoir and possibly fine-tuned for pat-
terns within the reservoir.'*®

There are a number of different WAG schemes to optimize recovery. UNOCAL patented a
process called HYBRID-WAG where a large fraction of the pore volume of COz to be injected is
injected followed by the remaining fraction divided into 1:1 WAG ratios.'*’ Shell empmcally
evolved a similar process called DUWAG (Denver Unit WAG) by comparing continuous injec-
tion and WAG processes.

Important technical factors affectm§ WAG performance that have been identified are: het-
erogenelt%/ 144,145, 148153 (wettability, M5 18154155 4 properties, 145, 14815052133 1iscibility condi-
tions, '**'**1* injection techniques, ML B W AG parameters, 144,145,148 physical dispersion, 152,153

and flow geometry. 144,148,151
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5.3.2.2. Optimization of WAG. Oil recovery is enhanced if the gas and water slugs are appro-
priate for a specific reservoir. Gorell*® using a 1-D simplified model, assumed that the WAG
could be analyzed as if it behaves like simultaneous solvent-water injection. The validity of this
assumption depends on the relative size of the injection cycles. From Gorell’s study, equal WAG
ratios are more efficient and are insensitive to assumed levels of trapping.

Wettability effects have also been shown to affect the optimum WAG ratio.'”’ Water-wet
bead packs show an optimum WAG ratio of 0:1 or continuous gas injection. Contrarily oil-wet
packs suggest an optimum WAG ratio of equal or 1:1 velocity ratios. Mixed-wet states indicate
maximum recovery is a stronger function of slug size in secondary CO; recovery than in tertiary
flooding. In addition, water-wet laboratory models indicate gravity forces dominate while in oil-
wet tertiary floods, viscous fingering is a controlling factor.

Many operational changes have been implemented to mitigate injectivity abnormalities and
optimize the WAG process. In the Wasson field">"'%8 of west Texas and many other CO, projects
the continuous and WAG processes were used and compared. The water cycle of the WAG was
especially affected by loss of injectivity. Oil response in the WAG area was slower, but the CO,
production was also lower compared to the continuous injection areas. The WAG created a con-
siderable challenge to maintain injection rates. The nine-spot patterns were converted to a line
drive pattern in 1988 and appear to have spread the desired injection volume among more injec-
tors and the desired rates were attainable in the WAG area without exceeding fracture pressures.
The WAG area had several factors that contributed to poorer IOR performance: 1) lower WAG
injectivity, 2) out-of-zone injection losses, 3) structural continuity, and 4) waterflood induced
fractures. The unit’s patterns are closely monitored and WAG cycle lengths were extended from
every six months to yearly. Thus the DUWAG was suggested to inject 4 to 6 years of continuous
CO; injection followed by 1:1 WAG.

The use of horizontal CO, injection wells can increase injection rates severalfold over the in-
jection rates achievable with vertical wells in a five-spot pattern.]69‘”° This is an important con-
sideration in low permeability reservoirs or where reduced injectivity develops during WAG cy-
cles. The South Cowden (San Andres) Unit is a DOE Class II oil program for Shallow Shelf
Carbonate Reservoirs to demonstrate the technical and economic viability of utilizing horizontal
CO; injection wells and centralization of production/injection facilities to optimize CO; project
economics. Better sweep efficiencies, faster flooding rates, and/or lower injection pressures are
possible with horizontal wells.'7%""! Thus the economics of IOR projects and conventional im-
proved recovery methods may substantially improve with the use of horizontal wells.

5.3.2.3. Simultaneous gas/water injection. Injectivity improvements have been seen in water-
floods where CO; has been present. In particular, improvements in waterflood injectivity were
attributed in comparisons of two similar carbonate fields."” In these cases the injectivity im-
provements were attributed to acid gases dissolved in the produced water, with the field having
the higher CO; content also having higher injectivity. Injectivity deterioration occurred in high
rate, high permeability areas. Ramsey and Small'” reported improved injectivity with carbona-
tion of water in sandstones. In addition carbonated waterfloods were sugqgeste:d174 as viable IOR
mechanisms and have been shown to enhance conventional waterflooding. However the use of
carbonated water or "fizz floods" as an IOR process does not show significant economic impact
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compared to a full-scale miscible gas flood or WAG IOR operations providing that miscibility
can be obtained and that miscible flooding is economically viable.

The use of carbonated waterfloods has been suggested in low permeability, naturally frac-
tured reservoirs particularly the Austin chalk.'>"" Additionally, the use of surfactants in car-
bonated water imbibition significantly increased oil recovery in rock samples with mixed or oil-
wet conditions.'®® Injection of water with dissolved gas and injection of water above the bubble-
point may result in the most even distribution of gas throughout the reservoir where oil is other-
wise trapped. Improvements in the efficiency of water flooding and tertiary CO, flooding in het-
erogeneous reservoirs may also be achieved by the injection of water with dissolved Cco,.'®
Amoco conducted a small feasibility pilot study on carbonated waterflooding in the mid 80s to
determine potential use in the west Texas fields.'®? Bargas et al.'® published simulation results
that show that for the shallow, light-oil Salt Creek field in Natrona County, WY, recovery in-
creases under immiscible CO, process and significantly increased with the use of carbonated
chase water. When non-carbonated chase water is used, significantly less oil is produced, though
there is an oil increase during the immiscible CO; injection.

Humble Oil and Refining Co. first tried simultaneous water and enriched gas injection in
1963 in the Seeligson Field Kleberg County, Texas after injecting enriched gas since 1957 (this
was a miscible flood).!®* Low injection rates and high pressures were experienced under simulta-
neous injection. In 1964 alternate slugs of water and gas were injected in an attempt to increase
rates and decrease pressures. The first cycle saw increased rates; however, during the second cy-
cle the wells took little gas. High water saturation around the wellbore was the attributed cause.
Other projects using immiscible water alternating gas injection have shown that it can be an ef-
fective tool in management of oil reservoirs, especially with high gas production.185

5.3.2.4. WAG with hydrocarbon gases. Use of hydrocarbon gases, particularly LPG, to develop
miscibility and improve oil recovery has been evaluated since the early stages of IOR.'%¢188 The
utilization of WAG in these processes was used to reduce the large mobility differences between
solvent displacing oil and improve ultimate recovery. Four rich gas, secondary pilot projects
were evaluated by Amoco'® 1% in oil-wet west Texas and Canadian carbonate reservoirs. Loss
of injectivity in the water injection after rich gas injection was observed in only one of the sub-
ject projects—the San Andres formation. The hypothesis was that rich gas is trapped during the
first cycle of water injection and causes a decrease in relative permeability to water. Remedial
action was unsuccessful. The remedial actions tried were:

A. Wellbore washing for hydrocarbon cleanup with
1) Xylene and propane,
2) CO, following rich-gas injection to displace the rich gas with more water-soluble CO,,
3) Rich gas followed with lease crude to reestablish pre-gas injection saturations.
B. Acid treatments
1) May have fractured well.
2) During the second cycle of water the well’s injectivity dropped.
C. Operating changes
1) Buffer slug of gas reduced,
2) Initial water injection rates higher,
3) Lower subsequent injection rates following rich gas injection.
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5.3.3. Injectivity Abnormalities

5.3.3.1. Injectivity increases. A number of the CO, floods have seen higher gas injection rela-
tive to pre-waterflood injection (see for example North Ward Estes,'®*° Mabee,'®'*? and Cedar
Creek Anticline’”'®). Also, some projects have had higher CO, injectivity after successive
WAG cycles. Simulations indicate that CO; injectivity is much higher in reservoirs with cross-
flow when accounting for phase behavior and mixing.'”* The CO, solubility in follow-up brine
injection has been reported during WAG cycles that is enough to raise unsaturated brine injectiv-
ity three to five times the saturated brine injectivity.'”! Increased brine injectivity during WAG
cycles after the first slug of CO, has also been attributed to combined effects of. %2 heterogeneity,
crossflow, oil viscosity reduction, CO, sweep, CO; channeling, compressibility, and solubility of
CO; in injected brine near the wellbore.

Injectivity increases are not as great where vertical permeability is lower, pay section is
thicker, or the injection well is stimulated and production wells are not stimulated.'** The effec-
tive wellbore radius or skin and heterogeneity in the layering reduce the influence of the oil bank
resulting in higher inje:ctivity.164 The effects of low mobility in the tertiary oil bank and in the
dispersive mixing zone near the CO; displacement front are more significant for a stimulated
well because they pose a greater portion of the total flow resistance when resistance is lower near
the well. In addition the fronts are moving with a velocity that varies inversely with the radius
from the injector. The closer these banks are to the injection wellbore, the more effect the banks
have on the activity at the injector.

5.3.3.2. Injectivity reduction. Injectivity reduction after CO, injection has frequently occurred
in west Texas'**!** and also in the Brent formations after hydrocarbon gas injection in the North
Sea area.!*>'*® The Levelland, Slaughter, and Wasson fields producing from the San Andres
formation have all reported injectivity loss during WAG procf:ss.162

Schneider and Owens'®® studied 19 preserved cores from four oil-wet carbonate reservoirs to
evaluate injectivity in a west Texas rich-gas flood. Before the rich gas-water injection, water
rates averaged 350 B/D and after gas injection, water injection rates averaged 100 B/D. The ratio
of pre- to post-gas injection is similar in magnitude to the reduction observed in some relative
permeability coreflood tests. Efforts to improve injectivity in the field following rich gas injec-
tion were largely unsuccessful.'®” There is no indication from Schneider and Owens regarding
the skin condition of the wellbore other than well test data indicating that the reduced injectivity
was not a wellbore or near-wellbore problem.

The Levelland Unit CO, miscible pilot reported a 10% loss in CO, injectivity and a 50% loss
of water injection versus the pre-gas water inje:ction.196 As a result of the loss of injection pres-
sure, cycles were observed in the composition observation well. Mobility was lower after CO,
injection than before, indicating that mobility control was good and also suggesting that reduced
injectivity is an in-depth phenomenon rather than a near-wellbore condition such as skin or high
gas saturation around the injector.
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5.3.4. Factors Affecting Injectivity

5.3.4.1. Wettability. During a reservoir’s evolution, rock is laid down in a water environment
and is initially water-wet. As hydrocarbons migrate through and/or accumulate in the rock’s pore
structure, oil will occupy the largest pores while the smaller pores remain filled by water because
of insufficient capillary pressure.'”’ Various compounds in the oil can chemically alter the sur-
faces of the pore:s.198 The precise taxonomy of wettability is still lacking.'®® Buckley200 catego-
rized crude oil/brine/solid interactions as polar interactions, surface precipitation, acid/base, and
ion binding.**" Anderson®® defines the terminology of five different types of wettability 7 —
fully water-wet, fully oil-wet, intermediate-wet, fractionally wet, and mixed-wet. Key factors
affecting wettability of a system are: 201203 aging, temperature, brine pH/composition, crude oil
composition, and connate water saturation.

Results from various labs concerning wettability are difficult to reconcile and understand.”**

Variations in laboratory procedures and experimental materials make generalized conclusions
about wettability almost impossible. Also, there have been concerns reported in the literature re-
garding the cross-correlation of the two main methods of determining the wettability of a rock,
i.e., the Amott and USBM methods.'* These two methods do not address pore scale wettability
alteratzi(c))sn issues'®® and only under certain conditions are the two methods expected to be
equal.

Alteration in wettability are nonuniform with experimental evidence indicating that various
components of the crude oil interact differently with various mineral substrates in the rock (e.g.
quartz, feldspar, clays, etc.).””® The measurement of wettability alterations is difficult to deter-
mine and contact angle measurements do not adequately address this issue.'”® The adhesion test
is suggested as a useful measurement'*****?® of wettability alterations. However, the capillary
force 1s difficult to control and the force applied to the nonwetting phase will establish the meas-
urement.

The use of an atomic force microscope is suggested as a direct way of measuring the critical
capillary pressure for crude oils or the capillary pressure required to rupture brine films on min-
eral surfaces.'”® Capillary pressures determine the flow in a porous media and are related to the
wettability of porous structures. Weak capillary forces are often operating in mixed-wet systems
and are related to variation in contact angles. High capillary pressures imply a water-wet system
whereas low values of critical capillary pressure imgly large sections of the reservoir may be
rendered mixed-wet because of brine film instability.1 8

The wetting state is not the sole indicator of the type of mechanism controlling recov-
ery.lst"ls‘s’207 Most studies were conducted to identify the effects of trapping, water shielding or
blocking, relative permeability effects, and phase behavior or multiphase flow on the miscible
process. These phenomena are also important to the injectivity problem.?”’

The optimum WAG ratio is influenced by the wetting state of the rock. Gravity forces domi-
nate water-wet tertiary floods while oil-wet tertiary floods are controlled by viscous fingering.”’
High WAG ratios have a large effect on oil recovery in water-wet rock.?”’ High WAG ratios re-
sult in less oil recovery by extraction. Tertiary CO, floods controlled by viscous fingering had a
maximum recovery at WAG ratio of about 1:1. Floods dominated by gravity tonguing showed
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maximum recovery with the continuous CO, slug process. The optimum WAG ratio in secon-
dary floods was a function of the total CO; slug size.

Higher oil trapping due to wettability results from continuous-injection WAG processes with
C0,.""" In the Brent Formation of the North Sea, larger pores tend to be oil-wet with residing oil
and small pores tend to be water-wet.'* Injected gas preferentially enters the high permeability
layers, {4essulting in reduced water injection rate due to the three-phase effect and compressibility
effects.

However, corefloods conducted by Potter'™ on preserved fresh-state cores taken from the
west Texas Levelland Unit San Andres formation and the North Cowden Grayburg formation did
not readily change wettability when flooded with oil and CO,, but any change realized is towards
more water-wet characteristics. Contrarily, CTVC (capillary tube visual cell) studies®®® (using
surrogate solvent and refined oil) and core studies in oil-wet, intermediate-wet and water-wet
cores (using ethane as solvent and three reservoir oils)*® show miscible gas flooding does induce
wettability alterations. The CTVC studies show that miscible gasflood-induced wettability altera-
tions occur and that water-wet surfaces become strongly oil-wet when in contact with swelling
oil. The wettability changes are manifested in Jarge changes in endpoint permeabilities with rela-
tively lower change in endpoint water permeabilities. In intermediate wet and oil-wet systems the
in-situ wettability alterations caused by solvent flooding had a significant positive effect on mis-
cible flood performance. In some cases the impact of miscible flooding was the possible devel-
opment or naturally occurring mixed-wettability conditions."*’

5.3.4.2. Chemical effects. Tang and Morrow 2°! suggest that reservoir wettability will change if
the significant variables such as salinity and pH in the reservoir are changed. CO, forms a weak
carbonic acid in water with a pH of 3.3-3.7;'® thus, changes in pH may affect wettability during
CO; flooding. The carbonic acid readily reverts to CO, with increasing temperature and decreas-
ing pre,ssure.165 Even at relatively low partial pressures, pH is reduced considerably.'®®

Buckley®™® has shown in controlled synthetic and fairly clean sandstone coreflood experi-
ments that wettability can change with pH of the brine. A high pH alters synthetic cores toward
more water-wet conditions while lower pHs have a tendency to alter cores and surfaces toward
less water-wet conditions; however, pore coatings may control wetting alteration in natural po-
rous media. The subject work also states that low 1onic strength NaCl brines and asphaltic oil
alters wetting to mixed-wet conditions.

There is considerable disagreement as to whether dissolution, precipitation and particle inva-
sion or migration occurs during injection of CO, in WAG processes. It has been speculated that
inorganic material dissolution occurs as the pressure declines while the flood front advances to-
ward the producer. However, pre- and post-pilot core studies'*® and limited laboratory experi-
mental studies'®! showed negligible dolomite dissolution occurring in the Wasson Denver Unit,
or at least that this process had little effect on injectivity. Patel et al,'®* however, commented that
the scope for a more comprehensive study of this mechanism exists. Contrarily, observations in
other west Texas pilots and early work in the North Sea and Canadian sandstones suggested that
CO; floods could have significant effect on dissolution of the reservoir rock. Also, results have
shown that oil hinders the rate of dissolution®'® and thus more oil-wet reservoirs may not have
high dissolution effects.
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Literature on sandstone and carbonate diagenesis emphasizes the role of naturally occurring
CO; in leaching processes. In the sandstone reservoirs of Pembina Cardium, Alberta, Canada,
CO; corefloods initially showed a large drop in permeability, after which permeability rose
steadily but did not regain its initial value.”!! Microscopic (x-ray defraction and scanning elec-
tron microscope) examination indicated that fines had been released and had migrated toward
pore throats, reducing permeability. The gradual rise in permeability noted in the experiments
was attributed to mineral alterations by dissolution of calcite and siderite.

Laboratory coreflooding experiments under reservoir conditions on North Sea core material
showed that dissolution could be a serious problem during CO; ﬂooding.zm Unlike carbonate
formations that are primarily made up of carbonates, sandstones contain small amounts of carbo-
paceous material primarily as cements consolidating the sand grains and creating the pore struc-
ture. A relatively small change in the pore framework due to dissolution could significantly af-
fect the total permeability.

Thin section examinations of post-pilot core from the Wasson Denver Unit did not show evi-
dence of dolomite dissolution, though anhydrite dissolution is seen but not statistically signifi-
cant.'®! Carbonic acid is an effective agent in increasing the solubility of dolomite; thus, the lack
of increase in porosity attributed to the possibility that a substantial pore volume contains CO,
(not carbonic acid), so any trapped water will remain trapped in the smaller pores. The trapped
water will come to equilibrium with the CO, and will form carbonic acid and dissolve the dolo-
mite. This water will not be a mobile phase to any great extent during the CO, flood and thus no
significant transport mechanism exists to remove the Ca*? and Mg** and HCO5™ ions. The brine
postflood should form carbonic acid from trapped CO,. There is evidence that this occurs,
though sufficient pore volumes were not available to significantly increase total porosity.161
However, continued cycling of CO, water, such as that which occurs in the WAG process, does
not appear to have occurred in the pilot.

Anhydrite can be dissolved in brine undersaturated with CaSQy in the preflood. The presence
of NaCl and CaCl, brine increases the solubility of anhydrite.'”® During the SACROC pilots,
evidence obtained in falloff and pulse testing suggested that dissolution of dolomite occurred,
and investigators postulated that precipitation of gypsum close to the injector*'? was due to CO,
injection. Tests run on North Cowden cores saw significant anhydrite dissolution due to brine
composition, but nothing was mentioned about effects of CO; on dissolution of the dolomite
cores. Use of MgCl, and MgSO, stabilized the water/rock reactions.'”’

The Levelland Pilot'*® indicated possible effects from rock dissolution as evidenced by a
dramatic increase in bicarbonate content. The total dissolved solids concentration was substan-
tially elevated in the water at both composition observation wells compared to the injection wa-
ter, indicating that carbon dioxide was dissolving in the water and forming carbonic acid. Ion
concentration was lower in the water from the injection wells than it was in the water from the
observation wells, which suggests that the injected water was not in equilibrium with the forma-
tion. In addition, the authors suggest that the oil films of the intermediate oil-wet reservoir
shielded the high salinity connate water from mixing with and being displaced by the lower sa-
linity waterflood water. The injection of carbon dioxide could remove the oil film and expose
connate water to the water cycles that follow."
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5.3.4.3. Entrapment. Entrapment has been suggested as a cause of injectivity losses. Mecha-
nisms found to affect trapping in miscible displacements at the laboratory scale are solvent diffu-
sion, oil swelling, water saturation, and solvent contact time. Some researches have found that
the amount of oil bypassed is sensitive to flow rate and core length,m'215 while others have
not.}* Bypassing increases as the solvent/oil viscosity ratio decreases. Major by}Jassing mecha-
nisms are capillary-induced bypassing, dispersion, and macroscopic bypassing.’ 6 Experimental
observations of flow rate and core length effects can give some indication of the relative impor-
tance of each type of bypassing:

A. An increase in recovery with flow rate indicates capillary pressure effects dominate while a
decrease indicates dispersive bypassing or fingering is dominant.

B. Recovery independent of core length shows that either capillarity or dispersive bypassing
dominates.

C. Viscous fingering and dispersive bypassing increase with oil viscosity while capillarity by-
passing is much weaker function of oil viscosity.

Dispersive bypassing results from a distribution of pore sizes, and occurs in single-phase
flow. The distribution of pore radii gives rise to a distribution of path lengths and distribution of
velocities. Mixing is not complete at the pore junctions with laminar velocity distribution in the
pores, thus resulting in a broader distribution of residence time, especially at high flow rates and
short contact time.

Capillary entrapment occurs when the oil saturation in a porous medium becomes low, and
the oil-phase network looses its continuity. At this point, viscous and gravitational pressure gra-
dients become insufficient to mobilize the remaining oil, which is trapped against capillary barri-
ers within the porous medium.?'® This bypassing phenomenon occurs in tertiary displacement
since the solvent must displace water to mobilize and recover oil. The Laplace equation applied
to an oil drop in a constriction through which water flowed accounts for most of the pressure
drop due to frictional loss and wall effects.?!” If viscous drag forces are large enough, the drop is
mobilized and induces the snap-off process. Capillary entry pressure is higher in small pores and
is effected by the wetting nature of the rock. In water-wet rock, solvent displaces water from the
largest pores first because their entry pressure is lower. In mixed-wet rock, the solvent will enter
the smallest oil-wet pores first. Thus capillarity-induced bypassing may depend on rock wettabil-
ity but can occur in both mixed and water-wet rock. As viscous forces in the solvent bank in-
crease relative to capillary forces, the capillary-induced bypassing will be reduced.'>

Macroscopic entrapment or fingering results from macroscopic-scale heterogeneities coupled
with the mobility contrast between solvent and oil. Trapped gas saturation is one of the key pa-
rameters in determining injectivity and displacement efficiency in a miscible CO» WAG injec-
tion project.”'® Trapped gas saturation influences water injectivity and the amount of diversion of
water in the WAG process. There is extensive tra;)ping of gas in the high permeability layers,
which diverts water to lower permeability layers.”!” Gas trapping plays an important role in mo-
bilizing and displacement of residual to waterflooding oil. The degree of oil saturation reduction
and amount of gas trapping depends on the initial gas saturation prior to waterflooding, and the
wettability of the rock.

Evidence in the literature shows that trapping behavior and relative permeability depend on
the ratio of flow rate to interfacial tension (IFT).*" The Prudhoe Bay laboratory data indicate
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that trapped gas saturation is essentially independent of residual oil saturation.*" This is contrary
to what was evidenced in earlier flow studies by Schneider and Owens'® conducted in 19 pre-
served west Texas reservoir cores. Here the trapped oil and gas acted to lower the maximum at-
tainable water saturation and resulted in lower mobility of subsequent water injection. Labora-
tory data supported field evidence of reduced water injectivity for the process.

Laboratory core floods on native state cores from the South Cowden CO; flood showed that
trapped gas saturations in the main reservoir from 20-25% PV could develop during WAG cy-
cles.?!® The South Cowden study also saw reduced water relative permeability after CO, injec-
tion and determined that the CO, relative permeabilities were lower than oil relative permeabili-
ties at comparable water saturations.

Factors governing trapping of residual oil include:*® water saturation, wettability, reservoir
heterogeneity, capillary forces, and dynamics of water solvent injection processes. If the water
saturation is reduced, part of this trapped oil may reconnect and make it more accessible to sol-
vent.??! In a mixed-wet system the amount of trapping was found to be a function of solvent
throughput.*' In mixed-wet and oil-wet cores the amount of retained oil was found to be insig-
nificant after prolonged water/solvent injection and was attributed to the dendritic (dead-end
pore) oil in cores recovered by diffusion mechanisms.”**

Water blocking measurements with refined oil over-predict the extent of water blocking for
reservoir fluid displacements when wettability alteration occurs in various types of rocks includ-
ing Berea, Alberta sandstone, and west Texas carbonate.?® Water blocking was found to be more
severe for Berea sandstone than for reservoir materials, even strongly water-wet Alberta reser-
voir core. For high WAG injection ratios in Berea water-wet rock, shielding dominates the dis-
placement process and the type of miscible process doesn’t matter whether first contact or multi-
ple contact miscible.”** The trapping function and oil and solvent mobility in Berea water-wet
rock control water shielding. Water-blocking estimates for reservoirs should be based on meas-
urements in TeSErvoir Cores using reservoir fluids.?*

Mobile water does not change the mass transfer process by which miscibility develops,220
but the wetting conditions do affect miscible displacement. Displacement by the nonwetting
phase is affected by highly mobile wetting phase saturation, where displacement by the wetting
phase is not significantly effected. Injecting below the optimum WAG ratio produces a high con-
centration profile directly behind the oil bank and creates mobility or viscous instability, while
injecting above this ratio improves the ratio and tends to improve or stabilize the process but
substantially reduces displacement efficiency due to trapping and prolonged production. The op-
timum WAG ratio seems to be fairly insensitive to any assumed level of trapping of the oil
phase.zzo The water solvent injection phase creates little trapping of oil but substantial trapping
of solvent

Microscopic influences caused by heterogeneity in the porous media include increased mix-
ing effects due to the tortuosity of the pore structure, longitudinal transverse dispersion of sol-
vent, and mass transfer of solvent.”%** Macroscopic influences such as channeling and cross-
flow are caused by permeability and wettability effects. In secondary CO, floods, local mixing
caused by high water saturations reduce recovery only slightly because high mobility CO, mixes
with and displaces the oil before injected water arrives and creates significant dendritic and
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trapped saturation.”** Additionally, in tertiary CO; floods oil recovery is slowed and reduced by
restricted local mixing because high water saturations cause significant dendritic and trapped
fractions throughout the flood.

5.3.4.4. Relative permeability. Relative permeability is an important petrophysical parameter,
as well as a critical input parameter in predictive simulation of miscible floods. However, rela-
tive permeability is a lumping parameter and includes the effects of wetting characteristics, het-
erogeneity of the reservoir fluids and rock (interfacial tensions), and fluid saturations as well as
other micro- and macro-influences. The importance of accurate determination of this parameter
has been known since the beginnings of improved and enhanced recovery processes. Research
programs to collect relative permeabilities and attempts to model these parameters are replete in
the literature. Interfacial tensions have been shown to be an important effect on relative perme-
ability curves.

Early programs done at room temperature concluded that the oil and gas saturations present
act to lower the maximum attainable water saturation, resulting in reduced water mobility during
subsequent periods of water injection.188 Data from laboratory tertiary flooding studies at repre-
sentative reservoir conditions are becoming available in the literature.”** This data includes wa-
ter/oil relative permeability when water saturation is decreasing, residual oil saturation in a mis-
cible flood, and residual CO, saturations. These parameters influence predictions of oil recovery,
CO;, production, and breakthrough times. Large differences in CO, and oil relative permeabilities
can generate large differences for predicted injectivity.”* CO, relative permeabilities can be very
small in representative west Texas carbonates; as much as 100 times smaller than the oil end-
point relative perrneabilities.155’191’218 Reduced CO; permeability affects gas production and in-
jectivity more than oil recovery. Prieditis and Brugman®* showed that normalized injectivity can
be predicted if the solvent and oil endpoints are not assumed to be equal.

Defining CO; relative permeability as equal to the oil relative permeability will not predict
the above behavior. Roper et al."”*"** showed through simulation that a sharp injectivity reduc-
tion at the start of the brine cycle can be associated with relative permeability reduction near the
well and then gradually experience an increasing injectivity trend throughout the rest of the cy-
cle. The reason is suggested to be due to two-phase flow of gas and brine initially near the well;
as the cycle proceeds the saturations and the relative permeabilities change.

Laboratory floods attempting to emulate the South Cowden CO, flood experienced agaprecia-
ble water relative permeability reductions with values observed prior to CO; injection.'®® Core-
floods conducted on native state cores showed that trapped gas saturations of 20-25% PV could
develop in South Cowden reservoir rock during miscible CO; WAG operations. Gas relative
permeability curves were then constructed to yield this magnitude of gas trapping in the simula-
tion. In addition the data showed significant hysteresis effects in the water relative permeability
between the drainage and imbibition curves. Irreducible water saturations after drainage cycles
were 15-20% higher than the initial, connate water saturation.

Water hysteresis occurs after CO; injection. In the San Andres water hysteresis occurs at new
and higher irreducible water saturations.”* The injected CO, and oil bank develops a new mini-
mum value of irreducible water saturation that does not go back to the original connate water
saturation. Oil curve hysteresis studies showed that oil relative permeabilities measured during
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oilflood following a waterflood were larger than the oil relative permeabilities measured during
the initial waterflood. These new oil relative permeabilities could be several times larger than the
original. If hysteresis effects are not recognized or are ignored the aqueous and oil primary imbi-
bition and drainage relative permeability curves differ.>>!>* Hysteresis is seen in the water per-
meability curves but not the oil curves of Levelland core floods.'*

For immiscible WAG, oil relative permeabilities remain the same whether trapped gas was
present or not. They appeared to be a function of oil saturation only. Water relative permeabili-
ties were significantly lower with trapped gas present, indicating their dependence on both gas
and water saturations.”?> Gas relative permeability was noted by Akin and Demiralto®®® to de-
crease with increase in flow rate for three-phase flow.

Correlations to predict three-phase relative permeability from two-phase data assume gas
relative permeability is a function of gas saturation and not dependent on the liquid phase dis-
placed. In addition most relative permeability data is obtained at ambient conditions. Studies
conducted by BP Research indicate that the assumption that gas relative permeability as a func-
tion of gas saturation alone is not valid for the reservoir sandstones studied.”*’ The study, con-
ducted under ambient and reservoir conditions measured the saturation distribution histories by
gamma attenuation saturation monitoring with JBN analysis of the corefloods. The study sug-
gests that unsteady state relative permeabilities obtained from displacement corefloods at ambi-
ent conditions provide similar information, though not the equivalent of data obtained at reser-
voir conditions. Dria, Pope, and Sepc::hrnoori228 concluded, using dolomite cores and steady-state
procedures, that the relative permeability of each phase is seen to depend on the saturation of that
phase only.

Three-phase flow effects can have important influences on injectivity even when CO; is in-
jected above its minimum miscibility point. Some researchers have suggested that the magnitude
of the water relative permeability endpoint has only a small effect on WAG recovery. 3 Gas
relative permeabilities measured under three-phase flow conditions with CO; are much lower
than with N,. This could result in lower total mobility and lower injectivity than would be pre-
dicted if nitrogen relative permeability data were used to calibrate the simulator.?*®

Roper, Pope and Sepf:hrnoorilsz’153 studied the sensitivity of relative permeability effects and

residual phase saturations on CO; injectivity using analytical and numerical compositional mod-
els. Their study showed that the aqueous phase endpoint is important both before and after CO;
breakthrough (note that this study has limited discussion and simulation of brine injectivity or the
WAG process). The analytical analysis does not take into account crossflow, dispersive mixing
and three-phase flow but the numerical simulation does. The CO, solvent bank was suggested as
having a low resistance compared to the low mobility downstream of the solvent bank and as
such injectivity is not sensitive to the CO, rich phase relative permeability endpoints. Contrarily,
injectivity is suggested as being a strong function of the oil phase relative permeability till break-
through where it becomes a weakly decreasing function of the oil relative permeability endpoint.
Injectivity was determined to be a decreasing function of the aqueous phase endpoint in Roper’s
study.

Roper additionally studied the relative permeability curvatures using the analytical model to
show that the non-aqueous phase (oil) relative permeability curvature applicable to the tertiary
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oil bank has the most important influence on the early injectivity, but little effect after CO,
breakthrough. Roper’s results also indicate that the oil and aqueous phase relative permeability
endpoints and the relative permeability curvatures are almost inverses of each other. This exem-
plifies the antagonistic and synergistic complex behavior that coexists in the reservoir and shows
why it is difficult to ascertain one individual parameter or set of parameters that have more influ-
ence over the injectivity phenomenon than any others. The phase residual saturation effects to
displacement and their consequences on injectivity of CO, are discussed below.

The distribution of the wetting and non-wetting phase fluids is a major factor in determining
relative permeability characteristics. Non-wetting fluids occupying larger pores will have larger
relative pf:rmeabilities.198 To acquire a history match most simulations alter the relative perme-
ability information significantly, as was done in the Sundown Unit of west Texas.”® These ex-
treme adjustments are made to compensate for more heterogeneity and are a faster and more
convenient way to match waterfloods than to change geological models. Altering the relative
permeability data also allows one to account for poorer sweep efficiency. Because of this, an ex-
cellent waterflood history match obtained by altering the relative permeability does not guarantee
a correct CO; flood forecast.

Adjusting the gas relative permeability curve could compensate for moderate differences in
the reservoir heterogeneity. Drastically modifying the gas curve from expected values could cre-
ate misleading results in timing and performances of the WAG and continuous CQ, process.”*
Relative permeability and its effects is a study unto itself and again takes into account many
petrophysical parameters. In order to confine the scope of the present study, this issue will not be
discussed further. Additional comments on the effects of relative permeability on injectivity are
related in the IFT section of the present study.

5.3.4.5. Saturation effects. The nature of the WAG process causes the saturations to cycle and
can exacerbate the trapping occurrence. The volume of the trapped phase depends on the initial
saturation prior to the flood.'*® High water saturation acts to reduce the amount of extraction that
occurs in both water-wet and mixed rock.'>

Roper, et al.>* in their analysis of the causes of tertiary injectivity abnormalities investigated

saturation effects using an analytical model and a compositional numerical simulator. The
method of study they used compared an analytical model that made no allowance for dispersion
or vertical communication with the compositional simulator that had considerable more com-
plexity in the definition of the reservoir and fluids.

The analytical solution showed that injectivity was not sensitive to the CO,-phase residual
saturation in the solvent bank. However, analysis by numerical compositional simulator predicts
higher CO; injectivity early in the displacement for lower CO, residual saturations. Suggested
reasons for this are increased mobility in the mixing and increased crossflow because of reduced
pressure drop within the mixing zone in higher permeability layers. After CO, breakthrough, in-
jectivity is a weakly decreasing function of CO,-phase residual saturation. The authors reasoned
that:

A. Alower value of saturation means increased total mobility ratio in the mixing zone.
B. There is an increasingly unfavorable local mobility ratio where the multiphase mixture dis-
places compositions at the rear of the oil bank.
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C. More oil is bypassed because of crossflow and instability.
D. Increased bypassing of oil reduces the flow area available for CO; cycling through the
TESErVoIr.
A result from the compositional simulator™ showed that injectivity is very sensitive to the
oil phase saturation where the saturation results from displacement by the aqueous phase. The
analytical solution showed an increasing injectivity trend for higher residual saturation but the
numerical solution shows a reversal in the presence of dispersion and vertical convective mixing.
Higher oil-bank mobility is present in both the numerical and analytical solutions. Higher oil
bank mobility reduces the driving force for crossflow, which dominates over other mechanisms
and is responsible for causing injectivity to go from a decreasing function of this parameter to an
increasing function prior to CO, breakthrough. Less crossflow improves sweep in high perme-
ability layers. After breakthrough injectivity becomes an even-'more strongly increasing function
of the oil phase saturation to displacement by the aqueous phase. The residual oil phase satura-
tion to displacement by an aqueous phase is one of the most important petrophysical parameters
regarding injectivity and the magnitude of its influence depends on the amount of crossflow.

The oil phase saturation to displacement by the CO,-rich phase does not enter into the ana-
Iytical model but the numerical model indicates it is one of the most significant influences on
early time injectivity and one of the most important parameters in oil recovery predictions. In the
presence of dispersion and vertical communication early time injectivity is an increasing function
of the oil saturation displaced by the CO,-rich phase. This is counter-intuitive since oil phase
relative permeabilities at intermediate saturations are associated with higher residual saturation.
A combination of more efficient oil bank transport, increased CO,-specific velocity in high per-
meability layer, phase behavior effect, oil viscosity in the low permeability layer, and instability
effect mechanisms contribute to a larger oil saturation displaced by CO,-rich phase.

Higher value of oil phase residual saturation displaced by CO, increases the oil phase satura-
tion in the mixing zone and in the solvent bank within the high permeability zone. This causes an
increase in pressure drop in these zones and causes a subsequent decrease in the driving force for
crossflow of oil in the tertiary oil bank from the high permeability zones to the low permeability
layers. The increase in oil bank transport in the high permeability layer is more efficient and in-
creases injectivity. Also, with less crossflow of CO,, the solvent bank in the high permeability
layer travels faster relative to the oil bank in the low permeability layer. As a result a greater
fraction of the length of the oil bank in the low-permeability layer is contacted by CO, and ex-
periences oil viscosity reduction. This scenario can increase injectivity but as pointed out by the
authors these are complex interactions and competing mechanisms can reverse both early and
late time trends with other outcomes possible.'*

The aqueous phase residual saturation sensitivity analysis shows that early injectivity prior to
CO; breakthrough is a very strongly decreasing function of this parameter. Higher residual satu-
ration reduces mobility in the dispersive mixing zone and complements the mobility reduction in
the tertiary oil bank by lowering aqueous phase relative permeability at intermediate saturations.
After CO, breakthrough, sensitivity to this parameter is reduced. Reduction of mobility in the
lower permeability layer also contributes to the relaxing of the sensitivity to this parameter after
breakthrough. The presence of miscible residual oil saturation substantially reduces predicted oil
recovery and reduces CO, relative permeability and should be applied together.””’
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5.3.4.6. Heterogeneity, anisotropy, and stratification. Stratification may strongly influence the
water/gas displacement process. " Horizontal fluid flow in vertically communicating porous
strata are influenced by flow perpendicular to the bulk flow caused by viscosity forces, capil-
larity forces, gravity forces, and disp(-::rsion.zz'l Capillary crossflow can lead to significant im-
provement in vertical sweep. Typical oil reservoirs have a Dykstra-Parson coefficient of 0.6 to
0.8.1% WAG recovery is more sensitive to reservoir heterogeneity than is waterflooding.”** Un-
favorable mobility miscible displacements lead to crossflow from the low permeability layer to
an adjacent higher permeability layer and tend to reduce frontal advancement in the lower per-
meability layer.ls 0

Pizarro and Lake™? studied the effect of heterogeneity on injectivity through geostatistical
analysis and autocorrelation of the reservoir permeability distribution. They modeled injectivity
as a function of ten parameters in heterogeneous reservoirs: permeability in the x and z direc-
tions, viscosity, pressure at the well, length and width of a rectangular reservoir, bottom and top
of the perforation interval, reservoir thickness, and flow rate.

Vertical conformance of WAG displacement is strongly influenced by conformance between
zones. In a noncommunicating-layered system, vertical distribution of CO, is dominated by per-
meability contrasts.'* Flow into each layer is essentially proportional to the fraction of the over-
all system kh and is independent of WAG ratio. There is a tendency for more CO, to enter the
high permeability zone with increasing WAG ratio.!*> Since the WAG behavior is cyclic, the
most permeable layer responds most quickly and takes more fluid than relative to its permeabil-
ity-height contribution. When water is injected it quickly displaces the highly mobile CO, and all
the layers attain an effective mobility nearly equal to the initial value. The higher permeability
layer(s) always respond first. WAG will reduce mobility not only in the high permeability layer
but also in the low permeability layer and results in a larger amount of the CO; entering in the
highest permeability layer.'*’

The ratio of viscous to gravity forces is the prime variable for determining the efficiency of
WAG injection and controls vertical conformance and displacement efficiency of the flood.
Crossflow or convective mixing can substantially increase injectivity even in the presence of low
vertical to horizontal permeability ratios.!* Transport of CO; is enhanced significantly by the
high-permeability layers establishing a highly conductive path parallel to the low-permeability
layer. With crossflow, CO; is transported through the highly permeable layer and reaches down-
streamn locations in the low permeability layer that without crossflow would have to flow through
the low-permeability layer to reach the downstream locations. Thus crossflowing will increase
injectivity of CO,. High permeability “thief” zones in the Mabee Field could be the cause of
high injection rates.'®? Heterogeneous stratification causes physical dispersion, reduces channel-
ing of CO, through the high permeability layer, and delays breakthrough.'**'** This is attributed
to permeability contrast and mobility ratio contrast caused by different growth rates in the mix-
ing zone in regions of low oil saturation for CO,-swept regions in each layer, and is thus unfa-
vorable.

5.3.4.7. Transport considerations. A study using surfactants and a single capillary constriction
investigated mass transfer at the pore level.”* The effects of mass transfer on oil trapped in pore
throats indicate the mass transfer is sufficiently slow that equilibrium is not necessarily attained.
This is contrary to a previous study by Raimondi and Torcaso®> who concluded that mass trans-
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fer in porous media takes place at equilibrium conditions and miscibility in a reservoir is attained
instantly due to equilibrium. Though mass transfer through porous structures and packed beds
have been studied for some time in other disciplines, these two studies are early attempts to ap-
ply the mechanisms of mass transfer to a petroleum recovery perspective.

More recent studies indicate that contact time on the development of miscibility has not been
resolved.'*® Miscibility develops when light crude oil components mix with the solvent. Contact
time can have a strong influence on flow performance. Some researchers suggest miscibility can
require up to 32 ft or more. Others suggested that the core length is not a significant factor. Mis-
cibility is most certainly dependent on the compositional makeup, and micro- or local heteroge-
neity in the cores probably lends to the discrepancy. Slim tube measurements give values of re-
sidual oil saturations close to zero, which is far different from field and coreflood measurements
that give considerably higher saturations. In-situ emulsification is a natural consequence of sys-
tems that produce low IFT in the converging diverging porous media, and the Marangoni insta-
bility has been noted.

As noted previously the mixing phenomena can significantly influence injectivity. At the res-
ervoir scale physical dispersion can significantly reduce injectivity, though the oil bank mobility
is not low and the longitudinal dispersion is scaled to reservoir conditions and the mixing zone is
a small fraction of the porous media."”>'>* Thus analytical assumptions that dispersion and asso-
ciated phase behavior can be neglected may not be justified. Injectivity is also reduced because
dispersive mixing reduces channeling of CO, through high permeability layers and delays CO,
breakthrough. Neglecting volume change of mixing and the presence of mixing zones, the asso-
ciated mobility reductions are rendered increasingly more important in the high permeability
layer as the displacement progresses and the solvent bank grows in proportion to the cumulative
throughput in each layer. Injectivity is lower because a negative overall volume change upon
mixing slows growth of the region invaded by low-viscosity CO, in both the low and high per-
meability layers.15 2153

Early investigators speculated that multiphase flow could significantly affect the injectivity
of a field project.236 Henry and Metcalf>*” measured a slight injectivity drop across cores that had
multiphase flow in CO, /oil systems. There is no clear experimental evidence that multiphase be-
havior effects result in field-observed fluid mobilities. Patel et al.'®* concluded that phase behav-
ior does not necessarily and by itself create injectivity decreases. Phase behavior effects have
been shown to reduce fingering.'”* Accounting for phase behavior and mixing, CO, injectivity
appears to be much higher for reservoirs with crossflow.

The CO,-oil system is dynamic and forms multiple phases. Grigg and Siagian®® have shown
that in low temperature CO; floods four phases can exist—three nonaqueous phases and a solid
asphaltene phase. Additionally four liquid phases and a solid phase can co-exist in a CO;
flood—an aqueous phase, liquid hydrocarbon, liquid carbon dioxide, and gaseous carbon dioxide.
The system can move in and out of miscibility and thus dynamic phase behavior should be con-
sidered in modeling a system.‘sz’m’23 ’

5.3.4.8. Interfacial tension (IFT). Unlike conventional gas and oil or water and oil, the flow
behavior of low IFT fluids occurring in most IOR processes depend on IFT, viscosity, and flow
rate as well as rock properties of pore distribution and wettability.*****! The interfacial tension is
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a critical parameter in IOR process and more recently an increased effort in gas condensate res-
ervoirs.?* The effect of low IFT is to increase flow rates and lower the residual saturations, cre-
ating conditions for improved hydrocarbon recovery.”® The IFT determines the curvature of the
relative permeability curves. In a completely miscible process the IFT is zero and relative per-
meability is a linear function of the fluid saturation with slope of 1.*** This parameter is the most
sensitive and the most easily modified in the capillary number. The capillary number is a func-
tion of velocity, viscosity and interfacial tension. Orders of magnitude change in the capillary
number are normally required to result in significant decrease in residual oil saturation and with
gas injection the IFT can be lowered significantly. In-situ mass transfer dictates the level of IFT
reduction. Considerable decrease at relatively low cost is the benefit of miscible flooding. Pore
size distribution also affects the IFT as it will dominate if pore throats are small.

Limited knowledge of the effects of low IFT on relative permeability has been available
since the 1950s; however, there has been little documented mathematical correlation other than
empirical deductions between IFT and gas-oil relative permeability.z‘n’245 Typical early un-
steady-state gas/oil relative permeability experiments did not span the range of interfacial ten-
sions that would be present in a mass transfer-dominated system. Thus, are inadequate in assess-
ing the mobility/IFT interaction.>*> Thus the coupling of IFT, mobility, and pore size distribution
has been omitted from many analyses.

More recent studies into the effects of IFT on relative permeability curves have been con-
ducted and published. The most recent publications report on studies conducted on gas/liquid
IFT effects on relative permeability in gas condensate reservoirs, but may be extended to near
miscible/miscible IOR projects. In a miscible displacement process Harbert**' suggested that
both water and oil relative permeability curves were found to shift upward, indicating the two
phases interfere less with each other as IFT is reduced. In addition he suggested that flow tests on
representative reservoir rock samples are necessary to describe low IFT relative permeability for
field process performance calculation.

The relative permeability has been shown to vary for gas condensate fluids when the velocity
changes at a fixed IFT or the velocity is fixed and the IFT is c:ha.nged.z‘m’246 Therefore numerous
relative permeability curves are necessary to cover the range of flow rates and IFT values within
a reservoirs different flow regime. Henderson et al. 4 suggest that the capillary number could be
used to correlate the gas relative permeability and the gas velocity and gas viscosity parameters.
Further development in this concept is required. Fulcher, et al.*" suggest that the capillary num-
ber is not important in correlating relative permeability and residual saturation, but the interfacial
tension and viscosity individually affect the flow rate. They also observed that increasing the
capillary number reduces hysteresis effects in the relative permeability curve. Below a surface
tension of 2 mN/m the surface tension has a significant effect on relative permeability.**’ One
interesting phenomenon is that high IFT ultimately caused condensate relative permeability to
decrease with increasing condensate saturation, and condensate immobile under gas injection
could be recovered by water injection.246

McDougal et al.**® described gas-oil flow studies over a range of IFTs of three orders of
magnitude. The gas relative permeabilities curves showed a marked increase while very little
change was observed in the oil curve with decreasing IFT. The gas curve becomes a linear func-
tion of gas saturation, as IFT tends to zero. Additionally these authors state that to predict a pri-
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ori the directional trend of the relative permeability curves with varying IFT is very difficult
since it is intrinsically linked to the viscosity ratio also. Therefore the effect of IFT upon relative
permeability curves can only be understood by accounting for both the capillary number and the
viscosity ratio’s role in determining phase distributions during displacement.

Thomas et al.** illustrate a method in which one may determine when one should be con-
cerned more with controlling mobility and when IFT optimization is justified. Additionally, in-
teractions between the pore size distribution, IFT, and viscosity will determine if miscibility is
important to recovery. Low IFT is generally a necessary condition for efficient recovery from
most reservoirs, but in many cases zero IFT is unnecessary unless the pore throat size distribu-
tion is extremely tight and the rock oil-wet. Spontaneous imbibition tests**® conducted on water-
wet Berea sandstone with high oil saturation imbibed conventional water overnight. When low
IFT fluids replaced the conventional fluids, neither the oil or brine phases were imbibed after one
week.

Hanniff and Ali**® suggest that the capillary number plays an important role in controlling re-
sidual saturation and that changes in the capillary number are due almost entirely to changes in
IFT. But these authors also demonstrate the importance of gravitational forces compared to capil-
lary forces and suggest that the Bond number is more appropriate in interpreting data. However,
a gravity-dominated system does not exist when the interfacial tensions are below a critical
value. Pope et al.**® are of the opinion that it is not correct to model the relative permeabilities
strictly or directly as a function of interfacial tension. These parameters should be modeled as a
function of the combined effects of pressure gradient, buoyancy, and capillary forces using a
generalized form of the capillary number and Bond number into a trapping number.

The IFT between water and CO; is high at low temperatures and pressures (e.g., about 70
mN/m at 25 C and 0.1MPa)*° and decreases (20-27 mN/m) as the temperature and pressure in-
creases. At higher pressures the IFT is largely independent of pressure. This is attributed to the
solubility increase of CO, in water with pressure. At higher pressures the free energy density of
the CO, becomes more liquidlike and closer to that of water. At low pressures (i.e., <3.5 MPa)
the higher temperature isotherms have IFT values that are lower than lower temperature iso-
therms. As the pressure is increased, the IFT isotherms converge (crossover) at 2.5 to 3.5 MPa
and thereafter the higher temperature isotherms have higher IFT values compared to lower tem-
perature isotherms.

In the proximity (£10-20°C) of the critical point of CO;, the IFT decreases markedly and the
surface tension of CQ; is approached creating a dip or cusp in the IFT vs. pressure. At higher
temperatures this dip or cusp is less of an effect eventually disappearing with temperature. This
cusp is attributed to an increase in the excess adsorption due to attraction of CO; to the interface.
The rise in IFT after the dip with increasing pressure implies a desorption process.250 A very
small amount of a third-phase intermediate in composition between the CO.- and H;O-rich
phases is observed to occur at the minimum of the dip. The interfacial tension between the CO»
and water system at high pressures is about 20-25 mN/m and is lower than that for wa-
ter/hydrocarbon systems. 5! This is attributed to the higher miscibility of CO, and water versus
hydrocarbons and water.
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Interfacial tensions of the ternary CO,-water-alcohol mixtures are lower than the binary
CO./water system. Methanol has the least effect on IFT reduction with progressively increasing
effect to isopropyl alcohol (higher molecular weight alcohols). This leads to the possible use of
surfactants to lower the interfacial tension between water and carbon dioxide.”! The interfacial
tension between carbon dioxide and water can be lowered from ~20 mN/m to 2 mN/m with sev-
eral surfactants. One surfactant, PFPE COONH,", has been shown to reduce the IFT to 0.8
mN/m with a critical micro-emulsion observed. This could allow a change in the relative perme-
ability and increase injectivity during WAG. The solubility of polymers in CO, is generally low
and is a function of the surface tension of the polymer and molecular weight of the polymer.25 2
However, the effects on the purpose of the flood (oil recovery) and the economics are not known.

5.3.4. Concluding Discussion

The number of IOR gas process projects continues to grow. This is especially true in the Permian
Basin of west Texas and southeastern New Mexico. Other areas with large tertiary potential re-
serves such as California, Kansas, Oklahoma, Wyoming, Prudhoe Bay and Kuparuk in Alaska
are implementing similar techniques to economically utilize and recover hydrocarbon resources.
WAG processes continue to be a viable economic technique to enhance hydrocarbon recovery
economics, but the technique requires considerable and appropriate refinements to beneficially
implement.

Wetting characteristics of the reservoir rock appear to be the most controlling factor of the
operating strategy for an JOR process. Water-wet conditions suggest continuous gas injection,
while oil-wet conditions suggest WAG process with an optimum of equal or 1:1 velocity ratio.
Mixed-wet conditions indicate that maximum recovery is a stronger function of slug size. Water-
wet laboratory models indicate that gravity forces dominate, while in oil-wet tertiary floods, vis-
cous fingering is a controlling factor.

Factors that influence WAG performance have been discussed regarding their individual con-
tributions. Together these factors create complex interactions and can be synergistic or antago-
nistic contributors to the WAG performance. One of the reservoir management objectives of an
IOR project is to secure optimum injectivity, sweep efficiency, and voidage relationship. The
historical review of the literature shows increased injectivity abnormalities during the WAG
process compared to pre-gas injection (i.e., waterflood water injection rates), and in general, a
manifestation of multiphase injection and of the reservoir characteristics. As a result, the industry
has evolved techniques to alleviate or improve injectivity and/or recovery economics due to the
WAG process. Industry experience or suggested management tools evolving are:

A. Initial scoping of flood designs based on industry experience and dimensionless performance
plots. Under constraining economic conditions or areas of high uncertainties and/or complex-
ity, comprehensive simulation studies need to be completed before implementation of any
portion of the flood.

B. WAG tapering has been used to improve CO; utilization. Unocal’s HYBRID WAG and

Shell’s DUWAG are similar variations. Increasing the WAG is better than decreasing it dur-

ing the life of the flood.

Volume-based WAG instead of time-based.

Realignment of wells or converting nine-spots and chicken wire patterns to line drive.

Use of horizontal gas injection wells can increase injection rates or improve voidage ratios.

moo
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F.

G.
H.

Shorter and more frequent cycles help reduce large gas swings.
Increased WAG cycle lengths help alleviate effects of injectivity losses.
Use of foams, gels, and polymers.

These conclusions on factors affecting injectivity can be drawn from the literature:

A.
B.

Lower injectivity is not necessarily a near-wellbore effect.

Oil banks:

1) Low mobility in the tertiary oil bank significantly affects injectivity, especially for stimu-
lated injection wells with non-stimulated producing wells.

2) Effects of low mobility in the tertiary bank and in the dispersive zone are more signifi-
cant for a stimulated well because they represent a greater portion of the total flow resis-
tance when resistance is lower near the well.

3) The closer the banks are to the injection wells, the more effect the lower-mobility banks
have on the activity at the injector.

Salinity and pH:

1) Salinity and pH may change reservoir wettability.

2) Dissolved CO; (carbonic acid) reduces the water pH.

3) Lower pHs cause less water-wet conditions. However, “pore coatings” may control wet-
ting alterations in natural porous media.

Wettability:

1) Wettability is a critical parameter in injectivity reductions. Wetting properties of the pore
wall impacts distribution of fluids and flow. Nonwetting fluids occupying larger pores
will have larger relative permeabilities.

2) One series of west Texas corefloods has indicated minor, if any, changes on wettability
from CO; flooding while another series of coreflood tests showed that miscible gas flood-
ing of oil-wet and intermediate-wet cores induced wettability alterations and resulted in
less end-point water permeabilities.

3) Weak capillary pressures generally exist in mixed-wet systems, creating brine film insta-
bility and possibly causing water relative permeability differences in the reservoir.

4) In mixed-wet rocks, injected gas enters the high permeability layers, resulting in reduced
water injection rate due to three-phase and compressibility effects.

5) Mixed-wettability is suggested as a cause of low fluid mobility.

6) Carbonate reservoirs are more probably oil-wet or mixed-wet.

7) Injectivity losses due to wettability effects on miscible flooding need to be delineated.

It is difficult to show whether dissolution, precipitation and particle invasion/migration oc-

curs during injection of CO; and/or the WAG process.

Fluid trapping or bypassing:

1) Trapping and bypassing of gas is one of the key parameters in determining injectivity.
The degree of oil saturation reduction and amount of gas trapping depends on the initial
gas saturation prior to waterflooding and the wettability of the rock.

2) Bypassed or trapped oil causes three-phase relative permeability reductions resulting in
loss of injectivity.

3) Trapping behavior and relative permeability depend on the ratio of flow rate to IFT. The
IFT is larger near the wellbore, where pressure gradients are larger and where relative
permeability curves approach the miscible limit.
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4)
5)
6)
7)

8)
9)

There is a discrepancy in the literature as to the effect of residual oil saturation on the
trapped gas saturation.

Mobile water in the reservoir may shield the in-place oil from being contacted by injected
solvent. It has also been suggested that if the water saturation is reduced, part of the
trapped oil may reconnect and makes it more accessible to solvent.

Optimum WAG ratio is fairly insensitive to any assumed level of trapping of oil phase.

Trapping appears to be more significant at the coreflood laboratory level and rapidly de-
creases at field scale.

Rupturing the water film can significantly affect the trapped oil.
Trapped oil saturation in solvent processes has to be considered a function not only of the
water saturation but also of the solvent contact time or the flooding state.

10) Trapping and water shielding of oil is significant in water-wet reservoirs.
11) Trapped gas creates significant hysteresis effects and reduces relative permeability to wa-

ter, especially in mixed-wet and oil-wet reservoir.

. Relative permeability effects:

1)
2)

3)

Oil and gas saturations present in a miscible flood act to lower the maximum attainable
water saturation, resulting in reduced water mobility.

CO, relative permeability can be very small compared to oil endpoint relative
permeability.

Relative permeabilities in miscible gas injection systems are dependent on the saturation
of that phase only. In the Prudhoe Bay mixed-wet system, the oil relative permeability is
a function of oil saturation only.

Gas relative permeability, as a function of gas saturation alone, may not be valid.

CO, injectivity is a decreasing function of the aqueous phase endpoint.

Injectivity prior to CO, breakthrough is a strongly decreasing function of aqueous phase
residual saturation.

. Directional permeability effects:

1)
2)

3)

4)

Vertical heterogeneity and high k/g layers can have significant effects on gas injectivity.
Crossflow or convective mixing can substantially increase CO; injectivity even in the
presence of low vertical to horizontal permeability ratios.

The dispersive mixing zone has low mobility and can reduce CO, injectivity by augment-
ing total mobility and macroscopic oil bypassing, resulting from reservoir heterogeneity.
CO; injectivity is an increasing function of increased transport in high permeability layers
near the injection face

Phase behavior:

1)
2)
3)

4)

Mass transfer contact time and miscibility development rate still appears to be in conten-
tion in the literature.

The IFT correlation of gas relative permeability by the capillary number is being debated
in the literature.

Increasing the capillary number has been suggested to reduce hysteresis effects in the
relative permeability curve.

Though low IFT is important for efficient recovery, zero IFT is unnecessary unless pore
throat size is small.'%
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5.3.6. Further Directions

Keeping in mind that laboratory injection studies alone cannot be considered }Jerfect indica-
tors of field scale injectivity during the WAG process (see for example reference™-), the follow-
ing are suggested research directions:

Investigate high velocity effects around (WAG) injection wells.

Investigate effects of miscible (CO,) flooding on wettability.

Investigate radial effects of flood banks, pressure redistribution, and crossflow effects on the
WAG injectivity process.

Investigate stratified crossflow (communicating and non-communicating permeability differ-
ences) and wettability and effect on WAG injectivity.

Investigate dissolution, precipitation and particle invasion/migration during CO; flooding.
Determine the effect of residual oil saturation on trapped gas saturation and injectivity.
Investigate contact time, mass transfer and miscibility development.

IFT and relative permeability curves, especially for gas/water (CO/water) relative perme-
ability. Can the gas/water IFT be reduced for greater water mobility?

Use of pore scale simulators is recommended to understand the effects of wettability (i.e.,
mixed-wettability) on miscible flooding and injectivity.

o nwp

oo mm
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6. Nomenclature

Al = artificial intelligence
BPN = backpropagation network
BPR = backpressure regulator
BSE = backscatter electron
CO, = carbon dioxide
CO; = carbon dioxide
CTVC = capillary tube visual cell
D = day
DOE = U.S. Department of Energy
DUWAG = Denver unit WAG
ft = foot
GOR = gas/oil ratio
HTML = HyperText Makeup Language
ID = inside diameter
IFT = interfacial tension
in. = inch
I, = wettability index to oil
IOIC = initial oil in core, cm’
IOR = improved oil recovery
I, = wettability index to water
IWIC = initial water in core, cm’
MASTER = miscible applied simulation techniques for energy recovery
MMP = minimum miscibility pressure
MSCF = thousand standard cubic feet
MSTB = thousand stock tank barrels
OD = outside diameter
OOQIP = original oil in place (core), cm
PC = personal computer
PRRC = New Mexico Petroleum Recovery Research Center
PV = pore volume
PV = pore volume
PVT = pressure-volume-temperature
SAG = surfactant solution alternating with gas

3

SMR = selective mobility reduction
Soi = initial oil saturation, %
Swi = initial water saturation, %
WAG = water alternating with gas
WI = relative wettability index
wt% = weight percent
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7. SI Metric Conversion Factors

cp x 1.0* E-03 = Pas
ft x 3.048* E+01 = cm
ft>x 9.290 304* E+02 = cm?®
ft’ x 2.831 685 E+04 = cm’
in. x 2.54% E+00 = c¢cm
md x 9.869 233 E-04 Om?
psi x 6.894 757 E+00 kPa

*Conversion factor is exact
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Table 1. Composition of Sulimar Queen Separator Qil

Component Mole Percent Weight Percent
Carbon Dioxide 0.01 0.00
Nitrogen 0.12 0.02
Methane 0.17 0.01
Ethane 0.86 0.14
Propane 3.69 0.86
Butanes 5.73 1.77
Pentanes 7.62 2.92
Hexanes 8.72 3.89
Heptanes 10.04 5.11
Octanes 7.87 4.47
Nonanes 6.16 3.95
Decanes 4.84 3.44
Undecanes 3.84 2.99
Dodecanes 4.56 3.89
Tridecanes 3.07 2.85
Tetradecanes 2.28 2.30
Pentadecanes 2.57 2.81
Hexadecanes 1.86 2.19
Heptadecanes 1.45 1.82
Octodecanes 1.71 2.28
Nonadecanes 1.16 1.61

Eicosanes+ 21.67 50.65
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Table 2. Physical Properties of the Core Samples Used
in the Previous Experiments and Partial Results

Core Sample 1 2 3 4 5 6
Number
Core Type Berea Berea Spraberry | Spraberry Spraberry Berea
Configuration | Continuous | Continuous | Continuous | Continuous Stacked Continuous
Time of COz | poiia) Initial Tnitial Tnitial Iitia} | LT Water
injection Injection
Length,cm | 5552 55.25 55.0 55.25 2;.57 (7):‘ 55.25
Diameter, cm 10.16 10.16 10.16 8.89 6.53 & 6.58 10.16
Porosity, % 18.7 13.0 10.0 11.1 10.7 22.43
Brine Perme- | - 5 50 0.01 0.38 0.057 610.0
ability, md
Swi, %0 35.0 29.3 38.6 45.0 37.6 66.5
Sor, %o 37.5 325 42.5 41.8 50.5 28.0
IOIC, cm’ 544.5 411.1 273.8 209.3 111.0 336.3
IWIC, cm® 293.2 171.2 172.1 171.3 67.0 667.7
Total Oil
Recovery, % 42.0 54.0 30.8 24.0 19.1 18.5
Time, day 6 220 190 167 331 36
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Table 3. Properties of the Artificially Fractured
and Nonfractured Berea Core Samples

Core Sample Number | 6 7 8
Core Type | Berea Berea Berea
Fractures | O 1 5
Sealed End-Sections | No Yes No
Core Orientation | Vertical | Vertical | Vertical
Length,cm | 55.25 24.45 48.74
Diameter, cm 10.16 10.16 10.16
Bulk Volume, cm’ | 4476.6 | 1971.3 | 39492
Pore Volume, cm’ | 1004.0 | 3480 | 781.0
Porosity, % | 22.43 17.65 19.80
Brine Permeability, md 610.0 210.0 404.0
Swi,» % 42.1 24.1 33.7
Soi, %o 57.9 75.9 66.3
IOIC,cm’ | 5813 | 2640 | 5180
IWIC, cm® | 422.7 84.0 263.0
Aging Time, day 10 5 55
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Table 4. Comparison of Results from the Artificially Fractured
and Non-fractured Berea Core Samples

Core Sample Number 6 7 8

Sein % | 42.1 | 241 | 337

Sir% | 579 | 759 | 66.3

IOIC, cm’® | 581.3 | 264.0 | 518.0
;é IWIC,cm® | 422.7 | 84 | 263.0
E Swes % | 61.5 | 367 | 64.8
2 Seen% | 385 | 633 | 352
g Voprcm® | 194.4 | 437 | 2427
Oil Recovery by Water Imbibition, % | 334 | 16.6 | 46.9

Time, day | 20 28 31

Sein% | 615 | 367 | 64.8

Su»% | 385 | 633 | 352

o IOIC, cm® | 386.5 | 220.3 | 275.3
§ IWIC, cm® | 617.5 | 127.7 | 505.7
2» Sw, % | 388 | 84 | 472
§ S % | 234 | 341 | 228
§ Voprcm® | 1163 | 90.5 | 65.6
Oil Recovery by CO; Gravity Drainage, % | 30.1 41.1 23.8

Time, day | 36 38 18
Total Oil Recovery, % | 53.5 | 50.8 | 595
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Table 5. Properties of Composite and Single Cores

Center Region Annulus Region
Composite
core sample
Type K ¢ | Area Type K () Area
(md) (em®) (md) (em®)
Capillary Fired 450 | 0.19 | 2.01 | Fired Berea | 1250 | 0.22 | 7.94
contact Silica Sandstone
Core A sand
Isolated Fired 120 | 0.19 | 1.27 | FiredBerea | 590 | 0.23 | 7.58
Core B Berea Sandstone
sandstone
Isolated Glass Bead | 5000 | 0.42 | 1.27 | Fired Berea | 500 | 0.23 | 7.58
Core C 90-120 Sandstone
mmicron
Length of the capillary contact core = 6.7 cm
Length of the isolated coaxial cores = 6.0 cm
Core sample Type K (1] Area
(md) (cm®)
Single Fired Berea sandstone 840 0.23 10.64
Length of the single core = 6.5cm
Pore volume= 15.62 cm’
Table 6. Surfactant and Brine Properties
Surfactant | Conc. (PPM) pH Type Active (%) Formula
Chase™ 500 6.05 (Not available)
CD1045 Aumnionic 46.7 Manufactured by
Chase
International
2500 5.88
Brine 20000 575 | eeemeeeee- 100 1.5 Wt % NaCl &
0.5 Wt % CaCl,
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Table 7. Summary of Single Core Experiments

Run # Description Q¢ Ratio | Breakthrough
(cc/hr)/(ft/d) PV)
| CO;, displaced brine 16.00/1.2 1 0.35
2 CO,/Brine displaced brine 16.45/1.3 4:1 0.38
3 CO, displaced surf. (500 ppm) 16.00/1.2 1 0.79
4 COy/Surf. Displaced surf. (500 ppm) 1645/13 4:1 1.29
5 CO, displaced oil 16.00/1.2 1 0.29
6 CO,/Brine displaced oil 16.45/1.3 4:1 0.44
7 COy/Surf displaced o1l @ 500 ppm 16.45/1.3 4:1 0.51
8 CO,/Surf displaced oil @ 2500 ppm 16.45/1.3 4:1 0.50
Table 8. Summary of Compeosite Core Experiments
Run Q: Breakthrough | Breakthrough
# Description (cc/hr)/ | Ratio in annulus in center (PV)
(ft/d) (PV)
1 CO,/brine displaced brine 16.45/1.3 | 4:1 042 0.62
2 CO./Surf. displaced surf. @ | 16.45/1.3 | 4:1 0.66 0.61
2500 ppm
3 CO, displaced oil 16.00/1.2 1 0.44 0.50
4 COy/brine displaced oil 1645/1.3 | 4:1 0.46 0.61
5 COy/surf displaced oil @ 16.45/1.3 | 4:1 0.86 0.34
2500 ppm
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Table 9. Summary of Isolated Coaxial Composite Core Experiments

Run Q¢ (cc/hr) Breakthrough | Breakthrough
# Description (f/d) Ratio in annulus in center
®V) (PV)
1 CO, displaced brine 16.45/1.3 4:1 0.63 1.13
2 CO,/brine displaced 16.45/1.3 4:1 0.64 1.17
brine
3 CO,-foam displaced 16.00/1.2 1 1.12 1.86
surf.
4 CO; displaced oil 16.45/1.3 4:1 0.24 N/A
5 COy/brine displaced oil 16.45/1.3 4:1 0.74 N/A
6 CO,-foam displaced oil 16.45/1.3 4:1 0.88 2.56
N/A: no breakthrough was observed
Table 10. Foaming Agents Tested
Surfactant Type Active Formula Manufacture
wit%
Chaser™ Anionic 40.0 Alpha Olefin Sulfonate Chaser
CD1040 International
Chaser™ Nonionic 70.0 Alky! Phenol Ethoxylate Chaser
CD1050 International
Alipa® CD128 | Anionic 58.0 Ethoxylated alcohol sulfate GAF
Dowfax™ 8390 | Anionic 35.0 C16-diphenylether Dow Chemical
disulfonate
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Table 11. Interfacial Tension Between CO, and Aqueous Phase

Aqueous phase | Surfactant concentration | IFT (dyne/cm)
Brine 0 wt% 23.03
8390 0.025 wt% 12.24
8390 0.05 wt% 9.78

CD1040 0.025 wt% 6.55
CD1040 0.05 wt% 3.83
CD1050 0.025 wt% 4.96
CD1050 0.05 wt% 4.35
CD128 0.025 wt% 3.74
CD128 0.05 wt% 3.29
CD1040+8390 0.05 wt% 9.30
CD128+8390 0.05 wt% 6.89
CD1050+8390 0.05 wt% 6.06
CD1040+CD1050 0.05 wt% 4.48
CD128+CD1050 0.05 wt% 3.61
CD128+CD1040 0.05 wt% 3.48
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Table 12. Mobility Data in Composite Core with Single Surfactant System

Iniection Mobility in Mobility in Mobility in SMR
Fluid Injected rateJ: (corh) section 1 section 2 section 3 (slope
(md/cp) (md/cp) (md/cp) value)
Brine 15 550 345 270 1.00
15 470.5 264.8 195.7 1.24
Brine/CO; 10 449.0 254.5 182.9 1.26
5 420.2 2379 173.1 1.25
15 5.6 42 3.7 0.59
0.05 wt %
4.4 . 3.1 4
CD1050/CO;, 10 33 0.49
5 35 2.9 2.6 0.42
15 233 16.0 13.3 0.80
0.05 wt%
10 19.9 14.3 12.1 0.70
CD128/CO,
5 179 13.0 11.0 0.69
0.05 wt% 15 310.6 186.8 143.0 1.09
Dowfax 10 308.3 183.7 140.0 1.11
8390/CO, 5 246.0 237.9 175.1 1.08
15 211.1 1294 100.0 1.05
0.05 wt%
5.8 109.7 85.7 1.01
CD1040/CO, 10 17 >
5 135.6 87.5 69.5 0.94
15 32.0 21.5 17.5 0.85
0.025 wt %
26.5 18.1 14.8 0.82
CD1050/CO, 10
5 234 16.1 13.2 0.80
15 75.0 48.6 38.6 0.94
0.025 wi% 10 58.5 38.5 30.9 0.90
CD128/CO,
5 45.4 30.5 24.7 0.86
0.025 Wt% 15 407.0 233.0 173.0 1.20
Dowfax 10 388.6 222.0 165.5 1.20
8390/CO2 5 359.6 2074 155.3 1.18
15 289.0 173.0 132.0 1.10
0.025 wt%
. . 122. )
CD1040/CO, 10 269.0 160.9 9 1.10
5 255.1 155.2 120.0 1.06
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Table 13. Mobility Data in Composite Core with 0.05 wt% of Mixed Surfactant System

CS4090/CO, 15 300.6 175.0 132.2 1.16
10 288.9 165.7 123.9 1.19
5 249.8 2379 173.1 1.13
CS2890/CO, 15 223.8 131.2 101.3 1.12
10 198.4 118.6 90.8 1.10
5 170.7 106.2 82.4 1.03
CS5090/CO, 15 71.9 49.2 38.9 0.98
10 50.7 33.7 254 0.96
5 40.3 264 21.1 0.91
CS2840/CO, 15 36.4 24.4 19.7 0.86
10 31.8 21.7 17.7 0.83
5 23.9 16.2 13.1 0.85
CS4050/CO, 15 8.5 6.4 54 0.64
10 7.1 5.3 4.6 0.61
5 5.7 43 3.7 0.61
CS2850/CO, 15 6.2 4.7 4.1 0.58
10 5.6 4.4 3.7 0.57
5 42 33 2.9 0.52

CS4090: CD1040 + 8390,
(CS2890: CD128 + 8390,
CS55090: CD1050 + 8390,
CS2840: CD128 + CD1040,

CS4050: CD1040 + CD1050, and

CS2850: CD128 + CD1050
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Table 14. Summary of Isolated Coaxial Composite Core Experiments

Run Experimental Flow rate Ratio Break:ll':rough Break;llllrough
# Injection Fluid(s) (cc/hr) Annulus (PV) Center (PV)
1 CO, 16 1 2.78 (*%) 0.26
2 COy/brine 16.45 4:1 5.31 (*%) 042
3 COy/surf. (@500 ppm) 16.45 4:1 6.46 (**) 042
4 COy/surt. (@2500 ppm) 16.45 4:1 3.32 0.48
COo/(surf.+lig-nosulfonate) .
5 (@500 ppm + @5000 ppm) 16.45 4:1 0.86 0.35
CO,/(surf.+lig-osulfonate) )
6 (@250 ppm + @5000 ppm) 16.45 4:1 0.75 0.35
(*): No breakthrough was observed. (**): End of the experiment
Table 15. Surfactants and Brines Properties
Solution |{Concentration| pH [Density; Type |Active Formula Manufacture
(ppm) (g/em’) (Wt%)
Chaser' 250 6.3| 1.033 | Anionic | 40.0 | Alpha Olefin | Chaser Inter-
CD1040 Sulfonate national
Chaser™ 250 6.8 1.024 | N/A** | 46.7 N/A** Chaser Inter-
CD1045 national
Chaser ™ 250 5.98| 1.026 [Nonionic| 70.0 | Alkyl Phenol | Chaser Inter-
CD1050 Ethoxylate national
Brine 1 10000 6.59| 1.016 * 100.0| 1.0 Wt % CaCl2 *
Brine 2 10000 6.92| 1.017 * 100.0| 1.0 Wt % NaCl *
Brine 3 20000 6.72} 1.013 * 100.0| 1.5 Wt % NaCl *
& 0.5 Wt % CaCl2

(*): Not applicable; (**) Not available
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Table 16. Lignosulfonate Properties

Lignosulfonate (wt%) | PH | Density (g/cm’)
10.0 4.80 1.069
75 4.83 1.061
5.0 4.90 1.056
2.5 4.96 1.045
1.0 521 1.034
0.5 5.93 1.024

Table 17. Properties of Core Samples

Rock type Permeability Porosity (%) Length (inch) | Diameter (inch)
(md.)
Berea sandstone 500 15.8 2.375 1.5
Indiana limestone 7.0 12.1 2.25 1.375

Table 18. Injection Sequence for the Adsorption Measurement with Circulation Method

Preflush with Coinject with
CD1045 alone lignosulfonate lignosulfonate Preflush and coinject
Brine Brine Brine
Brine v v v
v 0.5 wt% 0.025 wt% CD1045 & 0.5 wt% lignosulfonate
0.025 wt% lignosulfonate 0.5 wt% lignosulfonate v
CD1045 A 4 0.025 wt% CD1045 & 0.5
0.025 wt% CD1045 wt% lignosulfonate
Brine Brine Brine
Brine A 4 \4 v
v 0.5 wt% 0.05 wt% CD1045 & 0.5 wt% lignosulfonate
0.05 wt% lignosulfonate 0.5 wt% lignosulfonate v
CD1045 v 0.05 wt% CD1045 &
0.05 wt% CD1045 0.5 wt% lignosulfonate
Brine Brine Brine
Brine v v v
v 0.5 wt% 0.10 wt% CD1045 & 0.5 wt% lignosulfonate
0.10 wt% lignosulfonate 0.5 wt% lignosulfonate v
CD1045 v 0.10 wt% CD1045 &

0.10 wt% CD1045

0.5 wt% lignosulfonate
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Table 19. Wellman Unit Reservoir Characteristics

Geologic Age Permian
Producing Formation Wolfcamp
Lithology Limestone, Vugular dense to coarsely
granular dolomite, extensive vertical

fracturing

Initial Oil-Water Contact, ft ss 6680
Average Porosity, % 85
Average Permeability, md 135

Initial Reservoir Pressure, psia

4115 @ - 6300 ft

Current Reservoir Pressure (08/96), psia

2050 @ - 6300 fi

Reservoir Temperature, °F 151
Initial Gross Oil Column, ft 824
Reservoir Drive Mechanism Water Drive
Primary Recovery, MMSTBO 41.8
Primary Recovery, % 343
Secondary Recovery, MMSTBO 239
Secondary Recovery, % 19.5
Tertiary Recovery @7-1-97, MMSTBO 7.2
Tertiary Recovery @7-1-97, % 6
CO, Utilization through 10-93, 785
MCE/STBO

CO, Utilization from 11-93 through 7-1- 225
97, MCF/STBO

API Gravity of Oil 43.5
Bubble Point Pressure, psia 1248
Solution GOR, SCF/STB 503
0Oil Viscosity @2000 psi, cp 0.4
Original Oil FVF 1.302
Oil FVF @2000psi, RB/STB 1.330
HC Gas FVF @2000 psi, RB/MSCF 1.142
CO; Gas FVF @2000 psi, RB/MSCF 0.6
Water Viscosity, cp 0.7
Water Compressibility, psi” 3% 10°
Rock Compressibility, psi” 5% 10°
Formation Water Density, Ib/ft’ 62
sResidual Oil Saturation to Water 032
Residual Oil Saturation to CO; 0.15
Critical Gas Saturation 0.05
Irreducible Water Saturation 0.2
Minimum Miscibility Pressure, psia 1600
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Table 20. Core Plug Brine Permeability

Depth| Q [cc/hr] | dP [psid] |L [em]| k [md] | Porosity [ %] | Pore vol [cc]
5304 97.6 18.6 5.93 11.2 15.7 10.57

5308 35.1 100 584 | 0.74 12.4 8.24

5319 0.8 133 538 | 0.012 7.8 476

5326 0.6 114 6.55 | 0.012 6.9 5.11

5370 | 0.08 >181 5.33 [<0.0009 2.5 1.49

5465 0.2 >250 4.19 <0.0012 0.4 0.17

5555 2 103 5.36 | 0.038 5.7 343

Table 21. Acoustic Data
Depthlft] P'W*}}’t‘;;‘;']"“ty DT [usec/ft] | Core PHI [%] [I::::alcl:l/i'lt]

5303 17449 57.31 14.4 450
5307 16713 59.83 16.0 455
5320 17862 55.98 12.4 45.6
5556 20181 49.55 6.7 44.6

Table 22. Summary of Results from Perforating the Upper Blinebry

Well [#] Top Perf Bottom Perf Oil Water Gas
[ft] [ft] [BO/D] [BW/D] [MCEF/D]
37 5288 5378 15 20 65
40 5304 5340 0 0 15
44 5321 5356 1 6 15
57 5341 5903 8 90 38
68 5362 5396 14 31 269
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Schematic Setup of CO,
Drainage Experiment

Fig. 15. Setup for water and CO, gravity drainage experiment.
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for single surfactant systems.
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Fig. 46. IFTs between calcium lignosulfonate in different brines and dense CO,.
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Fig. 47. IFTs between calcium lignosulfonate with three surfactants and dense COx.
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Fig. 48. Decay of CO,-foam for lignosulfonate with Brine #3.
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Fig. 49. Decay of CO,-foam for lignosulfonate with 0.025 wt% CD1045.
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Fig. 51. Decay of CO,-foam for lignosulfonate and 0.025 wt% CD1040.
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Fig. 52. IFT (dense CO; and surfactants) vs. surfactant concentration.
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Fig. 53. Cumulative GOR observed in the high permeability (center) region.
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Fig. 54. Cumulative GOR observed from the low permeability (annulus) region.
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Fig. 55. Oil recovery through the high permeability region (center).
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Fig. 56. Oil recovery through the low permeability region (annulus).
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Fig. 58. Pressure drop profiles and oil recovery for the low permeability region (annulus) for two
concentrations of CD1045 and CO, injection.
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Fig. 59. Pressure drop profiles and o1l recovery for the low permeability region (annulus) for two
concentrations of CD1045, each with 5000ppm lignosulfonates and CO; injection.
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Fig. 61. Absorbance spectrum of ion pairs of surfactant CD1045
and lignosulfonate in chloroform.
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Fig. 62. Absorbance spectrum of surfactant CD1045 and lignosulfonate.
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Fig. 63. Adsorption measurement apparatus.
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Fig. 64. Adsorption isotherms of lignosufonate.
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Fig. 65. Adsorption isotherms of surfactant CD1045.
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Fig. 66. Adsorption results on Berea sandstone with different injection scheme.
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Fig. 67. Adsorption results on Indianan limestone with different injection scheme.
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Fig. 68. Adsorption and desorption effluent profile of 0.5 wt% lignosulfonate
in Berea sandstone.
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Fig. 69. Adsorption and desorption effluent profile of 0.05 wt% Cd1045 in Berea sandstone.
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Fig. 71. Adsorption and desorption effluent profile of 0.05 wt% CD1045 in Indiana limestone.
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Fig. 72. Adsorption effluent profiles of CD1045 in Indiana limestone.
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Fig. 73. Adsorption effluent profiles when 0.5 wt% lignosulfonate and 0.10 wt% CD1045
were co-injected into Indiana limestone.
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Fig. 74. Location of the EVGSAU CO; foam pilot area.
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CO2-Foam Pilot Area

Fig. 75. The layout of the wells in the history match model with solid circles as producers and
solid triangles as injectors. The CO,-foam pilot area is an inverted nine-spot pattern with 8
producers and 1 injection well in the center.
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Fig. 76. Simulated and historical data of the total cumulative production from the eight producers
in the foam pilot area for the primary and water-flood periods (1959-1985).
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Fig. 77. Simulated and historical data of the total instantaneous gas oil ratio from the eight
producers in the foam pilot area for the primary and water-flood periods (1959-1985).
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Fig. 78. Simulated and historical data of the cumulative production from the offending well for
the primary and water-flood periods (1959-1985).
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Fig. 79. Simulated and historical data of the total cumulative production from the eight producers
in the foam pilot area for the CO,-flood period (1985-1992).
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offending well for the CO, flood period (1985-1992).
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Fig. 81. Comparison of the oil rate history of the offending well

between the foam test and the base case.
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Fig. 82. Comparison of the gas rate history of the offending well
between the foam test and the base case.
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Fig. 84. Comparison of the instantaneous gas-oil ratio of the offending well
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Fig. 85. Comparison of the cumulative gas production history of the offending well
between the foam test and the base case.
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Fig. 89. Speedup of MASTER Web for the six-PC cluster.
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(a) A schematic diagram of experimental setup
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(b) A schematic diagram of the core holder and procedure

Fig. 95. A schematic diagram of the experimental setup for CO»-assisted gravity drainage.
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Fig. 97. Changes in fluid saturations in the Wellman Unit whole core
during CO,-assisted gravity drainage at a pressure of 1650 psig.
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Fig. 98 Oil recovery from the Wellman Unit whole core during CO,-assisted
gravity drainage at a pressure of 1650 psig.
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177




Pore Volumes Produced

Pore Volumes Produced

Waterflood CO2 Flood CO2 Flood
Oil 0Oil Brine
1
S SEREEE .
- PYSEE S
0.8 .
|
i — [ . | ,
5 10 15 20

Pore Volumes Injected

Fig. 100. Core Plug 5304, Flood A.

Waterflood CO2 Flood CO2 Flood
0oil Oil Brine
_..__. ._-‘-.. +
1
o8r *
- - .-
0.6
0 1 | L | *“(’" 1 { L | 1 1
0 2 4 6 8 10

Pore Volumes Injected
Fig. 101. Core Plug 5304, Flood B.
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Fig. 102. Fractured core measurement.
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Fig. 103. Fracture permeability measurement.

179



OOIP [bbi]

Lamunyon 50 Cum. Qil

1000000
oo

800000 o Y

600000

400000

200000

O .
5200 5300 5400 5500 5600 5700 5800 5900 6000
Depth [ft]

Fig. 104. Typical net pay distribution in the Blinebry Formation.
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Fig. 105. OOIP for the set of 16 D/N wells.

180




0

100 200 300 400 500 600 700
Depth [fi]

200000 - 60000000

4 50000000
150000 -+ _
5 -+ 40000000 8
a ek
0. o
S 100000 - 1 30000000 ©
o
o .
£ + 20000000 §

50000 |
+ 10000000
0 e T M 1y 1 0
0O 100 200 300 400 500 600 700
Depth [ft]
Fig. 106. OOIP for the set of 47 sonic wells.

160000 50000000
. 120000 | 1 40000000 =
a 2,
2 4 30000000 o
& 80000 S
o] + 20000000 ™,
2 :
= 40000 1 1 10000000 O

0 *:;:::::1%%&4—0

Fig. 107. Total OOIP for the 63-well set.

181




Fig. 109. BSE image of fresh Seminole San Andres, 200 pum scale.
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Fig. 115, Photo showing dissolution features in Seminole San Andres S139.
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Fig. 116. Seminole San Andres S139 permeability summary.
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Fig. 117. WAG behavior in the S139 core: CO; following oil slug.
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Fig. 124, Photo showing dissolution channel in core segments.
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Fig. 129. Indiana limestone core permeability summary.
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